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With low porosity and low permeability, shale reservoirs cannot be mined economically without large-scale hydraulic fracturing
operation. However, abundant fracturing fluid will enter the reservoirs during the process of fracture. Nevertheless, there have not
been specific research findings on the imbibition law of Fuling shale gas reservoir in China. In this study, an imbibition experiment
was carried out on the shale core of Jiaoshiba block of Fuling shale gas reservoir to learn spontaneous imbibition characteristic of
Fuling shale gas reservoir. Based on the experimental results, the imbibition process of Fuling shale gas reservoir fracturing fluid is
divided into two stages. During the first stage, i.e., the former 30 hours, imbibition velocity is high, with the cumulative imbibition
occupying more than 70% of the total imbibition; during the second stage, i.e., the latter 30 hours, the imbibition velocity
substantially drops towards balance. There is a typical power function relationship between the average imbibition velocity and
imbibition time, and this function relationship runs throughout the whole imbibition process. Nonetheless, the imbibition
process of shale core cannot be described directly by the Handy equation. The imbibition velocity is closely related to clay
mineral content and pore structure characteristics of shale core. The higher the clay mineral content, the higher the imbibition
velocity. According to the relationship between the average imbibition velocity and imbibition time, we derived the estimation
equation of fracture area formed by fractured shale gas well to estimate the fracture scale formed by shale gas well fracturing.

1. Introduction

With the economic development worldwide, shale gas, as a
new type of clean energy, has gradually set off a revolutionary
wave of exploitation in China. Sichuan Basin in China is rich
in shale gas resources, with the reserves of geological
resources being 40:02 × 1012m3, indicating great potential
for exploration and development [1]. With special geological
characteristics, the shale gas reservoir can only be put into
production by large-scale hydraulic fracturing conducted
through horizontal well. Fractures can expand the migration
channel of shale gas and improve the seepage capacity of
shale [2]. However, during the large-scale hydraulic fractur-
ing conducted through the horizontal well, a large amount
of fracturing fluid will enter the reservoir. Developed with

nano-micropores, the shale reservoir has a high clay mineral
content and a strong capillary force, with the matrix reservoir
playing a strong role in imbibing fracturing fluid. The imbi-
bition of matrix-fracture system in the shale reservoir will
affect the gas production of shale gas wells. Under the action
of imbibition, water saturation inside the reservoir tends to
be relatively high, resulting in the decline of matrix perme-
ability and even the phenomenon of “water lock,” which seri-
ously affects the effective production of oil and gas in the
reservoir [3]. Penny et al. considered that the invasion of
fracturing fluid will damage the reservoir and cause water
lock in shale gas wells [4]. Through conducting abundant
studies, Sherman and Holditch [5], Bazin et al. [6], and
Cheng [7] have realized that the reservoir fluid introduced
in the process of fracturing will greatly affect the physical
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properties of the reservoir, thereby damaging the reservoir.
However, according to Lijun et al. [8], Xiaozhe and Changsha
[9], Shicheng et al. [10], and Ghanbari and Dehghanpour
[11], the amount of fracturing fluid retained in the gas reser-
voir may not only damage the gas reservoir but also induce
fractures to play a positive role in gas transfer. Hence, uncon-
ventional reservoir’s imbibition of fracturing fluid has always
been a key problem in the development of shale reservoirs.

With regard to imbibition characteristics, relevant
researches have been carried out and corresponding models
of calculating the imbibition velocity have been established.
In 1921, Washburn set up a single capillary imbibition
model according to Hagen-Poiseuille’s law, which laid a
foundation for exploring the imbibition law [12]. According
to the similarity criterion, Mattax and Kyte [13] proposed to
study imbibition by means of indoor experiment, obtaining
the expression formula of imbibition velocity. In 1960,
assuming that the water imbibition process was a piston-
like displacement process, Handy established a water imbibi-
tion model of gas saturated core [14]. After that, Gupta and
Civan [15], Li and Horne [16], and Mason et al. [17] came
up with the modified model about imbibition.

However, there are currently not many research findings
on the imbibition law of shale gas reservoirs in China, and
the imbibition law of Fuling shale gas reservoirs in China
has not been clearly understood. On this basis, we conducted
imbibition experiments on 4 cores from different layers of
the Fuling shale gas field in China. The experimental results
show that reservoir cores from different layers have different
imbibition characteristics. Based on the experimental results,

an imbibition model reflecting characteristics of Fuling shale
gas reservoir was established. The study shows that it is
improper to characterize the imbibition velocity of shale
gas reservoirs in China using the Handy model, so the model
remains to be modified. Furthermore, we deduced the
method of estimating fracture surface of the fractured well
to preliminarily estimate the fracture area produced by the
shale gas well. The research results gained in this study can
provide effective guidance for optimizing the design of shale
fractured horizontal wells and increasing the output of shale
gas wells in China.

2. Imbibition Experiments

2.1. Materials. The rock samples used in the experiment
were extracted from the first section of Wufeng-Longmaxi
Formation in Phase-I Production and Construction Area
in Jiaoshiba, Fuling, China. The rock samples were longitu-
dinally divided into 9 layers. Among them, 1-5 layers are
the lower reservoir and 6-9 layers are the upper reservoir,
with the lower 5 layers being the main target strata. The 4
rock samples were numbered 1#, 2#, 3#, and 4#, respectively.
1# and 2# samples were collected from the lower reservoir of
Wufeng-Longmaxi Formation, with the TOC content being
40-50% and the clay mineral content being about 26%. 3#
and 4# samples were collected from the upper reservoir of
the Wufeng-Longmaxi Formation, with a relatively low
TOC content of 0.64-1.78% and a high clay mineral content
of 38.4-58.8%. Table 1 shows the selected rock samples, and
Table 2 shows the characteristic parameters of rock samples.

Table 1: Selected rock samples.

Samples 1# 2# 3# 4#

Photos

Table 2: Characteristic parameters of rock samples.

Samples Length (cm) Diameter (cm) Cross-sectional area (cm2) Volume (cm3) Porosity (%) TOC (%) Clay content (%) Layer

1# 3.71 2.51 4.95 18.35 5.63 5.37 26.1 Lower

2# 3 2.51 4.95 14.72 4.38 4.12 27.6 Lower

3# 3.552 2.51 4.95 17.57 5.82 1.26 61.6 Upper

4# 3.5 2.51 4.95 17.31 4.17 0.64 58.8 Upper
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According to the fracturing fluid formula at the con-
struction site, the fracturing fluid used in the experiment
was prepared with 99.5% water and 0.5% additives.

The magnetic resonance imaging (MRI) system was used
to test the distribution characteristics of pore structure of
each shale core sample, as shown in Figures 1–4.

Based on the above schematic diagrams of distribution
characteristics of pore structure and the definition given by
the International Union of Pure and Applied Chemistry
(IUPAC) [18], the pores of 1# and 2# rock samples were
dominated by mesopores and macropores with a diameter
of larger than 10nm, with the proportion of pore volume
larger than 10nm reaching more than 50%; 3# and 4#
samples were collected from the lower reservoir of the first
section of the Wufeng-Longmaxi Formation. The pores of
3# and 4# samples were mainly micropores with a diameter
of less than 10nm, and the volume of pores with a diameter
of less than 10nm occupied a proportion of over 80%. 3#
and 4# samples were extracted from the upper reservoir of
the Wufeng-Longmaxi Formation in Phase-I Production
and Construction Area in Jiaoshiba, Fuling, China.

2.2. Experimental Setup and Procedure. This experiment
mainly simulated the spontaneous imbibition of fracturing

fluid in shale reservoir. The so-called spontaneous imbibi-
tion refers to the process during which the porous medium
spontaneously absorbs some wet liquid under the capillary
force. Figure 5 shows the imbibition experimental facility.
First of all, the rock samples were dried at 120°C for 24 hours
to determine the dry weight of the samples. After that, the
side of the samples was wrapped with Teflon tape and then
placed in the imbibition experimental facility as shown in
Figure 6, with the bottom surface of the samples being con-
tacted with the level of fracturing fluid in the container. Due
to pore density of the shale core and abundant clay minerals
in the shale core, 99.5% of the fracturing fluid is water. After
contacting the fracturing fluid, the bottom of the rock
samples would produce a strong capillary force to suck the
fracturing fluid into the porous medium of the shale core.
This experiment was performed to simulate the imbibition
of fracturing fluid from the fracture-matrix system during
the fracturing of horizontal shale gas well. Once the imbibi-
tion experiment was started, the weight of the core was
weighed and recorded at regular intervals until the weight
of the samples remained almost constant. According to the
above method, the imbibition experiments were carried out
on 4 rock samples collected from Phase-I Production and
Construction Area in Jiaoshiba, Fuling, China.
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Figure 1: Distribution characteristics of pore structure of 1# shale core sample.
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2.3. Experimental Results

2.3.1. Imbibition Capabilities of Cores from Different Layers.
According to the above experimental steps, the core weight
of each rock sample was recorded for every 2 hours of imbi-
bition, and the experiment lasted for 114 hours. By subtract-
ing the dry weight of rocks samples from the core weight
measured under different imbibition time, we obtained the
amount of fracturing fluid volume absorbed by the rock
samples under different imbibition time. By calculating the
imbibition of 1#, 2#, 3#, and 4# rock samples tested under
different imbibition time, the curves of the relationship
between cumulative imbibition and imbibition time were
gained, as shown in Figure 6. The rock samples had different
pore volumes. Hence, to reduce the influence of pore volume
difference on imbibition, we drew the curves of the relation-
ship between imbibition per unit pore volume and imbibi-
tion time, as shown in Figure 7.

As shown in Figure 6, the imbibition of fracturing fluid
at cores from different layers was divided into 2 stages.
During the first stage, namely, the first 30 hours of imbibi-
tion, the cumulative imbibition surged with the increase of
imbibition time, with the cumulative imbibition accounting
for more than 70% of the total imbibition; in the second

stage, that is, 30 hours after the imbibition, the increase of
cumulative imbibition slowed down. At this stage, the imbi-
bition at cores from different layers began to change in 2
patterns (Figures 6 and 7). In the first pattern, after 30 hours
of imbibition, with the passage of time, the imbibition of
fracturing fluid at the upper core of the reservoir hardly
increased and basically remained stable (e.g., 3# and 4# rock
samples). As shown in Table 1 and Figures 1–4, such core
had high clay mineral content, low TOC content, and few
pores with a diameter of larger than 10nm. Such core can
quickly reach a state of saturation with its high clay mineral
content and high imbibition velocity. In addition, due to
hydration, shale expanded and the number of imbibition
channels decreased. Therefore, after the imbibition lasted
for a period of time, the increased amount of fracturing fluid
remained basically stable. As for the second pattern, after 30
hours of imbibition, as time went by, the imbibition at the
upper core of the reservoir continued to increase with the
imbibition time, but quite slowly (e.g., 1# and 2# rock sam-
ples). Such core had high TOC content and a great number
of pores with a diameter of larger than 10nm. Since the core
had a relatively low clay mineral content, the fracturing fluid
can permeate to the depth of the core and it takes a long time
to reach a state of saturation.
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Figure 2: Distribution characteristics of pore structure of 2# shale core sample.
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Figure 7 shows the curves of the relationship between
imbibition per unit pore volume and imbibition time. It
can be seen from the figure that there are differences in imbi-
bition per unit pore volume at cores from different layers. At
114 hours of imbibition, 4# core had the maximum imbibi-
tion per unit pore volume, 0.717 g/cm3, accounting for 80%
of the total pore volume of 4# core. The minimum imbibi-
tion per unit pore volume, 0.415 g/cm3, was found at 2# core,
taking up 64.43% of the total pore volume of this core. The
imbibition per unit pore volume is closely related to core
pore structure characteristics and clay mineral content.
The higher the clay mineral content, the stronger the wetta-
bility of the reservoir and the greater the imbibition per unit
pore volume. The higher the proportion of macropores, the
greater the imbibition per unit pore volume.

2.3.2. Characteristics of Imbibition Velocity

(1) Variation law of imbibition velocity. Imbibition velocity
is also one of the important features to understand the imbi-
bition law of the reservoir. Based on the experimental

results, we calculated the relationship between the average
imbibition velocity at cores from different layers and imbi-
bition time. Here, the average imbibition velocity refers to
the total imbibition divided by the imbibition time. The
average imbibition velocities at cores from different layers
corresponding to different imbibition were calculated,
respectively, and the curve relationship was drawn, as
shown in Figure 8.

As shown in Figure 8, the curves indicating the relation-
ship between average imbibition rate and imbibition time at
cores from different layers are generally consistent, which
accord with the relationship of power function. Besides,
the average imbibition rate decreases rapidly at the initial
stage, while after 30 hours of imbibition, the decrease of
imbibition velocity slows down. By fitting the relationship
between average imbibition velocity and imbibition time of
4 shale cores in Fuling shale gas reservoir, Equation (1) is
obtained as follows:

V = at−n, ð1Þ
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Figure 3: Distribution characteristics of pore structure of 3# shale core sample.
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where V denotes the average imbibition velocity (g/h); t
refers to the imbibition time; a and n represent the constants
related to core characteristics.

However, with different core pore structure characteris-
tics and mineral contents, though given the same imbibition
time, the average imbibition velocity at cores from different
layers is different. To analyze such difference, the relationship
between the average imbibition rate and imbibition time of
each rock sample was obtained as shown in Table 3 based
on the imbibition data of different samples in Figure 8.

The average imbibition rate of each core fits well with its
imbibition time, with the correlation coefficient R2 being
greater than 0.98. The average imbibition velocities at both
the initial and final phases of imbibition were calculated.
The initial average imbibition velocity refers to the average
imbibition velocity during the first 2 hours of imbibition,
and the final imbibition velocity is the velocity when the
imbibition has lasted for 114 hours. As shown in Table 3,
there is a difference of 13-40 times between the initial and
final average imbibition velocities of the 4 rock samples.

(2) Comparison with the Handy model. During the actual
imbibition process, the core end face adsorbs the fracturing
fluid. According to the Handy model [14], the variation
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Figure 4: Distribution characteristics of pore structure of 4# shale core sample.

Figure 5: Imbibition experimental facility.
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pattern of the imbibition per unit area was calculated. Handy
[14] established a model of spontaneous imbibition of water
in saturated gas core:

V2
imb =

2AC
2PCk∅Swf t

μw
: ð2Þ

Let imbibition rate Ai be expressed as follows:

Ai =
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2PCϕkSwf

μw

s
: ð3Þ

According to Equation (2), imbibition rate Ai can be rep-

resented by the slope of the curves of the relationship
between water absorption per unit cross-sectional area and
the square root of time:

V imb
AC

= Ai

ffiffi
t

p
, ð4Þ

where V imb denotes the imbibition fracturing fluid volume
ðcm3Þ, AC stands for the cross-sectional area of the core
ðcm2Þ, Ai represents the imbibition rate ðcm/h0:5Þ, PC
denotes the capillary force (Pa), ϕ represents the porosity
(decimal), k denotes the permeability (mD), Swf stands
for the front water saturation (decimal), and μw represents
the viscosity of water (cP).
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Based on the experimental data of the 5 rock samples
from different layers collected from the Fuling shale gas
reservoir, we calculated the water absorption per unit
cross-sectional area of each sample and drew the curves of
the relationship between water absorption per unit cross-
sectional area and the square root of imbibition time, as
shown in Figure 9.

Each curve in Figure 9 has 2 segments. The first segment
is a straight line through the origin, which conforms to the
linear characteristics of the Handy model. As for the second
segment, with the increase of imbibition time, the imbibition
proceeded at a slower pace. The slope of the second segment
is smaller than that of the first segment. Therefore, for the
imbibition process of shale core, the imbibition velocity of
fracturing fluid in the shale gas well cannot be directly
described and analyzed by the Handy equation. Though
the prediction results obtained by the Handy model [14]
are in good agreement with the experimental data of sand-
stone and limestone samples, the results cannot be directly
used to calculate the imbibition velocity of fracturing fluid
in shale gas wells.

Table 4 shows the concrete relationship between the
absorption per unit cross-sectional area and the square root
of imbibition time.

As indicated by the relationship between water absorp-
tion per unit cross-sectional area and the square root of
imbibition time (Figure 10), the initial imbibition rate is
correlated with the clay mineral content. If the clay mineral
content is high, when the reservoir is undersaturated, the
initial imbibition velocity of rock samples will be high. 3#,
4#, and 1# rock samples have relatively high imbibition
velocity. Extracted from layers 8 and 9 of the Wufeng-
Longmaxi Formation, the clay mineral contents of 3# and
4# rock samples are 61.6% and 58.8%, respectively, much
higher than those of the other rock samples. Observable
fractures were found in 1# rock sample (Table 1), which
resulted in high initial imbibition velocity. It fully shows that
when there are fractures, the initial imbibition will be accel-
erated. Hence, when fractures develop in the reservoir, the
fracturing fluid enters the reservoir very fast, and the pres-
sure of the fracturing construction curve drops rapidly. After
30 hours of fracturing, rock samples with low clay mineral
content and large proportion of macropores (more than
50% in the case of this sample) have a high imbibition rate,
with the cumulative imbibition continuing to increase. For
instance, in the case of 1# and 2# rock samples, such fractur-
ing fluid can be absorbed into the deep reservoir to replace
more shale gas. Besides, in the later production stage, the
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Figure 8: Curves of the relationship between average imbibition rate and imbibition time.

Table 3: Relationship between average imbibition velocity and imbibition time.

Samples
Relationship between average imbibition velocity and

imbibition time
R2 Initial average imbibition velocity

(g/h)
Final imbibition velocity

(g/h)

1# V = 0:15208 t−0:695 0.99 0.0801 0.0063

2# V = 0:073 t−0:577 0.99 0.0976 0.0057

3# V = 0:19 t−0:72 0.99 0.11205 0.0042

4# V = 0:127 t−0:604 0.98 0.0806 0.0045
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flowback rate is low, while the initial production is high.
Moreover, according to the calculation results shown in
Table 4, the imbibition rate at cores from layers 8 and 9 of
the Longmaxi Formation in Fuling shale gas reservoir during
the first stage can be 0.02 cm/(h0.5), and the imbibition rate
at cores from layers 3 and 4 of the Longmaxi Formation
during the first stage can be 0.01 cm/(h0.5).

(3) Calculation of cumulative imbibition and fracture area of
fractured shale gas well. The cumulative imbibition and frac-
ture area in the fractured shale gas well can be estimated
based on the results of imbibition experiment. The experi-
mental core samples represent different shale reservoirs.
Table 3 shows the equation that calculates the changes of
the average imbibition velocity when the fracturing fluid
flows through shale core sections of different reservoirs
(the cross-sectional area is 4.95 cm2). Based on the experi-
mental results shown in Table 3, we selected the similar res-
ervoirs represented by the experimental cores to calculate
the cumulative imbibition, and the method is also applicable
to the calculation of imbibition on the fracture surface of
horizontal fractured wells.

Based on Equation (1) of calculating the average imbibi-
tion velocity, the equation of cumulative imbibition W
through the cross-sectional area of 4.95 cm2 was obtained
by integral operation.

W = a
ðt
0
tt−ndt = a

t2−n

2 − n
, ð5Þ

where a and n can be selected from Table 1 according to
the characteristics of shale reservoir; t denotes the frac-
turing construction time (h); W is the cumulative imbibi-
tion through the section with a cross-sectional area of
4.95 cm2 (g).

The cumulative imbibition of fracturing fluid in shale
gas wells with different fracturing time can be calculated
based on Equation (5). The above analysis is based on the
imbibition law obtained under the same conditions of core
section, and the cumulative imbibition per unit area of shale
can be obtained.

The fracture surface of the horizontal well was assumed
to be A (m2), the total amount of injected fracturing fluid

Table 4: Fitting relationship of imbibition velocity in Handy model.

Samples Handy imbibition velocity (cm/(h1/2)) Fitting equation R2

1# 0.0182 y = 0:0182x + 0:0087 0.97

2# 0.0115 y = 0:0115x + 0:0029 0.99

3# 0.0164 y = 0:0164x + 0:00178 0.87

4# 0.0176 y = 0:0176x + 0:0082 0.95
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Figure 9: Curves of the relationship between water absorption per unit cross-sectional area and the square root of imbibition time.
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was supposed to be Qi (m
3), and the flowback volume of

fracturing fluid was set as Qp (m
3). Since the fracturing fluid

is mainly composed of water, the density was set as 1 g/cm3.
Therefore, 1m3 of fracturing fluid was converted into 1000 g
of water, and the equation for calculating cumulative imbibi-
tion is expressed as follows:

Qi −Qp =
A ×W × 10−6
4:95 × 10−4 : ð6Þ

By substituting Equation (5) into Equation (6) and intro-
ducing the effective utilization rate C of fracturing fluid, the
equation of calculating the fracture surface of the shale gas
horizontal well is obtained as follows:

A = C
495 × Qi −Qp

� �
× 2 − nð Þ

at2−n
, ð7Þ

where C is the effective utilization rate of the fracturing fluid
(95-98%) and the area of the fracture surface fractured by
the horizontal well can be estimated based on Equation
(7), so the fracturing scale can be analyzed.

2.3.3. Main Factors Influencing Imbibition Characteristics.
Due to strong reservoir heterogeneity, small pore throat,
high clay mineral content, and strong hydrophilicity of
shale, different core characteristics will affect both the imbi-
bition velocity and imbibition. The relationship between
characteristic parameters of different layers and imbibition
velocity of four cores is drawn, as shown in Figure 10.

Based on the variation of characteristic parameters of
different cores, the relationship between characteristic
parameters of different layers and imbibition velocity can
be summarized as follows: (1) The higher the clay content,
the higher the initial imbibition rate. (2) Porosity is well cor-
related with initial imbibition velocity, and the higher the
porosity, the faster the initial imbibition. (3) There is no good
correlation between cumulative imbibition and pore volume,
which indicates that cumulative imbibition is not merely
determined by pore volume, but is closely related to pore
structure characteristics and composition of shale minerals.

3. Discussion

The rock samples used in the imbibition experiment were
extracted from the first section of Wufeng-Longmaxi Forma-
tion in Phase-I Production and Construction Area in Jiaoshiba
block of Fuling shale gas reservoir in China. The specific
parameters of the cores were measured by standard instru-
ments to ensure the reliability of the experimental results.

Based on the imbibition data of cores from different
layers, the average imbibition velocity of shale lives up to
the diminishing law of power function. The imbibition was
divided into two stages. During the first stage, namely, the
first 30 hours of imbibition, the imbibition velocity was high,
with the cumulative imbibition accounting for more than
72% of the total imbibition. During the second stage, the
imbibition velocity remained stable or slightly increased.
Because of the strong surface adsorption, the imbibition
velocity was high at the beginning. The average imbibition
velocity increased during the later period because there was
a high proportion (greater than 50%) of macropore throat
with a diameter of over 10 nm in the cores. The average
imbibition rate and imbibition time of shale reservoir core
conform to the power function relationship which runs
throughout the whole imbibition process. However, the
Handy model is not suitable to characterize the imbibition
characteristics of shale core. According to the Handy model,
the square root of the imbibition time is linearly related to
the imbibition per unit area, but the actual relationship is
divided into two segments. The power function relationship
makes it convenient for us to calculate and analyze the actual
imbibition velocity and cumulative imbibition. Nevertheless,
to calculate the actual imbibition velocity and cumulative
imbibition of the shale gas reservoir using the power func-
tion, relevant parameters should be obtained by experiment,
which brings inconvenience to later applications. It is
suggested that imbibition experiments should be carried
out based on different shale gas core characteristics so as to
obtain the template formula of calculating the declining
imbibition representing different types of cores, that is,
different power function parameter values. In this way, the
imbibition of different shale gas reservoirs can be directly
calculated using the template formula.

Based on the variation pattern of the average imbibition
velocity, we obtained the formula of calculating cumulative
imbibition and estimating the fracture surface of shale gas
horizontal well, which helped to gain the cumulative imbibi-
tion per unit area of the shale gas reservoir. The estimation
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of the fracture surface can be applied to analyze the scale and
complexity of fracturing. Nonetheless, in the actual fractur-
ing process, apart from imbibition, the injection of fractur-
ing fluid still includes the inflow, leakage, and loss of
differential pressure. Hence, it is critical to determine the
value of C in Equation (7).

According to the calculation results in Table 5, the frac-
turing scale of the lower reservoirs represented by 1# core is
larger than that of the upper reservoirs with 3# core as the
representative. In the Fuling shale gas well, the lower reser-
voirs have a larger fracturing scale and a greater output
than the upper reservoirs, which is consistent with the
prediction results.

The imbibition time was set to be 114 hours in the exper-
iment. In terms of the production in the mine field, the shut-
in time after shale gas horizontal well fracturing can be
regarded as the imbibition time. However, based on the
analysis of the imbibition experimental results, the imbibi-
tion began to slow down after 30 hours and remained basi-
cally stable after 60 hours. Therefore, 3 days is enough as
the shut-in time after shale gas horizontal well fracturing.

4. Conclusion

Due to the heterogeneity, nanopore, high clay mineral
content, and strong hydrophilicity of shale gas reservoir, its
imbibition process is greatly different from that of conven-
tional sandstone. In this study, abundant experiments were
carried out on the shale gas from different layers and with
different characteristics in the Fuling shale gas reservoir to
obtain the following conclusions.

(1) Shale imbibition can be divided into two stages sep-
arated by 30 hours. The initial imbibition was fast,
with the cumulative imbibition in the first 30 hours
accounting for 72-95% of the total imbibition. After
30 hours, the imbibition velocity was substantially
reduced. When the proportion of pore throat with
a diameter of larger than 10nm in the core is less
than 20%, the cumulative imbibition curve is stable;
when such a proportion is greater than 20%, the
cumulative imbibition curve presents an upturn

(2) Throughout the imbibition process, there is a power
function relationship between the average imbibition
velocity and imbibition time. This result can be used
to preliminarily estimate the cumulative imbibition

per unit area and the fracture surface of the fractured
well. The initial imbibition rate of Fuling shale gas
reservoir is within the range of 0.05-0.11 g/h

(3) The Handy model is unable to describe the entire
process of shale reservoir imbibition, and the imbibi-
tion law of shale reservoirs cannot be solely based on
the Handy model. The Handy model is applicable to
estimate the imbibition during the first 30 hours of
imbibition, and a new model needs to be established
in the later stage. The imbibition rate at cores from
layers 8 and 9 of the Longmaxi Formation in Fuling
shale gas reservoir during the first stage can be 0:02
cm/ðh0:5Þ, and the imbibition rate at cores from
layers 3 and 4 of the Longmaxi Formation during
the first stage can be 0:01 cm/ðh0:5Þ

(4) Cumulative imbibition has nothing to do with core
volume, but is related to pore throat characteristics
and clay content. The higher the clay mineral con-
tent and the higher the proportion of macropore
throat, the larger the cumulative imbibition. The
imbibition of fracturing fluid is based on multiple
actions, i.e., core surface adsorption, pore throat
diffusion, and capillary force, on the core
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