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In this work, a triple-porosity, two-phase ﬂow model was established to ﬁll the knowledge gap of previous models focusing on gas
production characteristics while ignoring the impacts of water injection. The proposed model considers the water ﬂow in the
fracture systems and clay minerals and the gas ﬂow in the organic matter, inorganic pore, and fracture systems. The proposed
model is solved using a ﬁnite element approach with COMSOL Multiphysics (Version 5.6) and veriﬁed with ﬁeld data. Then,
the evolutions of the intrinsic and relative permeabilities during water injection and gas production are examined.
Furthermore, the impacts of water injection time and pressure are investigated. Good veriﬁcation results are obtained; the
goodness-of-ﬁt value is 0.92, indicating that the proposed model can replicate both the water stimulation and the gas
production stages. The relative gas permeability declines during water injection but recovers in the gas depletion stage.
Furthermore, the intrinsic permeability increases during the water injection stage but decreases during the gas production
stage. A higher water injection pressure and longer injection time would enlarge the intrinsic permeability, thus improving
ﬂow capacity. However, it would reduce gas relative permeability, thereby hindering gas ﬂow. The shale gas production
characteristic is controlled by the two abovementioned competing mechanisms. There exists a perfect combination of water
injection pressure and injection time for achieving the maximum proﬁtability of a shale gas well. This work can give a better
understanding of the two-phase ﬂow process in shale reservoirs and shed light on the ﬁeld application of hydraulic fracturing.

1. Introduction
Compared with other fossil fuels, shale gas plays an important
role in the global energy mix with the exhaustion of conventional reservoirs [1, 2]. Owing to the extremely low permeability
(nanodarcies, 10−21 m2) and porosity (less than 5%) of shale gas
[3], highly eﬀective reservoir stimulation technologies are vital
for the successful exploitation of shale gas reservoirs [4].
Hydraulic fracturing (HF), wherein large volumes of water are

injected into shale reservoirs to induce gas production, is a
mainstream method of stimulation (Figure 1(a)). Injected water
ﬂows into the hydraulic fractures and enters the shale matrix,
thus occupying the gas ﬂow channels and impairing the gas
ﬂowback process [5] (Figure 1(b)). Besides the injected water,
abundant reserves of connate water are present in shale gas reservoirs [6, 7]; this is adsorbed on the surface of inorganic matter
(clays) [8, 9] or trapped by capillary pressure in small inorganic
pores [5, 10]. In general, connate water is initially immobile.
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Figure 1: (a) Schematic illustration of shale gas HF. (b) Water imbibition process in a shale reservoir. (c) SEM image of the shale matrix.

However, during the water injection process, part of the penetrating water becomes residual water in the inorganic matrix,
since it is ﬁlled to normal irreducible water saturation [11, 12].
In conclusion, both injected water and connate water can signiﬁcantly impact gas production characteristics [13], yet most
gas production models only consider the inﬂuence of gas pressure and eﬀective stress or connate water [14]; there is no comprehensive investigation of the impacts of injected water.
Injected hydraulic water dramatically inﬂuences gas
diﬀusivity and permeability [15, 16], thereby hindering gas
transport in shale. According to experimental results for
the Svalbard Shale, moisture content strongly decreases Ar
and CO2 permeability [17]. Increasing water saturation leads
to an exponential decline in apparent eﬀective He permeability; at a water saturation of approximately 30%, He permeability decreased strongly [18]. Further, the permeability
of crushed shale samples exhibited exponential decline when
saturated with water [19]. In addition, retained water can
occupy void spaces and adsorption sites that were initially
originally available for gas storage through two mechanisms
[20]: (i) a part of void space would be occupied by injected
water, directly decreasing the free gas content in shale [21,
22]. (ii) Moreover, pore surface sites originally intended for
methane adsorption are partially occupied by water molecules through competitive adsorption, since condensed
water is blocking the pore throat, resulting in a decline in
gas adsorption capacity [21, 23–25].
The two-phase ﬂow process during shale gas production
has been widely investigated analytically and semianalytically with the inﬂuence of complexity and half-length of
hydraulic fracture [26, 27], increased permeability, and frac-

ture conductivity in stimulated reservoir volume (SRV) [28,
29] considered. In Clarkson and Williams-Kovacs’ work, the
short-term ﬂowback data was adopted to characterize water
and gas production characteristics and ﬂowing pressure [26].
In the later work, Williams-Kovacs and Clarkson [28]
proposed a data-driven pseudoanalytical model in which
the two-phase ﬂowback process was investigated and the
impacts of key frac properties were analyzed. However, the
complex coupling mechanisms between reservoir deformation and gas-water two-phase ﬂow are typically ignored in
these previous approaches [30]. By countering this problem,
numerical reservoir models are widely used to predict production [2, 14], improve proﬁtability [31], and understand
potential hazards [32]. Cao et al. [33] proposed a multiscale,
multiphase model for gas-water two-phase ﬂow within shale
reservoirs. Based on an evaluation of shale gas recovery, the
model can quantitatively diﬀerentiate these properties of
fractured water. Later, a multidomain unstimulated reservoir
volume (USRV) and stimulated reservoir volume (SRV),
multiphysics model was proposed by Cui et al. [14] to represent two-phase ﬂow within a heterogeneous shale gas reservoir. In Li et al.’s work [34, 35], a three-component solid
system including organic kerogen, inorganic matrix, and
hydraulic fracture (HF) was speciﬁed to characterize twophase ﬂow during the gas production stage. The dual-porosity, dual-permeability media was adapted to the ﬁrst two
components with a 1D cracked medium referred to as the
last for simpliﬁcation. Diﬀerent properties in the so-called
stimulated reservoir domain (SRD) and unstimulated reservoir domain (SRD) were assumed to simulate the inﬂuence
of HF in the near-HF matrix.
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As mentioned above, current gas production models are
mostly focused on gas ﬂow characteristics and ignore the
impacts of the injection of hydraulic water. In other words,
only the gas production stage is replicated in the simulation
work, and the water injection process is seldom studied. In
such approaches, the impacts of water injection pressure
and injection time are not fully understood. To address these
shortcomings, this study proposes a coupled two-phase ﬂow
model to comprehensively examine the eﬀect of injected
water on reservoir production. A group of partial diﬀerential
equations governing the multiscale, two-phase ﬂow in a
shale gas reservoir is proposed, and both intrinsic and relative permeability evolutions are considered. The proposed
model is elucidated via numerical simulations and sensitivity
analyses and veriﬁed with ﬁeld data.
This paper is organized as follows: the conceptual model
and mathematical model are presented in Sections 2 and 3,
respectively. Then, model veriﬁcation is conducted in Section 4, and the results and discussion are shown in Section
5. Finally, the conclusions are explained in Section 6.

2. Conceptual Model
2.1. Triple-Porosity Model. A ﬁeld emission scanning electron microscopy (FESEM) image (Figure 1(c)) [36–40] is
selected to represent highly heterogeneous properties of
shale matrix, such as mineral constituents, pore structure,
and gas storage term. Based on these observations, a tripleporosity model was established in this study to probe the
eﬀect of hydraulic water and connate water on shale gas production characteristics. In this triple-porosity model, the
shale reservoir is divided into the fracture system, inorganic
matrix, and organic matter [41]. Free gas exists in the fracture system and inorganic matrix, whereas absorbed gas is
present in the organic matter [42]. The hydraulic ﬂuid enters
the fracture system and inorganic matrix system, while connate water exists in the inorganic matrix and organic matter,
impacting the gas storage amount.
2.2. Water Injection Process
(a) Initial equilibrium state and pressure rise stage
As shown in Figure 2(a), before HF, the water saturation
is relatively low. As the injection process continues, the
water injection volume increases linearly with time, and
the water pressure in the wellbore rises continuously with
continuous water injection. Water percolation in shale reservoir fractures can be described by Darcy’s law [43]. When
the water pressure reaches the fracture pressure, the shale
reservoir is in a critical state, which manifests externally as
hydraulic fractures.
(b) HF stage
Under the combined action of in situ stress and highpressure water, the radial stress on the inner surface of the
fracture hole is expressed as compressive stress and the tangential stress is expressed as tensile stress [44]. Because the
compressive strength is much greater than the tensile
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strength, the newly generated fractures in the shale reservoir
are mostly initiated by tensile failure [45]. The fracture initiation and propagation mechanisms of HF are generally
described by fracture mechanics failure criteria: the tensile
strength criterion and the Mohr–Coulomb criterion [46].
As shown in Figure 2(b), after HF is initiated, the injection
water ﬂows into the main fracture network, and generally
the Darcy equation is applied.
(c) Water imbibition stage
The water environment is shaped under the water pressure
after the fracture penetrates, and the water imbibition process
can be divided into three stages. First, water enters the fracture
system (Darcy’s law). Then, it diﬀuses into the inorganic
matrix. In this work, only clay minerals are assumed to be
highly hygroscopic. In the last stage, the water diﬀuses into
the organic matter through a competitive adsorption behavior.
When the injection water diﬀuses into the shale matrix from
the hydraulic or natural fractures, as shown in Figure 2(c),
the gas relative permeability of the shale reservoir changes
impacting the gas ﬂow characteristics.
(d) Final equilibrium state
During the fracturing process, a large amount of slick
water is pumped into the reservoir for several days. A technique called soak-back was recently developed to boost production after HF; it sets a well shut-in period (soaking time)
to soak the fracture ﬂuids and thus increase productivity.
During these two processes, the hydraulic ﬂuid continues
to diﬀuse until a new equilibrium state is reached. However,
a new state may never be achieved, as thousands of years are
needed [2].
2.3. Gas Production Process
(a) Bubble ﬂow
The water ﬂowback and gas production processes can be
roughly split into four stages as shown in Figure 3. In the
ﬁrst stage (Figure 3(a)), water in the horizontal well and
hydraulic fracture ﬂuid ﬂow back together with a small
amount of free gas. This part is known as bubble ﬂow.
(b) Water-dominant two-phase ﬂow
In the later stage (Figure 3(b)), the water in the inorganic
matrix is depleted, since the water saturation between the
hydraulic fracture and inorganic matrix is diﬀerent. In this
stage, some free gas in the inorganic matrix ﬂows back
because of the pressure diﬀerence. In this stage, the water
ﬂow plays the dominant role. The water saturation is higher
than the gas saturation, leading to a signiﬁcant larger water
relative permeability.
(c) Gas-dominant two-phase ﬂow
In the middle and later stages of production
(Figure 3(c)), the residual water on the fracture surfaces is
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Figure 2: Schematic illustration of the water injection process: (a) initial and pressure rise stages, (b) HF stage, (c) water imbibition stage,
and (d) ﬁnal stage.

extracted through moisture transport. In the meantime, the
fracture permeability is improved, since the gas ﬂow channels in the fractures are widened by the evaporation of the
water ﬁlm, which also increases the gas output. Additionally,
the adsorbed gas in the organic matter begins to diﬀuse
because of the gas concentration gradient.
(d) Final equilibrium state
In the ﬁnal state (Figure 3(d)), all the water and gas molecules are depleted, and a new equilibrium state is achieved.
However, this state is diﬃcult to achieve, as more than 3,000
years are needed to attain full equilibrium, as shown in a
previous work [2].
2.4. Competitive Adsorption between Gas and Water. Shale
gas adsorption under dry conditions plays a vital role in
gas in place (GIP) estimation [47, 48]. Although a few
studies have been conducted on methane adsorption in
moisture-equilibrated shale [23, 49], the impact of water
content has not been fully studied.

Figure 4 illustrates the microscopic diﬀerences between
saturated shale (low/high moisture content) and dry shale.
The adsorption sites in the shale matrix—the organic
structure surfaces and the clay mineral surfaces—are fully
occupied under dry conditions. However, these characteristics are quite diﬀerent under moist conditions: (i) functional
groups containing oxygen and nitrogen atoms are of stronger water absorption capacity and (ii) water molecules are
easily adsorbed on clay minerals. Both conditions greatly
reduce the shale gas adsorption capacity. Hence, a shale
gas reservoir can achieve maximum adsorption capacity
under dry conditions.

3. Mathematical Model
3.1. Gas-Water Two-Phase Flow in the Fracture System. The
mass conservation equation of gas-water two-phase ﬂow in a
fracture system is given as [50]
∂m f a
+∇ ⋅ J f a = Q f a ,
∂t

ð1Þ
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Figure 3: Schematic illustration of the gas production process: (a) bubble ﬂow, (b) water-dominant two-phase ﬂow, (c) gas-dominant
two-phase ﬂow, and (d) the new equilibrium state.

where subscript α refers to either water (w) or gas (g), subscript f denotes the fracture system, and Q f α refers to the
ﬂow source or sink. With the consideration of gravity, the
mass ﬂux J f α of the ﬂuid can be calculated as [51]
J f a = −ρ f a


k f k f ra 
∇p f a + ρ f a g ,
μa

ð2Þ

where k f and k f ra are the intrinsic and relative permeabilities, respectively, of the fracture system, pa represents the
pore pressure, μα represents the viscosity, and g represents
the acceleration due to gravity.
The water mass (mwf ) only contains free phase and is
calculated as [52]
mwf = swf ρwf ϕ f + Qwf ,

ð3Þ

where swf refers to the water saturation, ρwf represents the

water density, φ f refers to the porosity, and Qwf refers to
the water source term.
The gas mass (mgf ) is composed of free gas and mass
resources provided by the inorganic pore system [53].
mgf = sgf ρgf ϕ f + Qin2f ,

ð4Þ

where sgf and ρgf represent the gas saturation and gas density, respectively.
The gas mass transfer term is proportional to the gas
content diﬀerence between the fracture and inorganic
matrix systems:
Qin2f =



ωin kapin
ρing p f − pin ,
μ

where ωin is the shape factor.

ð5Þ
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Therefore, the two-phase ﬂow in a fracture system can be
written as


∂ sf wρf wϕf
∂t


∂ sf gρf gϕf



∂t



k f k f rw 
= ∇ ⋅ ρf w
∇p f + ρ f w g
+ Qwf ,
μw



k f k f rg 
∇p f g + ρ f w g
= ∇ −ρ f g
μa

σin kapin 
ρin p f − pin :
−
μ

ð6aÞ

ming = ρing ϕin Sing + ρga ρs mor ,

ð6bÞ

where φin refers to the inorganic porosity and ρing refers to the
gas density. J ing is described as the modiﬁed Darcy equation:
J ing = −

3.2. Water Imbibition in the Inorganic Matrix. From microscopic images in some studies [54, 55], clay minerals in the
shale matrix are usually embedded into nonclay minerals.
Generally, a maximum water mass value exists, above which
water mass remains constant, and the ratio of increase generally declines with the water mass content. Therefore, the
rise in the water mass of clay minerals is determined by
the disparity between the presented water mass (mcl ) and
the maximum value (mmax ) [50]:
∂mcl
=
∂t

(

Ra ðmmax − md Þ,

if mcl < mmax ,

0,

if mcl ≥ mmax ,

ð7Þ

where Ra refers to the adsorption rate (1/s).
3.3. Gas Slippage Flow in the Inorganic Matrix. The mass
conservation law of gas slippage ﬂow in an inorganic pore
can be represented as [14]
∂ming
+∇ ⋅ J ing = Qs + Qin2f ,
∂t

where subscript in represents inorganic minerals and J ing
refers to the gas mass ﬂux.
Both the free-phase gas in inorganic pores and the gas
mass source applied by the organic system contribute to
the gas mass content ming :

ð8Þ

kapin
ρ ∇p ,
μ ing in

ð9Þ

ð10Þ

where kapin refers to the apparent permeability and is written
as [2]


4Knin
kapin = 1 +
k :
1 + Knin ing

ð11Þ

3.4. Diﬀusion of Gas in Organic Matter. The mass transfer rate
between the inorganic and organic systems depends on the
diﬀusion duration in the organic matter [56].

dmor
1 
=−
mor − meq ðpwall Þ ,
τor
dt

ð12Þ

where meq ðpwall Þ represents the gas concentration at equipoise
with the interface pressure pwall. The diﬀusion time τor is
represented as
τor =

1
,
ωor Dor

ð13Þ
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Figure 5: Illustration of the multiphysics, multidomain model: (a) geometric model and (b) meshing model.

where subscript or represents the organic matter, D (m2/s) is
the surface diﬀusion coeﬃcient, and wor is the shape factor.
3.5. Competitive Adsorption in Organic Matter. We assumed
a pseudosteady state in this work [31] and found that the
interface pressure pwall was equivalent to the inorganic matrix
pressure por . Because of the presence of clay minerals, a water
ﬁlm exists on the surface of minerals in inorganic shale [21,
57] inﬂuencing the adsorption and desorption behavior of
shale gas. The following equation is proposed [58]:
mor = β

V H por
V p
+ ð1 − βÞ L or ,
por + PH
PL + por

ð14Þ

where mor is the gas adsorption volume in organic matter, V L
refers to the solid-gas (Langmuir) saturated adsorption volume, PL is the Langmuir pressure constant, V H refers to the
liquid-gas saturated adsorption capacity, and β is the water
molecular coverage ratio, deﬁned as the rate of the wetting
area of water molecules to the whole pore area. Moreover,
the covering rate of the water molecules is relevant to irreducible water saturation, as shown by the following [59]:
"



Srw = 1 − 1 −

h
r

2 #

β,

ð15Þ

where Sw refers to the capillary water saturation (dimensionless), r refers to the pore radius, and h refers to the water
molecular layer thickness.
3.6. Permeability Variation with Eﬀective Stress and
Water Saturation
3.6.1. Permeability Correction with Water Saturation. The
following supplementary equations for saturation and capillary pressure are necessary for solving the two-phase ﬂow in
a shale reservoir [60]:

siw + sig = 1,

ð16Þ

pic = pig − piw ,

where pic is the capillary pressure and calculated with the
Brooks and Corey formulation [61, 62]:
pic = pie ðsiew Þ−1/λi ,

ð17Þ

where pie represents the nonwetting phase entry pressure,
siew represents the eﬀective saturation for the water phase,
and λi represents a pore size distribution parameter. In our
research, we assumed that the parameter λi was 2. Then,
the eﬀective water saturation can be expressed as
sewi =

swi − swri
,
1 − swri − sgri

ð18Þ

where swri and sgri represent the irreducible water and gas
saturations in a fracture zone, respectively.
In this study, the relative permeability was governed
by [63]

kirg = ð1 − siew Þ2 1 − siew 2 ,
pﬃﬃﬃﬃﬃﬃﬃ 
kirw = siew 1 − 1 − siew 1/m


m 2

,

ð19Þ

where kirg and kirw refer to the relative permeabilities of
gas and water, respectively.
Water saturation can be determined directly for the twophase ﬂow in a fracture system. The water saturation in clay
minerals is related to the water mass and represented as
Swcl =

mcl
S
,
mmax w max

ð20Þ

where Sw max denotes the maximum water saturation in
clay minerals.
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Table 1: Marcellus Shale property parameters [66, 67].

1x105

(a)

Size of the simulation area (rectangle, m)

Value
79.4
92
92 × 280 × 120

Fracture permeability in SRV (k f x , m2)

1:5 × 10−16

Inorganic permeability in SRV (kinx , m2)

1:5 × 10−18

Fracture porosity in SRV
Inorganic porosity in SRV
Shape factor in the inorganic matrix (m−2)
Initial water saturation in SRV
Irreducible water saturation
Langmuir pressure constant (MPa)
Bottom-hole water saturation
General parameter
Gas density (kg/m3)
Coeﬃcient for relative permeability (m)
Universal gas constant (J/(mol·K))

0.07
0.03
15
0.05
0.06
4
0.1
Value
0.714
0.5
8.314

0

2

Inorganic permeability in USRV (kinx , m )
Fracture porosity in USRV
Inorganic porosity in USRV

−20

2 × 10

0.04
0.015

Surface diﬀusion coeﬃcient (s)

4 × 109

Initial water saturation in USRV
Irreducible water saturation
Langmuir volume constant (m3/kg)
Biot’s coeﬃcient
General parameter

0.05
0.04
0.003
0.8
Value
2 × 10−5

Gas viscosity (Pa·s)
Coeﬃcient for capillary pressure (λ)
Molar mass of methane (kg/mol)
Compressibility of methane (Pa−1)

2
0.016
3:8 × 10−10

3.6.2. Permeability Correction with Eﬀective Stress. The fracture permeability correlation for gas shale with eﬀective
stress can be written as
k = k0 e−3c f ðσe f −σef 0 Þ ,

100
150
Time (day)

200

250

Gas from SRV
Gas from USRV
Field data

1:3 × 10−18

Fracture permeability in USRV (k f x , m2)

50

Proposed model

Value
3.45
32.6
30 × 100 × 50

Size of SRV (spheroid, m)

4x104

0

(b)
Reservoir parameter
Bottom-hole pressure (MPa)
Initial gas pressure (MPa)

6x104

2x104

1:4 × 10−5

Compressibility of methane (Pa−1)

Field data (m3 /day)

8x104

Reservoir parameter
Reservoir temperature (°C)
Fracturing cluster spacing (m)

ð21Þ

where σef refers to the eﬀective stress and c f refers to the

Figure 6: History matching results for ﬁeld data gathered from the
Marcellus Shale.

fracture compressibility. The eﬀective stress, which represents the distinction between the formation stress and liquid
pressure, can be formulated as
σef = σ − p:

ð22Þ

The liquid pressure is the combination of the gas and
water pressures in the fracture system, which is deﬁned
as follows:
p = sw p f w + sg p f g ,

ð23Þ

and the inorganic system’s gas pressure, which is deﬁned
as follows:
p = pg :

ð24Þ

4. Model Verification
4.1. Model Building. A testing well drilled into the lower sections of the Marcellus Shale [64] executed seven fracturing
stages (each of which contained ﬁve perforation clusters)
measuring over 630 m in the lateral section. Its completion
design included 450,000 gallons of slick water per stage,
and sand particles were used as proppants. Only 200 days
of the production data were used for history matching. The
distance between the diﬀerent fracture stages far outweighed
that between diverse perforation clusters in a special stage
[29, 57]. Therefore, a computation domain including one
fracture stage (ﬁve perforation clusters) and its adjacent area
was selected.
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Similar to Cui et al. [14], we connected the SRV areas
induced per perforation cluster and formed a spheroidshaped volume. The nonimpacted area is the USRV. In the
process of simulation model design, the research area was
conﬁgured as a cuboid with a size of 92 m × 280 m × 120 m,
while the SRV exhibits spheroid shape with the semiaxes
deﬁned as 35, 100, and 50 m (in the x, y, and z directions,
respectively). The reservoir geometry and SRV are depicted
in Figure 5(a). A highly reﬁned mesh is required for the
SRV region, while a relatively coarser mesh is suitable for
the USRV. After meshing, there were a total of 113,895
elements with an average quantity of 0.85 as depicted in
Figure 5(b).
Both the water injection, which lasted two days, and the
gas production processes were replicated to fully verify the
proposed model. For the water injection process, a constant
water saturation value of 0.8 was used as the water ﬂow
boundary. For the gas production process, the bottom-hole
pressure was obtained from Meyer [65]. For the gas ﬂow
model in the organic and inorganic matrixes, due to the lack
of immediate engagement with hydraulically formed fractures, ﬂow boundary conditions were not taken into consideration. The water saturation value applied to the well was
0.2. Information about the Marcellus Shale reservoir was
gathered from the previous work [66–68] and is detailed in
Table 1.
4.2. Veriﬁcation Results. The matched gas production ratios
are shown in Figure 6. The model perfectly matched the ﬁeld
data, with a goodness-of-ﬁt value of 0.92. The gas sources
were also examined. As the production time increased, the
gas production rate increased and then decreased. The
increase stage was mainly observed in the ﬁrst two days. This
is because a large amount of water was discharged during
this stage, which increased the relative gas permeability.
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Figure 8: Evolution of average water pressure in the SRV and
USRV regions during water injection.
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Figure 9: Gas/water relative permeability
permeability of the SRV and USRV regions.

and

intrinsic

5. Results and Discussion
5.1. Water and Gas Transport Processes
5.1.1. Water and Gas Saturation Evolution. Changes in water
and gas saturation directly aﬀect gas and water relative permeabilities. In the water injection stage, the water pressure
gradient forces the high-pressure water injected at the
wellhead to migrate to the reservoir. Figure 7 shows the
evolution of the swf and swg of the SRV and USRV regions.
The average value of each domain is applied here. The
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Figure 10: Intrinsic permeability variations with water pressure.

results show the following: (i) the values of swf in the SRV and
USRV regions show signiﬁcant discrepancies, while the values
of swin exhibit little diﬀerences. (ii) During the water ﬂowback
and gas production stage, the water in the fracture system ﬁrst
ﬂows back, presenting a dramatic decrease in swf ; by contrast,
swin shows little variation. (iii) As a result, the gas saturation
(sgf ) in the fracture system spikes, but the value in the inorganic system shows only a small change.
5.1.2. Water and Gas Pressure Evolution. The water and gas
pressures are further investigated to fully illustrate the water
and gas transport processes in the shale reservoir. The average water and gas pressures of the fracture system in the
SRV and USRV regions are shown in Figure 8. During the
water injection stage, the water pressures of both systems
signiﬁcantly increase in not only the SRV region but also
the USRV region; the values in the SRV system are larger
than those in the USRV system. In the gas production
process, the water and gas pressures drop sharply to the
extraction pressure at the wellhead; the value in the SRV area
is lower than that in the USRV area, leading to a pressure
gradient. This pressure gradient causes the gas in the fracture to continuously migrate to the wellhead.
5.2. Permeability Evolution
5.2.1. Intrinsic Permeability Evolution. Permeability determines water and gas ﬂow rates and therefore controls gas
production characteristics. It is thus a signiﬁcant parameter
indicating the ﬂow capacity in a reservoir. In this research,
permeability is assumed as the combination of relative and
intrinsic permeabilities, and their variations are examined.

Figure 9 shows the evolutions of intrinsic and relative
permeabilities during the water injection and gas production
stages. In the water injection stage, the eﬀective stress
increases, leading to an increment in intrinsic permeability.
The value in the SRV area is larger than that in the USRV
area due to the higher water pressure in the former region.
During the water ﬂowback and gas production stage, both
intrinsic permeabilities in the SRV and USRV regions
decline because of the decreased eﬀective stress. On the
contrary, the value in the SRV area is lower than that in
the USRV area, but the diﬀerence is small because of the
supporting eﬀect of proppants.
5.2.2. Gas/Water Relative Permeability Evolution. Besides
intrinsic permeability, the evolutions of relative permeabilities are illustrated. Gas and water relative permeabilities
are directly related to water saturation, which is directly proportional to water relative permeability but inversely proportional to gas relative permeability. During the water
injection process, water saturation continues to increase,
leading to an increment in water relative permeability and
a decline in gas relative permeability. In the water ﬂowback
and gas production stage, in the SRV region, the gas relative
permeability rises as the water relative permeability is
reduced. In the USRV area, the gas and water relative permeabilities do not change signiﬁcantly. The gas relative permeability in the gas production stage is far below the original
value, thereby hindering gas ﬂow.
5.3. Impact of Water Pressure. As discussed above, gas production behavior is closely related to the evolution of intrinsic permeability and water injection pressure. This impact is
further studied through three scenarios: (i) scenario A
(benchmark model), where intrinsic permeability has an
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Figure 11: Gas/water relative permeability: (a) scenario B and (b) scenario C.
3.0x105
2.5x105

Gas rate (m3 /day)

exponential relationship with water injection pressure; (ii)
scenario B, where intrinsic permeability is linearly proportional to water injection pressure; and (iii) scenario C, where
intrinsic permeability has a Langmuir function relationship
with water injection pressure. The equations of the abovementioned three scenarios could be found in Appendix A
with the relationship illustrated in Figure 10.
Figure 11 depicts the evolution of the intrinsic permeability and water/gas relative permeabilities of scenarios B
and C. Comparison of Figures 9 and 11(a) shows that during
water injection, the intrinsic permeability in scenario B is
greater than that in scenario A; more water is injected into
the fracture, thereby increasing the water saturation. Consequently, the water relative permeability rises, and the gas
relative permeability declines. As seen in Figure 11(b), the
intrinsic permeability obtained using the Langmuir function
(scenario C) is greater than that acquired using the exponential function (scenario B), leading to a larger gas relative permeability and less water relative permeability. Comparing
Figures 11(a) and 11(b), we ﬁnd that the intrinsic permeability shows little diﬀerence between two scenarios, but its difference between the SRV and USRV regions is smaller in
scenario C. In addition, the gas permeability of scenario C
is signiﬁcantly larger than that of scenario B.
Figure 12 illustrates the gas production rates of three
scenarios. As observed in the ﬁgure, scenario C exhibits the
highest production rate in the early production stage and
then dramatically declines. This is because the intrinsic
permeability obtained using the Langmuir function is
signiﬁcantly higher than that of the two other scenarios at
the same downward pressure. Scenario B behaves most
poorly during the whole production process. The main reason is that the linear growth of intrinsic permeability, which
is greater than the exponential rise of permeability at the
same water pressure, causes more water to be injected into
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Figure 12: Gas production ratios of the three scenarios.

the fracture, which reduces the gas relative permeability.
Under their combined eﬀects, gas production is reduced.
5.4. Eﬀect of Water Injection Time. The following scenarios
are designed to suﬃciently examine the eﬀect of injection
time on the gas production ratio: (i) scenario A (benchmark
model), where intrinsic permeability is not aﬀected by the
water injection time; (ii) scenario B, where intrinsic permeability is linearly proportional to the water injection time;
and (iii) scenario C, where intrinsic permeability has a
Langmuir function relationship with the water injection
time. The equations of the abovementioned three scenarios
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Figure 14: Gas/water relative permeability: (a) scenario B and (b) scenario C.

could be found in Appendix B with the relationship illustrated in Figure 13.
Figure 14 illustrates the evolutions of the intrinsic permeabilities and water/gas relative permeabilities of scenarios
B and C. Comparison of Figures 9 and 14 indicate that during water injection, the intrinsic permeability of scenario B is
almost twice that of scenario A. Therefore, after the water
injection is completed, the water relative permeabilities in
scenarios B and C are higher than that in scenario A.

Figure 15 illustrates the gas production rates of the three
scenarios. From the ﬁgure, we can conclude that the production of scenarios B and C is signiﬁcantly higher than that of
scenario A. This is because the inherent intrinsic permeabilities of scenarios B and C are almost double that of scenario
A after the water injection is completed. The gas production
of scenario B is slightly higher than that of scenario C. The
reason is that in scenario C, more water is injected, and
the relative gas permeability is reduced.

Geoﬂuids

13

1.4x105

2.0x105

1.5x105

1.0x105
Gas rate (m3/day)

Gas rate (m3 /day)

1.2x105

8.0x104
6.0x104
4.0x104

1.0x105

5.0x104

2.0x104

0.0
0

50

100

150
Time (day)

200

250

300

0.0
0

100

150
Time (day)

20 MPa,24 h
20 MPa,48 h
20 MPa,72 h
25 MPa,24 h
25 MPa,48 h

Scenario A
Scenario B
Scenario C

Figure 15: Gas production ratio of the three scenarios.

5.5. Comprehensive Eﬀect of Water Injection Pressure and
Time. The comprehensive inﬂuences of water injection time
and pressure on the gas depletion characteristic are examined
by designing and solving nine computation scenarios. The
water injection times are speciﬁed as 24, 48, and 72 h with
the injection pressures deﬁned as 20, 25, and 30 MPa. These
two inﬂuencing factors are combined, and nine scenarios are
obtained. In all scenarios, the intrinsic permeability has an
exponential relationship with the water injection pressure
and a linear relationship with the water injection time. The
gas production ratios are shown in Figure 16. The gas production rate exhibits large diﬀerences between the scenarios, but
no general variation laws can be identiﬁed. The scenario with
25 MPa and 48 h and the scenario with 30 MPa and 24 h
show the largest gas production rates. The lowest values
are observed in the scenario with 30 MPa and 48 h and
the scenario with 30 MPa and 72 h. The performance of
the rest of the scenarios is ranked randomly.
The nine scenarios are randomly arranged for the following reasons. As discussed above, both intrinsic and relative permeabilities aﬀect gas production. In these nine
scenarios, a larger injection pressure and longer injection
time will result in a larger intrinsic permeability, thus
enhancing gas ﬂow. On the contrary, a higher intrinsic permeability will allow more water to ﬂow into the reservoir,
thereby decreasing gas relative permeability and hindering
gas ﬂow. Therefore, the gas production behavior is
dominated by two competing mechanisms: increased intrinsic permeability and reduced gas relative permeability.
Therefore, the impact of water injection pressure and water
injection time on gas production should be considered
systematically when designing HF and gas production processes. A higher water injection pressure and longer water
injection time could improve reservoir intrinsic permeability
to a greater extent; however, it would simultaneously cause
more water to enter the reservoir and reduce the relative
gas permeability, thereby dampening gas production.

50

200
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300

25 MPa,72 h
30 MPa,24 h
30 MPa,48 h
30 MPa,72 h

Figure 16: Evolution of the gas production ratio at diﬀerent water
injection pressures and water injection times.

5.6. Limitations
5.6.1. Assumed Permeability Relationships. In this work, the
relationships between reservoir intrinsic permeability, water
injection pressure, and water injection time are artiﬁcially
assumed and two diﬀerent forms are proposed. Generally,
the maximum tensile stress criterion or the Mohr–Coulomb
criterion is applied to describe the permeability evolutions
during the hydraulic fracturing process, while the main job
of this work is to provide a feasible approach to investigate
the impact of water injection or gas production. To achieve
this goal, the complicated damage process is not considered.
5.6.2. Intrinsic Permeability Model. In this work, a simple
function (Eq. (22)) was adopted to describe the intrinsic permeability evolution in not only the water injection process
but also the gas production process. This approach ignores
the impacts of gas adsorption, interactions between matrix
and fracture systems, and in situ geostress. This would certainly aﬀect the determined gas production characteristics.
Nonetheless, this impact is negligible for the following reasons: (i) compared with coalbed methane, the gas adsorption
behavior is much smaller and has little impact on the gas
permeability evolution. (ii) The interactions between matrix
and fracture systems change the way permeability evolves
but not its trend. (iii) In situ geostress changes due to water
injection and gas production are not considered in this work.
Only the change in eﬀective stress created by pore pressure
variations is studied. This work focuses on the eﬀect of water
injection pressure and time, instead of permeability laws, on
gas production characteristics. Therefore, a convenient and
widely used permeability model was applied.

14

Geoﬂuids

6. Summary and Conclusions
A triple-porosity, two-phase ﬂow model was established and
applied in this paper to examine the impact of hydraulic
water on shale gas production characteristics. Diﬀerent from
the previous works which only investigate the water injection process, we paid our attention to the whole shale gas
exploration process—both water injection and gas depletion
processes. In particular, the evolutions of both intrinsic and
relative permeabilities were investigated. According to the
results of the studied case and numeric simulations, the following conclusions were drawn:
(1) A shale reservoir can be divided into a fracture system, inorganic matrix, and organic matrix. HF ﬂuid
enters the fracture and inorganic matrix, with connate water existing in the inorganic matrix and
organic matter. History matching with ﬁeld gas production data veriﬁed that the proposed model can be
applied to describe the evolution of physical quantities in not only the water injection stage but also the
gas production stage in a shale reservoir
(2) The evolutions of both relative and intrinsic permeabilities in the hydraulic fracturing and gas depletion
processes were studied. The water relative permeability increases in the reservoir stimulation process
due to water imbibition and then declines in the
gas production stage. On the contrary, the gas relative permeability is below the original value because
of the water imbibition. The intrinsic permeability
increases during water injection but decreases during
gas production
(3) Gas production behavior is dominated by two competing mechanisms. Increasing the water injection
pressure and prolonging the water injection time
would produce more cracks, thereby increasing
intrinsic permeability; more water will enter the
cracks and inorganic matter, thus restricting gas production. For maximum eﬃciency of gas extraction,
the perfect combination of an appropriate injection
time and injection pressure was devised in the current simulation
(4) The relationships of intrinsic permeability with
water injection pressure and water injection time
were particularly speciﬁed. However, the details of
these relationships remain debatable, and more work
is required. Nonetheless, this work can shed light on
the ﬁeld application of HF

Appendix
A. Relationship of Permeability with Water
Injection Pressure
The speciﬁc expressions and parameter values of scenarios B
and C were as follows:

Scenario B: linear relationship
k
= 1 + c f × ðpw − p0 Þ,
k0
where p0 = 0:1 MPa and c f = 0:0255 MPa−1 .
Scenario C: Langmuir function relationship


k
p
p0
=1+
−
k0
p + pl p0 + pl

ðA:1Þ

ðA:2Þ

where pl = 10 MPa.
The intrinsic permeability variations with respect to the
water injection pressure of the three scenarios are shown
in Figure 10. As illustrated in the ﬁgure, the value of scenario
C is the largest and that of scenario A is the smallest.

B. Relationship of Permeability with Water
Injection Time
The speciﬁc expressions and parameter values were as
follows:
Scenario B: linear relationship
k
= 1 + α × t,
k0
where α = 1/48 h−1 .
Scenario C: Langmuir function relationship


k
t
,
= 1 + 1:5 ×
k0
t+β
where β = 24 h.

Nomenclature
m:
p:
ρ:
S:
J:
V L:
V H:
r:
λ:
ω:
g:
μ:
φ:
Q:
Kn:
PL :
β:
h:
σ:
cf :

Flow mass
Pressure
Density
Saturation
Mass ﬂux
Solid-gas saturated adsorption volume
Liquid-gas saturated adsorption capacity
Pore radius
Pore size distribution parameter
Shape factor
Gravitational acceleration
Viscosity
Porosity
Flow source or sink
Knudsen number
Adsorption pressure constant
Water molecular coverage ratio
Water molecular layer thickness
Stress
Fracture compressibility

ðB:1Þ

ðB:2Þ
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eq:
e:
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Organic matter system
Equilibrium state
Nonwetting phase entry pressure
Eﬀective stress.
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