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1. Motivation and Background

The development of horizontal drilling and hydraulic frac-
turing has enabled the extraction of hydrocarbons from
fine-grained sedimentary rocks. This type of unconventional
resource has gained much attention for most oil companies
all over the world. Understanding petrophysics and the
gas-water-rock interactions is essential in guaranteeing the
effective recovery of hydrocarbons from shale and other
tight reservoirs. But shales and tight rocks are commonly
highly heterogeneous with behaviors tiered in multiple scales
[1, 2]. Also, within the reservoir, the coexistence of micro-/
nanopores and natural/hydraulic fractures further enhances
the complexity of storage and transport spaces [3, 4]. During
the last decade, the development of effective experimental
and numerical methods to explore the petrophysics in shale
and tight reservoirs has become a top priority for the exploi-
tation of shale and tight reservoirs.

Fluid transport in such complex media cannot be easily
determined with conventional techniques, which are suc-
cessfully applied for reservoir rocks. At micro-/nanoscales,
the interplay between fluids and the pore wall is no longer
negligible. The mechanisms of diffusion, slip flow, and sorp-
tion all significantly affect the transport of geofluids [5, 6].
Moreover, such small diameter storage and transport

pores/fractures enhance the effect of pore confinement on
the phase behavior of fluids [7, 8]. The bubble point pressure
and phase envelop of reservoir fluids are changed. The focus
of this special issue is therefore placed on an improved
understanding of the phase behavior of geofluids, fluid
transport mechanisms, and non-Darcy effects in nanopores
of shales and other tight rocks. The purpose of this special
issue is to collate high-quality research articles in petrophy-
sics and fluid transport in unconventional reservoirs. The
special issue addresses the most recent advances in physical
experiments and numerical simulation techniques to study
the petrophysics and gas-water-rock interactions of uncon-
ventional reservoirs across broad length and time scales.

2. Contents of the Special Issue

2.1. Dielectric Properties of Fine-Grained Sedimentary
Rocks.As contemporary petroleum exploration activities have
focused on unconventional resources, the traditional experi-
mental methods and numerical simulation tools are some-
times no longer effective. We confront numerous challenges
to accurately describe the petrophysics of fine-grained sedi-
mentary rocks in unconventional tight and shale reservoirs.

R. Beloborodov et al. experimentally characterize the
dielectric properties of fluid-saturated artificial shales.
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Because of the high dielectric contrast between water and
hydrocarbons, the producible layers of reservoir rocks and
surrounding media can be effectively distinguished. In this
paper, the authors investigate the frequency-dependent
dielectric properties of artificial shale rocks prepared from
silt-clay mixtures via mechanical compaction.

T. Han et al. present a theoretical model for the aniso-
tropic dielectric properties of artificial shales. Their model
is based on the theoretical assumption of differential effective
medium models for any number of mineral grain compo-
nents aligned in any directions and is shown to be indepen-
dent of the mixing order. By incorporating a measured
orientation distribution function of the clay particles and by
inverting the dielectric properties of the artificial sample
composed of clay and brine, their model is capable of model-
ing the frequency-dependent anisotropic dielectric properties
of artificial shales.

2.2. Fluid Transport in Shales and Tight Reservoirs. Gas shales
and tight reservoirs exhibit extremely low permeability.
This low permeability makes it difficult to apply traditional
transport modeling approaches, such as Darcy’s law, to
shales [9, 10]. Gas flow in organic matter, natural fractures,
and hydraulic fractures occurs via different mechanisms:
continuum flow, slip flow, and Knudsen diffusion. Adsorbed
gas desorption from the organic matter also plays a role in
gas transport [11]. It is challenging to develop a comprehen-
sive model to describe the multiple mechanisms in the gas
transport process.

S. Huang et al. proposed a comprehensive apparent per-
meability model to consider the multiple transport mecha-
nisms in shale gas reservoirs. The specific mechanisms
include viscous flow, slip flow, Knudsen diffusion, and sur-
face diffusion. In their model, the pore diameter and mean
free path of gas molecules are corrected by considering the
adsorption layer and dense gas effect.

Y. Zeng et al. develop a modified apparent permeability
model to describe gas flow in shale gas reservoirs. The appar-
ent model integrates viscous flow, Knudsen diffusion, and
gas desorption. They additionally consider a macroseepage
model of multistage fractured horizontal wells accommodat-
ing multiple gas flow mechanisms to predict the dynamic
pressure and production performance.

Hydrocarbon extraction from tight reservoirs is feasible
using multiple-fractured horizontal wells. The technology
to create multiple-fractured horizontal wells creates a com-
plex stimulated reservoir volume (SRV) with induced frac-
tures proximal to the hydraulic fractures. J. Wang et al.
focus on the geometric properties of this stimulated reservoir
volume in tight reservoirs and develop a new semianalytical
model to analyze the well bottom pressure response. The
calculations are helpful to understand the dynamic charac-
teristics of multiple-fractured horizontal wells and the per-
formance of the stimulated reservoir volume.

Hydraulic fracturing is one of the key methods for the
effective development of unconventional reservoirs. In the
process of hydraulic fracturing, a significant volume of
fracturing fluid is injected into the reservoir. However, much
of this fracturing fluid is retained in the formation after

flow-back [12]. Y. Shen et al. study the aqueous phase trap-
ping phenomenon in volcanic reservoirs. Nuclear magnetic
resonance (NMR) and pulse-decay permeability techniques
are employed to monitor the spontaneous imbibition of the
fracturing fluid. This work improves our understanding of
transportmechanisms of hydraulic fracturingfluids in uncon-
ventional reservoirs.
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Shale formation is featured in nanopores and much gas adsorptions. Gas flow in the shale matrix is not a singular viscous flow, but a
combination of multiple mechanisms. Much work has been carried out to analyze apparent permeability of shale, but little attention
has been paid to the effect of unique gas behavior in nanopores at high pressure and adsorbed layer on apparent permeability. This
work presents a new model considering multiple transport mechanisms including viscous flow (without slip), slip flow, Knudsen
diffusion, and surface diffusion in the adsorption layer. Pore diameter and mean free path of gas molecules are corrected by
considering the adsorption layer and dense gas effect, respectively. Then the effects of desorption layer, surface diffusion, and gas
behavior on gas apparent permeability in nanopores of shale are analyzed. The results show that surface diffusion is the
dominant flow mechanism in pores with small diameter at low pressure and that the effect of adsorbed layer and dense gas on
apparent permeability is strongly affected by pressure and pore diameter. From the analysis results, the permeability value
calculated with the new apparent permeability model is lower than in the other model under high pressure and higher than in
the other model under high pressure, so the gas production calculated using the new permeability model will be lower than
using the other model at early stage and higher than using the other model at late stage.

1. Introduction

Much attention has been paid to shale due to the consider-
able volume of natural gas trapped in it. Over the past
decades, technology advances in horizontal drilling and
hydraulic fracturing have enabled profitable production of
shale gas. However, because of the unique deposit character
and flow mechanisms of shale gas, controversy still exists
on how much gas can be produced from shale [1].

Compared with conventional reservoirs, shales are char-
acterized with pores between 1 and 100nm, of which the
dominant diameter is in nanoscale [2], making it difficult to
get accurate shale permeability. Both experimental methods
and theoretical methods were proposed to solve the problem.
Due to overlarge time consumption, constant-pressure
steady-state-flow measurement is not applicable to shale
[3]. As a result, other approaches such as TED [4] and
crushed rock method [5] were commonly adopted. However,

flow regimes could not be well characterized with experimen-
tal methods. Therefore, different theoretical models were
proposed to investigate gas flow behavior in shale, among
which apparent permeability models are the most prevailing
and can be divided into two categories. The first category is
correcting intrinsic permeability with a function of Knudsen
number. Empirical parameters are included in most of the
models, and gas flow regimes (viscous flow, slip flow, transi-
tion flow, and Knudsen diffusion) in a single capillary are
classified based on Knudsen number and viscous flow slip
flow and diffusion are mutually exclusive. Beskok and
Karniadakis [6] conducted many experiments and presented
a correction factor, and Florence et al. [7] simplified the cor-
rection factor. Many other correlations are also provided in
apparent gas permeability in tight porous media [8–11].
The second category is weighted models, in which flow and
diffusion are not mutually exclusive and their weight in
apparent permeability is different at different Knudsen
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numbers. When the Knudsen number is small, collision
between gas molecules is dominant and gas flow is character-
ized by viscous flow and slip flow. When the Knudsen num-
ber is large, however, collision between gas molecules and the
pore surface becomes dominant and gas flow is characterized
by transition flow or Knudsen diffusion. In most cases, these
two regimes coexist in nanopore in shale and account for dif-
ferent weights. Ertekin et al. [12] provided the weights for slip
flow and Knudsen diffusion; apparent permeability is calcu-
lated by a weighted average of slip flow and Knudsen diffu-
sion. Many new weighted models are also proposed by Liu
et al. [13], Javadpour et al. [14, 15], Darabi et al. [16], and
Shahri et al. [17]. These models have a relatively comprehen-
sive analysis of gas flow in nanopores with the pore scale
effect; however, some other unique properties of shale affect-
ing gas apparent permeability are not considered.

The first characteristic of shale formation affecting appar-
ent permeability is that there are a lot of organics and clay
minerals with much gas adsorption in the shale matrix [18].
Gas adsorption in shale is generally believed to be single-
layer physical adsorption [19]. It is suggested by Akkutlu
and Fathi [20] that surface diffusion exists in the adsorption
layer, and it is driven by a concentration gradient. Experi-
ments of core permeability tests, pressure decay tests, and
numerical calculation show that the permeability measured
and calculated with adsorptive gas is much larger than that
with nonadsorptive gas and indicate that the high permeabil-
ity is caused by surface diffusion of adsorptive gas [21–23].
Many theories have been presented to describe surface diffu-
sion in porous media, in which the hopping model is most
widely used for surface diffusion [24–27]. If enough energy
is acquired by the adsorbed gas molecule and it bounces to
the nearest adsorption site, activation process and surface
diffusion happen. It is verified that it is reasonable to use
Langmuir isotherms to study surface diffusion [28]. Wu
et al. [29–31] proposed a surface diffusion model which takes
account of coverage of adsorbed gas at high pressure.
Although surface diffusion is incorporated in these models,
the effect of the adsorbed layer on gas retention and flow
capacity is often neglected, which is not negligible as the
radius of shale nanopores is in the same order with that of
methane molecules. Another impact factor of shale forma-
tion is that gas in shale nanopores is dense gas rather than
rarefied gas [32]. In shale nanopores, the storage and trans-
port space for gas molecules is in the same order with size
of gas molecules and therefore makes the assumption of rar-
efied gas no longer valid and need correction. The intrinsic
size of molecules and the interaction between molecules are
negligible for ideal gas. Wang et al. [33, 34] build a multiscale
scheme to capture both slip and nonideal gas effects and con-
sidered the Enskog equation to cover the dense gas effect in
the nanochannel. However, the effects of the adsorption
layer, surface diffusion, and dense gas in formation condi-
tions are not all considered in most of the existing models,
and an apparent permeability model is needed to incorporate
all these impact factors.

This paper presents a comprehensive apparent perme-
ability model in which all the flow mechanisms, including
viscous flow, slip flow, Knudsen diffusion, adsorption layer,

surface diffusion, and dense gas effect, are taken into account.
Then the effects of the desorption layer, surface diffusion,
and dense gas in shale nanopores with different diameters
are analyzed.

2. Apparent Permeability Model for
Shale Nanopores

2.1. Adsorption Layer. The Langmuir isothermal adsorption
equation is widely used to describe the adsorption and
desorption of coal bed methane [32] and also introduced into
the study of the transport regime of shale gas. It is based on
instantaneous phase equilibrium; that is, adsorption or
desorption due to pressure change is completed instanta-
neously. As the permeability of the shale matrix is extremely
low, desorption time is negligible compared with gas flow in
nanopores and the assumption made by Langmuir is also
valid in shale gas reservoirs. The equation is as follows:

V = VL ⋅ p
pL + p

, 1

in which V is the volume of adsorbed gas per unit mass of
shale, m3/t; VL is the Langmuir volume, m3/t, denoting the
maximum adsorption capacity of the shale matrix at a certain
temperature; and PL is the Langmuir pressure, MPa, denot-
ing the pressure at which the actual adsorption is half of the
maximum adsorption on the adsorption isotherm, as shown
in Figure 1.

As the radius of shale nanopores is in the same order
with that of methane molecules, the effect of the adsorbed
layer on gas retention and flow capacity is not negligible.
For example, a pore whose diameter is 4 nm cannot allow
10 methane molecules at most to pass at the same time. In
a single capillary, the adsorbed layer reduces the capacity
of fluid flow, as shown in Figure 2. However, the effect
of the adsorbed layer varies with different pore diameters:
for pores whose diameter is larger than 100 nm, the effect
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Figure 1: Langmuir adsorption isotherm.
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is negligible; for pores whose diameter is smaller than
10nm, the adsorbed layer accounts for a large portion of
the shale pores and narrows the flow channel significantly,
as shown in Figure 2.

The adsorbed layer is taken into account in this paper
with the assumption of single-layer adsorption. As adsorp-
tion molecules do not exist on all adsorption sites, cover-
age of adsorption molecules is introduced to calculate the
thickness of the adsorbed layer; the effective pore diameter
is [11]

d = d0 − 2dMθ, 2

in which d0 is the actual pore diameter, m; dM is the diameter
of gas molecules, m; and θ is the coverage of adsorbed gas
based on (1), dimensionless, and it is defined as

θ = p
pL + p

3

The effective pore radius is

r = d
2 4

The hopping model is used in this paper to characterize
surface diffusion in shale gas reservoirs, as shown in
Figure 3. According to the hopping model, if enough energy
is acquired by the adsorbed gas molecule and it bounces to
the nearest adsorption site, activation process and surface
diffusion happen. The surface diffusion model in this paper
is based on the model of Wu et al. [29], and the assumptions
are as follows:

(1) A local equilibrium exists between bulk gas and
adsorbed gas.

(2) Surface transport takes place by activated diffusion,
that is, site hopping.

(3) The surface diffusion coefficient at higher pressure
can be corrected by that at lower pressure with cover-
age of adsorbed gas defined in (3).

A surface diffusion coefficient at higher pressure is
offered by correcting the coefficient at lower pressure, consid-
ering the effect of gas coverage on surface diffusion [26]:

Ds =D0
s
1 − θ + κ/2 θ 2 − θ + H 1 − κ 1 − κ κ/2 θ2

1 − θ + κ/2 θ 2 ,

5

in which Ds is the surface diffusion coefficient, m2/s; D0
s is the

surface diffusion coefficient at low pressure, m2/s; H 1 − κ is
the Heaviside function, dimensionless; θ is the coverage of
adsorbed gas defined in (3), dimensionless; and κ is the ratio
of the rate constant for blockage to the rate constant for for-
ward migration, dimensionless. According to Xiong et al.
[11], D0

s can be calculated with (6); H 1 − κ is defined in
(7) and (8).

D0
s = 8 29 × 10−7 T0 5 exp −

ΔH0 8

RT
, 6

H 1 − κ =
0, κ ≥ 1,
1, 0 ≤ κ ≤ 1,

7

κ = κb
κm

, 8

where T is the reservoir temperature, K; ΔH is the isosteric
adsorption heat at the gas coverage of zero, J/mol; R is the

= 93.2% = 88.7%

= 77.3%

P = 50 MPa
T = 368 K
PL = 5.82 MPa
Gas type: CH4

d0

d

d0

d

d0
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d

Figure 2: The effect of the adsorbed layer on the effective sectional flow area of pores of different diameters.

Activated transition state
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Figure 3: Hopping model for surface diffusion.
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gas universal constant, 8.314 J/(mol·K); κm is the rate con-
stant for forward migration, m/s; and κb is the rate constant
for blockage, m/s. κ is set to 0.5 in this paper according to
Wu et al. [29].

Eqs. (7) and (8) show that when κm > κb, there is a net
forward movement even when the next site is occupied.
When κb > κm, a nearly total blockage occurs. However, pore
blockage cannot cause a negative movement; rather, the
activated sorbate molecule stays at its original site.

2.2. Dense Gas Effect

2.2.1. Mean Free Path of Gas Molecules. The intrinsic size of
molecules and the interaction between molecules are negligi-
ble for ideal gas. In this scenario, the mean free path of gas
molecules can be expressed as [21]

λ = kBT

2πPd2M
, 9

in which kB is the Boltzmann constant, 1.3805× 10−23 J/K; T
is the absolute temperature, K; P is the pressure, Pa; and dM is
the diameter of the gas molecule, m.

However, the size of the gas molecule is not negligible in
actual shale formations. On the other hand, due to high
pressure and short distance between gas molecules, the gas
should be viewed as dense gas. According to the dense gas
theory presented by Enskog [21], the mean free path of gas
molecules is expressed as

λ = kBT

2πχ η Pd2M
, 10

in which χ η is the collision correction factor defined by
Cowling [33], dimensionless; η is a function of gas density

η = 2
3πnd

3
M, 11

in which n = P/kBT , which is the number of molecules.

2.2.2. Collision Correction Factor. According to the
dense gas theory of Enskog [21], as the gas density
increases, the percentage of gas molecules in the total
volume is no longer negligible. Therefore, the gas mol-
ecules cannot be simplified as point particles any more,
and the effect of molecular size on collision should be
considered [33]

Γ = Γ
V

, 12

in which V = 1 − 4πnd3M/3, and Γ is the collision rate.
As the collision rate increases, a tertiary collision between

molecules and the blocking effect are introduced. The recti-
fied collision rate [33] is

Γ = χ η Γ 13

in which the collision correction factor [33] is

χ η = 1 − 11πnd3M/12
1 − 4πnd3M/3

= 1 − 11η/8
1 − 2η 14

Eq. (12) is a function of η with first-order accuracy and is
relatively accurate when η < 0 03. If a quaternary and higher
collision is considered, a more accurate collision correction
factor is acquired by numerical calculation [35]:

χ η = 1 + 0 625η + 0 2869η2 + 0 115η3 + 0 0386η4 15

Figure 4 shows the variation of the mean free path of
gas molecules of methane at formation pressure and a
temperature of 360K. We can see that the difference
between the mean free path of gas molecules of the ideal
gas and that of the dense gas effect is not significant at
low pressure. However, as pressure increases, the differ-
ence becomes increasingly significant; that is, the dense
gas effect is more significant at higher formation pressure.
In addition, considering that nanopores are well developed

0
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𝜆
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m

1
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Ideal gas
Euskog dense gas

10 20 30
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Figure 4: The effect of dense gas on the mean free path of gas molecules (T = 360K).
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in the shale matrix and the fact that the diameter of gas
molecules is in the same order as that of the pore diame-
ter, methane molecules should not be viewed as point
particles and the effect of intrinsic size of molecules should
be considered.

2.3. Apparent Permeability Model. There are three transport
mechanisms for gas flow in shale nanopores (see Figure 5):
surface diffusion of adsorbed gas, viscous flow and slip flow
caused by collision between bulk gas molecules, and Knudsen
diffusion caused by collision between bulk gas molecules and
the pore surface.

Based on the surface diffusion coefficient in 5, the surface
diffusion permeability of the adsorbed phase in a single nano-
pore is acquired:

k0s = −
Jsμ

ρads ∂P/∂x
= DsCsμ

ρadsP
, 16

in which k0s is the surface diffusion permeability of the
adsorbed phase, mD; ρads is the density of the adsorption
gas, kg/m3, which is a fitting parameter of experiment
data based on the Langmuir theory, which can be calcu-
lated with SLD models [36]; μ is the viscosity of the
adsorption gas, mPa·s; P is the pressure; Cs is the con-
centration of the adsorbed gas, kg/m3; and M is the gas
molar mass, kg/mol.

According to Wu et al. [29], Cs can be calculated as

Cs =
4θM

πdM
3NA

17

However, surface diffusion is the transport regime for
adsorbed gas and is irrelevant to free gas in the bulk phase.
Therefore, in order to get total apparent permeability, surface
diffusion permeability of the adsorption layer should be
corrected and combined with apparent permeability of
the bulk phase. For surface diffusion, the flow section is
made up by the molecules in the adsorption layer and
should be converted to the effective flow section for the whole

pore, so the weighting coefficient of surface diffusion ζms is
introduced [30]:

ζms =
ϕ

τ
1 − dM

r

−2
− 1 , 18

in which ϕ is the shale porosity and τ is the tortuosity.
In summary, surface diffusion permeability in a single

capillary can be expressed as

ks =
ζmsDsCsμ

ρadsP
19

For the viscous/slip flow and Knudsen diffusion of the
bulk phase, the weighting coefficients are [31]

ϖv =
1

1 + Kn ,
20

ϖk =
1

1 + 1/Kn ,
21

in which Kn is the Knudsen number, which is defined as

Kn = λ

d
22

For a single capillary, the viscous flow and slip flow per-
meability of the bulk phase can be expressed as

k∞ = ϕr2

8τ 23

Despite the fact that the generalized model cannot cover
all the flow regimes, it is completely applicable to viscous flow
and slip flow when Kn ≤ 1. Therefore, the correction factor
for permeability can be introduced to characterize the
pressure-driven viscous flow and slip flow. The viscous flow
or slip flow permeability of the bulk phase driven by pressure
difference can be expressed as

k0v =
ϕr2

8τ f Kn 24

Knudsen diffusion

+ Viscous flow

+ Slip flow

Stationary phase

Adsorption Desorption Surface diffusion

Adsorption layer

d
/2

 −
 d

M

d
/2

Central line of the nanopore

Adsorbed gas molecule
Free gas molecule

Figure 5: Three gas transport mechanisms in shale nanopores.
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The viscous flow and slip flow permeability without con-
sidering the weighting coefficient can be expressed as [6]

k0v =
ϕr2

8τ 1 + αKn 1 + 4Kn
1 + Kn , 25

in which α is the rarefaction coefficient for ideal gas; its
expression is shown in (26) by Beskok and Karniadakis [6]
based on lots of experiments.

α = 128
15π2 tan−1 4Kn0 4 26

The viscous flow and slip flow permeability in a single
capillary driven by pressure difference considering the
weighting coefficient defined in (20) is

kv =
ϕr2

8τ
1 + αKn
1 + Kn 1 + 4Kn

1 + Kn 27

The Knudsen diffusion permeability of the bulk phase
is [16]

k0k =
2ϕ
3τ rV stdμ

8
πRTM

0 5
, 28

in which V std is the volume of a mole of gas under standard
conditions, 0.0224m3/mol.

The Knudsen diffusion permeability of the bulk phase,
considering the weighting coefficient defined in (21), becomes

kk =
2ϕ
3τ rV stdμ

8
πRTM

0 5 1
1 + 1/Kn 29

The total apparent permeability of shale nanopore is

kt = ks + kv + kk 30

In the apparent permeability model shown in (28), the
permeability contribution of the bulk gas and the adsorption
layer is calculated with an effective pore diameter, and vis-
cous/slip flow and Knudsen diffusion are weighted as shown
in (20) and (21), respectively.

3. Results and Discussion

3.1. Model Validation. To validate the model proposed in this
paper, experimental data for CO2 from [37, 38] is applied.
This experiment used extremely accurate differential-
pressure transducers to measure the flow of gas passing

Table 1: Parameters for the validation case.

Parameter Symbol Unit Value

Formation temperature T K 300

Porosity ϕ Dimensionless 0.048

Tortuosity τ Dimensionless 1.35

Gas type CO2 — —

Gas molecule diameter dM m 4.64× 10−10

Gas molar mass M kg/mol 4.4× 10−2

Universal gas constant R J/(mol·K) 8.3145

Boltzmann constant KB J/K 1.3805× 10−23

Molar volume of gas under standard condition V std m3/mol 0.0224

Avogadro’s constant NA 1/mol 6.02× 1023

Langmuir pressure PL MPa 1.8
∗Isosteric adsorption heat at the gas coverage of zero ΔH J/mol 203,000
∗The ratio of the rate constant for blockage to the rate
constant for forward migration

κ Dimensionless 0.21

∗Pore diameter d0 nm 2.8

The parameters highlighted with asterisk (∗) are matched with the experimental data.
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Slip and Knudsen diffusion
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Pressure (MPa)

2 2.5 3

Figure 6: Validation of the proposed model with experimental data
(from [37]).
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through the core sample under in situ conditions. And the
laboratory set-up is fully automated to avoid human error
and maintain the temperature stable. In the experiments,
organic-rich shale samples from Marcellus shale are used
and CO2 is used as absorbent gas. Therefore, the experiment
data is applied to validate the model with surface diffusion
considered in this study. The detail of the experiment is pre-
sented in [38].

The parameters are shown in Table 1, in which the
parameters highlighted with asterisk (∗) are matched with
the experimental data. The density of bulk gas is calculated
in (31); gas viscosity and the z-factor are calculated with
the numerical approximate method proposed by Lee et al.
[39] and Dranchuk and Abou-Kassem [40]. The density of
adsorption gas can be a fitting parameter of experiment data
based on the Langmuir theory; it can be calculated with SLD
models [36] more accurately.

ρ = pM
zRT

31

In this study, three models are used to match the experi-
ment data as shown in Figure 6. In the first model, gas slip-
page is considered; we could find that the matching result is
not good. In the second model, both slippage and Knudsen
diffusion are considered; the result shows that this model
has a better fit than the first model. In the third model, all
the effects are considered, and we got the best fit here. On
the other hand, we could find that the fitting average pore
diameter differs from each other. If more flow mechanisms
are considered, the fitting average pore diameter would be

smaller. At the same time, we could find that the fitting aver-
age pore diameter using the third model is far smaller than
the other two models; this is because surface diffusion has a
great impact on gas transport for this case (the pressure is
quite low and the pore size is in nanoscale). The effects of dif-
ferent flow mechanisms and pore diameter on transient
behavior will be discussed later in this study.

3.2. Applicability of the Model. The apparent permeability
model of shale nanopores presented in this paper is com-
pared with previous models, as shown in Figure 7. Parame-
ters used in the model are shown in Table 2.

Figure 7 shows the total apparent permeability of shale
(pore diameter = 4 nm) at different pressures, in which vari-
ous factors are considered. We can see that the effect of the
adsorption layer and dense gas on total apparent permeabil-
ity is not significant, when compared with Beskok’ s model,
while surface diffusion increases total apparent permeability
considerably. As pressure increases, the improvement of total
apparent permeability due to surface diffusion decreases,
the dense gas effect reduces total apparent permeability,
and the effect of the adsorption layer on total apparent
permeability is still insignificant; therefore, the increment
of total apparent permeability due to all three factors
decreases with increased pressure.

Figure 8 shows total apparent permeability of shale (pore
diameter = 50 nm) at different pressures, in which various
factors are considered. We can conclude from the figure that
the effect of the adsorption layer on total apparent permeabil-
ity is still insignificant compared with Beskok’s model [6]. In
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Dense gas effect considered (d0 = 4 nm)

Surface diffusion considered (d0 = 4 nm)
All considered (d0 = 4 nm)
Darcy's law (d0 = 4 nm)

Figure 7: The effect of different factors on total apparent permeability (pore diameter = 4 nm).
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addition, surface diffusion is smaller at high pressure, when
compared with Figure 7.

3.3. Composition of Apparent Permeability. Parameters used
in this section are shown in Table 2. Figure 9 shows surface
diffusion permeability and its percentage in total apparent
permeability at different pressures. We can see that surface

diffusion permeability is higher at low pressure and contrib-
utes more to total apparent permeability, and it considerably
decreases with increasing pressure, because the desorption of
the adsorbed phase reduces the coverage rate and thus
decreases the concentration of adsorbed gas, which is unfa-
vorable for surface diffusion; however, the decrement of the
coverage rate increases the vacancy rate of adsorption sites,

0 5 10 15 20 25 30 35 40
1

1.1
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1.8
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Beskok model (d0 = 50 nm)
Adsorption layer considered (d0 = 50 nm)
Dense gas effect considered (d0 = 50 nm)

Surface diffusion considered (d0 = 50 nm)
All considered (d0 = 50 nm)
Darcy's law (d0 = 50 nm)

k
t, 
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Figure 8: The effect of different factors on total apparent permeability (pore diameter = 50 nm).

Table 2: Parameters for modeling results and discussion.

Parameter Symbol Unit Value

Formation temperature T K 368

Porosity ϕ Dimensionless 0.05

Tortuosity τ Dimensionless 3.5

Gas type CH4 — —

Gas molecule diameter dM m 3.8× 10−10

Gas molar mass M kg/mol 1.6× 10−2

Universal gas constant R J/(mol·K) 8.3145

Boltzmann constant KB J/K 1.3805× 10−23

Molar volume of gas under standard condition V std m3/mol 0.0224

Avogadro’s constant NA 1/mol 6.02× 1023

Langmuir pressure PL MPa 5.82

Isosteric adsorption heat at the gas coverage of zero ΔH J/mol 16,000

The ratio of the rate constant for blockage to the rate
constant for forward migration

κ Dimensionless 0.5

Pore diameter d0 nm 2/4/10/20/50/100/200

8 Geofluids



which is favorable for adsorbed gas molecules to jump from
one adsorption site to another. Consequently, surface diffu-
sion permeability at low pressure is larger.

Meanwhile, in smaller pores, the percentage of the
adsorption layer in pore space is larger and the surface diffu-
sion effect is more significant: when the pore diameter is no
more than 10nm, the contribution of surface diffusion to
total apparent permeability is more than 60% even when for-
mation pressure is up to 40MPa; when the pore diameter is
more than 50nm, the percentage of surface diffusion perme-
ability is smaller than 10% even when pressure is as low as
5MPa.

Figure 10 shows viscous flow and slip flow permeability
driven by pressure difference and its percentage in total

apparent permeability at different pressures. From the figure,
we can see that the viscous flow and slip flow permeability
are higher at lower pressure and decrease with increasing
pressure. The explanation is that as pressure increases, the
mean free path of gas molecules and the Knudsen number
increase, the correction factor of permeability becomes
smaller, the transport mechanism transits from slip flow
to viscous flow, the gas slip effect becomes weaker, and appar-
ent permeability driven by pressure difference approaches
a constant.

The viscous flow and slip flow permeability and surface
diffusion permeability are in the same magnitude and
decrease with increasing pressure, but the decline rate of
the former is significantly smaller than that of the latter,
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Figure 10: Viscous flow and slip flow permeability and their percentage in total apparent permeability.
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and the percentage of viscous flow and slip flow in total
apparent permeability increases with increasing pressure.
For pores whose diameter is larger than 50nm, viscous flow
and slip flow permeability is dominant and even when pres-
sure decreases to 5MPa, the contribution is more than 70%;
for pores whose diameter is no more than 10nm, even
when pressure reaches 40MP, the percentage of viscous
flow and slip flow in total apparent permeability is smaller
than 15%.

Figure 11 shows Knudsen diffusion permeability and its
percentage in total apparent permeability at different pres-
sures. We can see from the figure that Knudsen diffusion per-
meability is higher at low pressure and it decreases rapidly

with pressure, because as pressure increases, the mean free
path of gas molecules decreases, the Knudsen number
becomes smaller, and the collision between gas molecules
and the pore surface becomes smaller and even negligible.
At low pressure, smaller diameter means larger Knudsen
number and the collision rate of gas molecules and the pore
surface is high and therefore makes Knudsen diffusion
permeability larger.

The percentage of Knudsen diffusion permeability in
total apparent permeability depends on both formation pres-
sure and pore diameter. For pores whose diameter is larger
than 50nm, the percentage of kv is dominant, while kv/kt
increases with increasing pressure and therefore makes the
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Figure 11: Knudsen diffusion permeability and its percentage in total apparent permeability.
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percentage of Knudsen diffusion permeability decrease with
increasing pressure; for pores whose diameter is no more
than 10nm, the percentage of ks is dominant and ks/kt
decreases with increasing pressure and therefore makes
the percentage of Knudsen diffusion in total apparent per-
meability increase with increasing pressure; for pores
whose diameter is around 20nm, kk/kt increases and then
decreases with increasing pressure.

Figure 12 shows total apparent permeability of a single
capillary at different pressures. We can see from the figure
that total apparent permeability decreases with increasing
pressure and there is a plateau when the pressure is larger
than 10MPa, which is the Klinkenberg permeability. At low
pressure, however, as the mean free path of gas molecules is
large, the collision between gas molecules and the pore sur-
face (Knudsen diffusion) and hopping of the adsorbed phase
dramatically improve total apparent permeability, and this
effect is more significant for a smaller diameter. As shown
in Figure 9, the surface diffusion effect is more significant in
small pores and particularly significant at low pressure, while

viscous and slip flow are more significant at large pores.
Therefore, there is an intersection for the curves of total
apparent permeability of a single capillary of different grades
of diameter. And when ΔH and κ are larger, the contribution
of surface diffusion will decrease; the intersections will hap-
pen at lower pressure. For example, when pressure is lower
than 2.5MPa, the total apparent permeability of a single cap-
illary whose diameter is 100nm is smaller than that whose
diameter is 4 nm. However, this does not mean that the flow
rate in a 4 nm tube can be larger than that of a 100nm tube,
because the flow section for a 100nm tube is more than 500
times that of a 4 nm tube.

3.4. Sensitivity Analysis. In this section, the effect of the
adsorbed layer, Knudsen diffusion, dense gas effect, and pore
size distribution on apparent permeability is analyzed; the
parameters of the model are shown in Table 2.

3.4.1. Adsorbed Layer. The effect of the adsorption layer on
total apparent permeability of shale (pore diameter = 2 nm)
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Figure 13: The effect of the adsorbed layer on apparent permeability of shale (pore diameter = 2 nm).
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is shown in Figure 13. Figure 13 indicates that the effect of
the adsorption layer on three kinds of permeability is sig-
nificant, because the adsorption layer reduces the effective
flow space in nanopores and thus intensifies surface diffu-
sion but reduces viscous flow and slip flow permeability as
well as Knudsen diffusion permeability. As a result, despite
that total apparent permeability is mainly affected by sur-
face diffusion, the adsorbed layer improves total apparent
permeability.

The effect of the adsorption layer on total apparent
permeability of shale (pore diameter = 50 nm) is shown
in Figure 14. Figure 14 indicates that the effect of the
adsorption layer on three kinds of permeability and total
apparent permeability is insignificant, because the percent-
age of the adsorption layer in the 50 nm pore is negligible.
The adsorption layer reduces the effective flow space in
nanopores and intensifies surface diffusion permeability
but reduces viscous flow and slip flow permeability and
Knudsen diffusion permeability. However, total apparent

permeability in the 50nm pore is predominantly affected
by viscous flow and slip flow; therefore, the adsorption
layer reduces total apparent permeability.

In order to characterize the effect of the adsorption
layer on total apparent permeability, the improvement fac-
tor of total apparent permeability due to adsorption layer
is defined as

εads =
kt considers adsorbed layer − kt does not consider adsorbed layer

kt does not consider adsorbed layer
× 100%

32

Figure 15 shows the improvement factor of total appar-
ent permeability due to the adsorption layer at 20MPa.
From the figure, we can see that for pores whose diameter
is smaller than 20nm, as total apparent permeability is dom-
inated by surface diffusion, the introduction of the adsorp-
tion layer improves total apparent permeability; for pores
whose diameter is larger than 20nm, as total apparent
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Figure 16: The effect of gas density on apparent permeability of shale (pore diameter = 2 nm).
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permeability is dominated by Darcy flow or slip flow, the
adsorption layer reduces total parent permeability. In addi-
tion, both improving and reducing effect becomes weaker
as pore diameter increases.

3.4.2. Dense Gas Effect. Figure 16 shows the effect of
dense gas on total apparent permeability of shale (pore
diameter = 2 nm). From the figure, we can see that the
effect of dense gas on all kinds of apparent permeability is
insignificant in spite of pressure change. As dense gas effect
reduces the mean free path of gas molecules and therefore
reduces the Knudsen number, slip flow and Knudsen diffu-
sion permeability are reduced, while surface diffusion perme-
ability keeps constant. Therefore, the dense gas effect reduces
total apparent permeability.

Figure 17 shows the effect of dense gas on total apparent
permeability of 50 nm pores. The trend of Figure 17 is similar
to that of Figure 16, with the difference that the effect is even
more insignificant in this scenario.

Similarly, in order to characterize the effect of dense
gas on total apparent permeability, the improvement factor

of total apparent permeability due to dense gas effect is
defined as

εads =
kt considers dense gas ef fect − kt does not consider dense gas ef fect

kt does not consider dense gas ef fect
× 100%

33

Figure 18 shows the improvement factor of total apparent
permeability of pores of different diameters due to dense gas
effect. From the figure, we can see that the dense gas effect
reduces total apparent permeability. For pores whose diame-
ter is smaller than 20nm, total apparent permeability is dom-
inated by surface diffusion permeability, which is barely
affected by the dense gas effect, so the effect of dense gas on
total apparent permeability is insignificant when the pore
diameter is very small. As the pore diameter increases, the
percentage of surface diffusion permeability in total apparent
permeability gradually decreases and therefore the decline
rate of total apparent permeability increases with increasing
pore diameter. For pores whose diameter is larger than
20nm, total apparent permeability is generally affected by
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Figure 17: The effect of gas density on apparent permeability of shale (pore diameter = 50 nm).
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Darcy flow or slip flow, which is reduced by introduction of
the dense gas effect. As the pore diameter increases, the effect
of dense gas on the mean free path decreases and therefore
the decline rate of total apparent permeability decreases.

3.4.3. Pore Size Distribution. Gas retention and transport
mechanism in shale nanopores is closely related to the pore
diameter. However, pore size distribution of the shale core
is in a wide range, the effect of the adsorption layer on pores
of different diameters varies, and consequently the Knudsen
number at the same temperature and pressure is different.
Therefore, pore size distribution should be considered in
the characterization of total apparent permeability of actual
shale formation to make it more feasible.

Based on the transport mechanism for a single capillary
in shale gas reservoirs, the storage space in shale is simpli-
fied as ideal rock which is made up by a bundle of capil-
laries of various diameters, as shown in Figure 19. Pore
distribution of a shale formation of interest is used for cal-
culation of apparent permeability, as shown in Figure 20
(the data is from [41]). Total apparent permeability kta
can be expressed as

kta =
〠N

i=1kti di/2
2χi

〠N
i=1 di/2 2χi

, 34

where di is the effective pore diameter of capillary i, m; χi is
the percentage of capillary i, %; and kti is the total apparent
permeability of capillary i, m.

In the capillary bundle model, the tortuosity of each cap-
illary is 3.5, which is an assumption in this case. Actually, this
value may be higher than its truth, and different capillaries
are of different tortuosity.

The model is used to analyze the apparent permeability of
typical shale at different pressure, as shown in Figure 21. The
figure shows that pore size distribution of the typical shale
makes it equivalent to a single capillary, whose diameter is
between 8nm and 45nm. In addition, when the pressure is
larger than 20MPa, the apparent permeability of shale
approaches a constant, that is, Klinkenberg permeability,
because the mean free path of gas molecules and Knudsen
number are small and make the percentage of Knudsen diffu-
sion and surface diffusion small.

3.5. Permeability Calculation Procedure and Model
Limitations. If a certain shale field is given, the apparent per-
meability can be calculated with the procedure shown in
Figure 22. The parameters should be obtained beforehand
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including formation temperature, porosity, pore diameter,
gas type, and its physical and thermodynamic parameters
as shown in Table 2. Formation temperature, porosity, and
pore diameter can be obtained by geological analysis. Gas
molecule diameter and molar mass are determined if a
certain type of gas is given. Langmuir pressure should be
obtained with isothermal adsorption tests, and isosteric
adsorption heat can be calculated with the Clausius-
Clapeyron equation [42]. The ratio of the rate constant for
blockage to the rate constant for forward migration κ is a
constant which should be evaluated, which can be set as 0.5
for flow in nanopores referring to Wu et al. [29].

However, there are still some limitations for this model.
The pore size will change at high pressure because of the
reduction of effective stress [43]. This apparent permeability
model is based on a single nanopore, while the permeability
in core scale should be given in reservoir simulation and
rate/pressure transient analysis. Based on pore structure
characterization [44], a pore network model is needed to
accomplish this based on the apparent permeability model
proposed in this paper, and this is our future work.

4. Conclusions

An apparent permeability model is presented in this paper, in
which multiple flowmechanisms, including viscous flow, slip
flow, Knudsen diffusion, adsorption layer, surface diffusion,
and dense gas effect are taken into account. The main find-
ings can be summarized as follows:

(1) The effect of the adsorption layer and dense gas on
apparent permeability of shale nanopores is charac-
terized and surface diffusion of adsorbed gas is intro-
duced to establish an apparent permeability model
for the shale matrix.

(2) Apparent permeability of the shale matrix is com-
posed of three parts: surface diffusion permeability
of the adsorbed phase, Darcy flow and slip flow per-
meability of the bulk phase, and Knudsen diffusion
permeability of the bulk phase. The percentage of per-
meability caused by various mechanisms in total
apparent permeability depends on pore diameters:
when the pore diameter is larger than 50nm, Darcy
flow and slip flow of the bulk phase are dominant
transport mechanisms; when the pore diameter is no
more than 10nm, surface diffusion of the adsorbed
phase is the dominant transport mechanism; when
the pore diameter is between 10 and 50nm, especially
when the pore diameter is around 20nm, the percent-
age of surface diffusion of the adsorbed phase, Darcy
flow, and slip flow of the bulk phase and Knudsen dif-
fusion of the bulk phase is equivalent.

(3) If pressure is more than 20MPa, for pores whose
diameter is smaller than 20nm, the adsorption layer
improves total apparent permeability; for pores
whose diameter is larger than 20nm, the adsorption
layer reduces total apparent permeability.

(4) If pressure is less than 20MPa, for pores whose diam-
eter is smaller than 20nm, the dense gas effect makes
the declining rate of total apparent permeability
increase with pore diameter; for pores whose diame-
ter is larger than 20nm, the dense gas effect makes
the declining rate of total apparent permeability
decrease with pore diameter.
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Data input : P, T, Mr, dM, d0, PL, ΔH, 𝜅

Calculate: effective pore diameter
(d), gas mean free path (𝜆) 

Calculate: Knudsen number (Kn)

Calculate:
surface diffusion coefficient (Ds),

weighting factor (𝜁ms),
adsorbed gas concentration(Cs)

Calculate: viscous/slip flow
permeability (kv);

Knudsen diffusion permeability (kk) 

Calculate: surface diffusion
permeability (ks) 

Obtain: apparent permeability, kt = kv + kk + ks

Figure 22: Procedure for apparent permeability calculation.
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Multistage fractured horizontal wells (MFHWs) have become the main technology for shale gas exploration. However, the existing
models have neglected the percolation mechanism in nanopores of organic matter and failed to consider the differences among
the reservoir properties in different areas. On that account, in this study, a modified apparent permeability model was proposed
describing gas flow in shale gas reservoirs by integrating bulk gas flow in nanopores and gas desorption from nanopores. The
apparent permeability was introduced into the macroseepage model to establish a dynamic pressure analysis model for MFHWs
dual-porosity formations. The Laplace transformation and the regular perturbation method were used to obtain an analytical
solution. The influences of fracture half-length, fracture permeability, Langmuir volume, matrix radius, matrix permeability,
and induced fracture permeability on pressure and production were discussed. Results show that fracture half-length, fracture
permeability, and induced fracture permeability exert a significant influence on production. A larger Langmuir volume results in
a smaller pressure and pressure derivative. An increase in matrix permeability increases the production rate. Besides, this model
fits the actual field data relatively well. It has a reliable theoretical foundation and can preferably describe the dynamic changes of
pressure in the exploration process.

1. Introduction

Shale gas is known as a key resource to meet the increasing
world energy demand because of its rich reserves and exten-
sive distribution [1]. To be more specific, many pieces of
research have shown that shale gas reservoirs are charac-
terized by extremely low permeability values. Consequently,
hydraulic fracturing simulations and horizontal drilling
are developed for commercial exploitation. In shale gas
reservoirs, the complex pore structure, macro/microfracture
network distribution, and microscale reservoir properties
make the gas flow characteristics become more complicated
than those in conventional reservoirs. Gas flow in organic
matter, natural fractures, secondary fractures, and hydraulic
fractures is controlled by different mechanisms [2]. To be
more specific, 20%–80% of shale gas exists in the adsorbed
state on the surface of organic particulates. Desorption of
adsorbed gas in organic matter affects gas transport mech-
anisms significantly [3, 4]. Understanding the pressure- and

rate-transient behaviors of multistage fractured horizontal
wells in shale gas reservoirs is of great importance for pro-
duction forecasting, well placement, and configuration opti-
mization [5].

In recent studies [6–8], gas transport mechanisms in
organic matter can be described by continuum flow, slip
flow viscous flow, the Knudsen diffusion, and transition flow.
Wang and Li [9] made a comparison of collision frequency in
gas-gas and gas-solid interactions. They concluded that the
collisions between gas molecules and the solid wall account
for a large percentage of the total collisions. Therefore, the
Knudsen diffusion should be considered when studying gas
transport in nanopores. Darabi et al. [10] also reported that,
under typical shale gas reservoir conditions, the Knudsen
diffusion dominates gas transport and the contribution to
cumulative production can reach 20%. Adsorbed gas des-
orption from the surface of organic matter also plays a
significant role in gas transport [11, 12]. Swami et al. [13]
developed amodifiedmodel to investigate the contribution of
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adsorbed gas to the final recovery.They found that desorption
of adsorbed gas can increase the pore diameter, reduce
tortuosity, and cause extra slippage at the solid boundary.
Yu and Sepehrnoori [14] analyzed the shale gas development
history for a period of 30 years in North America and
concluded that different shale samples demonstrate quite
different adsorption capacities.

Mayerhofer et al. [15] studied the difference between con-
ventional double wings symmetric fractures and hydraulic
fractures of Barnet shale and were the first to propose the
simulated reservoir volume (SRV) conception. In SRV, multi-
stage hydraulic fracturing connects existing natural fractures,
which generates a large fracture network [16]. Kucuk and
Sawyer [17] firstly developed an analytical model to investi-
gate transient pressure in shale gas reservoirs. However, the
model ignored diffusion flow and the desorption effect. Lee
and Brockenbrough [18] analyzed production data coming
from vertical wells and developed an analytical solution to
describe transient pressure. Ozkan et al. [19] proposed a
dual-mechanism, that is to say, a dual-porosity horizontal
well model for shale gas reservoirs, which includes hydraulic
fractures, as well as the inner region and the outer region.
Themodel can adopt the diffusive flowmechanism but fail to
take adsorbed gas into consideration. Stalgorova and Mattar
[20–22] extended the trilinear flow model to a five-region
model for MFHWs in homogeneous shale gas reservoirs. In
order to investigate the effect of natural fractures on matrix
permeability, Apaydin et al. [23] combined composite blocks
into an analytical trilinear flow model. Zhao et al. [24, 25]
analyzed the pressure response and production performance
of MFHWs in shale gas reservoirs and they introduced
the source function theory to characterize SRV. Liu et al.
[26] discussed the desorption and diffusion effects in the
analytical model and studied the productivity-decline law.
Wang [27] considered the stress sensitive effect of natural
fractures and hydraulic fracture angles in the semianalytical
model. His research implied that the stress sensitive effect has
a significant impact on bottom hole flowing pressure.

In recent years, many general semianalytical models,
considering microscopic seepage mechanisms, have been
proposed with the rapid development of computer technol-
ogy [24, 25, 28–30]. These models can describe predominant
flow regimes for shale well but fail to consider all of the typical
characteristics and possible situations in shale gas reservoirs.
In the present study, a novel apparent permeability model
was put forward by taking into consideration viscous flow,
slip flow, transition flow, gas adsorption/desorption [31], and
the poromechanical response [32, 33]. The novelty of this
study concentrates on the improvement of the semianalytical
model to conduct pressure- and rate-transient analysis in
SRV, by considering microscale percolation mechanisms and
heterogeneity. The rest of this study can be described in
the following way. In Section 2, the apparent permeability
model for gas transport in shale nanopores is introduced.
The semianalytical model for MFHWs in a heterogeneous
shale gas reservoir, by considering microscale percolation
mechanisms in a dual-porosity formation, is introduced in
Section 3. Log-log dimension pressure, dimension pressure
derivative, and production type curves are plotted firstly,

and then a sensitivity analysis of formation parameters is
conducted in Section 4. An actual field case is studied in
Section 5. Finally, some conclusions are drawn in Section 6.

2. Apparent Permeability Model for
Gas Transport in Shale Nanopores

2.1. Viscous Flow. The total shale gas flux is composed of a
viscous flow flux and a Knudsen diffusion flux component.
Viscous flow is strongly prominent when the short molecule
free path is far less than the pore diameter. In other words,
the transport mechanism is governed by viscous flow in
macropores (where the pore diameter > 50 nm). The Hagen-
Poiseuille equation can describe the molar flux [34] as stated
below:

𝐽𝑉 = −𝜙𝜏 𝑟2𝑃8𝜇𝑅𝑇 𝑑𝑃𝑑𝑙 , (1)

where 𝐽𝑉 is the viscous flow flux, mol/(m2∗s); 𝜙 is porosity,
dimensionless; 𝜏 is tortuosity, dimensionless; 𝑟 is the pore
radius, m; 𝜇 is viscosity, Pa∗s; 𝑅 is the universal gas constant,
J/(mol∗K); 𝑇 is temperature, K; 𝑃 is pressure, Pa; and 𝑙 is the
shale gas transport distance, m.

Gas viscosity gradually deviates from the traditional
viscosity definition for high Knudsen numbers. Karniadakis
et al. [35] modified the viscosity definition in the Knudsen
layer by considering the rarefaction effect.

𝜇eff = 11 + 𝛼Kn𝜇, (2)

where 𝜇eff is the viscosity considering rarefaction effect, Pa∗s;𝛼 is the rarefaction coefficient, dimensionless; and Kn is the
Knudsen number, dimensionless.

According to the Darcy equation, the apparent perme-
ability of viscous flow can be expressed as [36]:

𝐾V = 𝐽V-eff𝜇𝑉std𝑑𝑃/𝑑𝑙 = (1 + 𝛼Kn) 𝜙𝜏 𝑟2𝑃𝑉std8𝑅𝑇
= (1 + 𝛼Kn) 𝐾∞,

(3)

where 𝐾V is the apparent permeability, taking into account
the effect of rarefaction, m2; 𝑉std is the gas mole volume at
standard conditions, 22.414 ∗ 10−3m3/mol; and 𝐾∞ is the
permeability of viscous flow, m2.

2.2.TheKnudsenDiffusion. When there is shale gas transport
through micropores under low pressure, the molecule free
path is long and equal to the pore diameter. The Knudsen
diffusion is prominent because collisions between molecules
and the micropores wall are more frequent than the inter-
molecular collisions. The flux of the Knudsen diffusion can
be expressed as [34]

𝐽K = −𝜙𝜏 𝑀𝐷K𝑅𝑇 𝜕𝐶𝜕𝑙 , (4)

where 𝐽K is the Knudsen diffusion flux, mol/(m2∗s); 𝐷K is
the Knudsen diffusion coefficient, m2/s; and 𝐶 is the gas
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concentration, m3/mol. The Knudsen diffusion coefficient is
obtained as

𝐷K = 23𝑟√8𝑅𝑇𝜋𝑀 , (5)

where 𝑀 is the gas molar mass, kg/mol. The rough wall has
a significant effect on the Knudsen diffusion. Darabi et al.
[10] proposed a function to describe the roughness effect as
follows:

𝐷eff = 𝛿𝐷𝑓−2𝐷K = ( 𝜆2𝑟)
𝐷𝑓−2𝐷K, (6)

where 𝐷eff is the Knudsen diffusion coefficient which takes
into consideration the roughness effect, m2/s; 𝜆 is the mean
free path of gasmolecules, m; and𝐷𝑓 is the fractal dimension
of the rough wall, dimensionless.

By combining (4) and (6), the apparent permeability of
the Knudsen diffusion can be obtained andwritten as follows:

𝐾K = 𝐽K-eff𝜇𝑉std𝑀𝑑𝐶/𝑑𝑙 = 23 𝜙𝜏 𝑟𝜇𝑉std𝑀 ( 𝜆2𝑟)
𝐷𝑓−2√ 8𝑀𝜋𝑅𝑇. (7)

2.3.Weight Factor. In the actual shale gas reservoirs, different
transport mechanisms exist at the same time. Therefore,
the total shale gas flux should be a weighted summation of
the viscous flow flux and the Knudsen diffusion flux, based
on their different contributions. The weight factors of the
viscous flow and the Knudsen diffusion flow are defined as
the ratios of intermolecular collisions and molecular/pore-
wall collisions to total collisions, respectively. Based on the
definitions for a gas molecule free path [11] and collision
numbers [37], the weight factors of viscous flow andKnudsen
diffusion can be approximated as follows:

𝑤𝑉 = 𝑤 = 11 + Kn/2
𝑤K = 1 − 𝑤 = 11 + 2/Kn .

(8)

Therefore, the total apparent permeability in nanopores is

𝐾 = 𝑤𝐾𝑉 + (1 − 𝑤)𝐾K

= 𝑤 (1 + 𝛼Kn) 𝐾∞
+ (1 − 𝑤) 23 𝜙𝜏 𝑟𝜇𝑉std𝑀 ( 𝜆2𝑟)

𝐷𝑓−2√ 8𝑀𝜋𝑅𝑇.
(9)

With a decrease in pressure, the gas molecule free path
increases immediately. The weight factor of the Knudsen
diffusion also increases. The piece of research carried out by
Wu et al. [38] showed that, under the 10 nm radius condition,
viscous flow dominates when the pressure is larger than 4.02∗ 105 Pa; otherwise, the Knudsen diffusion dominates.

2.4. Sorption-Induced Swelling Response. Organic matter is
described by weak strength and strong sensitivity to stress

change. With an increase in reservoir pressure, adsorbed
gas begins to desorb. Gas desorption results in shrinkage of
the organic matrix and to an increased effective hydraulic
diameter [39]. According to the solid deformation theory [40]
and the Langmuir isotherm equation [41], the relationship
between the degree of solid deformation and the reservoir
pressure can be written as follows:

Δ𝜀 = 𝑉𝐿𝜌𝑠𝑅𝑇𝐸𝑉std
[ln (𝑃𝐿 + 𝑃ini) − ln (𝑃𝐿 + 𝑃)]

+ 𝑐𝑃 (𝑃ini − 𝑃) ,
(10)

where Δ𝜀 is the solid deformation degree, dimensionless; 𝑉𝐿
is the Langmuir volume, m3/kg; 𝜌𝑠 is the density of the shale
matrix, kg/m3; 𝐸 is the shale matrix Youngmodulus, Pa; 𝑃𝐿 is
the Langmuir pressure, Pa; 𝑃ini is the initial pressure, Pa; and𝑐𝑃 is the rock compressibility, Pa−1.

Meanwhile, based on Seidle’s model [42], the approxima-
tion relation between the porosity and the solid deformation
degree is given by

𝜙𝜙ini
= 1 + (1 + 2𝜙ini

)Δ𝜀. (11)

Assume that the pore volumes are proportional to the gas
flow channels. In accordance with the capillary model, the
effective hydraulic diameter can be obtained as

𝑟eff
= 𝑟√1 + (1 + 2𝜙ini

)[𝑉𝐿𝜌𝑠𝑅𝑇𝐸𝑉std
ln𝑃𝐿 + 𝑃ini𝑃𝐿 + 𝑃 + 𝑐𝑃 (𝑃ini − 𝑃)]. (12)

2.5. Gas Adsorption/Desorption. Because of the large surface
area and oil-wet characteristic, nanopores have a strong
adsorbed gas capacity. The mass balance equation, which
considers the adsorbed gas, can be expressed as

𝜌𝑐𝑔𝜙(1 + 1 − 𝜙𝜙 𝜕𝑉𝜕𝜌 ) 𝜕𝑃𝜕𝑡 = 1𝑟 𝜕𝜕𝑟 (𝑟𝐾𝜇 𝜌𝜕𝑃𝜕𝑟 ) , (13)

where 𝜌 is the shale gas density, kg/m3; 𝑐𝑔 is the gas compress-
ibility, Pa−1; and𝑉 is themass of adsorbed gas per unit volume
of shale, kg/m3. The apparent permeability, which considers
desorption of absorbed gas, can be expressed as

𝐾app = (1 + 1 − 𝜙𝜙 𝜕𝑉𝜕𝜌 )𝐾. (14)

Cui et al. [12] defined the effective adsorption porosity as

𝜙ad = (1 − 𝜙) 𝜕𝑉𝜕𝜌 . (15)

According to the Langmuir isotherm equation, the effec-
tive adsorption porosity can be expressed as

𝜙ad = 𝜌𝑠𝑀𝑉std

1 − 𝜙𝜌𝑐𝑔
𝑉𝑚𝑃𝐿(𝑃𝐿 + 𝑃)2 . (16)
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Figure 1: Diagram of MFHWs and of the seven-flow-region model.

Finally, the apparent permeabilitymodel for gas transport
in shale nanopores can be expressed as

𝐾app = (1 + 𝜙ad𝜙 )𝐾
𝜙 = [1 + (1 + 2𝜙ini

)Δ𝜀] 𝜙ini

𝜙ad = 𝜌𝑠𝑀𝑉std

1 − 𝜙𝜌𝑐𝑔
𝑉𝑚𝑃𝐿(𝑃𝐿 + 𝑃)2

Δ𝜀 = 𝑉𝐿𝜌𝑠𝑅𝑇𝐸𝑉std
ln 𝑃𝐿 + 𝑃ini𝑃𝐿 + 𝑃 + 𝑐𝑃 (𝑃ini − 𝑃)

𝐾 = 𝑤 (1 + 𝛼Kn) 𝜙𝜏
𝑟2eff𝑃𝑉std8𝑅𝑇

+ (1 − 𝑤) 23 𝜙𝜏 𝑟eff𝜇𝑉std ( 𝜆2𝑟)
𝐷𝑓−2√ 8𝑀𝜋𝑅𝑇

𝑟eff = 𝑟√1 + (1 + 2𝜙ini
)Δ𝜀.

(17)

3. Productivity Prediction Model for MFHWs

3.1. Physical Model. Figure 1 shows the diagram of MFHWs
in a shale gas reservoir. The reservoir is divided into seven
contiguous regions: two upper-reservoir regions (regions 6
and 7), two outer-reservoir regions (regions 4 and 5), two

inner-reservoir regions (regions 2 and 3), and a hydraulic
region (region 1). Not all reservoir zones between primary
hydraulic fractures are stimulated by induced fractures. 1D
linear flow is assumed within unstimulated region and the
flow direction depends on the location. As shown in Figure 1,
a region of higher permeability around each fracture, the so-
called SRV area, is introduced to represent fracture branching
(region 2).The SRV region occupies part of the space between
fractures and the flow in the other part (region 3) towards
region 2, parallel to the wellbore. Regions 4 and 5 are in the
outer reservoir beyond the tips of the hydraulic fractures and
they connect with regions 2 and 3 in 𝑥 direction. Because of
the higher permeability in region 2, the pressure decreases in
this area first. Therefore, the flow direction in regions 4 and
5 is towards regions 2 and 3, perpendicular to the wellbore.
Although the main extending direction of the hydraulic
fractures is horizontal (𝑥 direction in Figure 1), we also need
to consider fractures height in vertical direction (𝑧 direction
in Figure 1). Based on this consideration, regions 6 and 7 are
defined in the upper reservoir beyond the tips of the hydraulic
(connecting with regions 2 and 3 in 𝑧 direction) and the
flow direction is vertical to the wellbore, towards the lower
reservoir.

The main assumptions considered for this model are
listed below:

(1) The shale reservoir has been fractured and has a
constant reservoir thickness. All hydraulic fractures
are symmetric and arranged uniformly along the hor-
izontal well. Length and conductivity of the hydraulic
fractures are the same.
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(2) Natural fracture permeability is stress-dependent and
shale gas flow in thematrix is driven by concentration
difference.

(3) The initial pressure throughout the reservoir is uni-
form.

(4) Hydraulic fractures penetrate the entire pay forma-
tion. Fracture interference is ignored. After SRV, large
fracture networks can be generated in region 2 and it
has higher natural fracture permeability compared to
the other regions.

(5) The shale gas flow in the reservoir is considered to
be an isothermal flow and the effect of gravity and
capillary pressure are negligible.

(6) Nonsimulated areas are described by a dual-porosity
system consisting of a shale matrix and natural frac-
tures.

(7) The only route for shale gas to reach the horizontal
wellbore is through hydraulic fractures. The flow rate
of MFHW is the sum of the flow rate from every
hydraulic fracture.

3.2. Mathematical Model. According to the mass conserva-
tion equation, the motion equation, and the state equation,
the partial differential formulas for shale gas flow in a matrix
system and a fracture system can be obtained as follows
[19, 27]:

1𝑟2𝑚𝐷
𝜕𝜕𝑟𝑚𝐷 (𝑟2𝑚𝐷𝜕𝜓𝑚𝐷𝜕𝑟𝑚𝐷 ) = 1𝜂𝑚𝐷

𝜕𝜓𝑚𝐷𝜕𝑡𝐷 (18)

𝜕2𝜓𝑓𝐷𝜕𝑥2𝐷 − 𝛽𝐷(𝜕𝜓𝑓𝐷𝜕𝑥𝐷 )2 = exp (𝛽𝐷𝜓𝑓𝐷)

⋅ (2𝐾mapp,aveℎ2ref𝐾𝑓𝑖ℎ𝑓𝑟𝑚
𝜕𝜓𝑚𝐷𝜕𝑟𝑚𝐷

𝑟𝑚𝐷=1 +
1𝜂𝑓𝐷

𝜕𝜓𝑓𝐷𝜕𝑡𝐷 ) ,
(19)

where𝛽𝐷 is a characteristic dimensionless parameter of stress
sensitivity and relates to the permeability modulus 𝛾. 𝛽 is
defined as 𝛽 = (𝜇𝑍/2𝑃)𝛾, where 𝐾𝑓 = 𝐾𝑓𝑖 exp(−𝛾Δ𝑃𝑓).

Pedrosa’s substitution [43] is used to weaken the nonlin-
earity of (19). By setting 𝜓𝑓𝐷 = (1/𝛾𝐷) ln(1 − 𝛾𝐷𝜉𝐷), (19) can
be simplified into

𝜕2𝜉𝑓𝐷𝜕𝑥2𝐷 = 2𝐾mapp,aveℎ2ref𝐾𝑓𝑖ℎ𝑓𝑟𝑚
𝜕𝜓𝑚𝐷𝜕𝑟𝑚𝐷

𝑟𝑚𝐷=1 +
1𝜂𝑓𝐷

𝜕𝜉𝑓𝐷𝜕𝑡𝐷 . (20)

To solve (18) and (20), these two equationswere converted
to the Laplace domain. And then the definite boundary
continuity is introduced to develop an integral seepage flow
differential equation. The final equation can be written as

𝜕2𝜓𝑓𝐷𝜕𝑥2𝐷 = 𝑓 (𝑠) 𝑠𝜓𝑓𝐷, (21)

where 𝑓(𝑠) = 1/𝜂𝑓𝐷 − (𝜆/5𝑠)[1 − √𝑠/𝜂𝑚𝐷 coth√𝑠/𝜂𝑚𝐷].
A series of variables and dimensionless variables are

defined in Table 1.

3.2.1. Region 7. In this upper-reservoir region, the governing
diffusivity equation for shale gas flow in the 𝑧-direction
becomes

𝜕2𝜓𝑓𝐷7𝜕𝑧2𝐷 − 𝑓7 (𝑠) 𝑠𝜓𝑓𝐷7 = 0, (22)

where

𝑓7 (𝑠) = 1𝜂𝑓𝐷7 −
𝜆75𝑠 [1 − √ 𝑠𝜂𝑚𝐷7 coth√ 𝑠𝜂𝑚𝐷7] . (23)

At the top of the reservoir (𝑧 = 𝑧2), the boundary condi-
tion is no-flow:

𝜕𝜓𝑓𝐷7𝜕𝑧𝐷
𝑧𝐷=𝑧2𝐷 = 0. (24)

On the interfaces (𝑧 = 𝑧1) of regions 7 and 3 and regions
7 and 5, pressure continuity condition can be obtained as

𝜓𝑓𝐷7𝑧𝐷=𝑧1𝐷 = 𝜓𝑓𝐷3𝑧𝐷=𝑧1𝐷 = 𝜓𝑓𝐷5𝑧𝐷=𝑧1𝐷 . (25)

Equation (22) is solved simultaneously with (24) and (25).
The final solution for (22) can be given as

𝜕𝜓𝑓𝐷7𝜕𝑧𝐷
𝑧𝐷=𝑧1𝐷 = √𝑓7 (𝑠) 𝑠

⋅ tanh [√𝑓7 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)] 𝜓𝑓𝐷3𝑧𝐷=𝑧1𝐷
= √𝑓7 (𝑠) 𝑠 tanh [√𝑓7 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)]
⋅ 𝜓𝑓𝐷5𝑧𝐷=𝑧1𝐷 .

(26)

3.2.2. Region 6. Consistent with region 7, the governing diffu-
sivity equation for shale gas flow in the 𝑧-direction becomes

𝜕2𝜓𝑓𝐷6𝜕𝑧2𝐷 − 𝑓6 (𝑠) 𝑠𝜓𝑓𝐷6 = 0, (27)

where

𝑓6 (𝑠) = 1𝜂𝑓𝐷6 −
𝜆65𝑠 [1 − √ 𝑠𝜂𝑚𝐷6 coth√ 𝑠𝜂𝑚𝐷6] . (28)

The boundary condition at the top of the reservoir (𝑧 =𝑧2) is
𝜕𝜓𝑓𝐷6𝜕𝑧𝐷

𝑧𝐷=𝑧2𝐷 = 0. (29)

The boundary conditions on the interfaces of regions 6
and 2 and regions 6 and 4 are

𝜓𝑓𝐷6𝑧𝐷=𝑧1𝐷 = 𝜓𝑓𝐷2𝑧𝐷=𝑧1𝐷 = 𝜓𝑓𝐷5𝑧𝐷=𝑧1𝐷 . (30)
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Table 1: Definitions of variables.

Variable Expression Dimensionless expression

Pseudo-pressure, psi2/cp 𝜓 = ∫𝑃
𝑃ini

2𝑃𝜇𝑍𝑑𝑃 𝜓𝐷 = 𝐾refℎref2704𝑞sc𝑇 (𝜓ini − 𝜓)
Permeability modulus factor, psi−1∗hr 𝛽 = 𝜇𝑍38𝑃𝛾 𝛽𝐷 = 2704𝑞sc𝑇𝐾refℎref 𝛽

Diffusivity, ft2/hr

𝜂ref = 2.637 × 10−4𝐾ref𝜙ref𝑐𝑡ref𝜇ref
𝜂𝑚𝐷 = 𝜂𝑚𝜂ref

𝜂𝑚 = 2.637 × 10−4𝐾𝑚,ave𝜙𝑚𝑎ave𝑐𝑚 ave𝜇𝑚 ave 𝜂𝑓𝐷 = 𝜂𝑓𝜂ref
𝜂𝑓 = 2.637 × 10−4𝐾𝑓𝜙𝑓𝑐𝑓,ave𝜇𝑓,ave 𝜂𝐹𝐷 = 𝜂𝐹𝜂ref
𝜂𝐹 = 2.637 × 10−4𝐾𝐹𝜙𝐹𝑐𝐹,ave𝜇𝐹,ave

Adsorption coefficient, dimensionless 𝑎ave = 𝑐𝑚,ave + ((1 − 𝜙𝑚)/𝜙𝑚) (𝑇𝑃sc𝑍ave/𝑇sc𝑃𝑚,ave𝑍sc) (𝑉𝐿𝑃𝐿/(𝑃𝐿 + 𝑃𝑚,ave)2)𝑐𝑚,ave
Time, hr

𝑡𝐷 = 𝜂refℎ2ref 𝑡

Length, ft
𝑥1𝐷 = 𝑥𝑓ℎref 𝑥𝑒𝐷 = 𝑥𝑒ℎref 𝑦1𝐷 = 𝑦1ℎref 𝑦2𝐷 = 𝑦2ℎref
𝑧1𝐷 = ℎ𝐹2ℎref 𝑧2𝐷 = ℎℎref 𝑤𝐷 = 𝑤𝐹ℎref 𝑟𝑚𝐷 = 𝑟𝑟𝑚

The solution for (27) can be given as

𝜕𝜓𝑓𝐷6𝜕𝑧𝐷
𝑧𝐷=𝑧1𝐷 = √𝑓6 (𝑠) 𝑠

⋅ tanh [√𝑓6 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)] 𝜓𝑓𝐷2𝑧𝐷=𝑧1𝐷
= √𝑓6 (𝑠) 𝑠 tanh [√𝑓6 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)]
⋅ 𝜓𝑓𝐷4𝑧𝐷=𝑧1𝐷 .

(31)

3.2.3. Region 5. In this region, shale gas flow takes place in the𝑥-direction and the 𝑧-direction. So the governing diffusivity
equation for region 5 is

𝜕2𝜓𝑓𝐷5𝜕𝑥2𝐷 + 𝜕2𝜓𝑓𝐷5𝜕𝑧2𝐷 − 𝑓5 (𝑠) 𝑠𝜓𝑓𝐷5 = 0, (32)

where

𝑓5 (𝑠) = 1𝜂𝑓𝐷5 −
𝜆55𝑠 [1 − √ 𝑠𝜂𝑚𝐷5 coth√ 𝑠𝜂𝑚𝐷5] . (33)

Along the horizontal well (𝑧 = 0), there is a no-flow
boundary:

𝜕𝜓𝑓𝐷5𝜕𝑧𝐷
𝑧𝐷=0 = 0. (34)

Flux across the interface of regions 5 and 7 (𝑧 = 𝑧1) is
continuous; therefore,

𝐾𝑓5 𝜕𝜓𝑓𝐷5𝜕𝑧𝐷
𝑧𝐷=𝑧1𝐷 = 𝐾𝑓7 𝜕𝜓𝑓𝐷7𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷 . (35)

Substituting (34) and (35) into (32), each of its terms
from 0 to 𝑧1𝐷 is integrated with respect to 𝑧𝐷. The governing
diffusivity can be simplified as

𝜕2𝜓𝑓𝐷5𝜕𝑥2𝐷 + 𝐾𝑓7𝐾𝑓5𝑧1𝐷
𝜕𝜓𝑓𝐷7𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷 − 𝑓5 (𝑠) 𝑠𝜓𝑓𝐷5 = 0. (36)

In this region, shale gas flow in the 𝑥-direction and with
a closed boundary condition (𝑥 = 𝑥𝑒) is expressed as

𝜕𝜓𝑓𝐷5𝜕𝑥𝐷
𝑥𝐷=𝑥𝑒𝐷 = 0. (37)

Pressure continuity condition between regions 5 and 3 (at𝑥 = 𝑥1) is expressed as

𝜓𝑓𝐷5𝑥𝐷=𝑥1𝐷 = 𝜓𝑓𝐷2𝑥𝐷=𝑥1𝐷 . (38)

By solving (36), the solution can be obtained as

𝜕𝜓𝑓𝐷5𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷

= √𝛼5 tanh [√𝛼5 (𝑥1𝐷 − 𝑥𝑒𝐷)] 𝜓𝑓𝐷3𝑥𝐷=𝑥1𝐷 ,
(39)
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where

𝛼5
= 𝑓5 (𝑠) 𝑠

− 𝐾𝑓7𝐾𝑓5𝑧1𝐷√𝑓7 (𝑠) 𝑠 tanh [√𝑓7 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)] .
(40)

3.2.4. Region 4. In a similar way, shale gas flow in this
region takes place in the 𝑥-direction and the 𝑧-direction.The
governing diffusivity equation for region 4 is

𝜕2𝜓𝑓𝐷4𝜕𝑥2𝐷 + 𝜕2𝜓𝑓𝐷4𝜕𝑧2𝐷 − 𝑓4 (𝑠) 𝑠𝜓𝑓𝐷4 = 0, (41)

where

𝑓4 (𝑠) = 1𝜂𝑓𝐷4 −
𝜆45𝑠 [1 − √ 𝑠𝜂𝑚𝐷4 coth√ 𝑠𝜂𝑚𝐷4] . (42)

The same method is also used in region 5, where the
governing diffusivity equation can be simplified as

𝜕2𝜓𝑓𝐷4𝜕𝑥2𝐷 + 𝐾𝑓4𝐾𝑓6𝑧1𝐷
𝜕𝜓𝑓𝐷6𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷 − 𝑓4 (𝑠) 𝑠𝜓𝑓𝐷4 = 0. (43)

No-flow condition at the outer-reservoir boundary (𝑥 =𝑥𝑒) is given as

𝜕𝜓𝑓𝐷4𝜕𝑥𝐷
𝑥𝐷=𝑥𝑒𝐷 = 0. (44)

On the interface of regions 4 and 2, the boundary condi-
tion is

𝜓𝑓𝐷4𝑥𝐷=𝑥1𝐷 = 𝜓𝑓𝐷2𝑥𝐷=𝑥1𝐷 . (45)

The solution for (41) is given as

𝜕𝜓𝑓𝐷4𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷

= √𝛼4 tanh [√𝛼4 (𝑥1𝐷 − 𝑥𝑒𝐷)] 𝜓𝑓𝐷2𝑥𝐷=𝑥1𝐷 ,
(46)

where

𝛼4 = 𝑓4 (𝑠) 𝑠
− 𝐾𝑓6𝐾𝑓4√𝑓6 (𝑠) 𝑠 tanh [√𝑓6 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)] . (47)

3.2.5. Region 3. This region is adjacent to regions 5 and 7, so
shale gas flow direction takes place along the 𝑥-direction, 𝑦-
direction, and 𝑧-direction.The governing diffusivity equation
becomes

𝜕2𝜓𝑓𝐷3𝜕𝑦2𝐷 + 𝜕2𝜓𝑓𝐷3𝜕𝑥2𝐷 + 𝜕2𝜓𝑓𝐷3𝜕𝑧2𝐷 − 𝑓3 (𝑠) 𝑠𝜓𝑓𝐷3 = 0, (48)

where

𝑓3 (𝑠) = 1𝜂𝑓𝐷3 −
𝜆35𝑠 [1 − √ 𝑠𝜂𝑚𝐷3 coth√ 𝑠𝜂𝑚𝐷3] . (49)

For the 𝑥-direction, the boundary condition used is a
no-flow condition for a horizontal well (𝑧 = 0) and a flux
continuity condition is used on the interface of regions 5 and
3 (𝑥 = 𝑥1):

𝜕𝜓𝑓𝐷3𝜕𝑥𝐷
𝑥𝐷=0 = 0

𝐾𝑓3 𝜕𝜓𝑓𝐷3𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷 = 𝐾𝑓5 𝜕𝜓𝑓𝐷5𝜕𝑥𝐷

𝑥𝐷=𝑥1𝐷 .
(50)

For the 𝑧-direction, (51) can be obtained:

𝜕𝜓𝑓𝐷3𝜕𝑧𝐷
𝑧𝐷=0 = 0

𝐾𝑓3 𝜕𝜓𝑓𝐷3𝜕𝑧𝐷
𝑧𝐷=𝑧1𝐷 = 𝐾𝑓7 𝜕𝜓𝑓𝐷7𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷 .
(51)

By substituting (50) and (51) into (48), the final governing
diffusivity equation becomes

𝜕2𝜓𝑓𝐷3𝜕𝑦2𝐷 + 𝐾𝑓7𝐾𝑓3𝑧1𝐷
𝜕𝜓𝑓𝐷7𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷
+ 𝐾𝑓5𝐾𝑓3𝑥1𝐷

𝜕𝜓𝑓𝐷5𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷 − 𝑓3 (𝑠) 𝑠𝜓𝑓𝐷3 = 0.

(52)

Between two fractures, there is a no-flow boundary (at𝑦 = 𝑦2):
𝜕𝜓𝑓𝐷3𝜕𝑦𝐷

𝑦𝐷=𝑦2𝐷 = 0. (53)

On the interface of regions 3 and 2, the pressure continu-
ity condition is written as

𝜓𝑓𝐷3𝑦𝐷=𝑦1𝐷 = 𝜓𝑓𝐷2𝑦𝐷=𝑦1𝐷 . (54)

The solution for (48) is given as

𝜕𝜓𝑓𝐷3𝜕𝑦𝐷
𝑦𝐷=𝑦1𝐷

= √𝛼3 tanh [√𝛼3 (𝑦1𝐷 − 𝑦2𝐷)] 𝜓𝑓𝐷2𝑦𝐷=𝑦1𝐷 ,
(55)
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where

𝛼3
= 𝑓3 (𝑠) 𝑠

− 𝐾𝑓7𝐾𝑓3𝑧1𝐷√𝑓7 (𝑠) 𝑠 tanh [√𝑓7 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)]
− 𝐾𝑓5𝐾𝑓3𝑥1𝐷√𝛼5 tanh [√𝛼5 (𝑥1𝐷 − 𝑥𝑒𝐷)] .

(56)

3.2.6. Region 2. Similarly, as region 2 is adjacent to hydraulic
fracture, the governing diffusivity equation is

𝜕2𝜓𝑓𝐷2𝜕𝑦2𝐷 + 𝜕2𝜓𝑓𝐷2𝜕𝑥2𝐷 + 𝜕2𝜓𝑓𝐷2𝜕𝑧2𝐷 − 𝑓2 (𝑠) 𝑠𝜓𝑓𝐷2 = 0. (57)

Consistent with region 3, the simplified equation can be
written as

𝜕2𝜓𝑓𝐷2𝜕𝑦2𝐷 + 𝐾𝑓6𝐾𝑓2𝑧1𝐷
𝜕𝜓𝑓𝐷6𝜕𝑧𝐷

𝑧𝐷=𝑧1𝐷
+ 𝐾𝑓4𝐾𝑓2𝑥1𝐷

𝜕𝜓𝑓𝐷4𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷 − 𝑓2 (𝑠) 𝑠𝜓𝑓𝐷2 = 0,

(58)

where

𝑓2 (𝑠) = 1𝜂𝑓𝐷2 −
𝜆25𝑠 [1 − √ 𝑠𝜂𝑚𝐷2 coth√ 𝑠𝜂𝑚𝐷2] . (59)

At the interface of regions 2 and 3, the boundary condi-
tion is characterized by flux continuity:

𝐾𝑓2 𝜕𝜓𝑓𝐷2𝜕𝑦𝐷
𝑦𝐷=𝑦1𝐷 = 𝐾𝑓3 𝜕𝜓𝑓𝐷3𝜕𝑦𝐷

𝑦𝐷=𝑦1𝐷 . (60)

And between the hydraulic fracture level and region 2, the
boundary condition is

𝜓𝑓𝐷2𝑦𝐷=𝑤𝐷/2 = 𝜓𝐹𝐷𝑦𝐷=𝑤𝐷/2 . (61)

Solving (58) to (61),

𝜕𝜓𝑓𝐷2𝜕𝑦𝐷
𝑦𝐷=𝑤𝐷/2 = −𝛽2 𝜓𝐹𝐷𝑦𝐷=𝑤𝐷/2 , (62)

where

𝛽2 = √𝛼2
⋅ exp (−√𝛼2 (𝑤𝐷/2)) − 𝛽1 exp (√𝛼2 (𝑤𝐷/2))
exp (−√𝛼2 (𝑤𝐷/2)) + 𝛽1 exp (√𝛼2 (𝑤𝐷/2))

𝛽1 = exp (−2√𝛼2𝑦1𝐷)
⋅ 𝐾𝑓2√𝛼2 + 𝐾𝑓3√𝛼3 tanh [√𝛼3 (𝑦1𝐷 − 𝑦2𝐷)]𝐾𝑓2√𝛼2 − 𝐾𝑓3√𝛼3 tanh [√𝛼3 (𝑦1𝐷 − 𝑦2𝐷)]

𝛼2 = 𝑓2 (𝑠) 𝑠 − 𝐾𝑓6𝐾𝑓2𝑧1𝐷√𝑓6 (𝑠) 𝑠
⋅ tanh [√𝑓6 (𝑠) 𝑠 (𝑧1𝐷 − 𝑧2𝐷)] − 𝐾𝑓4𝐾𝑓2𝑥1𝐷√𝛼4
⋅ tanh [√𝛼4 (𝑥1𝐷 − 𝑥𝑒𝐷)] .

(63)

3.2.7. Region 1. In this region, the diffusivity equation is given
by

𝜕2𝜓𝑝𝐹𝐷𝜕𝑥2𝐷 + 2𝐹𝐶𝐷
𝜕𝜓𝑓𝐷2𝜕𝑦𝐷

𝑦𝐷=𝑤𝐷/2 −
𝑠𝜂𝐹𝐷𝜓𝑝𝐹𝐷 = 0, (64)

where 𝐹𝐶𝐷 = 𝐾𝐹𝑤𝐷/𝐾𝑓2. The boundary condition can be
stated by the expressions:

𝜕𝜓𝑝𝐹𝐷𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷 = 0

𝜕𝜓𝑝𝐹𝐷𝜕𝑥𝐷
𝑥𝐷=𝑥1𝐷 = − 𝜋𝐹𝐶𝐷𝑠 .

(65)

The solution can be obtained:

𝜓𝑝𝐹𝐷 = 𝜋 cosh [√𝛼𝐹 (𝑥𝐷 − 𝑥1𝐷)]√𝛼𝐹𝐹𝐶𝐷𝑠 sinh (√𝛼𝐹𝑥1𝐷) , (66)

where

𝛼𝐹 = 2𝛽2𝐹𝐶𝐷 + 𝑠𝜂𝐹𝐷 . (67)

Assuming that pressure distribution along the horizontal
well is uniform, the dimensionless down-hole pressure can be
solved by setting 𝑥𝐷 = 0 [44]:

𝜓𝑤𝐷 = 𝜓𝑝𝐹𝐷𝑥𝐷=0 = 𝜋
√𝛼𝐹𝐹𝐶𝐷𝑠 tanh (√𝛼𝐹𝑥1𝐷) . (68)

Shale gas flow in hydraulic fractures is not completely
linear. The nonlinear streamlines result in an additional
pressure drop. Mukherjee and Economides [45] presented
a formulation to take this additional pressure drop into
consideration.

𝑆𝑐 = 𝐾𝑓1ℎ𝐾𝐹𝑤𝑓 [ln( ℎ2𝑟𝑤) − 𝜋2 ] . (69)
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Figure 2: Variation of 𝐾app,ad, 𝐾V, 𝐾app,Kn, and 𝐾app,𝑡 with average pressure.

Based on the Duhamel principle and the superposition
principle, the dimensionless flowing bottom hole pressure
(FHBP), which takes into consideration the wellbore storage
effect and the skin effect, can be expressed as [30]

𝜓𝑤𝐷 (𝑆𝑐, 𝐶𝐷) = 𝑆𝑐 + 𝑠𝜓𝑤𝐷𝑠 [1 + 𝐶𝐷𝑠 (𝑠𝜓𝑤𝐷 + 𝑆𝑐)] . (70)

The FHBP for MFHWs, when considering the stress
sensitivity effect, can be obtained as

𝜓𝑤𝐷 (𝑆𝑐, 𝐶𝐷, 𝑡𝐷) = − 1𝛾𝐷 ln [1 − 𝛾𝐷𝜓𝑤𝐷 (𝑆𝑐, 𝐶𝐷)] . (71)

The relationship between the dimensionless rate under
the condition of constant pressure and dimensionless pres-
sure caused by the constant rate is described as [46]

𝑞𝐷 = 1𝑠2𝜓𝑤𝐷 . (72)

4. Discussion and Analysis

4.1. Apparent Permeability in the Shale Matrix. Figure 2
shows the variation of the apparent permeabilities against the
average pressure. The input parameters are listed in Table 2.
Based on Figure 2, one can observe that, in the early period,
with a decrease of the average pressure, the bulk permeability𝐾app,bulk decreases dramatically, but the apparent permeabil-
ity caused by gas desorption 𝐾app,ad increases greatly. In the
later period, 𝐾app,bulk increases slightly with an increase of
the pressure. 𝐾app,ad also increases in a similar way with
an increase in pressure. The explanation is that, at high
pressure, the Knudsen diffusion increases significantly. As
can be seen in Figure 2, viscous flow dominates at high pres-
sure and the Knudsen diffusion dominates at low pressure.
Figure 2 also indicates that the pore diameter has a great
impact on the apparent permeability. With a decrease of
the pressure, nanopores become larger and larger under the
influence of matrix shrinkage, so the apparent permeability
increases gradually. However, there is an inflection point
between the apparent permeability and the average pressure.
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Table 2: Basic parameters.

Variable Value
𝜙, dimensionless 0.05𝑟, m 10−8𝑃ini, MPa 25𝑇, K 333𝑘𝐵, J/K 1.38 ∗ 10−23𝜌𝑠, t/m3 2.56𝑐𝑝, MPa−1 4.35 ∗ 10−4

𝑉𝐿, m3/t 18.66𝐸, MPa 4000𝜏, dimensionless 4.3𝜇, Pa∗s 1.75 ∗ 10−5𝑃𝑓𝑖𝑛, MPa 1
𝑀, kg/mol 0.016𝑉std, m

3/mol 22.4 ∗ 10−3𝜌𝑔, t/m3 0.085
𝑐𝑔, MPa−1 6.89 ∗ 10−2

𝑃𝐿, MPa 2.72𝛼, dimensionless 2.0
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Figure 3: Effect of hydraulic fracture half-length on pressure.

Furthermore, pore diameter is bigger and the time of the
inflection point for apparent permeability occurring appears
later. The apparent permeability decreases faster after the
inflection point. The results presented in Figure 2 agree well
with those presented by Wu et al. [38].

4.2. Effects of Hydraulic Fracture Half-Length. Figures 3 and
4 show the effect of hydraulic fracture half-length on pseudo-
pressure, pseudo-pressure derivative, and dimensionless pro-
duction.The input parameters are listed in Table 3. According
to the results, fracture half-length affects the whole produc-
tion process. The longer the hydraulic fracture half-length,
the more significant the pressure drop and the higher the
production rate. The contact area between the hydraulic

Table 3: Model parameters.

Variable Value
Reservoir size in 𝑥-direction, 𝑥𝑒, ft 500
Distance to no-flow boundary, 𝑦2, ft 250
Reservoir thickness, ℎ, ft 250
Fracture width, 𝑤𝑓, ft 0.01
Reservoir temperature, 𝑇, K 333
Gas volumetric factor, 𝐵𝑔 0.004
Initial matrix compressibility 𝑐𝑚, psi−1 10−3

Fracture porosity, 𝜙𝑓 0.45
Fracture permeability, 𝐾𝑓, mD 103

Hydraulic fracture compressibility, 𝑐𝐹, psi−1 10−3

Hydraulic fracture permeability, 𝐾𝐹, mD 105

Well length, 𝐿𝑤, ft 1500
Fracture half-length, 𝑥𝑓, ft 400
SRV width, 𝑦1, ft 250
Fracture height, ℎ𝑓, ft 0.001
Matrix radius, 𝑟𝑚, ft 5
Initial viscosity, 𝜇ini, cp 0.018
Initial matrix porosity, 𝜙𝑚 0.05
Matrix permeability, 𝐾𝑚, mD 10−6

Fracture compressibility 𝑐𝑓, psi−1 10−3

Hydraulic fracture porosity, 𝜙𝐹 0.38
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xf = 250 ft
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Figure 4: Effect of hydraulic fracture half-length on production.

fracture and the shale gas reservoir is larger when the fracture
half-length is longer. Therefore, when gas flow resistance is
reduced, more shale gas can flow to the fracture. Further-
more, larger flow rate results in significant pressure drop and
a larger production.

4.3. Effect of Hydraulic Fracture Permeability. Figures 5 and
6 present the curve of the relationships of dimensionless
time and pseudo-pressure and dimensionless production rate
under different hydraulic fracture permeability. The figures
show that hydraulic fracture permeability dominates all of
the production period except for when we have early pure
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Figure 6: Effect of hydraulic fracture permeability on production.

wellbore storage regime and boundary flow regime. The
results are quite different from those observed in a single
porosity tight reservoir where hydraulic fracture permeability
only exerts an influence on early time pressure behavior [47].
The figures also indicate that, with an increase in fracture
permeability, the pseudo-pressure drop and the production
rate growth tend to slow down.Therefore, there is an optimal
fracture permeability for a certain reservoir.

4.4. Effect of the Langmuir Volume. The effects of the Lang-
muir volume on pressure and production are plotted in
Figures 7 and 8. The Langmuir volume is defined as the
maximum volume of shale gas that can be absorbed to a
unit weight organic matrix at infinite pressure.The Langmuir
volume is a significant parameter for gas adsorption and
desorption. As illustrated in Figures 7 and 8, the larger the
Langmuir volume is, the lower the pressure drop and the
production will be.This is because a larger Langmuir volume
results in a greater amount of absorbed gas which provides an

10−6

10−4

10−2

100

102

104

Ψ
w
D
,Ψ

 w
D

∗
t D

Pressure
Derivative
Pressure
Derivative
Pressure
Derivative

105100 1010 101510−5

tD

VL = 1Ｇ3/t
VL = 1Ｇ3/t
VL = 5Ｇ3/t
VL = 5Ｇ3/t
VL = 10Ｇ3/t
VL = 10Ｇ3/t

Figure 7: Effect of Langmuir volume (𝑉𝐿) on pressure.
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Figure 8: Effect of Langmuir volume (𝑉𝐿) on production.

extra contribution for well reserves. However, the Langmuir
volumedoes not affect the linear flow stage as only shale gas in
hydraulic fractures contributes to production at that period.
It can also be seen that, with an increase of the Langmuir
volume, the dimensionless rate decreases slowly. This results
in longer production time.

4.5. Effect of Matrix Radius. Figures 9 and 10 show the effect
of matrix block radius on pseudo-pressure, pseudo-pressure
derivative, and dimensionless production rate.The shape and
size of the matrix blocks exert a very significant effect on the
interporosity flow stage. In thismodel, the value of thematrix
block radius determines the magnitudes of the interporosity
flow coefficient and the storativity ratio. According to the
results, the matrix block radius mainly affects the transitional
stage and the stage of bilinear flow.That is to say, the larger the
matrix block radius, the more significant the pressure drop of
the transitional stage. Consequently, the stage of bilinear flow
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Figure 9: Effect of matrix radius on pressure.
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Figure 10: Effect of matrix radius on production.

occurs later. When the matrix block radius is large enough,
bilinear flow disappears. Meanwhile, the magnitude of the
matrix block radius also affects the production in the early
and middle stages. With an increasing matrix block radius,
the production rate gradually decreases, and the production
decline rate decreases as well. In the late stage of production,
the production rates under different matrix block radii are
approximately the same [30].

4.6. Effect of Matrix Permeability. Figures 11 and 12 demon-
strate how matrix permeability affects pseudo-pressure and
dimensionless production rate. As can be seen in these two
figures, as the matrix permeability decreases, pressure drop
in the transient period becomes more significant and the
fracture linear flow period becomes longer. Dimensionless
production rate increases slowly with an increase of matrix
permeability. The results indicate that the rock has more
capacity to transfer gas molecules from the matrix to the
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Figure 11: Effect of matrix permeability on pressure.
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Figure 12: Effect of matrix permeability on production.

fracture system. Under ultra-low matrix permeability condi-
tions, the pressure variation is more sensitive.

4.7. Effect of Induced Fracture Permeability. Figures 13 and
14 represent the effect of induced fracture permeability on
pressure and production. The induced fracture permeabil-
ity of shale reservoirs is an extremely important reservoir
parameter, as shale gas transport to hydraulic fracture should
take place through induced fracture systems. Therefore, the
induced fracture permeability determines the scale of gas well
productivity. The results show that the higher the induced
fracture permeability, the more significant the pressure drop
during the transitional period. With a continuous increase
in induced fracture permeability, the duration of the stage of
bilinear flow becomes shorter and shorter until it completely
disappears. Figure 13 indicates that the induced fracture
permeability has a more significant influence on pressure
than matrix radius and matrix permeability. Meanwhile,
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Table 4: Parameters of the typical well.

Porosity Viscosity Compressibility Temperature
0.032 1.47 ∗ 10−2 cp 4.8 ∗ 10−2MPa−1 96.8∘C
Wellhead pressure Depth Pressure coefficient Horizontal length
39MPa 2900m 1.96 1438m𝜓ini 𝜓𝑤𝐷 Fracturing segments Thickness
1.62 ∗ 105MPa2/cp 1.62 ∗ 105MPa4/cp 15 35m
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Figure 13: Effect of induced fracture permeability on pressure.
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Figure 14: Effect of induced fracture permeability on production.

the induced fracture permeability also affects the scale of
production rate; that is, the higher the permeability, the larger
the scale. However, as far as production rate is concerned, the
secondary fracture permeability only affects its scale, but not
its decline rate.
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Figure 15: Production history.

5. Case Study

The MFHW is located in the transitional zone between the
Sichuan Basin and the Yunnan-Guizhou Plateau (400–
1,200m in altitude) and mainly developed a marine and con-
tinental sedimentary facies. The specific stratum parameters
are listed in Table 4.

As seen in Figure 15, the production data show that there
is a relatively high degree of correlation between pressure and
production; the production data present an obvious response
to the pressure fluctuations caused by the test carried out in
the early stage; therefore, the data have a certain degree of
reliability. As shown by a comparative analysis on the actual
production data and production curve, the measured data
are deviated from the typical curve by a relatively significant
extent. This is mainly because of the skin effect and wellbore
storage effect on the early stage seepage. The fitting curve
shows that the data points are concentrated in the stage
of linear flow of matrix (see Figure 16), mainly because the
extremely low permeability of matrix-fractures has extended
the duration of the stage of nonsteady state linear flow.

6. Conclusion

In this study, an analytical model was presented to sim-
ulate shale gas flow through MFHW in a shale reservoir.
Based on microscale percolation mechanisms in nanopores,
a seven-linear-flow model for dual-porosity formations was
established. This model takes viscous flow, the Knud-
sen diffusion, the sorption-induced swelling response, the
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adsorption/desorption, the matrix shrinkage and the stress
sensitivity effect into consideration. The pressure transient
analysis was carried out under conditions of constant rate.
The following conclusions were deduced:(1) The shale gas transport mechanism in nanopores
mainly includes bulk gas transport and gas adsorption/de-
sorption. Bulk gas apparent permeability is a weighted
summation of viscous flow permeability and the Knudsen
diffusion permeability. Gas desorption can increase the total
apparent permeability.(2) A semianalytical model was established for the pres-
sure behavior of MFHWs in shale gas reservoirs. Based on
the proposed model, flow regimes were identified into two
top reservoir regions, two inner-reservoir regions, two outer-
reservoir regions, and one artificial fracture region.(3) Larger fracture half-length results in a more signif-
icant pressure drop and a higher production rate. Fracture
permeability dominates throughout the production period
except during the early pure wellbore storage stage and the
boundary flow stage. The effect of desorption cannot be
neglected when simulating, as the Langmuir volume has a
significant influence on the production rate. Compared with
the matrix radius and matrix permeability, pressure and pro-
duction are more sensitive to induced fracture permeability.(4) The semianalytical model fits relatively well with the
actual production data, has a reliable theoretical foundation,
and can preferably describe the dynamic changes of pressure
in the exploration process of shale gas wells.

Nomenclature

𝑇: Temperature, K𝜏: Shale tortuosity𝑀: Gas molar mass, kg/mol𝑅: Universal gas constant, J/(mol∗K)𝑘𝐵: Boltzmann constant, J/K𝜌𝑠: Shale density, t/m3𝜌𝑔: Gas density, t/m3

𝑐𝑝: Shale compressibility, MPa−1𝑐𝑔: Gas compressibility, MPa−1𝑉std: Mole volume of gas at standard constant, m3/mol𝑉𝐿: Langmuir volume, m3/t𝑃𝐿: Langmuir pressure, MPa𝐸: Shale matrix Young modulus, MPa𝛼: Rarefaction coefficient𝜓: Pseudo-pressure, psi2/cp𝑞: Production rate, Mscf/D𝑠: Laplace transform parameter𝑡: Time, hours𝛾: Permeability modulus, psi−1𝑥: 𝑥-Coordinate, ft𝑦: 𝑦-Coordinate, ft𝑧: 𝑧-Coordinate, ft𝑤𝐹: Hydraulic fracture width, ft𝑥𝑓: Hydraulic fracture half-length, ft𝑥𝑒: Reservoir size in 𝑥-direction, ft𝑦1: SRV width, ft𝑦2: Half-width between two fractures, ft𝑧1: Half- fracture height, ft𝑧2: Half reservoir thickness, ft𝑟: Radius, ft𝜇: Shale viscosity, cp𝜙: Porosity𝜎: Shape factor𝜂: Diffusivity, ft/hour𝜆: Flow capacity ratio𝑎ave: Desorption coefficient at average pressure𝜔: Storativity ratio𝑆: Skin factor𝐶𝐷: Dimensionless wellbore storage coefficient.

Subscript

𝐷: Dimensionless𝑓: Natural fracture system𝐹: Hydraulic fracture𝑖: The 𝑖-th region (i = 2, 3, 4, 5, 6, 7)𝑚: Matrix system
sc: Standard condition𝑤𝐷: Dimensionless wellbore𝑒𝐷: Dimensionless length of external boundary.
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Accurately modeling the anisotropic dielectric properties of shales is important for the interpretation of dielectric data acquired
from shales as source rocks and unconventional reservoirs. We have developed a multiphase incremental model for the frequency
dependent anisotropic dielectric properties of sedimentary rocks and presented an approach based on the developed model to
simulate the measured anisotropic dielectric behaviors of artificial shales. The new model was built based on the theoretical basis
of differential effective medium models for any number of mineral grain components aligned in any direction and was shown to
be independent of the mixing order.Themodel incorporates the measured orientation distribution function of the clay particles to
determine the shale dielectric anisotropy, and the frequency dependent dielectric behaviors of the wet clay minerals are obtained
by inverting the dielectric properties of the artificial sample composed of clay and the same brine as in other artificial shales. The
modeling technique combined important polarization mechanisms in the intermediate frequency range and was shown to give
satisfactory fit to the measured frequency dependent anisotropic relative permittivity and conductivity of the artificial shales with
varying silt contents by using a reasonable aspect ratio and constant dielectric parameters for the silt grains.

1. Introduction

Shales are the most abundant sedimentary rocks and are
of increasing interest in hydrocarbon exploration worldwide
as source rocks and unconventional reservoirs. Among the
physical and petrophysical parameters employed for shale
characterizations, the electrical and more specifically dielec-
tric properties are one of the most direct and effective ways
for the discrimination of geofluid types and concentrations
as well as for the inference of their transport properties.
However, for improved inversion and interpretation of the
acquired shale dielectric data, a robust rock physics model
that links the bulk dielectric properties of shales to those
of the complex rock-forming components is essential. Such
models must also be able to account for the shale anisotropy
caused by the preferential orientation of mineral foliations.

In recent decades, shale dielectric modeling was mainly
focused on the effects of the electrical double layer associated
with clay minerals (e.g., [1–7]). Effort has been made to
develop models that can explain the dependence of complex
electrical conductivity on cation exchange capacity (CEC)
and specific surface area (SSA), salinity and pH of the pore
water, sorption of cations and organic molecules, influence
of grain size, and the relationship between surface conduc-
tivity and quadrature conductivity, temperature, and water
saturation. While the model is designed for isotropic shaly
materials, Revil et al. [8] generalize the versatile model to the
case of anisotropic shales by introducing tensorial versions of
formation factor and tortuosity with the intention of quanti-
fying the role played by kerogen on surface conductivity and
quadrature conductivity. However, the model accounts only
for the Stern layer (the inner portion of the electrical double
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Figure 1: A scanning electronmicroscopy (SEM) image showing the
mineral composition and microstructure of a typical shale sample
(courtesy of C. Delle Piane). In this sample, the quartz (qz), calcite
(cc), and pyrite (Pyr) grains are randomly distributed while the illite
(Ill) shows some local disorder or misalignment, with respect to the
vertical symmetry axis.

layer coating the surface of mineral grains) polarization
[9] and neglects an important polarization mechanism in
the intermediate frequency range (0.1MHz–100MHz), often
referred to as Maxwell–Wagner polarization or interfacial
polarization, due to the build-up of charge on the interfaces
of the heterogeneous systems (e.g., [10]).

To describe the dielectric behaviors of a heterogeneous
system caused by the Maxwell–Wagner polarization, various
models have been developed (e.g., [11–20]) and a compre-
hensive review of the models can be found in Cai et al.
[19]. Among these models, the differential effective medium
(DEM) models are the kind of models that have had the
most success in simulating the dielectric behavior of clay-free
sedimentary rocks [21] and in modeling the high-frequency
dielectric properties of both clay-free soils and clay soils [22].
The Hanai-Bruggeman (HB) equation [23–26] is one of such
DEMmodels that predicts the bulk rock dielectric properties
through the dielectric properties of the components, their
volume fractions, and the geometric details of how the
phases are arranged relative to each other described by the
cementation factor (𝑚). However, the HB model is designed
for the isotropic medium only and could not be applied
to modeling the anisotropic dielectric properties of shales.
On the other hand, the Asami [27] model, as another kind
of the DEM model, is capable of modeling the dielectric
properties of a medium at any given direction relative to
the applied electric field. The Asami model is a 2-phase
(i.e., solid minerals and fluid) model that assumes that all
the solid particles are uniformly shaped and aligned, which,
however, is not the case for real shales that usually contain
multiple mineral phases and the orientations of each of
the minerals and the alignments of the different proportion
of the same minerals are varying as shown in Figure 1.
This requires the development of a multiphase anisotropic
dielectric model where the complex mineral composition
and the orientation distribution of the clay minerals can be
accounted for; the model should also take into account the
Stern layer polarization associated with clay minerals.

This work aims to present such a model. We first extend
Asami’s 2-phase anisotropic dielectric model to more phases

based on an incremental algorithm [21, 28, 29] so that
the multimineral nature of shales can be modeled. In the
new model, the clay minerals with different orientations are
grouped through the measured clay orientation distribution
function, and the frequency dependent dielectric properties
of the wet clay minerals that contain the information of
the Stern layer polarization are determined by inverting
the measured dielectric responses of an artificial sample
composed of pure clay and pore water identical to that used
in the shale under investigation with the silt component.
The approach is then applied to modeling the laboratory
measurements of the qualified samples in the frequency range
0.1MHz–100MHz presented in the companion paper.

2. Anisotropic Dielectric Model

2.1. Two-Phase Anisotropic Dielectric Model. Based on Max-
well–Wagner theory [30, 31], Asami [27] derived an equation
for the complex relative permittivity (𝜀∗) of a 2-phasemixture
where the ellipsoidal inclusions (with complex permittivity of𝜀∗𝑔) are oriented in the background medium (with complex
permittivity of 𝜀∗𝑎 ) with the angle 𝜑𝑘 between the k-axis and
the electric field, as follows:

𝜀∗ = 𝜀∗𝑎 [[
1 + Φ ∑

𝑘=𝑥,𝑦,𝑧

𝜀∗𝑔 − 𝜀∗𝑎
𝜀∗𝑎 + (𝜀∗𝑔 − 𝜀∗𝑎 ) 𝐿𝑘 cos

2𝜑𝑘]
]
, (1)

where Φ is the volume fraction of the solid inclusions; the
complex relative permittivity 𝜀∗ is defined as

𝜀∗ = 𝜀 − 𝑗𝜀 = 𝜀 + 𝜅
𝑗𝜀0𝜔, (2)

where 𝑗 = √−1, 𝜀 and 𝜀 are the real and imaginary
parts of 𝜀∗, respectively, 𝜀 is the relative permittivity, 𝜅 is
the effective conductivity, 𝜀0 = 8.8542 × 10−12 F/m is the
absolute permittivity of vacuum, and 𝜔 = 2𝜋𝑓 (where 𝑓
is the frequency) is the angular frequency of the applied
electric field. 𝐿𝑘 is the 𝑘-axis depolarization factor of the
oblate spheroidal inclusions (𝑅𝑥 = 𝑅𝑦 > 𝑅𝑧, where 𝑅𝑘 is the
semiaxis of the ellipsoid along the k-axis) with aspect ratio 𝛼< 1 (𝛼 = 𝑅𝑧/𝑅𝑥), given by [27]

𝐿𝑧 = 1
1 − 𝛼2 −

𝛼
(1 − 𝛼2)3/2 cos

−1𝛼,

𝐿𝑥 = 𝐿𝑦 = (1 − 𝐿𝑧)2 .
(3)

2.2. Multiphase Anisotropic Dielectric Model. Berg [21] pre-
sented an incremental algorithm to extend the 2-phase HB
equation to more phases without ordering effect. Han et al.
[28] adapted the algorithm to the isotropic dielectric model
of Asami [27]. In this work, we apply the incremental concept
to the 2-phase anisotropic dielectric model (see (1)) to enable
more mineral components to be modeled.

In the new multiphase (𝑀-phase) anisotropic dielectric
model, the second phase with a volume fraction of 𝐶2/𝑛
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Figure 2: Schematic diagram showing the steps used in the first increment in the multiphase anisotropic dielectric model, in which water is
the starting medium. The effective media formed in the last step of each increment become the starting background for the next increment,
after Han et al. [28, 29].

(where 𝐶2 is the initial concentration of phase 2 and 𝑛 is
the incremental number) is first added to the water (the first
phase) background, forming an effectivemedium for the next
step (step 2 as shown in Figure 2) in which phase 3 with a
volume fraction of 𝐶3/n is then included to form an effective
background for step 3. This procedure continues until the
Mth phase with volume fraction of𝐶𝑀/n is finally added.The
effective media formed when the 𝑀 − 1 phases included in
each increment become a background for the next increment
until the incremental number of 𝑛 is reached. The effective
media formed in each step are assumed to be an effective
single phase, and the 2-phase anisotropic equation (see (1))
is used to calculate the effective dielectric properties in the
directions parallel and perpendicular to the applied electric
field, respectively.

In the incremental algorithm, the inclusion is added to
the effective background to displace the same amount of
medium; the volume fractions of the various phases in each
step are therefore functions of their volume fractions in the
previous step. Following Han et al. [28, 29], it is convenient
to derive the volume fractions of the inclusions (𝑉𝑖, i = 1 :M)
based on their initial concentrations 𝐶 and the incremental
number 𝑛.

In the first increment (indicated by the column number),
the volume fraction of each component after phase 2 is
included (step 1, denoted by the row number):

𝑉1 (1, 1) = 1 − 𝐶2𝑛 ,
𝑉2 (1, 1) = 𝐶2𝑛 ,

𝑉3 (1, 1) = 0,
...

𝑉𝑀 (1, 1) = 0;
(4)

the volume fractions of the constituents when phase 3 is
added (step 2) are calculated as

𝑉1 (1, 2) = 𝑉1 (1, 1) ⋅ (1 − 𝐶3𝑛 ) ,
𝑉2 (1, 2) = 𝑉2 (1, 1) ⋅ (1 − 𝐶3𝑛 ) ,

𝑉3 (1, 2) = 𝐶3𝑛 ,
𝑉4 (1, 2) = 0,

...
𝑉𝑀 (1, 2) = 0;

(5)

the volume fractions of the components when phase 4 is
added (step 3) are

𝑉1 (1, 3) = 𝑉1 (1, 2) ⋅ (1 − 𝐶4𝑛 ) ,
𝑉2 (1, 3) = 𝑉2 (1, 2) ⋅ (1 − 𝐶4𝑛 ) ,
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𝑉3 (1, 3) = 𝑉3 (1, 2) ⋅ (1 − 𝐶4𝑛 ) ,
𝑉4 (1, 3) = 𝐶4𝑛 ,
𝑉5 (1, 3) = 0,

...
𝑉𝑀 (1, 3) = 0,

(6)

and after the final step (step M − 1) when phase𝑀 is finally
included in the first iteration, the volume fraction of each
element can be found by

𝑉1 (1,𝑀 − 1) = 𝑉1 (1,𝑀 − 2) ⋅ (1 − 𝐶𝑀𝑛 ) ,
...

𝑉𝑀−1 (1,𝑀 − 1) = 𝑉𝑀−1 (1,𝑀 − 2) ⋅ (1 − 𝐶𝑀𝑛 ) ,
𝑉𝑀 (1,𝑀 − 1) = 𝐶𝑀𝑛 .

(7)

The effectivemedium in the last step in each increment forms
the starting background for the next increment; the volume
fraction of each component in the ith increment (2 ≤ i ≤ n),
after phases 2, 3, 4, and M − 1 are added, is therefore given,
respectively, by

𝑉1 (𝑖, 1) = 𝑉1 (𝑖 − 1,𝑀 − 1) ⋅ (1 − 𝐶2𝑛 ) ,
𝑉2 (𝑖, 1) = 𝑉2 (𝑖 − 1,𝑀 − 1) ⋅ (1 − 𝐶2𝑛 ) + 𝐶2𝑛 ,
𝑉3 (𝑖, 1) = 𝑉3 (𝑖 − 1,𝑀 − 1) ⋅ (1 − 𝐶2𝑛 ) ,

...
𝑉𝑀 (𝑖, 1) = 𝑉𝑀 (𝑖 − 1,𝑀 − 1) ⋅ (1 − 𝐶2𝑛 ) ,

𝑉1 (𝑖, 2) = 𝑉1 (𝑖, 1) ⋅ (1 − 𝐶3𝑛 ) ,
𝑉2 (𝑖, 2) = 𝑉2 (𝑖, 1) ⋅ (1 − 𝐶3𝑛 ) ,

𝑉3 (𝑖, 2) = 𝑉3 (𝑖, 1) ⋅ (1 − 𝐶3𝑛 ) + 𝐶3𝑛 ,
𝑉4 (𝑖, 2) = 𝑉4 (𝑖, 1) ⋅ (1 − 𝐶3𝑛 ) ,

...
𝑉𝑀 (𝑖, 2) = 𝑉𝑀 (𝑖, 1) ⋅ (1 − 𝐶3𝑛 ) ,

𝑉1 (𝑖, 3) = 𝑉1 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) ,
𝑉2 (𝑖, 3) = 𝑉2 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) ,
𝑉3 (𝑖, 3) = 𝑉3 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) ,

𝑉4 (𝑖, 3) = 𝑉4 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) + 𝐶4𝑛 ,
𝑉5 (𝑖, 3) = 𝑉5 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) ,

...
𝑉𝑀 (𝑖, 3) = 𝑉𝑀 (𝑖, 2) ⋅ (1 − 𝐶4𝑛 ) ,

𝑉1 (𝑖,𝑀 − 1) = 𝑉1 (𝑖,𝑀 − 2) ⋅ (1 − 𝐶𝑀𝑛 ) ,
...

𝑉𝑀−1 (𝑖,𝑀 − 1) = 𝑉𝑀−1 (𝑖,𝑀 − 2) ⋅ (1 − 𝐶𝑀𝑛 ) ,
𝑉𝑀 (𝑖,𝑀 − 1) = 𝑉𝑀 (𝑖,𝑀 − 2) ⋅ (1 − 𝐶𝑀𝑛 ) + 𝐶𝑀𝑛 .

(8)
For a given rock sample with known volume fractions of
the components (e.g., from laboratory measurements), the
initial concentration of each phase for themodel input can be
determined from (4)–(8), based on the assigned incremental
number n.

To demonstrate the effects of the order of mixing the
different inclusions on the simulation results and their
dependence on the iteration number n, we show in Figure 3
the modeling results for a hypothetical sample composed of
brine (with relative permittivity and conductivity of 79 and
4.69 S/m, resp.) and 3 groups of quartz grains aligned 0∘,
30∘, and 90∘ to the bedding, respectively. The sample has a
porosity of 0.1, and the quartz inclusions with alignment of
0∘, 30∘, and 90∘ to the bedding have volume fractions of 0.6,
0.2, and 0.1, respectively. The aspect ratios of all the quartz
minerals are assumed to be 0.1, and the relative permittivity
and conductivity are taken to be 20 and 10−5 S/m, respectively.
In the example, the calculations at each iteration number are
made using 6 different mixing orders of the 3 inclusions,
as shown in the legend where 0, 30, and 90 stand for the
quartz oriented 0∘, 30∘, and 90∘ to the bedding, respectively,
and their orders in the legend represent the mixing order of
the corresponding ingredients. The big separation between
the simulated relative permittivity and conductivity when 𝑛
is set to be 1 confirms that the conventional DEM model
is dependent on the mixing order of the multiple compo-
nents (e.g., [15, 32, 33]). With an increase in the iteration
number, the ordering effect decreases, and the calculated
relative permittivity and conductivity at each direction start
to converge and become identical when the iteration number
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Figure 3: Simulated relative permittivity and conductivity of the hypothetical sample in the directions when the applied electric field is
perpendicular (𝜀V and 𝜅V, resp.) and parallel (𝜀ℎ and 𝜅ℎ, resp.) to the bedding, respectively. The lines with varying colors are for the quartz
grains with different mixing orders, where 0, 30, and 90 stand for the quartz oriented 0∘, 30∘, and 90∘ to the bedding, respectively.

is sufficiently high (i.e., when n = 1000), demonstrating that
the developed multiphase anisotropic dielectric model is
independent of mixing order at high iteration numbers. A
further increase in the iteration number will not affect the
results but may cause an increase in the computing time.
Therefore, unless otherwise stated, an iteration number of
1000 is used for the rest of the calculations to guarantee
accuracy of the simulation results in a quick manner.

3. Application to Artificial Shales

3.1. Sample Selection. Having developed the multiphase
anisotropic dielectric model, we proceed to apply the model

to simulating the laboratory measured frequency dependent
dielectric responses of the artificial shales presented in the
companion paper. To do this, as mentioned previously,
the frequency dependent dielectric properties of the rock-
forming components, their volume fractions, and geometric
information are needed as the inputting model parameters.
While the dielectric properties of the insulating silt and the
conductive water can be regarded frequency independent in
the frequency range between 0.1MHz and 100MHz, there is
evidence that the dielectric properties of wet clayminerals are
frequency dependent as a result of the Stern layer polarization
associatedwith clayminerals (e.g., [34]). Since themagnitude
of the Stern layer polarization depends on the water salinity,
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Table 1: Volume fractions of the rock-forming components for the model input of the 3 samples under investigation. The volume fractions
are determined based on the measured sample porosity, the solid silt to kaolinite ratio, and the obtained orientation distribution function of
the kaolinite grains.

Sample 𝜑 𝑉silt 𝑉0kao 𝑉30kao 𝑉60kao 𝑉90kao
A0100 75 0.18 0 0.4756 0.2303 0.0682 0.0459
A2575 75 0.158 0.2105 0.4111 0.1792 0.0285 0.0127
A4060 75 0.14 0.3440 0.2893 0.1614 0.0429 0.0224

the dielectric properties of wet clay minerals are also related
to the properties of water. It is therefore reasonable to select
a series of samples (in disc shape with diameter of 20mm
and thickness of 3–5mm) saturated with the same brine
but with varying clay to silt ratios so that the frequency
dependent dielectric properties of the wet clay minerals at
this specific brine conditions can be inverted based on the
developed model from the measured dielectric behaviors of
the sample with no silt fraction (i.e., the sample composed
of only kaolinite and brine). Samples fulfilling this criterion
include the dispersed samples saturated with distilled water
(i.e., samples D0100 0 and D4555 0) and the aggregated
samples filled with 75 g/l KCl brine (i.e., samples A0100 75,
A2575 75, and A4060 75). Considering the fact that the
contributions to the dielectric responses of the distilled water
saturated shales are mainly from the Stern layer polarization
which overwhelms the Maxwell–Wagner polarization, based
on which the multiphase dielectric model is developed,
therefore, only the aggregated shales samples saturated with
75 g/l KCl are selected for the modeling.

3.2. Determination of the Volume Fractions of the Ingredients.
We use the measured porosity, preset silt to kaolinite weight
ratios, and the collected orientation distributions of the
kaolinite grains (as shown in Figure 4 for all the 3 samples
in consideration) to determine the volume fractions of the
ingredients, which are essential for themodel inputs.The clay
particle orientation distributions aremeasured using neutron
diffraction goniometry at polar angle interval of 5∘, giving
rise to 19 data points in the range 0∘ to 90∘. Although the
multiphase model is developed for any number of phases,
the 19 clay phases will significantly increase the computing
time. To simplify the clay orientation distributions but to
keep the effects of the distribution density on the dielectric
anisotropy, we choose 4 representative angles instead of
using the complete orientation distributions. This is done
by averaging the obtained distribution densities, respectively,
between 0∘ and 15∘, 20∘ and 40∘, 50∘ and 70∘, and 75∘ and 90∘
to represent the orientation distributions at 0∘, 30∘, 60∘, and
90∘, respectively. Considering the fact that kaolinite and silt
grains are similar in densities (the densities of the kaolinite
and quartz were determined to be 2.61 g/cm3 and 2.65 g/cm3,
respectively), the volume fractions of the kaolinite at the 4
polar angles (𝑉𝑖kao) and the volume fraction of the silt (𝑉silt)
are then determined as

𝑉𝑖kao = (1 − 𝜑)𝑊kao
𝑑𝑖kao∑𝑖=0,30,60,90 𝑑𝑖kao ,

𝑉silt = (1 − 𝜑)𝑊silt,
(9)

Po
la

r d
en

sit
y 

(m
.r.

d.
)

A0100-75
A2575-75
A4060-75

10 20 30 40 50 60 70 80 900
Polar angle (degree)

0

1

2

3

4

5

6

7

Figure 4: Experimental 𝑐-axis distribution density figures of the
kaolinite in the 3 samples with corresponding integrated polar angle
profiles. Distribution density is expressed in multiples of random
distribution (m.r.d.).

where 𝜑 is the porosity of the artificial shale sample,𝑊silt and𝑊kao are the presetweight ratio between silt and kaolinite, and𝑑𝑖kao are the averaged orientation distribution densities at 0∘,
30∘, 60∘, and 90∘, respectively.

The calculated volume fractions of the ingredients for
all the 3 samples are listed in Table 1, and the initial
concentrations of the various phases 𝐶 that are directly input
into the model can be obtained from (4)–(8), based on the
assigned incremental number n = 1000.

3.3. Inversion of the Dielectric Properties of Wet Clays. To
obtain the unknown dielectric properties of the wet clay
minerals that are dependent on the brine (amongmany other
factors including grain size and temperature) saturating the
shale samples, we invert the measured dielectric behaviors
of the artificial sample made of pure kaolinite and the same
brine filling the other 2 samples, that is, the 75 g/l KCl brine
with relative permittivity of 79 and electrical conductivity
of 11.2 S/m. The inversion is done on sample A0100 75 by
minimizing the difference between the laboratory measure-
ments and the model prediction for relative permittivity and
conductivity in the directions parallel and perpendicular to
the bedding, respectively, at each frequency between 0.1MHz
and 100MHz where the laboratory data are collected. In the
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Figure 5: Inverted frequency dependent relative permittivity (a) and conductivity (b) of the wet kaolinite and comparison of the laboratory
measured relative permittivity (c) and conductivity (d) of the shale sample A0100 75 with the model prediction based on the wet kaolinite
properties in the vertical and horizontal directions, respectively.

modeling, an aspect ratio of 0.1 is employed for the kaolinite
grains based on analysis of the SEM images of the compacted
sample [35].

The results are given in Figure 5 for the inverted frequency
dependent relative permittivity and electrical conductivity of
the wet kaolinite in the vertical (perpendicular to the bed-
ding, in blue curves) and horizontal (parallel to the bedding,
in red curves) directions, respectively. Also shown in Figure 5
is the comparison of the measured shale (A0100 75) relative
permittivity and conductivity (vertical and horizontal, resp.)
with those predicted using the developed anisotropic model
based on the inverted wet clay dielectric properties and their
simplified orientation distributions.

The wet clay dielectric properties obtained in the vertical
and horizontal directions are for the brine coated oblate
kaolinite grains in the directions along the short and long
axis, respectively. These properties are thought to be a result
of the Stern layer polarization only that is dependent merely
on the brine properties and are assumed to be the properties
of the wet clay in the artificial shales saturated with the
same brine. The anisotropic wet clay dielectric properties
are further employed to account for the Maxwell–Wagner
polarization through the developed multiphase model to
predict the anisotropic dielectric behaviors of the shales with
varying amounts of silt fractions. It should be noted that
the excellent agreement between the laboratory data and the
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model prediction as shown in Figures 5(c) and 5(d) is not
an indication of the correctness of either the new model or
the inverted wet clay dielectric properties but does imply
that the combination of them can sufficiently simulate the
measured frequency dependent dielectric behaviors of the
silt-free shale sample. It is therefore reasonable to expect
that the joint employment of the developed model and
the obtained wet clay dielectric properties could also give
satisfactory simulation to the artificial samples with the silt
fractions, as to be shown in the next section.

3.4. Modeling Results. Having selected qualified artificial
shale samples, having determined the volume fractions of
their ingredients, and having obtained the frequency depen-
dent dielectric properties of wet kaolinite clay aggregates
form a basis for the developed multiphase model to simulate
the measured anisotropic responses of the shale samples
with silt fractions, which makes the artificial samples more
resembling natural shales in terms of their mineral compo-
sitions. The inclusion of the silt fractions, however, will add
additional complexity to the model.

Firstly, the distribution of the silt fractions turns to
be random in the kaolinite matrix, making the shale less
anisotropic. To adjust the developed multiphase anisotropic
dielectric model to be capable of adding isotropic inclusions,
the 2-phase anisotropic dielectric model (see (1)) is replaced
with the 2-phase isotropic model when the silt component is
added, given as follows [27]:

𝜀∗ = 𝜀∗𝑎 [[
1 + 1

3Φ ∑
𝑘=𝑥,𝑦,𝑧

𝜀∗𝑔 − 𝜀∗𝑎
𝜀∗𝑎 + (𝜀∗𝑔 − 𝜀∗𝑎 ) 𝐿𝑘

]
]
. (10)

Secondly, the dielectric properties of wet silt are unknown. It
is well documented in the literature that dry quartz mineral
has a relative permittivity of approximately 4.5 (e.g., [36]), but
wet quartz exhibits higher values due to the electrochemical
interactions of the mineral-water system. In this work, a
constant relative permittivity of 20 [37, 38] is employed for
wet silt with an electrical conductivity of 10−5 S/m. The high
relative permittivity value for the wet silt can be explained by
the polarization at the mineral-water surface and/or by the
fact that there are small amount of silt grains with high aspect
ratio, which give rise to high relative permittivity at relative
low frequencies [39]. And lastly, the geometric information
(i.e., aspect ratio) of the silt fractions that is required for the
model input needs to be determined. In this work, the silt
aspect ratio is set as a fitting parameter to give the best cor-
relation coefficient between laboratory measurements (both
relative permittivity and conductivity) and model prediction
in the vertical and horizontal directions, respectively.

Using the dielectric properties of the various ingredients
together with their volume fractions (as listed in Table 1)
and aspect ratios, the built anisotropic multiphase dielectric
model is applied to the artificial shale samples of A2575 75
and A4060 75 based on the procedures outlined above.

The modeling results for the artificial shale sample
A2575 75 are given in Figure 6. By using the silt aspect
ratios of 0.1 and 0.06 the modeled dielectric responses give

satisfactory fit to the dielectric measurements at the verti-
cal and horizontal directions, respectively, with correlation
coefficients of R = 0.9833 and R = 0.9775 for the relative
permittivity and conductivity in the vertical direction and
R = 0.9979 and R = 0.9940 for the relative permittivity and
conductivity in the horizontal direction, respectively. The
obtained silt aspect ratios of 0.1 and 0.06 are within the
aspect ratio range of the silt from the micro-CT image of
the compacted sample [35] and can also be explained by the
nonhomogeneous microstructure at the sample scale [40].
It is interesting that different values of the silt aspect ratio
are inverted in the orthogonal directions and this can be
explained by the fact that although randomly dispersed silts
are assumed in the model, they are in fact aligned to some
extent, and therefore their contributions to the dielectric
responses at different directions are varying; as a result,
different values for the silt grain aspect ratio should be used.
This is similar to the distinct wet clay dielectric properties that
are employed tomodel the anisotropic shale properties in the
different directions.

Figure 7 shows the modeling results for the sample
A4060 75. When the silt grain aspect ratio is determined to
be 0.1 for both vertical and horizontal directions, the new
multiphase anisotropic dielectric model gives best fit to the
laboratory measurements with correlation coefficients of R =
0.9921 andR = 0.9433 for the vertical relative permittivity and
conductivity and R = 0.9971 and R = 0.9943 for the relative
permittivity and conductivity horizontally, respectively. The
inverted silt aspect ratio is consistentwith the results obtained
for the sampleA2575 75with less silt content and the uniform
silt aspect ratio for the orthogonal directions indicates that
the silt grains are more homogeneously distributed in the
sample so that the dielectric properties of the rock caused
by the silt component can by effectively described by the
isotropic model (see (10)).

4. Discussion

The multiphase anisotropic dielectric model was developed
based on the incremental algorithm [21, 28], in which a small
amount of each component is required to be added in every
increment, making the model independent of the mixing
order, a problem usually encountered by multiphase DEM
models [15, 32, 33]. This excludes the difference in the results
caused by the order of mixing the different mineral phases
and ensures that the results are unique for the determined
shale dielectric properties based on the dielectric responses
and volume fractions of the constituents and their specific
microstructure described by the simplified orientation dis-
tribution function of the clay particles, which determines
the anisotropy of the bulk dielectric properties through the
orientational alignments of the clay minerals. A complete
orientation distribution of the clay minerals as measured
may give better anisotropic results for the model, but will
also increase dramatically the computing time due to the
repeated incremental addition of themore directional phases.
It turns out that the simplified clay orientation distribution
function as proposed above is a reasonable 𝑠 compromise that
gives excellent model to laboratory data fit at relatively lower
simulation costs.
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Figure 6: Comparison of the experimental measurements with the modeling results for the artificial shale sample A2575 75. The correlation
coefficients are R = 0.9833 and R = 0.9775, respectively, for the relative permittivity and conductivity in the vertical direction and R = 0.9979
and R = 0.9940 for the relative permittivity and conductivity in the horizontal direction, respectively.

The direction dependent dielectric properties of the wet
clay aggregates as a function of frequency are inverted from
the silt-free artificial shale sample using the built multiphase
dielectric model. Since the Maxwell–Wagner polarization
has already been accounted for by the new model, the
obtained anisotropic dielectric properties of the wet clay
minerals are thought to be the results of all other types of
polarization mechanisms including the Stern layer polariza-
tion in the directions along the axes of the clay particles
coated by the specific 75 g/l KCl brine. The obtained wet
clay dielectric properties can be validated by the models
based on Stern layer polarization (e.g., [34]); however such
models usually need additional parameters (e.g., formation
factor and cation exchange capacity of the sample and

electrochemical properties of the pore filling brine) which
are not available from the experiments presented in the
companion paper. Nevertheless, as mentioned in the context,
through the inverted wet clay dielectric properties, the
proposed modeling approach combines the Stern layer and
Maxwell–Wagner polarization mechanisms in the interme-
diate frequency range 0.1MHz–100MHz, which is a clear
advantage of the model over other theoretical models that
deal with only one of the polarization mechanisms.

In addition to the anisotropic dielectric properties of the
wet clay minerals, the shale dielectric anisotropy in the mod-
eling is caused exclusively by the aligned clay minerals and
the silt grains are assumed to be randomly dispersed, which
leads to isotropic dielectric properties if the background is
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Figure 7: Comparison of the experimental measurements with the modeling results for the artificial shale sample A4060 75.The correlation
coefficients are R = 0.9921 and R = 0.9433, respectively, for the relative permittivity and conductivity in the vertical direction and R = 0.9971
and R = 0.9943 for the relative permittivity and conductivity in the horizontal direction, respectively.

homogeneous and reduces anisotropy if the host matrix is
anisotropic. The 2-phase isotropic model [27] is therefore
employed to account for the dielectric properties when the
silt fractions are included. However, the different silt aspect
ratios obtained from the inversion for sample A2575 75 of the
2 orthogonal directions indicates that the contributions of the
silt grains to the bulk dielectric behaviors are dependent on
the directions, which in turn implies that the silt grains are not
randomly distributed as assumed, which will originate addi-
tional anisotropy to the sample [40]. A detailed laboratory
investigation of the orientation distribution of the silt grains
is needed to enable the developedmultiphase model to better
simulate the anisotropic dielectric properties of shales, and
this will be one of the topics for a future study.

The wet clay dielectric properties are frequency depen-
dent in the modeling, while the relative permittivity and
conductivity of the wet silt grains are assumed to be constant
over the frequency range under investigation. It should be
noted, however, that the dielectric responses of wet quartz
should also be a function of the applied electrical field
frequency, due to the electrochemical interactions of the
mineral-water system that give additional contribution to the
rock dielectric properties [6, 37, 38]. To better determine the
frequency dependent dielectric properties of the wet silt, a
separate experiment measuring the relative permittivity and
conductivity of the silt and 75 g/l KCl brine mixture as a
function of frequency is needed, and an inversion algorithm
as presented in the context to obtain the frequency dependent
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dielectric properties of the wet clay minerals can be imple-
mented to remove the effects caused by theMaxwell–Wagner
polarization to finally arrive at the dependence of the wet silt
dielectric properties on frequency that is a resultmerely of the
Stern layer polarization.The derived relative permittivity and
conductivity of the wet silt are essentially the effective values
resulting from the electrochemical Stern layer polarization at
each frequency [41].

The proposed modeling approach can be applied to
calibrating and comparing the results of different geophysical
methods that acquire the dielectric properties from differ-
ent directions (i.e., dielectric logging from the horizontal
direction and surface Induced Polarization method from the
vertical direction) in addition to determining the geofluids
type and concentration and estimating the transport prop-
erties of the shales. Another important potential application
of the modeling is for the detection and prediction of over-
pressure in shales due to their extremely low permeability
that makes the pore pressure less able to equilibrate to
hydrostatic pressure. Accurate overpressure detection and
prediction play an important role in understanding the
depositional and evolutional history of a sedimentary basin,
hydrocarbon migration, and trapping in the reservoir, as
well as in reducing the risks of drilling hazards during
hydrocarbon exploitation [42–45]. Overpressure results in
lower than expected electrical resistivity (reciprocal of con-
ductivity) through the enlarged porosity associated with the
high pore pressure, and conventional overpressure prediction
models based on electrical properties evaluate the difference
between the measured electrical properties and those of the
normally compacted shales at the same depth to estimate
the abnormal pore pressure [46, 47]. Since the developed
multiphase dielectric model does not take into account the
pressure effects, the modeled shale electrical properties can
then be regarded as the electrical properties of the shales if the
pore pressure is normal (i.e., the normally compacted shale
electrical properties), which can be further employed for the
overpressure prediction based on their difference from the
measured electrical anomalies. Application of the multiphase
model to the overpressure detection and prediction in shales
will be a topic for a future study.

5. Conclusions

A multiphase incremental model has been developed for the
anisotropic dielectric properties of sedimentary rocks. The
model is for any number of mineral grain components
aligned in any direction and is independent of the mixing
order. Based on the new model, we propose a modeling
approach for the frequency dependent anisotropic dielec-
tric properties of shales in which the shale anisotropy
is determined from the measured orientation distribution
function of the clay particles and the dielectric properties
of the wet clay minerals are inverted from the obtained
dielectric behaviors of the artificial shale sample composed
of clay and brine that is the same as that used in other
shale samples. The method combines the two important
polarization mechanisms (i.e., the Stern layer polarization
and the Maxwell–Wagner polarization, resp.) taking effect

in the intermediate frequency range of 0.1MHz–100MHz.
Application of the modeling approach to the artificial shale
samples with varying silt contents show that the frequency
dependent relative permittivity and conductivity of the shales
in the two orthogonal directions can be satisfactorily mod-
eled by using a reasonable aspect ratio and constant dielectric
parameters for the silt grains.
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High dielectric contrast between water and hydrocarbons provides a useful method for distinguishing between producible
layers of reservoir rocks and surrounding media. Dielectric response at high frequencies is related to the moisture content of
rocks. Correlations between the dielectric permittivity and specific surface area can be used for the estimation of elastic and
geomechanical properties of rocks. Knowledge of dielectric loss-factor and relaxation frequency in shales is critical for the design of
techniques for effective hydrocarbon extraction andproduction fromunconventional reservoirs. Although applicability of dielectric
measurements is intriguing, the data interpretation is very challenging due to many factors influencing the dielectric response. For
instance, dielectric permittivity is determined by mineralogical composition of solid fraction, volumetric content and composition
of saturating fluid, rockmicrostructure and geometrical features of its solid components and pore space, temperature, and pressure.
In this experimental study, we investigate the frequency dependent dielectric properties of artificial shale rocks prepared from silt-
clay mixtures via mechanical compaction. Samples are prepared with various clay contents and pore fluids of different salinity and
cation compositions.Measurements of dielectric properties are conducted in twoorientations to investigate the dielectric anisotropy
as the samples acquire strongly oriented microstructures during the compaction process.

1. Introduction

Dielectric permittivity of a material is a measure of its fre-
quency dependent electrical polarizability [1], in an applied
external electric field. In the presence of an electric field,
electrons, ions, and polar molecules all contribute to the
frequency dependent dielectric properties. In composite
materials, the build-up of charge at dissimilar conductivity
boundaries and the creation of exchangeable cations may
completely dominate the dielectric behaviour. For example,
rock consists of liquid, solid, and gas components and each
of them is clearly defined by specific chemical and/ormineral
composition. Although the dielectric constants of the most
of individual rock components rarely exceed 80, the bulk
dielectric permittivity of a rock sample may reach many
orders ofmagnitude at the radio frequency range (kilohertz to

megahertz), implying that not only the constituents of a rock
but also their geometry, interaction, spatial arrangement,
and interfaces have a significant contribution to polarization
[2].

In clay bearing rocks, the presence of a connate brine
results in the so-called surface effects: electric double layer
polarization (i.e., Stern layer polarization) and Maxwell-
Wagner space-charge polarization. They occur due to the
presence of polarizable bound water at the clay-water inter-
face and weakly bounded ions on the surface of mineral
particles, which can slowly move under the influence of
an external field and contribute toboth the conduction and
electric polarization [3]. These effects become prominent at
frequencies belowMHz range and complicate the interpreta-
tion of data. Figure 1 illustratesthe various polarization effects
with the corresponding frequency bands of their occurrence.
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Figure 1: Schematics of dielectric polarization/conduction mecha-
nisms, modified from Josh [11].

Dielectric measurements in petrophysics and petroleum
industry are mostly used to determine the water content.
Water molecules have a fixed electrical dipole moment and
rotate quickly to align with an external electric field [4],
whereas hydrocarbons have nonpolar molecules and as a
result have much lower permittivity than water. Therefore,
estimating moisture content from the dielectric permittivity
at high frequencies (>1 GHz) is often used in borehole
petrophysics. However, dielectric logging at frequencies of
1 GHz and above remains challenging in field measurements
due to decreased depth of electric field penetration. On
the contrary, currently available commercial dielectric tools
operate at multiple spot frequencies [5] to facilitate a deter-
mination of water content and CEC: dielectric response
at frequencies below 50MHz is more affected by the sur-
face effects described above [6]. At lower frequencies, clay
content, geometry and spatial orientations of mineral rock
constituents, and the salinity of pore fluid also affect the
measured dielectric permittivity [7, 8].

Some recent studies suggest alternative methods for oil
recovery in unconventional reservoirs that utilize dielectric
heating [9]. This technology allows increasing economical
efficiency of exploration and reducing the ecological impact
on the environment. It heavily relies on knowledge of the
dielectric behaviour in kilohertz-megahertz range of frequen-
cies where the depth of electric field penetration is sufficient
for field applications and the dielectric loss-factor exhibits
peak values [10]. However, interplay of several physical effects
results in wide dispersion of dielectric relaxation peaks at
frequencies below gigahertz. Identifying of the frequencies of
these attenuation peaks as well as estimation of the range of
dielectric dispersion for specific types of rock would be useful
for tuning the frequency of dielectric heating tools to ensure
the energy efficient and productive heating.

Another purpose of dielectric measurements is the esti-
mation of cation exchange capacity (CEC), a property that is

directly attributed to mineral composition and specifically to
clay content. Josh [11] showed a strong correlation between
dielectric response at ∼30MHz and the CEC. In turn, this
property is linearly proportional to the specific surface area
(SSA) of a rock that determines character and amount of
interparticle contacts (coordination number) under the given
mineral composition and porosity of a rock. Therefore, it is
expected that dielectric constant should correlate with both
static and dynamic elastic properties of a rock.

It is hard to segregate and independently study differ-
ent factors influencing the dielectric properties of natural
shales due to the complex composition of their mineral and
fluid components. There are many experimental and theo-
retical studies dedicated to frequency dependent dielectric
properties of rocks with relation to the geometry of their
components (e.g., aspect ratios and orientation of mineral
grains and pores), water saturation, and organic content
(e.g., [2, 12, 13]). However, there is very little evidence of
studies taking into account the clay content, microstructure,
and the chemical composition of pore fluid (e.g., [4, 7]).
The anisotropy of dielectric properties of shales is crucial
for the interpretation of dielectric well-logs especially in
deviated wells and may affect the efficiency of production
via the dielectric heating in unconventional shale reservoirs
[14, 15]. Again, there is little to no evidence on how the
anisotropy of dielectric properties of shales depend on the
aforementioned parameters. The least known parameter in
terms of its effect on dielectric response is the microstructure
of the clay fraction in shales. Different geological settings
may significantly affect the microstructure of sediment and
consequently its properties [16]. For example, Dong and
Wang [17] showed that the kaolinite sediments saturated
with water solutions of different pH exhibit significantly
different dielectric spectra due to the different mechanisms
of microstructure formation.

In this work, we prepare artificial shale samples using
the laboratory mechanical compaction of simple water-based
mixtures of kaolinite clay and quartz powder. Our goal is to
use these models of natural shales to extend our knowledge
on and independently investigate the influence of clay con-
tent, microstructure, and the chemical composition of pore
fluid on their frequency dependent dielectric properties and
anisotropy.

2. Methodology

2.1. Sample Preparation. Artificial shale samples were pre-
pared from mineral mixtures via mechanical compaction. In
order to simplify the modelled rock and reduce uncertain-
ties related to multiphase composition, we chose simplistic
mineral components and pore fluid chemicals. Quartz and
kaolinite were used for silt and clay fractions as they are
the common minerals in natural shales. Compared with
minerals from smectite group, kaolinite is nonswelling clay,
which makes it one of the easiest clay minerals to work with.
Crushed quartz powder consists of silt-sized grains.

To prepare mixtures with different types of initial clay
microstructure, we utilized physicochemical approach. The
presence of electrolyte in the pore fluid leads to aggregation
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Table 1: Specification of the samples.

Name Type of clay microstructure Clay content (%) Porosity (%) Salinity (g/l) Salt
D0100 0 Dispersed 100 21 0 –
D4555 0 Dispersed 55 10 0 –
C4 Dispersed 75 28 0 –
C5 Dispersed 60 23 0 –
A1090 0 Aggregated 90 13 0 –
A0100 10 Aggregated 100 10 10 NaCl
A0100 34 Aggregated 100 26 34 NaCl
A0100 75 Aggregated 100 18 75 KCl
A2575 75 Aggregated 75 16 75 KCl
A4060 75 Aggregated 60 14 75 KCl
C2 Aggregated 75 23 75 KCl
C3 Aggregated 60 24 75 KCl

1 m

Figure 2: Aggregates of the kaolinite particles.

10 m

Figure 3: Kaolinite clay coating (in yellow) on the surface of the
quartz grain (in red).

of kaolinite clay particles by means of shrinking the diffuse
layer of water around the particles and sequential loss of their
stability as a colloidal system [19]. Samples with aggregated
clay microstructure were prepared by adding a brine solution
so that clay platelets and their ultramicroaggregates (basic
associations of few axially aligned individual clay platelets)
combine together (Figure 2) and form the thick conforming
coats on the surfaces of quartz grains (Figure 3).

It is important to note that initially untreated kaolinite
powder resides in aggregated state. Thus, samples with dis-
persed claymicrostructurewere prepared by boilingmixtures
with 25ml of a dispersant – 4% sodium pyrophosphate
tetrabasic, which separates existing clay aggregates into
individual clay platelets and their smaller associations. This
allows replacing exchangeable cations on the surfaces of clay
particles with Na+ ion so that its hydrate envelopes repulse
and separate clay particles from each other.

Summary of all the preparedmixtures is shown in Table 1.
Samples were named using a specific nomenclature where
the first letter stands for either aggregated (A) or dispersed
(D) clay microstructure; the following numbers indicate the
weight ratio of quartz to kaolinite constituents in percentage,
and the last number shows the salinity of a pore fluid in g/l.

2.2.Mechanical Compaction and Parallel Plate DielectricMea-
surements. Samples were compacted in the high-pressure
oedometer by applying uniaxial stress. Plastic pistons conduct
the stress from the actuator that is manually operated with
the hydraulic pump. Cell was designed to safely keep 80MPa
of the vertical stress that corresponds to ∼3 km depth in
a sedimentary basin. The oedometer was made of PEEK
plastic; this material is strong enough to maintain zero
lateral strain. Compacted shales were gently ejected from the
oedometer, covered with thick layer of wax, and preserved in
a low-temperature humid atmosphere to prevent desiccation.
Further details on the mechanical compaction methodology
can be found in Beloborodov et al. [16].

A subsample was cut from each of the compacted samples
and its dielectric properties are measured in a parallel plate
dielectric rig (Figure 4). Electrodes of the dielectric rig are
made of brass and they can be changed to match the sample
size. For this study, small electrodes of 1 cm in diameter
were used due to the relatively small size of the subsamples
∼2 cm in diameter. To ensure proper coupling between the
electrodes of the measurement cell and maintain parallel
electric field normal to the faces of the subsample disc,
it was polished on a diamond surface grinder to achieve
the parallel faces with 30 𝜇m tolerance. Thickness of the
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Figure 4: Principal scheme of the parallel plate measurement setup,
modified from Josh [18].

average sample should not exceed one fifth of its diame-
ter. The subsample discs were each placed in the parallel
plate measurement cell where they were measured with an
impedance analyser. The two following methods for running
this device were employed. The bare coupling was used to
measure the effective conductivity of the compacted samples.
The disc subsample is simply placed between the parallel
plate electrodes so they are in a direct contact with the bare
faces of the subsample. For shales, this method provides a
good conductive coupling between the rock surface and the
electrodes. Coupling with insulating film was also used to
block the current flow and enhance the relative contribution
of polarization effects so that the frequency dispersion of real
and imaginary parts of relative dielectric permittivity can be
determined accurately.

Twelve artificial shale samples were prepared via the
laboratory mechanical compaction. Dielectric analysis of the
samples is conducted in two directions, normal (Figure 5(a))
and parallel to the bedding plane (Figure 5(b)), to investigate
the dielectric anisotropy.

3. Results and Discussion

Dielectric properties are presented in Figures 6–13 for dif-
ferent parameters, namely, the salinity of pore fluid, its
cation composition, clay content, and the type of initial clay
microstructure. Figure 6 illustrates the positive linear trends
of real dielectric permittivity versus porosity for the samples
prepared with brine and fresh water separately.The dielectric
response at frequencies of >1 GHz range is usually attributed
to the dipole polarization of water molecules and might be
used to estimate the amount of water in the pore space. Linear
correlation decreases with a decrease in frequency from 𝑅2 =
0.95 at 100MHz to 𝑅2 = 0.70 at 10MHz due to contributions
from other polarization mechanisms occurring at lower
frequencies (e.g., surface-charge polarization). Although it
is believed that the brine salinity has no effect on dielectric
response of saturated rock samples at high frequencies, our
experimental results show clearly separated trends for the

two groups of the artificial shale samples prepared with
brine and fresh water. This difference is attributable to the
changes occurring in the electric double layer of clays in
the presence of electrolyte. In the samples saturated with
highly concentrated brine the positive ions of Na and K
compensate the free charges on the surfaces of clay particles.
Therefore, the diffuse layer of weakly bound water around
the clay particles significantly shrinks [20, 21] and leaves
more free water molecules that are easily polarizable within
the sample. On the other hand, the samples prepared with
fresh water exhibit thick hydrate envelopes around the clay
particles thereby hindering the large amount of water dipoles
from polarization in the presence of an electric field. In our
experimental results the described effect results in one order
of magnitude difference between the samples saturated with
brine and fresh water samples on a wide range of porosity at
megahertz frequencies. It is also important to note that the
number of active cations in brine saturated samples seems to
have negligible effect on dielectric permittivity in the dipole
polarization frequency range as all the samples prepared with
different concentrations and compositions of brine follow the
same linear trends. Using the linear trends described above, it
is possible to compare different samples at the same porosity.
These trends are used to investigate the effects of clay content,
salinity, and microstructure.

Figure 7 shows that across the wide range of frequencies
horizontal conductivity in different samples is almost always
higher than the vertical one. Previously we showed that the
particles of clay and silt tend to orient with compaction
normal to the direction of an applied compaction stress [16,
22]. Therefore, the interconnected pore network in artificial
shale samples is also more oriented in the bedding direction
and provides an effective pathway for charge carriers, whereas
in the direction normal to bedding the conductive pathways
exhibit greater tortuosity and obstruct the movement of
charges. The conductivity anisotropy also increases with
porosity reduction as the microstructure becomes more
oriented in horizontal direction. Both horizontal and vertical
conductivities increase with increasing porosity. At high
frequencies, the influence of fluid conductivity grows with
increase of the pore volume occupied with water solution.

The frequency dependent dielectric anisotropy in eight
artificial shale samples is shown in Figure 8. Dashed line on
the plot corresponds to the isotropic system, while all the
points above and below this line correspond to anisotropic
systemwith polarization effects dominating in horizontal and
vertical directions, respectively. It is important to note that the
fresh water samples are always better polarized in horizontal
direction and reside above the isotropy line, whereas the brine
saturated samples are better polarized in vertical direction at
lower frequencies and exhibit inversion of the anisotropywith
crossover points in megahertz range.

The anisotropy curves for all the samples exhibit peak
values in megahertz range and their maximum values and
frequency distributions are determined by the type and
concentration of salt ions in the saturating fluid. Thus, the
samples preparedwith freshwater or low concentration fluids
show the highest anisotropy peaks located at the lower end
of megahertz range and then follow the three peaks at the
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Figure 5: Parallel plate measurement schematics. Black lining illustrates the bedding of the sample.
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Figure 7: Surface plot of conductivity, measured parallel (in green)
and normal (in red) to the bedding, versus porosity and frequency
in 6 brine saturated artificial shale samples.

same frequency of ∼60MHz corresponding to the samples
saturated with KCl brine. The lowest peak belonging to
the sample saturated with NaCl brine occurs at frequencies
above 100MHz. The crossover points with isotropy line
in brine saturated samples are also distributed across the
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Figure 8: Dielectric anisotropy versus frequency in brine saturated
and fresh water samples.

megahertz frequency, similarly to the peak values, but at
lower frequencies.

This anisotropic behaviourmay be explainedwith electric
double layer theory. Given that the clay particles in fresh
water samples have thick hydrate envelopes of weakly bound
water, the dipole polarization of water molecules is achieved
more easily in the parallel to bedding plane simply due to
the fact that the clay particles in all the samples are mostly
oriented in horizontal direction. Hence water molecules are
oriented with their hydrogen atoms towards the surfaces
of clay particles and are easily skewed sideways under the
influence of electric field parallel to the bedding but resist
the influence of normal electric field. In the brine saturated
samples this effect is less pronounced across the wide fre-
quency range due to the significantly thinner diffuse part
of the double electric layers where the above phenomenon
occurs. Therefore, considering the distinctive features of
dielectric anisotropy in artificial samples, one might infer
that the anisotropy analysis can help with understanding of
composition and concentration of the saturating fluids in clay
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Figure 9: Effect of clay content on frequency dependent conductiv-
ity in samples measured parallel and normal to the bedding plane.
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Figure 10: Effect of microstructure on conductivity of artificial
shales measured parallel and normal to the bedding plane.

rocks. However, more data on artificial and natural rocks
need to be analysed to confirm the discussed relationships.

Figure 9 shows that the increase of clay content at the
same porosity results in greater conductivity in both vertical
andhorizontal directions.This behaviour is caused by the sur-
face conduction mechanisms characteristic to clay particles.
It has been shown that the counter ions located in the Stern
layer of clay particles are the dominant contributors to surface
conduction and in brine saturated rocks with salinity above
1mol/l the mobility of K and Na ions develops 1/10 of that
in the free fluid and is independent from the salinity [23].
Therefore, in our experiments replacing the fraction of quartz
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Figure 11: Dielectric response of the three brine-saturated artificial
shale samples with clay contents of 60, 75, and 100 per cent.
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Figure 12: Frequency dependent dielectric loss in artificial shales
with varying clay content.

with clay particles havingmuchmore uncompensated charge
results in proportionally stronger surface conduction.

Figure 10 shows that the conductivity of the samples
prepared with dispersed clay microstructure is always higher
than that of the aggregated sample in both directions inde-
pendently of the silt content and porosity. This is due to the
greater surface conduction in the Stern layer of the dispersed
samples where the clay particles are separated from each
other and have greater free surface than their associations in
aggregated sample.

At frequencies in the range of 1 kHz to 100MHz the
vertical polarization dominates in the brine saturated samples
as shown in Figure 11. The main polarization mechanism in
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Figure 13: Frequency dependent dielectric loss in brine saturated
artificial shales.

this frequency band is the Maxwell-Wagner polarization of
counter ions. The movement of ions in the vertical direction
is restricted due to the strong orientation of clay particles
normal to the applied electric field and the force balance
within their electric double layers. In this case each individual
clay particle acts as a capacitor and the ensemble of such
particles gives rise to strong polarization effects exceeding
that of the individual fluid andmineral phases [3]. In contrast,
the cations can be easily drawn along the surface of clay
platelets and through the less tortuous pore network along the
bedding.Thus, in the presence of a low frequency electric field
(below megahertz) in the direction normal to the bedding
hydrated counter ions are prone to polarization rather than to
conduction and vice versa for the electric field in the bedding
direction. Also, it is important to note that the higher the clay
content is themore the polarization effects are pronounced in
both directions due to the higher concentration and the better
alignment of clay platelets given the same porosity level [16].

Figure 11 shows the rollover of real relative permittivity
in the MHz range of frequencies for both the vertical and
horizontal measurements. According to Kramers–Krönig
relationship [24] these rollovers correspond to the peaks on
the plots of imaginary relative permittivity in Figure 12. Peak
values of dielectric loss-factor in vertical direction appear
at approximately one order of magnitude lower frequencies
and are ∼20% higher than those measured in horizontal
direction. One must take these effects into account designing
the borehole heating antennas for effective hydrocarbon
extraction in unconventional reservoirs. Also, samples with
higher clay content show the higher values of loss-factor due
to the sharper rollover in the real relative permittivity caused
by the change in polarization mechanism from surface-
charge to dipole polarization with increase of frequency.

Figure 13 illustrates the dielectric loss-factor for the three
samples saturated with different brine cation composition
and concentration. All the peaks are located atMHz range for
the measured samples. Distribution of the peaks at different

frequencies depends on the salinity of a pore fluid and its
cation composition. Hence, increasing the salinity from 10 to
34 g/l in pure kaolinite sample saturated with NaCl results
in change of peak frequency from 2 × 106 to 3 × 107 Hz.
Sample saturated with 75 g/l NaCl solution exhibits the peak
frequency of 4 × 107 which highlights the effect of different
salt ions on the dielectric loss-factor of clay rocks.

4. Conclusions

Artificial shales with simple mineral composition illustrate
the broad frequency dispersion of dielectric effects. The vari-
ations in salinity of the connate water, its cation composition,
clay content, and microstructure of artificial shales signifi-
cantly affect complex dielectric permittivity and conductivity
of artificial shales. These effects can be explained with the
Maxwell-Wagner polarization effects at frequencies below
megahertz range and the changes occurring in double electric
layer of clay particles in the presence of electrolyte at higher
frequencies.

It is shown that at high frequencies (above 10MHz) real
relative permittivity has different linear trends with porosity
in fresh water and brine saturated samples. The salinity and
cation composition of the pore fluid seem to have negligible
effect on these high frequency dielectric trends.

Formation of anisotropic microstructure of artificial
shales during mechanical compaction results in significant
values of dielectric anisotropy between 2 and 4. The mag-
nitude and characteristic frequency of the peak values in
anisotropy curves as well as the crossover with isotropy point
is dependent on salinity, cation composition of saturating
fluid, and the clay content of the samples.

The absolute peak value of dielectric loss in shales and
its characteristic frequency depends not only on the amount
of connate fluid, but also on the cation composition of
the saturating brine, its salinity, and the orientation of an
applied electric field relative to the shale bedding. The peak
values of the dielectric loss measured along and normal
to bedding lay within the megahertz frequency range with
significant separation of approximately 1 order of magnitude.
The absolute values of these peaks are approximately 20
percent higher in the direction normal to the bedding.

Our simplistic models of naturals shales illustrated the
complex dielectric behaviour similar to that of the real rocks.
The theoretical modelling of dielectric response is conducted
in companion paper illustrating the use of artificial shales for
design and calibration of the rock physics models.
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The volcanic reservoir is an important kind of unconventional reservoir. The aqueous phase trapping (APT) appears because of
fracturing fluids filtration. However, APT can be autoremoved for some wells after certain shut-in time. But there is significant
distinction for different reservoirs. Experiments were performed to study the petrophysical properties of a volcanic reservoir and
the spontaneous imbibition is monitored by nuclear magnetic resonance (NMR) and pulse-decay permeability. Results showed
that natural cracks appear in the samples as well as high irreducible water saturation.There is a quick decrease of rock permeability
once the rock contacts water. The pores filled during spontaneous imbibition are mainly the nanopores from NMR spectra. Full
understanding of the mineralogical effect and sample heterogeneity benefits the selection of segments to fracturing. The fast flow-
back scheme is applicable in this reservoir tominimize the damage. Because lots of water imbibed into the nanopores, themain flow
channels become larger, which are beneficial to the permeability recovery after flow-back of hydraulic fracturing. This is helpful in
understanding the APT autoremoval after certain shut-in time. Also, Keeping the appropriate production differential pressure is
very important in achieving the long term efficient development of volcanic gas reservoirs.

1. Introduction

Compared to the development of tight sand reservoirs, there
is less research focused on the development of volcanic
reservoirs. A volcanic reservoir is a type of low porosity
and low permeability reservoir. At the same time, anisotropy
is a typical characteristic of volcanic formation due to its
complex diagenetic environment [1–3].Thus, developing this
type of reservoir is very challenging. Using a horizontal
well with multistage hydraulic fracturing is an important
technique for developing volcanic reservoirs. However, for
prolific formations, lots of fracturing fluid is retained in the
formation after flow-back. Thus, the permeability decreases,
and aqueous phase trapping (APT) appears. APT occurs after
drilling, hydraulic fracturing, andworkover. APT is caused by
fluid filtrating into the formation to reduce the formation per-
meability [4–6]. However, after the well has been shut-in for

some time, the permeability of volcanic reservoirs increases
and the APT can be autoremoved to some extent, similar
to gas shale [7, 8]. The combination of applying multilateral
horizontal drilling and multistage hydraulic fracturing has
successfully unlocked unconventionally tight hydrocarbon
reservoirs. However, field data show that only a fraction of the
large water volume used in hydraulic fracturing treatments is
recovered during the flow-back operation. The spontaneous
imbibition properties of tight sand and shale reservoirs have
been investigated by many experts [9–14]. However, there is
less research related to volcanic reservoirs.

Tight gas reservoirs have strong properties of stress
sensitivity, which tremendously reduce production in quick-
releasing pressure environments. Lowering the pore pressure
as gas is produced increases the confining stresses on the
reservoir rock, causing it to compact.This compaction causes
a reduction in the effective pore diameter, resulting in a
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Table 1: Dimensions, porosity, and permeability of various samples.

Sample Diameter (mm) Length (mm) Porosity (%) Dry samples pulse-decay
permeability (mD)

L1 24.88 11.35 7.77 0.0078
L2 24.96 20.46 6.85 0.0018
L3 24.91 10.93 16.07 0.036
L4 24.88 10.05 16.12 0.0078
L5 24.84 25.69 16.41 0.010
L6 24.84 12.49 7.07 0.00056
L7 24.73 13.60 6.60 0.00049
L8 24.85 19.89 4.23 0.00083
L9 24.86 50.61 6.88 0.00041
L10 24.88 53.24 7.00 0.00027
L11 24.88 51.34 2.92 0.00019
L12 24.93 50.01 1.60 0.00038
L13 24.77 50.79 4.24 0.00013
L14 25.35 50.69 2.01 0.0020
L15 24.78 50.36 2.00 0.00015
L16 24.94 50.87 1.25 0.00067

decreased permeability. This effect has been studied by
several authors [15–21]. In recent years, low-field nuclear
magnetic resonance (NMR) has become a quick, lossless,
and effective means of quantitative microstructural charac-
terization of rock formations, and it has been widely used
in fine reservoir descriptions of clastic rocks, carbonate,
coal, and other conventional reservoirs in the laboratory
and well logging. Thus, the nuclear magnetic resonance
technique has become a useful tool to research varieties of
rock types [22–27]. To obtain a high production of volcanic
reservoirs, additional research on these formations should
be carried out. This paper focuses on investigating some
petrophysical properties of volcanic rocks in Songliao Basin,
China, to provide some reservoir information for the efficient
development.

The study area is located in Yingtai of Jilin, China. The
volcanic rock in this region is extremely heterogeneous with
low porosity and low permeability. The multistage horizontal
well with hydraulic fracturing procedure is a necessary
technique to develop the resources in this location.

This paper contributes to the understanding of APT
autoremoval of the prolific volcanic reservoirs and is ben-
eficial for determining the optimal production differential
pressure for efficiently developing this type of reservoir.

2. Samples

The physical parameters of some samples are listed in Table 1.
Volcanic rock samples are mainly taken from the Lower
Cretaceous Yingcheng Formation in Yingtai of Jilin, China.
The samples were dried at 65∘C before the experiment, until
the mass became constant. Sample porosities were measured
with a helium porosimeter (KXD-III type). The sample
pulse-decay permeability was determined by an ultra-low
permeability measurement instrument (YRD-CP200 type).

Confining pressure was exerted by water, while pore pressure
was exerted by helium. The test temperature was 25∘C. The
porosity and permeability of the volcanic rocks fluctuated
greatly. Some samples have similar porosity, but their perme-
ability differs tremendously. This characteristic may account
for the heterogeneity of the volcanic reservoir complex. The
samples of L1 and L2 were selected for the spontaneous
imbibition test, monitored by nuclear magnetic resonance
equipment. The main magnetic field had a frequency of
23MHz, the signal superposition time was 64, the waiting
timewas 3000ms, and the echo spacingwas 0.116ms. Samples
L3–L8 were selected for one surface spontaneous imbibition
test, monitored by a pulse-decay permeability apparatus
under a confining pressure of 8MPa and pore pressure of
5MPa. Samples L9–L16 were selected for a stress sensitivity
experiment under a confining pressure of 10–30MPa and
pore pressure of 6MPa. All these experiments occurred at
atmospheric conditions except for the special illustration.

3. Experimental Methods

Bulk mineralogical compositions were derived from XRD
(X-ray diffraction) patterns, which were measured by a
D/max 2500 diffractometer. This experiment was carried out
at the State Key Laboratory of Petroleum Resources and
Prospecting, in China University of Petroleum, Beijing.

Standard thin section preparation and analysis were
carried out here to investigate the regularmicropore structure
and mineral distribution. In this experiment, the blue epoxy
was injected into the rock pores under vacuum.Thin sections
were obtained by polishing the bulk rock after the liquid glue
was solidified. Due to the pores in the rock being occupied
by color glue, the pores and cracks could be distinguished
clearly by a microscope. This experiment was also carried
out at the State Key Laboratory of Petroleum Resources and
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Prospecting in China University of Petroleum, Beijing, using
a LEICA DFC550 made in Germany.

Centrifuge analyses were conducted by a centrifuge
machine with an arm radius of 17 cm.The samples were dried
until the mass became constant. Subsequently, the samples
were saturated with liquid after they were vacuumed and
centrifuged again. The liquids used here were distilled water
and anion water and the anion water consisted of sodium
dodecyl sulfate (SDS) and distilled water. This experiment
was performed at the Education Ministry Key Laboratory
of Petroleum Engineering in China University of Petroleum,
Beijing.

A nuclear magnetic resonance (NMR) experiment was
performed while spontaneous imbibition was carried out
using the MicroMR23-025V equipment in Shanghai Niumag
Corporation.The principle of NMR is based on the difference
in the transverse relaxation times of liquids with different
pore sizes—the larger the pores, the longer the transverse
relaxation time. The main magnetic field had a frequency of
23MHZ, the signal superposition time was 64ms, the wait
time was 3000ms, and the echo spacing was 0.116ms. The
steps of testing are listed as follows. (1) The dry sample was
measured by NMR and analytic balance. (2) The sample was
soaked into the liquid for a period of time, 150min for L1 and
120min for L2, respectively. Then, it was taken out and dried
with adsorbent paper, and the oncoming test time interval
is about 30min for both of them. (3) The wet sample was
measured by NMR and analytic balance. (4) Steps (2) and (3)
were repeated. After the experiment, the spectra as well as the
liquid content as a function of imbibition time were obtained.

A pulse-decay permeability experiment in the process
of spontaneous imbibition was conducted by the pulse-
decay permeability measurement instrument (YRD-CP200
type) at the State Key Laboratory of Petroleum Resources
and Prospecting in China University of Petroleum, Beijing.
The measurement principle is based on the pressure-decay
between the two ends of samples.The logarithmof deferential
pressure is a linear function of time. Sample permeability is
closely related to the linear slope. The main equations are
listed as follows, which is consistent with Cui et al. 2009 [28].

Dimensionless differential pressure Δ𝑝𝐷,

Δ𝑝𝐷 =
𝑝𝑢 (𝑡) − 𝑝𝑑 (𝑡)

𝑝𝑢 (0) − 𝑝𝑑 (0)
. (1)

At large experimental time, theΔ𝑝𝐷 can be simplified [29,
30],

In (Δ𝑝𝐷) = In (𝑓0) + 𝑠1𝑡. (2)

𝑓0 is constant and 𝑠1 is shown as

𝑠1 =
𝑘𝑓1𝐴 (1/𝑉𝑢 − 1/𝑉𝑑)

𝜇𝐿𝑐𝑔
, (3)

where 𝑓1 is

𝑓1 =
𝜃21
𝑎
+ 𝑏, (4)

where 𝑎 and 𝑏 are

𝑎 =
𝑉𝑝 (1 + 𝑓𝑎)

𝑉𝑢

𝑏 =
𝑉𝑝 (1 + 𝑓𝑎)

𝑉𝑑
.

(5)

𝜃1 is the first root of the following equation:

tan 𝜃 = (𝑎 + 𝑏) 𝜃
𝜃2 − 𝑎𝑏

. (6)

At last, the permeability can be expressed as

𝑘 =
−𝑠1𝜇𝐿𝑐𝑔

𝑓1𝐴 (1/𝑉𝑢 + 1/𝑉𝑑)
. (7)

In this experiment, only one surface of the sample
contacted the liquid to monitor the fracturing fluid filtrating
into the formation through the surface of the hydraulic
fractures. Our spontaneous imbibition testing was consistent
with Ghanbari and Dehghanpour [31]. The detailed steps
are listed as follows: (1) the permeability and weight of the
sample were measured in dry state; (2) one surface of the
sample contacted the liquid for a period of time, which is
about 30∼50min in the work, and then it was taken out and
dried with adsorbent paper; (3) the permeability and weight
of the wet sample were measured; (4) steps (2) and (3) were
repeated. After this experiment, the permeability change with
imbibition time as well the liquid content as a function of
imbibition time can be obtained.

A stress sensitivity experiment was performed by a pulse-
decay permeability measurement instrument (YRD-CP200
type) at the State Key Laboratory of PetroleumResources and
Prospecting in ChinaUniversity of Petroleum, Beijing. In this
experiment, the permeability was measured under different
net confining pressure. In the experimental process, the sam-
ple was placed in the pulse-decay permeability equipment,
until the entire stress sensitivity experiment was finished.

4. Results

4.1. Analysis of Mineral Components of Rock. Tight reservoirs
usually have strong heterogeneity in mineral composition.
The mineral composition may vary significantly through the
rock column in the same formation [32–34].

The mineral contents of various volcanic rocks are listed
in Table 2.The samples used for XRD tests were derived from
fragments when cutting the standard samples.The quartz and
total clays make up most of the content, but plagioclase and
K-feldspars are also important constituents. The abundance
of calcite, dolomite, and pyrite is nearly zero. Quartz is a
mineral important in improving the efficiency of hydraulic
fracturing [35]. Clays have a large effect on the adsorption of
fracturing fluid in volcanic reservoirs [36].

The important mineralogy of volcanic rock with depth is
presented in Figure 1. The samples were named according to
their depth—the larger the sample number, the deeper the
sample. The depth range is 3806.9m∼4101.2m and sample
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Table 2: Results of XRD mineralogy analyses.

Samples L1 L2 L3 L4 L5 L6 L7 L8 L9 L10 L11 L12 L13 L14 L15 L16
Length 11.35 20.46 10.93 10.05 25.69 12.49 13.60 19.89 50.61 53.24 51.34 50.01 50.79 50.69 50.36 50.87
Type of analysis Bulk & clay
Weight% 100 100 100 100 100 100 100 100 100 100 100 100 100 100 100 100
Quartz 45.2 44 55.8 44.3 41.1 53.7 13.2 43.5 44.2 36.1 51.3 33.5 45.1 39.8 42.5 36.8
Potassium feldspar 4.9 4.7 3.9 1.9 6.4 2.3 1.9 3.1 1.2 1.3 3.4 1.4 2.8 3.3 1.8 16
Plagioclase feldspar 15.6 18.9 22.4 16.2 9.5 32.7 10 7.1 16 9 12.3 7.7 16.9 12.7 16.8 20.0
Calcite 0 0 3.7 0 0 1.4 0 0 0 0 0 0 0 0 0 1.6
Pyrite 0 1.2 0 0 0 0 0 0 0 0 0 0 0 0 0 0
Total clay 34.3 31.2 14.2 37.6 43 9.9 74.9 46.3 38.6 53.6 33 57.4 35.2 44.2 38.9 40.0
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Figure 1: (a) Quartz on the left, (b) total clays on the right of various volcanic samples from various depths.

interval between two samples is about 12.5m. As shown in
Figure 1, the quartz content and clay content do not have
clear tendency with depth. The minerals are usually used
as an evaluation criterion for selecting the best segment for
hydraulic fracturing. More brittle minerals, such as quartz,
and less clays are usually better for hydraulic fracturing in
unconventional reservoir [37], which is widely accepted as
one important criterion. However, the trends with depth
are not clear enough in the research area, which means
that the segment choice of hydraulic fracturing needs more
consideration by the mineral components evaluation. It is
critical to get the whole formation mineral type and content
to get the more favorable formation segment for developing
fractures.

4.2. Casting Thin Sections. Three photomicrographs from
thin section analysis of volcanic rock casts are shown in
Figure 2. There are microfractures at different scales; the
width of microfractures is 0.02∼0.2mm. The manufacturing
operation of the thin sections follows the basic direction in
the lab. The microfractures shown in Figure 2 are more likely
the original microfractures of samples.

The potential influence of microfractures should be
considered during hydraulic fracturing and gas production.
Firstly, microfractures contribute to sample permeability
stress sensitivity. The permeability is difficult to recover
after confining pressure unloading while there are more
microfractures. Thus, it needs further study on permeability

with effective pressure, which will be conducted later. Sec-
ondly,microfractures are beneficial to generation of hydraulic
fracture network. At the same time, microfractures are
important flow channels for gas production. If fractures con-
nect to each other under the hydraulic pressure, formation
permeability can be improved greatly.

4.3. Centrifuge Testing. Results of centrifuge testing on vol-
canic rock are presented in Figure 3. Samples with distilled
water have a higher irreducible water saturation than samples
with anionwater, except for sampleC.The average irreducible
water saturation of samples with distilled water is 75.5%,
while the average irreducible water saturation of samples with
anion water is 62.6%. Experimentally, the reservoir damage
caused by fracturing liquid filtration can be reduced by using
the anion-water-based fluid.

4.4. Monitor Spontaneous Imbibition Using Nuclear Magnetic
Resonance Technique. Nuclear magnetic resonance tech-
nique was used in the experiments to clearly distinguish
the distribution of the imbibed liquid with the soaking time
in volcanic rocks. X-ray CT imaging technique has been
previously used to research the spontaneous imbibition of low
permeability sandstones [38]. However, this method cannot
distinguish the exact distribution of the imbibed liquid, that
is, the liquid distribution in the different pore sizes.TheNMR
technique has been widely used in rock analysis [39, 40].
TheNMRmethod involves the motion of protons (Hydrogen
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Figure 2: Casting film of three volcanic rock samples under plane polarized light (a1, b1, and c1) and perpendicular polarized light (a2, b2, and
c2).
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Figure 3: Centrifuge experiments for various volcanic samples: (a) distilled water and (b) anion water.

1H) occurring in water and hydrocarbon fluids relative to the
porous rock [41]. The fluid in large pores has a longer T2
value because more nuclei are available to exhibit the NMR
effect, and the fluid in small pores has a short T2 value. The
T2 relaxation time is inversely proportional to the specific
surface of samples [42]. The T2 spectra as a function of
spontaneous imbibition time is shown in Figure 4.

The sample L1 has three isolated peaks (left peak area
≫ middle peak area ≫ right peak area). Its T2 spectrum
fluctuates to a certain degree according to the peak area
change, where the area at 184min is a little larger than that
at 208min. However, it is understandable because of the
experiment error. The T2 spectrum area becomes stable in
less than 151min. Its right peak area is very small, which
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Figure 4: The T2 spectra of samples: L1 and L2 for various spontaneous imbibition times (SI is the acronym spontaneous imbibition).
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Figure 5: The water content as a function of soaking time: volcanic rocks L1 and L2. During imbibition the samples were soaked into the
distilled liquid entirely. The trend curve represents the direction of water content change.

indicates that the number of large pores and fractures is small.
The left peak area takes up the largest proportion, which
shows that the micropores dominate the porosity of the main
sample.

The sample L2 has three isolated peaks (left peak area≫
middle peak area ≫ right peak area). Its right peak area is
too small to be detected clearly. Its middle peak and right
peak area become stable very quickly, but its left peak area
increases gradually after the sample is soaked in water for
256min, which indicates that its micropores have a slow
imbibition rate. If the rate of fracturing fluid flow-back is fast,
the reservoir will have less damage in this type of volcanic
formation.

Figure 5 shows thewater content of samples L1 and L2 as a
function of spontaneous imbibition time. The sample weight
is determined by analytic balance. As the sample is soaked in
water, the water content of volcanic rock L1 becomes stable

by 120min. However, the water content of volcanic rock L2 is
still increasing by the same elapsed time. This phenomenon
indicates that volcanic rocks have strong heterogeneity.

4.5. Monitor Spontaneous Imbibition Using Pulse-Decay Per-
meability Technique. The experiments concerning sponta-
neous imbibition have been performed with many types of
rocks, especially sandstones and shales [43–47].These studies
have paid much attention to the damage caused by fracturing
fluid filtration under the effect of spontaneous imbibition. At
the same time, many types of additives have been added to
the fracturing fluid to reduce the filtration rate and protect
the target formation. Through reducing the fracturing fluid
filtration, the formation permeability can be maintained.
However, less research has focused on volcanic rocks. In this
section, we used the pulse-decay permeability technique to
monitor the rock permeability change with imbibition time.
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Table 3: The permeability loss after rock imbibition.

Samples Initial permeability [mD] Final permeability [mD] Permeability loss [%]
L3 0.0355 0.00418 88.2
L4 0.00773 0.000175 97.7
L5 0.01 0.00027 97.3
L6 0.000556 0.0000888 84.0
L7 0.000486 0.0000674 86.1
L8 0.000828 0.000306 63.0

The rocks contacted the liquid at only one surface to simulate
the fracturing fluid filtrating into the formation from the
fracture surface.

The volcanic rock permeability as well as the water
content is shown in Figure 6 as a function of spontaneous
imbibition time. The test condition is as follows: one surface
of the sample contacts the distilled water to simulate the
fracturing fluid filtrating into the formation through the
fracture surface. The figure indicates that the permeability
decreases quickly in the early period. The permeability of
sample L3 reaches stability after the sample has been soaked
for 100min. At the same time, its water content approaches
stability. However, the other five samples have different
characteristics. Their water content continues to increase
significantly while their permeability becomes stable. Thus,
the water imbibed into the volcanic rock in the late period
has little influence on the sample permeability based on
L4 to L8; here the permeability change is the phenomenon
of macro, where it is hard to distinguish the clay effect.
However, in the micro scope the water is continually imbibed
into micropores, which may be controlled by clay minerals
and nanopores in the matrix. The fluids enters into the
micropores by clay adsorption and capillary pressure. So the
phenomenon that permeability does not change too much
in the later period may occur because the fluid enters into
the micropores, which have less contribution to the rock
permeability than the main flowing channel.

The permeability change may have important influences
to the flow-back scheme selection. The normal flow-back
scheme includes fast flow-back, normal flow-back, and soak-
ing back after fracturing.The basic consideration of the flow-
back scheme is the balance between fracture propping and
water invasion. The fast flow-back can be used to minimize
the water invasion and permeability loss. According to
Figure 6, the permeability of the six samples decreases signif-
icantly, which is about 80%∼90% of original permeability and
reaches stability very quickly, where the stable times range
from 20min to 150min. Therefore, the quick flow-back of
fracturing fluid is a better choice to improve the effect of
hydraulic fracturing which is beneficial for minimizing the
permeability loss by water invasion. The less the fracturing
fluid retained in the reservoir, the higher the permeability that
can be obtained.

APT autoremoval is based on the liquidmigration among
different pores after flow-back. In Figure 6, in the late
imbibition period, it can be found that permeability keeps
constant when imbibition mass still increases. It means that
imbibition liquid at later period has no influence on rock

permeability. In reservoir condition, after flow-back, liquid
can move in some pores which have no contribution to
reservoir permeability. Therefore, the gas flowing channels
increase. Leak-off can also damage the reservoir permeability.
However, after flow-back, when these leak-off liquids filtrate
into some pores, which have no influence on reservoir
permeability, the damage will decrease.

In addition, we illustrated the permeability loss after rock
imbibition which is shown in Table 3.The permeability loss is
calculated as follows: (initial permeability − final permeabil-
ity)/initial permeability, where the initial permeability refers
to the dry sample permeability and the final permeability
refers to the final time permeability during imbibition. From
the table, we find that the permeability loss is very significant
after imbibition. The permeability loss can be as high as
97.7% during the spontaneous imbibition process. Therefore,
abundant fracturing liquid continuously imbibed into the
formation damages the formation permeability. Because the
water imbibed into formation increases with time, there will
be more serious permeability loss; as is shown in Table 3 the
permeability loss is in the range of 63%∼97%. Combining
the analysis, we concluded that a fast flow-back scheme after
hydraulic fracturing is necessary, because the fast flow-back
technique can decrease the interaction time between water
and formation, and hence the water imbibed into formation.

4.6. Permeability Stress Sensitivity. The pulse-decay perme-
ability measurement method has been widely recognized as a
way to identify the ultra-low permeability rocks [28, 30, 48–
53]. Because the conventional permeability measurement is
based on recording the flow rate during the experiment,
the flow rate through the ultra-low permeability rock is too
small to be measured exactly under the precision of present
equipment. The pulse-decay permeability measurement is
based on the change in differential pressure with testing time.
It can satisfy the requirements of the ultra-low permeability
measurement well. Permeability stress sensitivity has been
performed on various rocks, especially the sandstones and
shales [54–56]. Pressure drawdown can produce stress sen-
sitivity [57]. Sandstone has less stress sensitivity than shale,
which will vary by two to three orders of magnitude when
the confining pressure is changed from 3MPa to 120MPa and
then returned to 3MPa [58]. In this section, we studied the
permeability stress sensitivity of volcanic rocks in detail and
propose two formulas.

Results of the sample stress sensitivity are presented in
Figure 7. The negative natural logarithmic permeability as a
function of net confining pressure is shown in the 𝑦-axis.
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Figure 6: Permeability and water content as a function of imbibition time: volcanic rocks L3–L8. The rocks imbibition occurred with only
one surface contacting the distilled liquid.The permeability refers to the pulse-decay permeability.The red trend line represents the direction
of the permeability change.
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Figure 7: Negative log pulse-decay permeability as a function of net confining pressure: volcanic rocks L10–L16 for loading pressure and
unloading pressure.
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Table 4: The permeability change after the samples go through the process of loading pressure and unloading pressure.

Samples 𝐾0 (mD) 𝐾01 (mD) Loss ratio of permeability 𝑅𝐿 (%)
L9 0.000408 0.000232 43.14
L10 0.000266 0.000127 52.26
L11 0.00019 0.000056 70.53
L12 0.000381 0.000115 69.82
L13 0.000134 0.0000924 31.04
L14 0.00202 0.000957 52.62
L15 0.000146 0.0000712 51.23
L16 0.000662 0.000332 49.85

Correlation coefficients of 𝑅2 = 0.9689–0.9987 are computed
for the loading process in each sample.The unloading process
has correlation coefficients of 𝑅2 = 0.8662–0.9608 generally
lower than those observed for the loading process.

A fitted relation is presented for the permeability stress
sensitivity of the loading pressure tests:

𝐾 = 𝐾0𝑒
−0.1069𝑃+0.3964,

𝑅2 = 0.8383,
(8)

where 𝐾 is the rock pulse-decay permeability at different net
confining pressures, 𝐾0 is the lower net confining pressure
permeability, and 𝑃 is the net confining pressure. We can
apply (1) to forecast the permeability of volcanic rock with
increasing confining pressure.

Similarly, a fitted relation for the unloading pressure
tests can be determined by calculating the volcanic rock
permeability:

𝐾 = 𝐾𝑚𝑒
−0.0638𝑃+1.4056,

𝑅2 = 0.7804,
(9)

where𝐾𝑚 is the permeability under the maximum confining
pressure and the other parameters are the same as in (1).
Equation (2) provides uswith a power law function to forecast
the permeability change by injecting energy to recover the
formation fluid pressure.

Here we need to clarify a point that the fitted relation
is proposed to understand the permeability stress sensi-
tivity characteristic. The formulas could not be treated as
law because there are different relations between different
samples. These are more likely fitting relations that help us
comprehend the characteristics observed in tested samples.

In Table 4, where𝐾0 is the permeability at a net confining
pressure of 6MPa in the loading pressure process and 𝐾01 is
the permeability after the sample completes the process of
unloading pressure and the net confining pressure reaches
6MPa, 𝑅𝐿 is the loss rate of permeability, which is defined as

𝑅𝐿 =
𝐾0 − 𝐾01
𝑘0
× 100%. (10)

From the table, the value of 𝑅𝐿 ranges from 31.04%
to 70.53%. The 𝑅𝐿 average value is 52.56%. Judging from
the average value, the volcanic rock has high permeability

stress sensitivity. Usually the production pressure difference
is enlarged to get higher production rate when developing
the low permeability formation, which means that the bot-
tomhole pressure needs to be much smaller. However, the
results here show that a high-pressure difference may result
in serious permeability loss, harmful to gas production. So,
in the process of developing the volcanic gas reservoir, it is
necessary to keep the pore pressure at a high value to reduce
the damage caused by the permeability stress sensitivity.

5. Discussion

Based on the results of the above experiments, the volcanic
rock reservoir in this study has some special characteristics.
The quartz content and clay content of the target formation
in the Yingtai region do not have clear tendency with depth.
So, the segment choice of hydraulic fracturing needs more
consideration by the mineral components evaluation. At the
same time the average clay content is 39.5%, which is a
relatively higher content. There might be formation damage
while adopting hydraulic fracturing [59], where the degree is
dependent on the clay content and water property injected.

There are some initial microfractures in volcanic reser-
voirs.When these initial fractures connect with the hydraulic
fractures, the reservoir permeability can be improved greatly.
However, these microfractures affect the volcanic rock per-
meability stress sensitivity. Furthermore, the fluid pressure
decline has significant influence on the permeability stress
sensitivity after hydraulic fracturing is performed.The strong
permeability stress sensitivity requires measures for keeping
the formation fluid pressure at a high value to realize long
term development.

Centrifuge tests indicate that volcanic rocks have high
irreducible water saturation. Combined with the field data,
the initial water saturation is often far less than the irreducible
water saturation, so the reservoirs have a strong capacity to
absorb much fracturing liquid. Based on this characteristic,
we should take the fracturing fluid imbibition property into
consideration when choosing the low filtration fluid to exert
hydraulic fracturing.

Volcanic rocks in this work are full of micropores as
shown by nuclear magnetic resonance tests. Most micropores
have less contribution to the formation permeability, which is
presented by way of the pulse-decay permeability measure-
ment in the process of spontaneous imbibition. In the late
period of spontaneous imbibition, the sample permeability
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maintains stability while the water content increases. From
the nuclear magnetic resonance experiment, we can find that
microporesmake upmost of the porosity.The large pores and
quick fractures were filled by liquid.Micropores absorb water
slowly. However, these micropores have a strong capacity
to absorb a large amount of water, which is beneficial to
the permeability recovery and autoremoving aqueous phase
trapping after the volcanic reservoir is subjected to hydraulic
fracturing.

A large amount of fracturing fluid retention becomes
a common phenomenon after hydraulic fracturing is per-
formed in a tight reservoir. However, the permeability can
be improved by performing a well shut-in for a period of
time. Because micropores have a strong capacity to absorb
fracturing liquid fromother pores ranging from large pores to
micropores, larger pores have a greater contribution to reser-
voir permeability than micropores, which was demonstrated
by the experiments. Under the effect of capillary force, the
main gas flowing channel becomes very large, so the entire
permeability of the formation increases.

Two equations were proposed to forecast the volcanic
reservoir stress sensitivity in the process of loading pressure
and unloading pressure. The volcanic rocks have strong
permeability stress sensitivity. So, keeping the pore pressure
at a high level is very important in efficiently developing
volcanic reservoirs.

6. Conclusions

The volcanic reservoir is an important tight reservoir. Effi-
cient hydraulic fracturing and development contribute to
commercial production of this type of reservoir. The study
was trying to get the factors influencing the hydraulic frac-
turing based on the petrophysical properties. The following
conclusions can be made regarding the volcanic reservoir in
Songliao Basin, China.

(1) Quartz and clays are the main components in rocks
of the research formation. Natural cracks also appear in the
samples. These characteristics indicate that, during hydraulic
fracturing, abundant quartz and natural cracks promote
the generation of network fractures. However, the lack of
understanding of the mineralogical effect (i.e., clays) and the
challenges on sample heterogeneity increase the difficulty of
selection of segments to fracturing.

(2) There is a quick decrease of rock permeability once
the rock contacts water, which indicates that aqueous phase
trapping (APT) happens when the fracturing fluids are
pumped into the formation. The high irreducible water
saturation causes the formation to be accompanied by strong
spontaneous imbibition due to the low initial water saturation
of prolific unconventional reservoirs. Also, the nanopores
have strong capillary force, causing the liquid to migrate into
the formation,which significantly influences the permeability
of the formation. Fast flow-back scheme is applicable in this
situation to minimize the damage.

(3) The pores filled during spontaneous imbibition are
mainly the nanopores from NMR spectra. Because lots of
water imbibed into the nanopores, the main flow chan-
nels become larger, which is beneficial to the permeability

recovery after flow-back of hydraulic fracturing. This is
helpful to understand the APT autoremoval of some volcanic
reservoirs.

(4) Strong permeability sensitivity appears in volcanic
rocks. Keeping the appropriate production differential pres-
sure is very important in achieving the long term efficient
development of volcanic gas reservoirs.
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The paper developed a new semianalytical model for multiple-fractured horizontal wells (MFHWs) with stimulated reservoir
volume (SRV) in tight oil reservoirs by combining source function theory with boundary element idea.The model is first validated
by both analytical and numerical model. Then new type curves are established. Finally, the effects of SRV shape, SRV size, SRV
permeability, and parameters of hydraulic fractures are discussed. Results show that SRV has great influence on the pressure
response ofMFHWs; the parameters of fractures, such as fracture distribution, length, and conductivity, also can affect the transient
pressure of MFHWs. One novelty of this model is to consider the nonlinear flow around hydraulic fracture tips. The other novelty
is the ability to model the shape of the SRV, production behavior of different fractures, and interfaces. Compared to numerical and
analytic methods, this model can not only reduce extensive computing processing but also show high accuracy.

1. Introduction

With the increasing demand of energy market and great
progress of hydraulic fracturing technology, the exploration
of unconventional resources such as tight oil, tight gas,
and shale gas becomes more and more important [1–5].
Compared to the conventional hydraulic fracturing and hor-
izontal wells, multiple-fractured horizontal wells technology
can form a certain enhanced region with induced fractures
near the hydraulic fractures, which changes the flow pattern,
reduces the flow resistance, and improves the production of
a single well [6, 7]. However, establishing a dynamic analysis
model of MFHWs with stimulated reservoir volume (SRV)
under such complex geological conditions is difficult. One of
the difficulties is that it is hard to describe the degree and
shape of the SRV accurately.The other one is that it is difficult
to deal with the coupling between the enhanced region and
unstimulated region.

Many scholars have done a lot of researches on SRV
characterization and its effects on well performance. Various
analytical and detailed numerical models have been pro-
posed. Among thesemodels, multilinearmodels are themost

widely used. Ozkan et al. [8, 9] utilized a trilinear flowmodel
to investigate the MFHWs performance in unconventional
reservoirs. Brown et al. [10] proposed an analytical trilinear
flowmodel to describe the pressure distribution for a system,
where the enhanced region occupies entire spaces near the
fractures. Stalgorova and Mattar [11] improved the trilinear
flow model by simplifying the SRV into an enhanced region
with limited width. Five regions are defined to simulate the
SRV and all the flow in these regions is linear. Guo et al. [12]
presented an analytical model for the multistage fractured
shale reservoir, considering heterogeneity, typical seepage
characters, and fluids flow from upper/lower reservoir. The
model is similar to five-region-flowmodel but subdivides the
reservoir into seven parts.

Many other researchers try to replace the shape of SRV
with other methods. Ketineni and Ertekin [13] generated
a composite natural fractured system solution in elliptical
flow geometry. The enhanced region is simulated by the
elliptical flow model. Like other elliptical studies, the reser-
voir pressure with a series of Mathieu functions is obtained.
The model is complex and cannot describe the geometry
of the main fracture. Zhao et al. [14] simplified the model

Hindawi
Geofluids
Volume 2017, Article ID 2632896, 15 pages
https://doi.org/10.1155/2017/2632896

https://doi.org/10.1155/2017/2632896


2 Geofluids

Figure 1: Schematic of MFHW with SRV in a rectangular reservoir.

by describing the shape of enhanced region as circle. Ozcan
et al. [15] and Wang [16] combined linear flow with fractal
theory and provided alternative method to simulate well
performance in fractured reservoir. Although the fractal
model can well describe the spatial distribution of fractures,
it cannot optimize the parameters of hydraulic fracture.

Despite the efforts presented in the literature, all above
models are limited by two assumptions. One assumption is
that the fluid flow in all regions is linear. In fact, innovative
fracturing techniques such as “Simulfrac” and “Zipperfrac”
can create an enhanced region with high density network
of fractures [17]. The flow in the enhanced region near
hydraulic fracture tips may no longer behave like linear
flow, but, instead, radial flow. Existing multilinear models
become inapplicable. The other deficient assumption is that
both the shapes of unstimulated and enhanced region are
simplified as circles. In fact, due to the long length of the
horizontal wellbore, the shape of enhanced region should be
approximately ellipse or rectangle rather than circle.

The object of this paper is to establish a semianalytical
model forMFHWswith SRV in tight reservoirs. To overcome
the limitations, this study combines the point source/sink
theory with boundary element idea to solve the seepage
flow. The reservoir is divided into several subsystems. The
subsystems in the enhanced region are modeled by Warren-
Root [18] dual-porosity model. The fluid flow near the
fracture tips includes both linear flow and radial flow. The
transient pressure responses ofMFHWswith considering the
effect of SRV are investigated and the influence of relevant
parameters on type curves is also analyzed.

2. Methodology

2.1. Physical Model and Assumptions. The schematic diagram
for a MFHW in a tight oil reservoir is shown in Figure 1.
Propagation of fractures can create branch patterns [19]. Frac-
ture branching creates a stimulated reservoir volume around
each artificial hydraulic fracture, which can be modeled
by introducing a region of higher permeability. According
to the reservoir physical conditions, the whole reservoir is
subdivided into inner and outer regions. The inner region is
composed ofmatrix, natural fractures, and induced fractures,
which can be simulated by Warren-Root [18] dual-porosity
model. The outer region is an unstimulated homogeneous
media which is not influenced by hydraulic fractures. The
basic assumptions of the model are as follows:(1) The MFHW is located in the center of a rectangular
tight oil reservoir with impermeable outer boundaries and
produces at a constant rate 𝑞. 𝑛𝑓 artificial hydraulic fractures
distribute evenly along the horizontal wellbore.(2) The thickness of reservoir is ℎ and uniform initial
pressure is 𝑝𝑖.(3) The formation is fully penetrated by the artificial
hydraulic fractures.(4) Isothermal single phase fluid flow is assumed.(5) The influence of gravity and capillary forces on fluid
flow in both regions is ignored.

2.2. Mathematical Model and Solution

2.2.1. Mathematical Model. In order to describe the com-
plex flow model stated above accurately, we combine the
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Figure 2: The grid model for MFHW with SRV in a rectangular reservoir.

source/sink theory with boundary element idea. The whole
reservoir is subdivided into 12 discrete blocks based on
the reservoir properties. Due to the fully penetration of
the fractures, the issue can be studied in two dimensions
(Figure 2). For convenience, the solutions of this model are
founded on dimensionless variables. These dimensionless
parameters are defined as follows:

𝑝𝑗𝐷 = 𝛼𝑝𝜆refℎ (𝑝𝑖 − 𝑝𝑗)𝑞𝐵 ;
𝑡𝐷 = 𝛼𝑡𝜂ref 𝑡𝐿2

𝑓

;
𝑐𝑓𝑖𝐷 = 𝑘𝑓𝑖𝑤𝑓𝑖𝑘𝑖𝐿𝑓𝑖 ;

𝑞𝑤𝑖𝐷 = 𝑞𝑤𝑖 (𝑡) 2𝑦𝑓𝑖ℎ𝑞𝐵 ;
𝑞𝑒𝑗𝐷 = 𝑞𝑒𝑗 (𝑡) 2𝛿𝑝𝑗ℎ𝑞𝐵 , 𝛿 = 𝑥, 𝑦,

𝜆in-out𝑗 = (𝑘/𝜇)𝑗(𝑘/𝜇)ref ;

𝜔in-out𝑗 = (𝜙𝑐𝑡)𝑗(𝜙𝑐𝑡)ref ;
𝜂𝑗𝐷 = 𝜂𝑗𝜂ref = 𝜆in-out𝑗𝜔in-out𝑗

,
𝑦𝑓𝑖𝐷 = 𝑦𝑓𝑖𝐿𝑓 ;

𝑦𝐷 = 𝑦𝐿𝑓 ;
𝑦𝑤𝑖𝐷 = 𝑦𝑤𝑖𝐿𝑓 ;
𝑦𝑒𝐷𝑗 = 𝑦𝑒𝑗𝐿𝑓 ,

𝑥𝐷 = 𝑥𝐿𝑓 ;
𝑥𝑤𝑖𝐷 = 𝑥𝑤𝑖𝐿𝑓 ;
𝑥𝑒𝑗𝐷 = 𝑥𝑒𝑗𝐿𝑓 .

(1)
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The dimensionless pressure of horizontal well is 𝑝𝑤𝐷. The
dimensionless flux and pressure at the center of 𝑖th fracture in
block 𝑘 are 𝑞𝑘𝑤𝐷𝑖,𝑝𝑘𝑤𝐷𝑖, 𝑖 = 1, 2, . . . , 𝑛𝑓/2; 𝑘 = 1, 2, respectively.
The dimensionless flux and pressure at the center of 𝑗th
interface segment in block 𝑘 are 𝑞𝑘𝑒𝐷𝑗, 𝑝𝑘𝑒𝐷𝑗, 𝑗 = 1, 2, . . . , 5,𝑘 = 1, 2, . . . , 12, respectively.
2.2.2. Solution. When 𝑛 + 𝑚 sources/sinks in a reservoir
produce simultaneously, the dimensionless pressure drop at
any location (𝑥𝐷, 𝑦𝐷) in the reservoir is equal to the sum
of the dimensionless pressure drop caused by every single
sources/sink [6]. Since the flux of each source/sink is a
function of time, according to the Duhamel convolution, the
pressure distribution in Laplace transform domain can be
expressed as

Δ𝑝𝐷 = [ 𝑛∑
𝑖=1

𝑞𝑤𝐷𝑖 ⋅ 𝑆𝑤𝑖] + [[
𝑚∑
𝑗=1

𝑞𝑒𝐷𝑗 ⋅ 𝑆𝑒𝑗]] . (2)

Due to the full penetration of the fractures, both the
source functions for hydraulic fractures and interface seg-
ments are line source function. 𝑆𝛼, 𝛼 = 𝑤𝐷𝑖 (hydraulic
fracture) and 𝛼 = 𝑒𝐷𝑗 (interface segment), can be expressed
as follows [20]:

𝑆𝑤𝐷𝑖 = 𝜔in-out𝑖𝜆in-out𝑖
{ 𝜋𝑦𝑒𝐷𝑖 �̃�𝑦0

+ 2𝑦𝑝𝑖
∞∑
𝑛=1

1𝑛 �̃�𝑦𝑛 cos 𝑛𝜋𝑦𝑤𝐷𝑖𝑦𝑒𝐷𝑖 cos
𝑛𝜋𝑦𝐷𝑦𝑒𝐷𝑖 sin

𝑛𝜋𝑦𝑝𝑖𝑦𝑒𝐷𝑖 } ,
𝑆𝑒𝐷𝑗 = 𝜔in-out𝑗𝜆in-out𝑗

{ 𝜋𝛿𝑒𝐷𝑗 �̃�𝛿0
+ 2𝛿𝑝𝑗

∞∑
𝑛=1

1𝑛 �̃�𝛿𝑛 cos 𝑛𝜋𝛿𝑤𝐷𝑗𝛿𝑒𝐷𝑗 cos 𝑛𝜋𝛿𝐷𝛿𝑒𝐷𝑗 sin
𝑛𝜋𝛿𝑝𝑗𝛿𝑒𝐷𝑗 } ,

(3)

where

�̃�𝛿𝑛 = {{{{{{{{{

cosh 𝜀𝛼𝑛 (𝑦𝑒𝐷𝑗 − 𝑦𝐷 ± 𝑦𝑤𝑗𝐷)𝜀𝛼𝑛 sinh 𝜀𝛼𝑛𝑦𝑒𝐷𝑗 𝛿 = 𝑥
cosh 𝜀𝛼𝑛 (𝑥𝑒𝐷𝑖 − 𝑥𝐷 ± 𝑥𝑤𝑖𝐷)𝜀𝛼𝑛 sinh 𝜀𝛼𝑛𝑥𝑒𝐷𝑖 𝛿 = 𝑦, (4)

𝜀𝛼𝑛 =
{{{{{{{{{{{{{

√𝑢𝛿 + 𝑛2𝜋2𝑦2𝑒𝐷𝑖 𝛼 = 𝑤𝐷𝑖
√𝑢𝛿 + 𝑛2𝜋2𝛿2𝑒𝐷𝑗 𝛼 = 𝑒𝐷𝑗;

𝑢𝛿 = {{{{{{{

𝑢𝜆in-out𝑖
𝛿 = 𝑦, 𝛼 = 𝑤𝐷𝑖

𝑢𝜆in-out𝑗
𝛿 = 𝑥, 𝑦, 𝛼 = 𝑒𝐷𝑗

𝑢 = {{{
𝑠
𝑠𝑓 (𝑠) ;

𝑓 (𝑠) = 𝑠𝜔𝑚-𝑓 (1 − 𝜔𝑚-𝑓) + 𝜆𝑚-𝑓𝑠 (1 − 𝜔𝑚-𝑓) + 𝜆𝑚-𝑓 .
(5)

𝛿𝑝𝑗 is the half length of the 𝑗th source/sink for the inner/outer
boundary; 𝑠 is for homogeneous reservoirs and 𝑠𝑓(𝑠) is for
naturally fractured reservoirs.

In order to consider the fracture conductivity, we use
the results of Riley [21] here. The source function for the
hydraulic fracture considering the fracture conductivity can
be written by

𝑆𝑤𝐷𝑖 = 𝜔in-out𝑖𝜆in-out𝑖
{ 𝜋𝑦𝑒𝐷𝑖 �̃�𝑥0

+ 2𝑦𝑝𝑖
∞∑
𝑛=1

1𝑛 �̃�𝑦𝑛 cos 𝑛𝜋𝑦𝑤𝐷𝑖𝑦𝑒𝐷𝑖 cos
𝑛𝜋𝑦𝐷𝑦𝑒𝐷𝑖 sin

𝑛𝜋𝑦𝑝𝑖𝑦𝑒𝐷𝑖
+ 𝑢𝑦𝑓 (𝑐𝑓𝑖𝐷)} ,

𝑢𝑥𝑓 (𝑐𝑓𝑖𝐷) = 2𝜋 ∞∑
𝑛=1

1
𝑛2𝜋2𝑐𝑓𝑖𝐷 + 2√𝑛2𝜋2 + 𝑢𝑥

+ 0.4063𝜋𝜋 (𝑐𝑓𝑖𝐷 + 0.8997) + 1.6252𝑢𝑥 ,

(6)

where 𝑢𝑦𝑓(𝑐𝑓𝑖𝐷) is the finite-conductivity function for the 𝑖th
fracture.

Here we consider a MFHW with 𝑛𝑓 hydraulic fractures.
Both block 1 and block 2 have nf /2 hydraulic fractures. Writ-
ing (2) at the center of all fractures and interface segments
shown in Figure 2 yields the following set of 18 × 2 + 𝑛𝑓
linear equations which contain 2 × (18 × 2 + 𝑛𝑓) unknowns,𝑝𝑘𝑤𝐷𝑖, 𝑝𝑘𝑒𝐷𝑗, 𝑞𝑘𝑤𝐷𝑖, 𝑞𝑘𝑒𝐷𝑗:

𝑝𝑘𝑤𝐷𝑖 = [𝑛𝑓/2∑
𝑛=1

𝑞𝑘𝑤𝐷𝑛 ⋅ 𝑆𝑘𝑤𝐷𝑖𝑤𝐷𝑛]
+ [ 5∑
𝑚=1

𝑞𝑘𝑒𝐷𝑚 ⋅ 𝑆𝑘𝑤𝐷𝑖𝑒𝐷𝑚] ,
𝑘 = 1, 2, 𝑖 = 1, 2, . . . , 𝑛𝑓2 ,

(7)



Geofluids 5

𝑝𝑘𝑒𝐷𝑗 = [𝑛𝑓/2∑
𝑛=1

𝑞𝑘𝑤𝐷𝑛 ⋅ 𝑆𝑘𝑒𝐷𝑗𝑤𝐷𝑛]
+ [ 5∑
𝑚=1

𝑞𝑘𝑒𝐷𝑚 ⋅ 𝑆𝑘𝑒𝐷𝑗𝑒𝐷𝑚] ,
𝑘 = 1, 2, 𝑗 = 1, 2, . . . , 5,

(8)

𝑝𝑘𝑒𝐷𝑗 = 3∑
𝑚=1

𝑞𝑘𝑒𝐷𝑚 ⋅ 𝑆𝑘𝑒𝐷𝑗𝑒𝐷𝑚,
𝑘 = 4, 5, 7, 9, 10, 12, 𝑗 = 1, 2, 3,

(9)

𝑝𝑘𝑒𝐷𝑗 = 2∑
𝑚=1

𝑞𝑘𝑒𝐷𝑚 ⋅ 𝑆𝑘𝑒𝐷𝑗𝑒𝐷𝑚 = 0,
𝑘 = 3, 6, 8, 11, 𝑗 = 1, 2.

(10)

The pressure of different blocks for the same interfaces is
equal and the flux of interfaces is continuous. Taking block 1
and block 2 as an example,

𝑝1𝑒𝐷1 = 𝑝2𝑒𝐷1;
𝑞1𝑒𝐷1 = −𝑞2𝑒𝐷1,
𝑝1𝑒𝐷2 = 𝑝2𝑒𝐷2;
𝑞1𝑒𝐷2 = −𝑞2𝑒𝐷2,
𝑝1𝑒𝐷3 = 𝑝4𝑒𝐷1;
𝑞1𝑒𝐷3 = −𝑞4𝑒𝐷1,
𝑝1𝑒𝐷4 = 𝑝12𝑒𝐷2;
𝑞1𝑒𝐷4 = −𝑞12𝑒𝐷2,
𝑝1𝑒𝐷5 = 𝑝10𝑒𝐷1;
𝑞1𝑒𝐷5 = −𝑞10𝑒𝐷1,

(11)

𝑝1𝑒𝐷1 − 𝑝2𝑒𝐷1 = {[𝑛𝑓/2∑
𝑛=1

𝑞1𝑤𝐷𝑛 ⋅ 𝑆1𝑒𝐷1𝑤𝐷𝑛]
+ [ 5∑
𝑚=1

𝑞1𝑒𝐷𝑚 ⋅ 𝑆1𝑒𝐷1𝑒𝐷𝑚]}
− {[𝑛𝑓/2∑

𝑛=1

𝑞2𝑤𝐷𝑛 ⋅ 𝑆2𝑒𝐷1𝑤𝐷𝑛]
+ [ 5∑
𝑚=1

𝑞2𝑒𝐷𝑚 ⋅ 𝑆2𝑒𝐷1𝑒𝐷𝑚]} = [𝑛𝑓/2∑
𝑛=1

𝑞1𝑤𝐷𝑛 ⋅ 𝑆1𝑒𝐷1𝑤𝐷𝑛]
− [𝑛𝑓/2∑
𝑛=1

𝑞2𝑤𝐷𝑛 ⋅ 𝑆2𝑒𝐷1𝑤𝐷𝑛]

+ 2∑
𝑚=1

[𝑆1𝑒𝐷1𝑒𝐷𝑚 + 𝑆2𝑒𝐷1𝑒𝐷𝑚] ⋅ 𝑞1𝑒𝐷𝑚 + [ 5∑
𝑚=3

𝑞1𝑒𝐷𝑚
⋅ 𝑆1𝑒𝐷1𝑒𝐷𝑚] − [ 5∑

𝑚=3

𝑞2𝑒𝐷𝑚 ⋅ 𝑆2𝑒𝐷1𝑒𝐷𝑚] = 0.
(12)

Ignoring the pressure depletion along the horizontal
wellbore, the pressure of each fracture is approximately the
same which is equal to the pressure of horizontal wellbore.
Then we can have nf additional equations:

𝑝𝑘𝑤𝐷1 = 𝑝𝑘𝑤𝐷2 = ⋅ ⋅ ⋅ = 𝑝𝑘𝑤𝐷𝑛𝑓/2 = 𝑝𝑤𝐷,
for 𝑘 = 1, 2, (13)

𝑝1𝑤𝐷𝑖 − 𝑝2𝑤𝐷𝑖 = 0, for 𝑖 = 1, 2, . . . , 𝑛𝑓2 . (14)

The sum of the flux of each fracture is equal to the well
production rate:

2∑
𝑘=1

𝑛𝑓/2∑
𝑖=1

𝑠𝑞𝑘𝑤𝐷𝑖 = 1. (15)

The linear system defined by (7)–(15) now has 18 + 𝑛𝑓 + 1
equations with 18 + 𝑛𝑓 + 1 unknowns.

𝐴𝑋 = 𝑏. (16)

Eq. (16) can be solved by Gaussian elimination method.
By solving (16), the instantaneous flux of each fracture and the
wellbore pressure of MFHW with SRV in a rectangular tight
oil reservoir with constant rate condition can be obtained.
The whole workflow is shown in Figure 3. Here we take a
MFHW with four fractures as an example and 𝐴, 𝑋, 𝑏 are
shown in Appendix.

3. Comparison and Validation

In order to verify the accuracy of proposed model, we
compare the results of semianalytical model with that of
analytical model and trilinear flow model. Wang et al. [6]
presented an analytical model for a MFHW in rectangular
reservoirs by using the source function method and the
principle of superposition. Ozkan et al. [8] utilized a tri-
linear flow model to study the MFHWs performance in
unconventional reservoirs. Restricted by the models, neither
analytical model nor trilinear flow model can simulate the
SRV region accurately. For convenience of presentation and
brevity, a relatively simple case which consists of a MFHW
in a homogeneous rectangular reservoir is considered. By
letting the properties of SRV and unstimulated region be
equal, the model can be simplified. The calculated results are
shown in Table 1 and plotted in Figure 4. From Figure 4
we can see that the results of semianalytical solution show
a good fitting performance with the analytical solution for
the same problem. The comparison between semianalytical
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Table 1: Comparison between analytical, trilinear flow model and semianalytical model results.

𝑡𝐷 Analytical model Trilinear flow model Semianalytical model𝑝𝑤𝐷 d𝑝𝑤𝐷/d ln 𝑡𝐷 𝑝𝑤𝐷 d𝑝𝑤𝐷/d ln 𝑡𝐷 𝑝𝑤𝐷 d𝑝𝑤𝐷/d ln 𝑡𝐷
0.001 0.061 0.015 0.065 0.016 0.061 0.015
0.01 0.110 0.029 0.116 0.030 0.111 0.029
0.1 0.209 0.060 0.222 0.067 0.209 0.060
1 0.397 0.103 0.443 0.129 0.397 0.103
10 0.663 0.122 0.836 0.219 0.662 0.122
100 1.006 0.231 1.583 0.562 1.006 0.231
1000 2.787 1.982 4.407 2.328 2.787 1.981
10000 20.464 19.811 23.356 21.150 21.150 19.811
100000 197.184 198.075 212.037 211.506 197.185 198.075

A MFHW with SRV in a tight oil reservoir

Enhanced region Unstimulated region

Gridding: rectangular blocks

AX = b Gaussian elimination
Laplace inversion

Solution of each fracture in the 
stimulated region:

Solution of each interface segment in 
the stimulated and unstimulated region:

Coupling blocks: 

p
1
wDi − p

2
wDi = 0

Coefficient matrix A: 
S
k

wDiwDn, S
k

wDieDm, S
k

eDjwDn, S
k

eDjeDm

Vector X: 
p
k
wDi, p

k
eDj, q

k
wDn, q

k
eDm, pwD

p
k
wDi =[

nf/2∑
n=1

qkwDn · S
k

wDiwDn]
+ [ 5∑

m=1

qkeDm · S
k

wDieDm]
p
k
eDj = [nf/2∑

n=1

qkwDn · S
k

eDjwDn]
+ [ 5∑

m=1

qkeDm · S
k

eDjeDm]

qkeDm = −qk+1eDn

(1) Pressure and flux continuity condition at the interface. pk
eDm = p

k+1
eDn,

(2) Wellbore pressure condition. pk
wD1 = p

k
wD2 = · · · = p

k
wDnf/2 = pwD,

(3) Wellbore flux normalizing condition. ∑2
k=1 ∑

nf/2
i=1 sqkwDi = 1

Figure 3: The work flow for modeling and solving process.
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Figure 4: Calculation comparison between semianalytical model,
analytical model, and trilinear flow model.

solution and trilinear flow model solution shows a good
fitting performance in the early stage (linear flow). However,
radial flow could not be seen by using trilinear flow model.
MFHWs exhibit radial flow frombeginning till the endwhich
is usually misinterpreted as linear flow due to existence of
linear flow as part of the radial flow. Thus, it is necessary to
take nonlinear flow into account.

To access the accuracy of semianalyticalmodel ofMFHW
with SRV in tight oil reservoir, a case is evaluated to investi-
gate the pressure responses by using the commercial software
Eclipse. The basic parameters are presented in Table 2. The
reservoir block of 90 × 21 × 1 is simulated with no flow
boundaries. The enhanced region contains 44 × 13 × 1 blocks
which is shown in Figure 5. The horizontal well is located
in center of reservoir horizontally and vertically to produce
the oil effectively. Four hydraulic fractures are modeled with
LGR technique to formulate thin blocks assigned with the
properties of hydraulic fractures. Reservoir is fully penetrated
by hydraulic fractures. Hydraulic fracture properties are
assumed to be constant along the fracture. The flowing fluid
is assumed to be single phase oil. Reservoir simulator is
computed for 40 years of production with constant oil rate
30m3/D.The comparison results are shown in Figure 6. From
the comparison results, it is shown that the agreements of the
semianalytical solution and numerical solution are excellent.

4. Results and Discussion

4.1. Flow Regimes. The dimensionless pressure and pressure
derivative type curves for a MFHW with SRV are plotted
in Figure 7. As shown in Figure 7, seven flow stages can be
identified.

Table 2: Input information for the case.

Reservoir lateral length (m) 933
Initial pressure (MPa) 20.29
Wellbore radius (m) 0.1
Reservoir compressibility (MPa−1) 0.02
Matrix porosity 0.125
Oil viscosity (mPa⋅s) 4
Fracture spacing (m) 59.25
Fracture half-length (m) 50
Fracture permeability (𝜇m2) 2.5
Enhanced region permeability (𝜇m2) 0.06
Unstimulated region permeability (𝜇m2) 0.01

Office 2006.1

PermX (mD)

10.000 22.500 35.000 47.500 60.000

Figure 5: Numerical model of a multiple-fractured horizontal well
with SRV.

(1) Bilinear flow between the hydraulic fractures and
induced fractures: In this stage, the pressure derivative curve
has a straight line with slope equal to 1/4. Fluid flows through
hydraulic fractures to wellbore and from induced fractures
to hydraulic fractures simultaneously. This stage could be
identified only if the fracture conductivity is relatively low.(2) Linear flow near the hydraulic fractures: During this
period, each fracture produces independently. The pressure
and pressure derivative curves are both straight lines with
slope equal to 1/2.(3) Interporosity flow between the induced fractures and
matrix: In this stage, the fluid flows from thematrix system to
the induced fractures system. The pressure derivative curves
show “U” shape.(4) Radial flow around the hydraulic fractures: If the
pressure derivative curve shows the 1/2𝑛𝑓 (𝑛𝑓 is the number
of fractures), the radial flow region will be observed. In this
stage, radial flow occurs directly from the enhanced region to
individual fractures.(5) Transition flow near the enhanced region boundaries
(Interporosity flowbetween the enhanced region andunstim-
ulated region): In this region, the permeability of enhanced
region is higher than that of the unstimulated region. The
fluid in the enhanced region can reach the wellbore quickly;
however, the formation in the unstimulated region can not
provide enough fluid supply. The pressure derivative curves
rise up which shows the similar characteristics of the weak
supply or closed boundary flow.(6) Mid-linear flow around the horizontal well: Com-
pared to the transition flow, the slopes of both pressure and
pressure derivative curves are relatively small. Fluid flows
from the unstimulated region to the enhanced region.
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Figure 6: Calculation comparison between semianalytical model
and numerical model.
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Figure 7:Thedimensionless pressure and pressure derivative curves
of a MFHW with SRV in a tight oil reservoir.

(7) Pseudo steady flow: The segment has a unit slope
straight line on both pressure and pressure derivative curves.
This flow period occurs when the pressure wave reaches the
reservoir boundary.

4.2. Effect of Sensitive Parameters on Type Curves

4.2.1. Interporosity Flow Factor between the Inner and Outer
Region (𝜆in-out). Figure 8 shows the effect of interporosity
flow factor between the inner and outer region 𝜆in-out on
the type curves. 𝜆in-out is the mobility ratio between the
inner and outer region. In Figure 8(a) we can see that the
interporosity flow factor between the inner and outer region
can affect all the flow regimes. With the increase of 𝜆in-out,
the dimensionless pressure and pressure derivative decrease
as a whole. It can be seen from the dimensionless pressure
derivative curves that when the mobility between the inner

and outer region is the same (𝜆in-out = 1) it will not create
transition flow, but, instead, mid-linear flow. When the effect
of hydraulic fracturing is good, the permeability of induced
fractures system in the inner region is far higher than that
of the formation in the outer region. The fluid in the inner
region can reach thewellbore quickly; however, the formation
in the outer region can not provide enough fluid supply. The
pressure derivative curves rise up which shows the similar
characteristics of the weak supply or closed boundary flow.
The time of radial flow period in the region with higher
mobility is shorter than that with lower mobility. It is known
that radial flow can cause large pressure depletion under
the same rate, and thus it is better to increase the scale
of hydraulic fracturing as much as possible to improve the
mobility of the inner region. Figures 8(b) and 8(c) show that
the flux of fracture at the edge is higher than that at the
center. This is because the fracture at the edge has a bigger
drainage area. The time of transition flow in the region with
higher mobility is shorter than that with lower mobility and
the time ofmid-linear flow in the region with highermobility
is longer than that with lower mobility. The larger the 𝜆in-out,
the greater the differences between the flux of fracture at the
edge and center and between the flux of different interfaces.

4.2.2. Hydraulic Fracturing Degree (Storage Ratio 𝜔𝑚-𝑓 and
Interporosity Flow Factor 𝜆𝑚-𝑓). Figure 9 shows that the
storage ratio 𝜔𝑚-𝑓 and interporosity flow factor 𝜆𝑚-𝑓 affect
the degree and time of interporosity flow between induced
fractures system and matrix, respectively. Small 𝜔𝑚-𝑓 means
that the difference between the storage capacity of induced
fractures system and matrix is great. Most of the fluid is
stored in the matrix rather than the induced fractures system
and the interporosity flow behaves more obviously. The
dimensionless pressure derivative curve sinks down at the
intermediate time. 𝜆𝑚-𝑓 reflects the ability of the fluid to flow
from the matrix to the induced fractures system. The larger
the 𝜆𝑚-𝑓 is, the earlier the interporosity flow will happen.
Therefore, increasing the degree of hydraulic fracturing is
beneficial to the production.

4.2.3. The Size and Shape of Stimulated Reservoir Volume.
Figures 10-11 show the effects of size and shape of SRV on type
curves. It can be seen fromFigures 10-11 that both the size and
shape of SRV will affect the radial flow and transition flow.
A small size of SRV will shorten the time of radial flow and
make transition flow occur early. Comparing with the three
models presented in Figure 10(a), we can see that with the
size of SRV increasing, the increasing trend of dimensionless
pressure gradually slows down. This is mainly because the
reserves controlled by a single well are very limited, and there
is no sense in increasing the stimulated reservoir volume
without limitation. At the same time, increasing the size of
SRV will also increase the difficulty and cost of fracturing.
From Figure 10(b) we can see that the larger the size of SRV,
the greater the fracture flux difference between the edge and
center. As shown in Figure 11, the dimensionless pressurewith
square shape of SRV is higher than that with rectangular one,
which means that the square shape of SRV will cause a small
pressure depletion under the same rate. In addition, with the
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Figure 8: The effect of interporosity flow factor on type curves (inner and outer region).

increase of length-width ratio of SRV, both the dimensionless
pressure and the fracture flux difference between the edge and
center increase. It is because in the early period the flow only
occurs in the hydraulic fractures and induced fractures near
the horizontal wellbore which is not influenced by the shape
of SRV. With the process of production, the pressure wave
spreads to the edges of enhanced region, and the producing
degree of formation with larger effective stimulated reservoir
volume is much higher. Therefore, not only the size but
also the shape of SRV should be taken into account in the
fracturing design.

4.2.4. Fracture Distribution. Figure 12 shows the effect
of fracture distribution on type curves. As shown in
Figure 12, the fracture distribution can mainly affect the flow

characteristics of radial flow and transition flow. With the
increase of fracture distribution heterogeneity, the pressure
depletion becomes large. This is because the drainage area
of each fracture is relatively small. If the fractures are very
close to the enhanced region boundaries, second radial flow
will occur once the pressure wave spreads to the nearest
boundaries, and second transition flow will happen after
the pressure wave spreads to the far boundaries. Therefore,
it is necessary to make the hydraulic fractures distribute
uniformly as far as possible.

4.2.5. Fracture Conductivity. Figure 13 shows the effect of
fracture conductivity on type curves. From the pressure
derivative curves we can see that the fracture conductivity
mainly affects flow characteristics of bilinear flow, linear flow,
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Figure 9: The effect of hydraulic fracturing degree on type curves.
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Figure 10: The effect of size of SRV on type curves.

and interporosity flow. Due to the high fracture conductivity,
the pressure gradient near the hydraulic fracture is high. Fluid
flows quickly from the induced fractures into the hydraulic
fractures, which makes the linear flow and interporosity flow
occur early.

4.2.6. Fracture Length. As shown in Figure 14, the fracture
length can affect bilinear flow, linear flow, interporosity
flow, and radial flow. With the increase of fracture length,
the dimensionless pressure and pressure derivative decrease
gradually. On the contrary to the conventional reservoirs,
the effect of fracture length is greater than that of fracture

conductivity on the MFHWs with SRV in tight oil reservoirs.
As the fracture length increases,more andmore induced frac-
tures in the enhanced region are connected with hydraulic
fractures effectively, which can form a larger supply area
and improve the overall yield. Longer fracture length will
increase the time of interporosity flow and shorten the time of
radial flow. In conventional fractured reservoirs, the fracture
conductivity is dominant, whereas in volume fractured tight
oil reservoirs the effect of fracture length is contrary to
normal expectation.Therefore, in order to achieve the desired
effect of volume fracturing design, a suitable length of the
artificial hydraulic fractures should also be ensured.
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Figure 11: The effect of shape of SRV on type curves.
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Figure 12: The effect of fracture distribution on type curves.

5. Field Applications

Type curve matching is an effective way to evaluate the
parameters of reservoir and fracture. The specific processes
are presented as follows.

Step 1. Plot the curve of dimensionless pressure (𝑝𝑤𝐷) values
versus test time (𝑡𝐷) on a log-log graph.

Step 2. Obtain the best match of the data with one of type
curves.

Step 3. Read a point (e.g., 𝑡𝐷, 𝑝𝑤𝐷, 𝑐𝑓𝐷) from the matched
type curve. By using the defined equations of dimensionless

parameter in (17)–(20), the reservoir and fracture parameters
can be calculated.

𝑘 = 1.842 × 10−3𝑝𝑤𝐷𝑞𝜇𝐵(𝑝𝑖 − 𝑝𝑗) ℎ , (17)

𝐿𝑓 = √ 3.6𝑘𝑡𝜙𝜇𝑐𝑡𝑡𝐷 , (18)

𝑘𝑓 = 𝑘𝐿𝑓𝑐𝑓𝐷𝑤𝑓 , (19)

𝜆in-out𝑗 = (𝑘/𝜇)𝑗(𝑘/𝜇)ref . (20)
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Figure 13: The effect of fracture conductivity on type curves.
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Figure 14: The effect of fracture length on type curves.

Well 𝐴 is a horizontal well with 38 hydraulic fractures
in Bakken formation in the Williston Basin. The length of
well is approximately 2926.08m. Since hydraulic fracturing
methods with a high number of stages have not been widely
used so far, the production history of well 𝐴 is shorter than
two years.The type curvematching plot is shown in Figure 15.
From Figure 15 we can see that the pressure derivative curve
starts to bend in the transition flow period; however, it could
not be seen by using the traditional model without SRV. The
calculation processes are presented as follows:

Reservoir Data

𝜙𝜇𝑐𝑡 = 9.80841 × 10−2mpa ⋅ s/Mpa,𝜇𝐵ℎ = 0.935369mpa ⋅ s/m,
𝑡 = 55 days,

Traditional model:
linear flow 

Semianalytical model:
transition flow 
near the enhanced 
region boundaries
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Figure 15: Type curve matching plot for field data.

𝑤𝑓 = 0.003m,
𝑝𝑖 − 𝑝𝑤𝑞 = 0.246036Mpa/ (m3 ⋅ day−1) .

(21)

Match Point

𝑡𝐷 = 1.97459 × 10−4,
𝑝𝑤𝐷 = 6.71136 × 10−4,
𝑐𝑓𝐷 = 300.

(22)

Step 1. Calculate 𝑘in (the permeability of enhanced region)
from (17):

𝑘in = 1.842 × 10−3 × 6.71136 × 10−4 × 0.9353690.246036
= 0.0047 × 10−3 𝜇m2. (23)

Step 2. Calculate 𝐿𝑓 (the half length of hydraulic fracture)
from (18):

𝐿𝑓 = √ 3.6 × 0.0047 × 10−3 × 55 × 249.80841 × 10−2 × 1.97459 × 10−4
= 33.9587m.

(24)

Step 3. Calculate 𝑘𝑓 (the permeability of hydraulic fracture)
from (19):

𝑘𝑓 = 0.0047 × 10−3 × 33.9587 × 3000.003 = 15.9606 𝜇m2. (25)

Step 4. Calculate 𝑘out (the permeability of unstimulated
region) from (20):

𝑘out = 𝑘in𝜆in-out
= 0.0047 × 10−33 = 0.0016 × 10−3 𝜇m2. (26)
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Chu et al. [22] summarized the statistics of the Bakken
wells.The permeability of enhanced region is 0.0027 × 10−3 ∼0.0122 × 10−3 𝜇m2 and the half length of the hydraulic
fracture is 27.1272∼75.2856m. The results of semianalytical
model are in this range, which indicates that the proposed
model can provide more accurate dynamic parameters for
MFHWs with SRV.

6. Conclusions
A practical semianalytical model is proposed for MFHWs
with SRV in tight oil reservoirs and transient pressure and
pressure derivative curves are also established. The principal
contributions in our work are summarized below:(1) Using the source function the semianalytical model
can easily consider the nonlinear flow around hydraulic
fracture tips and accurately describe the flow characteristics
of MFHWs with SRV in tight oil reservoirs.(2) Seven possible characteristic flow periods can be
identified based on the type curves of MFHWs with SRV
in tight oil reservoir: (1) bilinear flow; (2) linear flow; (3)
interporosity flow; (4) radial flow; (5) transition flow; (6)
mid-linear flow; (7) pseudo steady flow.(3) The effects of relevant parameters on type curves
including interporosity flow factor between inner and outer
region, hydraulic fracturing degree, size and shape of SRV,
fracture distribution, fracture conductivity, and fracture
length are also analyzed.

(4) Analysis results reveal that when the mobility of inner
region is higher than that of outer region, transition flow
occurs. The larger the size and degree of SRV are, the better
the development is. When the size of SRV is constant, the
producing degree of reservoir with large effective stimulated
reservoir volume is higher. It is better to make the hydraulic
fractures distribute uniformly so as to increase the drainage
area of each hydraulic fracture as far as possible. Compared
to the conventional fracturing, the development effect of
volume fracturing is influenced by the length ofmain fracture
rather than the conductivity.(5) In the field applications, traditional models such as
analytical, multilinear models could not predict pressure
response characteristics in the interporosity flow period
between the enhanced region and unstimulated region accu-
rately. The semianalytical model in this paper can be used
to provide more accurate dynamic parameters which are
important for efficient reservoir development.

Appendix

Solution of the Linear System of Equations

The linear system in (7)–(15) is in the matrix-vector form,𝐴𝑋 = 𝑏, as shown in (A.4).The components of the coefficient
matrix, 𝐴 = {𝐴1, 𝐴2}, are given by

𝐴1 =
[[[[[[[[[[

𝑆1𝑤𝐷1𝑤𝐷1 𝑆1𝑤𝐷1𝑤𝐷2 0 0 𝑆1𝑤𝐷1𝑒𝐷1 𝑆1𝑤𝐷1𝑒𝐷2 𝑆1𝑤𝐷1𝑒𝐷3 𝑆1𝑤𝐷1𝑒𝐷4 𝑆1𝑤𝐷1𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 0 0 0 −1
𝑆1𝑤𝐷2𝑤𝐷1 𝑆1𝑤𝐷2𝑤𝐷2 0 0 𝑆1𝑤𝐷2𝑒𝐷1 𝑆1𝑤𝐷2𝑒𝐷2 𝑆1𝑤𝐷2𝑒𝐷3 𝑆1𝑤𝐷2𝑒𝐷4 𝑆1𝑤𝐷2𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 0 0 0 −1

0 0 𝑆2𝑤𝐷1𝑤𝐷1 𝑆2𝑤𝐷1𝑤𝐷2 −𝑆2𝑤𝐷1𝑒𝐷1 −𝑆2𝑤𝐷1𝑒𝐷2 0 0 0 𝑆2𝑤𝐷1𝑒𝐷3 𝑆2𝑤𝐷1𝑒𝐷4 𝑆2𝑤𝐷1𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 −1
0 0 𝑆2𝑤𝐷2𝑤𝐷1 𝑆2𝑤𝐷2𝑤𝐷2 −𝑆2𝑤𝐷2𝑒𝐷1 −𝑆2𝑤𝐷2𝑒𝐷2 0 0 0 𝑆2𝑤𝐷2𝑒𝐷3 𝑆2𝑤𝐷2𝑒𝐷4 𝑆2𝑤𝐷2𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 −1

]]]]]]]]]]
,

𝐴2 =

[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[[

𝑆1𝑒𝐷1𝑤𝐷1 𝑆1𝑒𝐷1𝑤𝐷2 −𝑆2𝑒𝐷1𝑤𝐷1 −𝑆2𝑒𝐷1𝑤𝐷2 ( 𝑆1𝑒𝐷1𝑒𝐷1
+𝑆2𝑒𝐷1𝑒𝐷1) ( 𝑆1𝑒𝐷1𝑒𝐷2

+𝑆2𝑒𝐷1𝑒𝐷2) 𝑆1𝑒𝐷1𝑒𝐷3 𝑆1𝑒𝐷1𝑒𝐷4 𝑆1𝑒𝐷1𝑒𝐷5 −𝑆2𝑒𝐷1𝑒𝐷3 −𝑆2𝑒𝐷1𝑒𝐷4 −𝑆2𝑒𝐷1𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 0
𝑆1𝑒𝐷2𝑤𝐷1 𝑆1𝑒𝐷2𝑤𝐷2 −𝑆2𝑒𝐷2𝑤𝐷1 −𝑆2𝑒𝐷2𝑤𝐷2 ( 𝑆1𝑒𝐷2𝑒𝐷1

+𝑆2𝑒𝐷2𝑒𝐷1) ( 𝑆1𝑒𝐷2𝑒𝐷2
+𝑆2𝑒𝐷2𝑒𝐷2) 𝑆1𝑒𝐷2𝑒𝐷3 𝑆1𝑒𝐷2𝑒𝐷4 𝑆1𝑒𝐷2𝑒𝐷5 −𝑆2𝑒𝐷2𝑒𝐷3 −𝑆2𝑒𝐷2𝑒𝐷4 −𝑆2𝑒𝐷2𝑒𝐷5 0 0 0 0 0 0 0 0 0 0 0

𝑆1𝑒𝐷3𝑤𝐷1 𝑆1𝑒𝐷3𝑤𝐷2 0 0 𝑆1𝑒𝐷3𝑒𝐷1 𝑆1𝑒𝐷3𝑒𝐷2 ( 𝑆1𝑒𝐷3𝑒𝐷3
+𝑆4𝑒𝐷1𝑒𝐷1) 𝑆1𝑒𝐷3𝑒𝐷4 𝑆1𝑒𝐷3𝑒𝐷5 0 0 0 0 𝑆4𝑒𝐷1𝑒𝐷3 −𝑆4𝑒𝐷1𝑒𝐷2 0 0 0 0 0 0 0 0

𝑆1𝑒𝐷4𝑤𝐷1 𝑆1𝑒𝐷4𝑤𝐷2 0 0 𝑆1𝑒𝐷4𝑒𝐷1 𝑆1𝑒𝐷4𝑒𝐷2 𝑆1𝑒𝐷4𝑒𝐷3 ( 𝑆1𝑒𝐷4𝑒𝐷4
+𝑆12𝑒𝐷2𝑒𝐷2) 𝑆1𝑒𝐷4𝑒𝐷5 0 0 0 𝑆12𝑒𝐷2𝑒𝐷3 0 0 0 0 0 0 0 0 𝑆12𝑒𝐷2𝑒𝐷1 0

𝑆1𝑒𝐷5𝑤𝐷1 𝑆1𝑒𝐷5𝑤𝐷2 0 0 𝑆1𝑒𝐷5𝑒𝐷1 𝑆1𝑒𝐷5𝑒𝐷2 𝑆1𝑒𝐷5𝑒𝐷3 𝑆1𝑒𝐷5𝑒𝐷4 ( 𝑆1𝑒𝐷5𝑒𝐷5
+𝑆10𝑒𝐷1𝑒𝐷1) 0 0 0 0 0 0 0 0 0 0 𝑆10𝑒𝐷1𝑒𝐷2 −𝑆10𝑒𝐷1𝑒𝐷3 0 0

0 0 𝑆2𝑒𝐷3𝑤𝐷1 𝑆2𝑒𝐷3𝑤𝐷2 −𝑆2𝑒𝐷3𝑒𝐷1 −𝑆2𝑒𝐷3𝑒𝐷2 0 0 0 ( 𝑆2𝑒𝐷3𝑒𝐷3
+𝑆5𝑒𝐷1𝑒𝐷1) 𝑆2𝑒𝐷3𝑒𝐷4 𝑆2𝑒𝐷3𝑒𝐷5 0 0 𝑆5𝑒𝐷1𝑒𝐷3 −𝑆5𝑒𝐷1𝑒𝐷2 0 0 0 0 0 0 0

0 0 𝑆2𝑒𝐷4𝑤𝐷1 𝑆2𝑒𝐷4𝑤𝐷2 −𝑆2𝑒𝐷4𝑒𝐷1 −𝑆2𝑒𝐷4𝑒𝐷2 0 0 0 𝑆2𝑒𝐷4𝑒𝐷3 ( 𝑆2𝑒𝐷4𝑒𝐷4
+𝑆7𝑒𝐷2𝑒𝐷2) 𝑆2𝑒𝐷4𝑒𝐷5 0 0 0 0 𝑆7𝑒𝐷2𝑒𝐷3 −𝑆7𝑒𝐷2𝑒𝐷1 0 0 0 0 0

0 0 𝑆2𝑒𝐷5𝑤𝐷1 𝑆2𝑒𝐷5𝑤𝐷2 −𝑆2𝑒𝐷5𝑒𝐷1 −𝑆2𝑒𝐷5𝑒𝐷2 0 0 0 𝑆2𝑒𝐷5𝑒𝐷3 𝑆2𝑒𝐷5𝑒𝐷4 ( 𝑆2𝑒𝐷5𝑒𝐷5
+𝑆9𝑒𝐷1𝑒𝐷1) 0 0 0 0 0 0 𝑆9𝑒𝐷1𝑒𝐷2 −𝑆9𝑒𝐷1𝑒𝐷3 0 0 0

0 0 0 0 0 0 0 𝑆12𝑒𝐷3𝑒𝐷2 0 0 0 0 ( 𝑆3𝑒𝐷1𝑒𝐷1
+𝑆12𝑒𝐷3𝑒𝐷3) 𝑆3𝑒𝐷1𝑒𝐷2 0 0 0 0 0 0 0 𝑆12𝑒𝐷3𝑒𝐷1 0

0 0 0 0 0 0 𝑆4𝑒𝐷3𝑒𝐷1 0 0 0 0 0 𝑆3𝑒𝐷2𝑒𝐷1 ( 𝑆3𝑒𝐷2𝑒𝐷2
+𝑆4𝑒𝐷3𝑒𝐷3) −𝑆4𝑒𝐷3𝑒𝐷2 0 0 0 0 0 0 0 0

0 0 0 0 0 0 −𝑆4𝑒𝐷2𝑒𝐷1 0 0 𝑆5𝑒𝐷3𝑒𝐷1 0 0 0 −𝑆4𝑒𝐷2𝑒𝐷3 ( 𝑆4𝑒𝐷2𝑒𝐷2
+𝑆5𝑒𝐷3𝑒𝐷3) −𝑆5𝑒𝐷3𝑒𝐷2 0 0 0 0 0 0 0

0 0 0 0 0 0 0 0 0 −𝑆5𝑒𝐷2𝑒𝐷1 0 0 0 0 −𝑆5𝑒𝐷2𝑒𝐷3 ( 𝑆5𝑒𝐷2𝑒𝐷2
+𝑆6𝑒𝐷2𝑒𝐷2) −𝑆6𝑒𝐷2𝑒𝐷1 0 0 0 0 0 0

0 0 0 0 0 0 0 0 0 0 𝑆7𝑒𝐷3𝑒𝐷2 0 0 0 0 −𝑆6𝑒𝐷1𝑒𝐷2 ( 𝑆6𝑒𝐷1𝑒𝐷1
+𝑆7𝑒𝐷3𝑒𝐷3) −𝑆7𝑒𝐷3𝑒𝐷1 0 0 0 0 0

0 0 0 0 0 0 0 0 0 0 −𝑆7𝑒𝐷1𝑒𝐷2 0 0 0 0 0 −𝑆7𝑒𝐷1𝑒𝐷3 ( 𝑆7𝑒𝐷1𝑒𝐷1
+𝑆8𝑒𝐷1𝑒𝐷1) −𝑆8𝑒𝐷1𝑒𝐷2 0 0 0 0

0 0 0 0 0 0 0 0 0 0 0 𝑆9𝑒𝐷2𝑒𝐷1 0 0 0 0 0 −𝑆8𝑒𝐷2𝑒𝐷1 ( 𝑆8𝑒𝐷2𝑒𝐷2
+𝑆9𝑒𝐷2𝑒𝐷2) −𝑆9𝑒𝐷2𝑒𝐷3 0 0 0

0 0 0 0 0 0 0 0 𝑆10𝑒𝐷2𝑒𝐷1 0 0 −𝑆9𝑒𝐷3𝑒𝐷1 0 0 0 0 0 0 −𝑆9𝑒𝐷3𝑒𝐷2 ( 𝑆9𝑒𝐷3𝑒𝐷3
+𝑆10𝑒𝐷2𝑒𝐷2) −𝑆10𝑒𝐷2𝑒𝐷3 0 0

0 0 0 0 0 0 0 0 −𝑆10𝑒𝐷3𝑒𝐷1 0 0 0 0 0 0 0 0 0 0 −𝑆10𝑒𝐷3𝑒𝐷2 ( 𝑆10𝑒𝐷3𝑒𝐷3
+𝑆11𝑒𝐷2𝑒𝐷2) −𝑆11𝑒𝐷2𝑒𝐷1 0

0 0 0 0 0 0 0 𝑆12𝑒𝐷1𝑒𝐷2 0 0 0 0 𝑆12𝑒𝐷1𝑒𝐷3 0 0 0 0 0 0 0 −𝑆11𝑒𝐷1𝑒𝐷2 ( 𝑆11𝑒𝐷1𝑒𝐷1
+𝑆12𝑒𝐷1𝑒𝐷1) 0

1 1 1 1 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0

]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]]

(A.1)
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The solution vector, 𝑋 = [𝑥1, 𝑥2], has the following
components:

𝑥1 = 𝑠𝑞1𝑤𝐷1 𝑠𝑞1𝑤𝐷2 𝑠𝑞2𝑤𝐷1 𝑠𝑞2𝑤𝐷2 ,𝑥2= 𝑠𝑞1𝑒𝐷1 𝑠𝑞1𝑒𝐷2 𝑠𝑞1𝑒𝐷3 𝑠𝑞1𝑒𝐷4 𝑠𝑞1𝑒𝐷5 𝑠𝑞2𝑒𝐷3 𝑠𝑞2𝑒𝐷4 𝑠𝑞2𝑒𝐷5 𝑠𝑞3𝑒𝐷1 𝑠𝑞3𝑒𝐷2 𝑠𝑞4𝑒𝐷2 𝑠𝑞5𝑒𝐷2 𝑠𝑞6𝑒𝐷1 𝑠𝑞7𝑒𝐷1 𝑠𝑞8𝑒𝐷2 𝑠𝑞9𝑒𝐷3 𝑠𝑞10𝑒𝐷3 𝑠𝑞11𝑒𝐷1 𝑠𝑝𝑤𝐷
(A.2)

The components of the right-hand-side vector, 𝑏 =[𝑏1, 𝑏2], are 𝑏1 = [0 0 0 0] ,𝑏2 = [0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 1] , (A.3)

A1

A2

x1

x2

b1

b2

× = (A.4)

Nomenclature𝐴: Coefficient matrix𝑏: Right-hand-side vector𝐵: Formation volume factor𝑐𝑡𝑗: Total compressibility of the 𝑗th block, Mpa−1𝑆: Source function𝛼𝑝: Constant for pressure𝛼𝑡: Constant for timeℎ: Reservoir thickness, m𝑘𝑓𝑖: The 𝑖th fracture permeability, md𝜆ref : Characteristic interporosity flow factor,
desirable minimum of interporosity flow
coefficient of all the blocks𝜂ref : Diffusivity constant, desirable minimum of
diffusivity constant of all the blocks𝑘𝑖: The 𝑖th block permeability, md𝐿𝑓: Characteristic length, m, desirable minimum
half length of artificial hydraulic fracture𝑤𝑓𝑖: Width of the fracture, m𝑦𝑓𝑖: Half length of the 𝑖th fracture segment, m𝑝: Reservoir pressure, Mpa𝑝𝑖: Initial reservoir pressure, Mpa𝑞: Production rate, m3/D𝑠: Laplace-transformation parameter𝑡: Time, days𝑥: 𝑥-coordinate, m𝑋: Solution vector𝑦: 𝑦-coordinate𝜙: Reservoir porosity, fraction𝜆𝑚-𝑓: Interporosity flow factor between the matrix
and induced fractures𝜔𝑚-𝑓: Storage ratio between the matrix and
induced fractures𝜇: Fluid viscosity, mpa⋅s𝑐𝑓𝐷: Dimensionless artificial hydraulic fracture
conductivity𝑡𝐷: Dimensionless time.

Subscripts and Superscripts

D: Dimensionless𝑒: Boundary𝑘: Number of block𝑗: Interface segment𝑖: Number of fractures𝑤: Wellbore
in-out: Inner region and outer region𝑚-𝑓: Matrix and induced fractures.
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