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Global efforts to control greenhouse gas emissions into
the atmosphere are currently made in two parallel aspects.
One focuses on developing non-fossil energy technologies
which generate no carbon. These include extensive use of
solar, wind, and nuclear energies, acceleration of the pace
of replacing fuel-powered vehicles by electric ones, and
development of new techniques to boost the performance of
energy storage devices.The other aspect is dedicated to using
geology-based technologies to process carbon generated by
the combustion of fossil fuels, namely, using carbon capture
and storage (CCS) and geothermal energy techniques to
mitigate greenhouse gas emission.

Although progress in pursuing those non-fossil energy
technologies has been rapid, they still “satisfy only a small
portion in the global energy demand” [1]. Even from themost
optimistic point of view, the transition would need at least
several decades for the fossil energy system onwhichmodern
civilisation is built to be replaced by these clean renewables
or zero-carbons. On the other hand, the global emission of
carbon is estimated currently at over 35,000 million tonnes
per annum [2], and that emission rate may persist or even
continue to increase until 2030 or later [3]. According to the
IEA analysis, the world needs to capture and store around
4,000 million tonnes per annum (Mtpa) of CO

2
in 2040

till the end of this century. Otherwise, the ultimate goal of
the Paris Agreement (limiting the temperature increase to
“well below” 2∘C) would not be reached [4]. In short, in
terms of today’s knowledge, geology-based technologies are
considered to be themost realistic and a less costly major way
to achieve reduction in global carbon emission. Development

in this aspect is encouraging. For example, the “Global Status
of CCS: 2016 Summary Report” listed 38 large-scale CCS
projects launched or to be launched shortly around theworld.
These major projects, plus some others, were/are operated in
North America (USA, Canada), South America, Europe, the
Asia-Pacific region (China, Australia, Japan, Korea, etc.), and
the Middle East. These projects will provide further insights
into the safety, reliability, adaptability, and cost-efficiency
involved.

This special issue provides some of the latest research
outcomes in this aspect, and we want to share them with
relevant communities of interest. The 11 articles published
here are selected from24 submissions.Many of the unselected
ones contained valuable insights but regrettably did not meet
the reviewers’ strict standards. Of the 11 papers, 6 are related
to CO

2
-sequestration and the other 5 deal with geothermal

energy utilisation.These articles, except for one review paper,
demonstrate the relevant theoretical, numerical, laboratory,
and field efforts at various organisational levels. A brief
summary of the selected topics is given below.

For CO
2
-sequestration, we have the following:

(i) The paper by A. R. Adebayo et al. presents an exper-
imental study. The authors used Berea sandstone and
Indiana limestone core samples to investigate the
directional effect of water/gas flow that is associated
with the CO

2
-flow behaviour in pertinent sedimen-

tary rocks.
(ii) The papers by both G. Yang et al. and L. Shi et al.

are concerned with the Shenhua CCS demonstration
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project in China, respectively. The former paper
considers the relevant geochemistry in the formation,
using numerical simulation to investigate the CO

2
-

injectivity there. The latter paper, based on analytical
analyses, discusses the potential reservoir/wellbore
failure risks during CO

2
-sequestration in the for-

mation where multilayered geological structures are
present.

(iii) B. Bai et al. present a CO
2
-EOR case study in the

Shengli oilfield in China, while Y. Diao et al. pro-
pose a new method for assessing the suitability of a
geological formation for CO

2
-sequestration or CO

2
-

EOR/EGR/EWR and apply the method to analyse the
suitability of the targeted Sichuan Basin (China) for
these CO

2
-related operations.

(iv) H. J. Liu et al. present a state-of-the-art review to
the status of carbon capture, utilisation, and storage
(CCUS) in the world, particularly summarising the
latest progress of CCUS in China.

For geothermal energy utilisation, we have the following:

(i) K. J. Bakhsh et al. discuss the transport mecha-
nisms within a thin thermally shocked region of an
enhanced geothermal system (EGS) reservoir.

(ii) G. Jansen and S. A.Miller discuss the effect of thermal
stresses during hydraulic stimulation of geothermal
reservoirs.

(iii) F. Pan et al. conduct a field-scale geochemical simu-
lation to investigate the CO

2
-fluid-rock interaction in

EGS reservoirs.

(iv) T. Xu et al., on the basis of the geological conditions of
theQingshankou Formation, Songliao Basin (China),
investigate the CO

2
flow behaviour in a CO

2
-plum

geothermal system (CPG).

(v) B. Wu et al. work out an approximate solution for
predicting heat extraction and preventing heat loss
from a closed-loop geothermal reservoir.

We trust these works can further improve our under-
standing of the complex coupled geoflow processes in the
subsurface in relation to CCS and the utilisation of geother-
mal energy. We expect these new observations, along with
the previous knowledge and experience already disclosed
elsewhere, may help further minimise the relevant risks and
maximise operational efficiency. We look forward to seeing
the implementation of more CCS and geothermal projects
in the near future. The current scale of projects is far from
sufficient to reach the Paris Agreement’s goal. We wish that
the formidable climate scenario which has been projected by
various scientific analyses can ultimately be avoided through
more active and effective human action.

Meng Lu
Tianfu Xu

Weon Shik Han
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Recent studies suggest that using supercritical CO
2
(scCO

2
) instead of water as a heat transmission fluid in Enhanced Geothermal

Systems (EGS) may improve energy extraction. While CO
2
-fluid-rock interactions at “typical” temperatures and pressures of

subsurface reservoirs are fairly well known, such understanding for the elevated conditions of EGS is relatively unresolved.
Geochemical impacts of CO

2
as a working fluid (“CO

2
-EGS”) compared to those for water as a working fluid (H

2
O-EGS) are

needed.The primary objectives of this study are (1) constraining geochemical processes associatedwith CO
2
-fluid-rock interactions

under the high pressures and temperatures of a typical CO
2
-EGS site and (2) comparing geochemical impacts of CO

2
-EGS to

geochemical impacts of H
2
O-EGS.The St. John’s Dome CO

2
-EGS research site in Arizona was adopted as a case study. A 3Dmodel

of the site was developed. Net heat extraction and mass flow production rates for CO
2
-EGS were larger compared to H

2
O-EGS,

suggesting that using scCO
2
as aworking fluidmay enhanceEGSheat extraction.More aqueousCO

2
accumulateswithin upper- and

lower-lying layers than in the injection/production layers, reducing pHvalues and leading to increased dissolution and precipitation
of minerals in those upper and lower layers. Dissolution of oligoclase for water as a working fluid shows smaller magnitude in rates
and different distributions in profile than those for scCO

2
as a working fluid. It indicates that geochemical processes of scCO

2
-rock

interaction have significant effects on mineral dissolution and precipitation in magnitudes and distributions.

1. Introduction

Recent studies suggest that supercritical CO
2
(scCO

2
) as a

heat transmission fluid in Enhanced Geothermal Systems
(EGS) can improve energy extraction compared to conven-
tional water-based EGS [1–3]. We refer to such systems as
CO
2
-EGS and to EGS with water as a working fluid as

H
2
O-EGS. Advantages of using CO

2
as a heat transmission

fluid include larger expansivity (compressibility) and lower
viscosity compared to water; CO

2
is also a poor mineral

solvent compared to water [1]. Disadvantages of CO
2
as a

working fluid include a lower mass heat capacity than water,
reducing its net energy content per unit volume, as well as the
propensity for aqueous CO

2
to promote chemical reactions

leading to changes in reservoir rock porosity and perme-
ability [4]. However, CO

2
-EGS data, as well as comparisons

of CO
2
-EGS to H

2
O-EGS, are limited. A primary goal of

this study is to constrain geochemical reactions induced by
CO
2
-fluid-rock interactions in EGS reservoirs. An additional

goal is to compare geochemical impacts of CO
2
-EGS to the

geochemical impacts of H
2
O-EGS.

Several recent experimental and numerical efforts quan-
tify geochemical reactions associated with CO

2
injection in

EGS reservoirs [2, 3, 5–10]. Pruess [2, 3] compared CO
2
and

water with respect to heat extraction rate and mass flow
rate in EGS reservoirs. Heat extraction and flow rate largely
increase with CO

2
as the working fluid, suggesting that CO

2

offers potential benefits as a working fluid in EGS reservoirs.
Rosenbauer et al. [8] experimentally tested CO

2
-brine-rock

interactions at 120∘C and 20–30MPa. Results suggested that
dissolved CO

2
may enhance water-rock interaction and CO

2
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sequestration in carbonate minerals. Lo Ré et al. [6] con-
ducted five hydrothermal experiments to evaluate geochem-
ical and mineralogical response of fractured granitic rocks
to CO

2
injection at geothermal conditions of at 250∘C and

25–45MPa. Experimental results suggest that precipitation
of clay (smectite and illite) may affect reservoir porosity and
permeability, and carbonate formation may require extended
periods of time. Jung et al. [5] performed reactive trans-
port modeling to study fluid-rock interactions in a typical
geothermal system and calibrated the geochemical model by
adjusting the reactive surface area to fit the experimental data
of mineral dissolution. Na et al. [7] performed laboratory
experiments to study CO

2
-fluid-rock chemical reactions at

high temperatures and pressures in geothermal systems and
conducted batch simulations to analyze the experimental
data. Wan et al. [9] and Xu et al. [10] simulated geochemical
processes of fluid-rock interactions within CO

2
-EGS under

high pressures and temperatures, and results suggest that
significant CO

2
may be stored in EGS reservoirs by mineral

trapping by precipitation of carbonate minerals. Xu et al. [11]
also performed batch geochemical simulations for three dif-
ferent aquifer lithologies to evaluate long-term CO

2
disposal

in deep aquifers. Results suggest that CO
2
sequestration by

mineral trapping varies largely with rock type and mineral
composition, and porosity decreases due to precipitation
of carbonates. André et al. (2007) conducted numerical
modeling of fluid-rock chemical interactions of two CO

2

injection scenarios, CO
2
-saturated water and supercritical

CO
2
, in a deep carbonate aquifer. Their results suggest that

geochemical reactivity with supercritical CO
2
injection was

much lower than reactivity with CO
2
-saturated water.

Although these experimental and numerical studies
address many aspects of geochemical reactions induced by
CO
2
-fluid-rock interactions in geothermal systems, three-

dimensional (3D) geochemical simulations of CO
2
-fluid-

rock interaction at high temperature and pressure in EGS
reservoirs are relatively rare. Therefore, a primary objective
of this study is to simulate and evaluate geochemical pro-
cesses induced by CO

2
-fluid-rock interactions at the elevated

temperatures and pressures of a CO
2
-EGS. A secondary

objective is to compare geochemical impacts within a CO
2
-

EGS to those within an H
2
O-EGS. The TOUGHREACT

model [12] with the ECO2Hmodule [13] was used to conduct
simulations of CO

2
-fluid-rock interactions in a CO

2
-EGS

reservoir. The St. John’s Dome CO
2
-EGS research site in

Arizona was used as a case study example.

2. Material and Methods

2.1. St. John’s Dome CO2-EGS Research Site. St. John’s Dome
is located along the boundary between Arizona and New
Mexico, about half way between the Four Corners area and
the Mexican Border. St. John’s Dome is part of the Colorado
Plateau and covers an area of approximately 1,800 km2 ([14];
Rauzi, personal communication, 2013). The dome consists
of a broad, asymmetric anticline that trends northwest with
an axis that plunges to the northwest and the southeast.
The dome is notable for hosting a gas field consisting of

nearly pure CO
2
; the Fort Apache, Big A Butte, and Amos

Wash members of the Supai Formation (Permian) are the
primary CO

2
reservoirs. The caprock above each CO

2
-rich

zone consists of anhydrite and mudstones [15]; basement
consists of Precambrian granite.

Exploration and research of the geothermal potential of
St. John’s Dome extends back at least into the 1970s. More
than 40 wells have been drilled to determine the gas reserves.
Bottom-hole temperature measurements have been taken
in seven of these wells. Temperature gradients appear to
be highest in the south-central portion of the dome; the
temperature at a depth of 3 km in this part of the dome is
150∘C or greater. Based on identified geothermal resources
and large volumes of CO

2
, the St. John’s Dome is uniquely

suitable for developing CO
2
-EGS because it greatly reduces

the risk and cost of testing and developing the technology.

2.2. 3D Model Setup. We elected to adopt a 5-spot well
pattern because of its wide application in oil fields and
geothermal reservoirs [3, 9, 17–22]. The resulting 3D model
domain with its 5-spot well pattern is illustrated in Fig-
ure 1. Due to the symmetry of the 5-spot well pattern, we
employed a 1/8 symmetry domain (of the 5-spot pattern)
for all simulations (Figure 1). The domain is 500m in the
vertical direction with a layered geological setting, including
100m thick fractured rock at the middle and 200m thick
granite above and below the fractured rock zone, respectively
(Figure 1). The grid cell size is uniform at 70.7m horizontally
(X and Y directions) and 50m vertically (Z direction). We
also implemented a dual-continuum approach at the 100m
thick center of the model domain to represent a typical
fractured EGS reservoir.

We collected all publicly-available hydrologic data for
wells near St. John’s Dome, primarily from files of Arizona
Geological Survey.Themean value of measured permeability
(0.25mD) was assigned to all fractured aspects of the model.
TheMINC (multiple interacting continua) of TOUGH2 code
[23] is used to represent matrix-fracture heat transfer with
a fracture spacing of 50m and fracture volume fraction of
2%. Injection and production wells are placed at the bottom
of the fractured rock layer with a depth of 275m from
the top of domain and 2000m from the surface (Figure 1).
Assigned initial conditions include hydrostatic pressure and
conductive heat flow (temperature gradient 40∘C/km), with
20MPa and 200∘C at 275m depth from the top of the
domain. A Dirichlet boundary condition (constant pressure)
is assigned to boundaries of injection and production, with a
pressure drop of 2.5MPa between the injection and produc-
tion wells. For wells, constant pressure is assigned as initial
plus 1.25MPa at the injection well and initial minus 1.25MPa
at the production well. A Neumann condition (no flow) is
assigned on all other sides. Details of parameter settings are
summarized in Table 1.

2.3. Mineralogical Assemblages in St. John’s Dome Field Site.
Two core samples of the Precambrian granite from one of
the Arizona wells (22-1X State) at Springerville-St. John’s
CO
2
research site [24] were analyzed using X-ray diffraction
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Figure 1: Schematic of the 3D numerical model domain with a 5-spot well pattern (1/8 system domain used for all simulations).

Table 1: Hydrologic parameters, initial, and injection/production
boundary conditions used for 3D simulations of a 5-spot well
pattern.

Properties
Fractured rock permeability 2.47 ∗ 10

−16m2 (0.25mD)
High granite permeability 9.87 ∗ 10

−18m2 (0.01mD)
Fracture spacing 50m
Fracture volume fraction 2%
Fracture porosity 0.50
Granite porosity 0.08
Fracture tortuosity 1.0
Thermal conductivity 2.51W/m∘C
Rock specific heat 1000 J/kg∘C
Rock grain density 2650 kg/m3

Initial condition
Reservoir fluid All water

Initial temperature
200∘C at the layer of

production well with 40∘C/km
geothermal gradient

Initial pressure
Hydrostatic pressure with
20Mpa at the layer of

production well
Production/injection condition

Injection/production 707m
Well distance
Injection pressure Initial +1.25MPa
Injection temperature 50∘C
Production pressure Initial −1.25MPa

(XRD) at the Energy & Geoscience Institute, University
of Utah. The Arizona well 22-1X State is located near the

Table 2: Mineral assemblages of core samples from Precambrian
granite in Arizona well 22-1X State in the St. John’s CO

2
field.

Minerals Minerals composition
(Sample 1 at 640.8m)

Minerals composition
(Sample 2 at 647.4m)

Quartz 50% 45%
Plagioclase 26% 30%
K-feldspar 21% 19%
Biotite 1% 2%
Muscovite 2% 3%
Total 100% 99%

northern boundary of the St. John’s CO
2
field at an elevation

of 1949m at the ground level; the well penetrates the Permian
Supai Formation at a depth from 195m to 628m below
the surface and Precambrian granite below that [14]. The
two core samples for Precambrian granite were collected
at depths of 640.8m and 647.4m. The two samples consist
mainly of quartz (45–50%), plagioclase (26–30%), and K-
feldspar (19–21%). An average percentage of the mineralog-
ical assemblages of the two samples (Table 2) were used in
the simulations. Potential secondaryminerals were identified
using equilibrium batch modeling, as follows. Firstly, CO

2

was added to the initial formation brine in contact with
the primary mineral assemblage, and the saturation indices
of all minerals present in the database were calculated and
analyzed. Minerals that became supersaturated and have the
potential to form under the given conditions were included
as secondary minerals. Then, batch models were reexecuted
with the new (resulting) mineral assemblage until an equi-
librium aqueous solution was reached. The primary mineral
assemblage and possible secondary minerals are listed in
Table 3; kinetic properties for these minerals are listed in
Table 4. The kinetic properties (rate constant, activation
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Table 3: Chemical composition and initial volume fractions of primary and secondary minerals for geochemical simulations of the St. John’s
CO
2
field site.

Mineral Chemical composition Initial volume fraction of minerals
Primary

Quartz SiO
2

0.475
Oligoclase Na

0.77
Ca
0.23

Al
1.23

Si
2.77

O
8

0.280
K-Feldspar KAlSi

3
O
8

0.200
Annitea KFe

3
AlSi
3
O
10
(OH)

2
0.0075

Phlogopitea KAlMg
3
Si
3
O
10
(OH)

2
0.0075

Muscovite KAl
3
Si
3
O
10
(OH)

2
0.025

Secondary
Calcite CaCO

3
0.0

Magnesite MgCO
3

0.0
Illite (K,H

3
O)(Al,Mg,Fe)

2
(Si,Al)

4
O
10
[(OH)

2
,(H
2
O)] 0.0

Smectite K
0.04

Ca
0.5
(Al
2.8
Fe
0.53

Mg
0.7
)(Si
7.65

Al
0.35

)O
20
(OH)

4
0.0

Kaolinite Al
2
Si
2
O
5
(OH)

4
0.0

Chlorite Mg
2.5
Fe
2.5
Al
2
Si
3
O
10
(OH)

8
0.0

Albite NaAlSi
3
O
8

0.0
Hematite Fe

2
O
3

0.0
Dolomite CaMg(CO

3
)
2

0.0
Ankerite CaMg

0.3
Fe
0.7
(CO
3
)
2

0.0
Dawsonite NaAlCO

3
(OH)

2
0.0

Siderite FeCO
3

0.0
aBiotite is assumed as 50% of Annite and 50% of Phlogopite.

Table 4: Kinetic rate parameters of primary and secondaryminerals and reactive surface area for the geochemical simulations of the St. John’s
CO
2
research site.

Mineral Neutral mechanism Acid mechanism Base mechanism Reactive surface area
log 𝑘a 𝐸

𝑎

b log 𝑘a 𝐸
𝑎

b
𝑛
c log 𝑘a 𝐸

𝑎

b
𝑛
c (cm2/g)

Primary
Quartz −13.99 87.7 — — — — — — 9.8
Oligoclase −11.84 69.8 −9.67 65.0 0.457 — — — 9.8
K-feldspar −12.41 38.0 −10.06 51.7 0.500 −21.2 94.1 −0.823 9.8
Annited −12.55 22.0 −9.84 22.0 0.525 — — — 9.8
Phlogopite −12.40 29.0 — — — — — — 9.8
Muscovite −13.55 22.0 −11.85 22.0 0.370 −14.55 22.0 −0.220 151.6

Secondary
Calcite −5.81 23.5 −0.30 14.4 1.000 — — — 9.8
Magnesite −9.34 23.5 −6.38 14.4 1.000 — — — 9.8
Illitee −13.55 22.0 −11.85 22.0 0.370 −14.55 22.0 −0.220 151.6
Smectite −12.78 35.0 −10.98 23.6 0.340 −16.52 58.9 −0.400 151.6
Kaolinite −13.16 22.2 −11.31 65.9 0.777 −17.05 17.9 −0.472 151.6
Chlorite −12.52 88.0 −11.11 88.0 0.500 — — — 9.8
Albite −12.56 69.8 −10.16 65.0 0.457 −15.6 71.0 −0.572 9.8
Hematite −14.60 66.2 −9.39 66.2 1.000 — — — 9.8
Dolomite −7.53 52.2 −3.19 36.1 0.500 −5.11 34.8 0.500 9.8
Ankeritef −7.53 52.2 −3.19 36.1 0.500 −5.11 34.8 0.500 9.8
Dawsonite −7.00 62.8 — — — — — — 9.8
Siderite −8.90 62.8 −3.19 36.1 0.500 — — — 9.8
Note. Kinetic rate parameters from Palandri and Kharaka [16]; alog k: kinetic rate constant k at 25∘C (mol/m2/s); b𝐸𝑎: activation energy (KJ/mol); c𝑛: power
term with respect to H+; dset to Biotite; eset to Muscovite; f set to Dolomite.
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Figure 2: Simulated heat extraction rate, mass flow rate, temperature, and gas saturation next to production well for scCO
2
(solid line) and

water (dash line) as working fluids, respectively.

energy, and power term) of multiple mechanisms (neutral,
acid, and base) for primary and possible secondary minerals
are taken from Palandri and Kharaka [16]. The reactive
surface areas of some minerals (e.g., quartz, oligoclase,
albite, K-feldspar, calcite, magnesite, kaolinite, siderite, illite,
and smectitie) are taken from Xu et al. [11]. Values for
other minerals are assumed as 9.8 cm2/g. All geochemical
simulations utilize the EQ3/6 thermodynamic database v7.2b
(data0.dat; [25]), and all flow aspects are simulated (for 50-
year simulation time) using the TOUGHREACT/ECO2H
model [12, 26]. A set of batch simulations were conducted
first, to obtain initial aqueous solutions that would be in
equilibrium with the primary minerals.

2.4. NumericalModels. TheTOUGHREACTmodel [12] with
its ECO2H module [13] was used to conduct all geochem-
ical simulations. The TOUGHREACT code was developed
to simulate nonisothermal multicomponent reactive fluid
flow and geochemical transport by addressing reactive geo-
chemistry with multiphase flow and heat flow [12, 26].
TOUGHREACThas been applied to subsurface thermophys-
ical-chemical processes in various environmental problems
and geologic systems. The ECO2H module of TOUGHRE-
ACT code is designed for applications to geological seques-
tration of CO

2
in saline aquifers at high temperature and

pressure [13]. The resident equation of state provides an

accurate and comprehensive description of thermodynamics
and thermophysical properties of water-brine-CO

2
mixtures

to 243∘C and 67.6MPa [19].

3. Results

3.1. Results of Flow and Heat Simulation at St. John’s Dome
Site. Figure 2 plots net heat extraction rate, mass flow rate,
temperature and gas saturation at the gridblock next to the
injection, and production wells for the model with scCO

2
as

the working fluid. Results for water as a working fluid are also
plotted in Figure 2. For the case of scCO

2
as a working fluid,

flow containing water only is produced at a rate of ∼180 kg/s
during the initial stages of simulation. After 0.05 years, the
produced water flow rate sharply decreases as the flow rate of
produced CO

2
increases, demonstrating the mixture of water

and CO
2
produced when scCO

2
has reached the production

well. With continuous CO
2
injection and increases in gas

saturation at the production well, the produced CO
2
flow

rate significantly increases with no water production. The
oscillation in mass flow and heat extraction rate at the
early stages of simulation (Figure 2) is a simulation artifact.
Specifically, this minor oscillation is a numerical response
to maintain constant pressure at the wellbore; an absolute
constant pressure in a wellbore cannot exist in nature, and
to force such in a simulation translates to some oscillatory
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Figure 3: Simulated 3D profiles of gas saturation and temperature after 30-year injection of scCO
2
as a working fluid.

variability in flows. We adopted fixed wellbore pressure at
depth, despite the minor oscillation artifact, because it is a
common approach of analysis. The net heat extraction rate
is around 120MW in the initial stage of simulation and
decreases to 60MW after 0.1 years, a trend similar to the
produced water flow rate. With increases of produced CO

2

flow rate, the net heat extraction increases to its maximum
of 80MW after 5 years of CO

2
injection. With continuous

increase of CO
2
gas saturation at the production well, the

net heat extraction decreases to 12MW after 50 years of CO
2

injection. This is due to more rapid thermal depletion of
CO
2
compared to water, associated with the rapid decrease of

simulated temperature (Figure 2). The CO
2
saturation next

to the injection well becomes 100% after 0.2 years of CO
2

injection. The CO
2
flow breaks through to the production

well after 0.06 years of injection and gas saturation continues
increasing to 1.0 after 10 years of CO

2
injection. However, the

gas saturation decreases from 1.0 to 0.6 at the production well
after 20 years of CO

2
injection, demonstrating possible CO

2

leakage to upper-lying layers (Figure 3).The temperature next
to the injection well decreases from the initial temperature of
200∘C to the injection temperature of 50∘C.The temperature
next to the production well remains constant at the initial
temperature of 200∘C until around 2 years of CO

2
injection

and then drops to 65∘C after 50 years of CO
2
injection.

Figure 3 plots simulated 3D profiles of gas saturation and
temperature after 30 years of scCO

2
injection (as a working

fluid). The gas saturation at the layer of injection/production
well decreases from 1.0 to 0.5 toward the production well
after 30 years. The gas saturation varies from 0.2 to 0.5 in
the area of upper-lying layers after 30 years, demonstrating
that simulated CO

2
leakage occurs and CO

2
breakthrough in

caprock may constitute a leakage risk. The gas saturation is
around 0.5 in the layer just below the injection/production
well (Figure 3). The 3D temperature profile exhibits a similar
trend as the gas saturation profile, which increases from
50∘C at the injection well to 80∘C at the production well
(Figure 3), similar to the results in Figure 2. The temperature
drop also occurs in the layers just above and below the injec-
tion/production layer, associated with large gas saturation in
that area.

For water as a working fluid, the mass flow rate next
to the production well decreases from 100 kg/s at the initial
stage of simulation to 53 kg/s after 50 years of water injection
(Figure 2), which is less than the 180 kg/s initial rate and
less than the 150 to 250 kg/s of the produced CO

2
flow rate

at the late stage of simulations with scCO
2
as a working

fluid. A possible explanation for this phenomenon is the
lower viscosity of scCO

2
compared to water. The net heat

extraction for water as a working fluid has similar trends
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Figure 4: Simulated 3D profiles of dissolved CO
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mass fraction in aqueous phase and pH values after 30-year injection of scCO
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as a working

fluid.

for the produced water flow rate, which also decreases from
80MW at the initial stage to 10MW after 50 years (Figure 2).
The net heat extraction rate for scCO

2
as a working fluid

varies from 12 to 180MW during the simulation period and
is much larger than the rate for water as a working fluid,
indicating that scCO

2
as a working fluid could enhance heat

extraction compared to water, at least for a generic 5-spot well
pattern.

3.2. Results of Geochemical Simulation at St. John’s Dome Site.
Figure 4 plots simulated 3D profiles of aqueous CO

2
mass

fraction and pHvalues after 30 years. Figures 5 and 6 illustrate
simulated 3D profiles of changes of mineral abundances (in
volume fraction) for selected primary minerals (oligoclase
and quartz) and secondary minerals (calcite and illite). From
the beginning of scCO

2
injection, scCO

2
dissolution in water

increased the dissolved CO
2
concentration and lowered pH

values (compared to the initial pH value of 5.4) (Figure 4).
The pH values are artificially set to 0 if the saturation in
gas phase is 1.0. The dissolved CO

2
and lowered pH values

induced dissolution of primary minerals and precipitation
of secondary minerals. Aqueous CO

2
is observed at the

upper- and lower-lying layers (Figure 4), which exhibits
larger dissolved CO

2
mass fractions than values at the

injection/production layer after 30 years. A reverse trend is

associated with the gas saturation distribution (Figure 3),
indicating that more CO

2
dissolves in the aqueous phase

with lower gas saturation in upper- and lower-lying layers.
The pH values in the injection/production layer are smaller
than the initial pH value of 5.4 and increase toward the
production well (Figure 4), which is similar to the pattern of
gas saturation (Figure 3). The higher the gas saturation, the
lower pH values, in general.

The primary mineral oligoclase dissolves from the begin-
ning of CO

2
injection. As indicated by Figure 5, a general

trend of more dissolution in the upper-lying layers and the
layer just below the injection/production layer is observed
after 30 years of CO

2
injection. We infer this to be because

water is produced gradually from the production well while
supercritical CO

2
(gas phase) spreads from the injection well

toward the production well, and no chemical reactions occur
between scCO

2
(nonaqueous CO

2
) and minerals. The pri-

marymineral quartzmay precipitate or dissolve after 30 years
(Figure 5). The quartz slightly dissolves in water-dominated
areas and precipitates in CO

2
-laden areas (Figure 5).We infer

this to be because the lower pH values in areas reached by
CO
2
result in precipitation of quartz; pH values approaching

5.4 in the water-dominated area lead to dissolution of quartz.
The distribution of quartz precipitation has similar patterns
and characteristics to the mineral oligoclase. The more
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precipitation of quartz occurs within the upper-lying layers
and the layer just below injection/production layer (Figure 5).

Calcite precipitates after 1 year of CO
2
injection (figure

not shown). The calcite precipitation distribution also shows
similar patterns to the oligoclase dissolution profile. More
calcite is precipitated in the upper-lying layers and the layer
just below injection/production layer after 30 years (Figure 6)
than the injection/production layer, tracking the distribution
of dissolved CO

2
in the aqueous phase (Figure 4) and CO

2

in gaseous phase (Figure 3). Relatively large amounts of
illite precipitation also occur in the same areas with large
amounts of calcite precipitation, also tracking aqueous phase
CO
2
. The characteristics and distributions of dissolution or

precipitation for other minerals (e.g., albite, K-feldspar, and
siderite) are similar to trends for oligoclase, calcite, and illite
(figures not shown).

Figure 7 describes the cumulative CO
2
sequestered by

carbonate mineral precipitation for scCO
2
as a working

fluid after 30 years. The total CO
2
sequestered by carbonate

precipitation is around 1.5–3.0 kg/m3 in the upper-lying
layers, which is much larger than the value of 0.2 kg/m3 at
the injection/production layer. The 3D distribution of total
CO
2
sequestered is identical to the amount consumed by

calcite precipitation (Figure 6) and to the dissolved aqueous
CO
2
amount (Figure 6) after 30 years of CO

2
injection. This

relationship is consistent with scCO
2
in the gas phase mainly

occupying the layer of injection/production wells (Figure 4)
and the two phases of water-gas mixtures exist in the area
of the upper-lying layers after 30 years, resulting in more
dissolved CO

2
in these areas (Figure 3). Therefore, more

dissolution and precipitation occur in the upper-lying layers.
To compare the effects of scCO

2
as a working fluid

(to water) on chemical interactions, we also simulated the
3D geochemical processes at St. John’s Dome Site for water
as a working fluid for 50 years. Figure 8 plots simulated
pH values and changes of mineral abundances (in volume
fraction) for primary mineral (oligoclase) after 30 years for
water as a working fluid. The simulated pH values for water
as a working fluid increase from the initial value of 5.4
(Figure 8), which decrease for scCO

2
as a working fluid

(Figure 4). The dissolution of mineral oligoclase for water
as a working fluid (Figure 8) shows smaller magnitude in
rates and different distributions in profile than the ones for
scCO
2
as a working fluid (Figure 5). The more dissolution of

oligoclase occurs in the area above the injection well, and the
area close to the production well for water as a working fluid
but more dissolution of oligoclase is simulated in the area
above the injection/production layer for scCO

2
as a working

fluid. Other primary and secondary minerals also exhibit
significantly different dissolution or precipitation rates and
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patterns for water as a working fluid (figures not shown)
from the ones for scCO

2
as a working fluid. It indicates that

the geochemical processes of scCO
2
-rock interaction have

significant effects on mineral dissolution and precipitation in
magnitudes and distributions.

4. Conclusions

A 3D model of the St. John’s Dome CO
2
-EGS site was

employed to simulate flow, heat extraction, and geochemical
processes induced by CO

2
-fluid-rock interactions. Net heat
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extraction and mass flow production rates for scCO
2
as a

working fluid were larger (X to Y) compared to water (A to B)
as a working fluid, indicating scCO

2
as a working fluid may

enhance EGS heat extraction (consistent with Pruess [2, 3]).
Simulated CO

2
saturation suggests that CO

2
breakthrough

in caprock may constitute a leakage risk, at least for the
specific case of the St. John’s Dome CO

2
-EGS research site.

Simulations also suggest that more aqueous CO
2
accumu-

lates within the upper- and lower-lying layers than within
the injection/production layer, decreasing pH values and
promoting dissolution and precipitation of minerals in the
upper- and lower-lying layers of the system. Precipitation
of carbonate minerals in the upper-lying layers suggests
favorable CO

2
storage (with respect to mineral trapping)

in EGS reservoirs. Dissolution of oligoclase for water as a
working fluid shows smaller magnitude in rates and different
distributions in profile than those for scCO

2
as a working

fluid. It indicates that geochemical processes of scCO
2
-rock

interaction have significant effects on mineral dissolution
and precipitation in magnitudes and distributions. Results of
this study improve understanding of geochemical processes
within CO

2
-EGS reservoirs and provide implications for

enhanced energy extraction and geological CO
2
sequestra-

tion.
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Wellbore and site safety must be ensured during CO2 injection into multiple reservoirs during carbon capture and storage projects.
This study focuses on multireservoir injection and investigates the characteristics of the flow-rate distribution and reservoir-risk
evaluation as well as their unique influences on multireservoir injection. The results show that more CO2 enters the upper layers
than the lower layers.With the increase in injection pressure, the risks of the upper reservoirs increasemore dramatically than those
of the low reservoirs, which can cause the critical reservoir (CR) to shift. The CO2 injection temperature has a similar effect on the
injection flow rate but no effect on the CR’s location. Despite having no effect on the flow-rate distribution, the formation-fracturing
pressures in the reservoirs determine which layer becomes the CR. As the thickness or permeability of a layer increases, the inflows
exhibit upward and downward trends in this layer and the lower layers, respectively, whereas the inflows of the upper layers remain
unchanged; meanwhile, the risks of the lower layer and those of the others decrease and remain constant, respectively. Compared
to other parameters, the reservoir porosities have a negligible effect on the reservoir risks and flow-rate distributions.

1. Introduction

Carbon capture and storage (CCS) is widely recognized as
an effective approach for greatly reducing CO2 levels in the
atmosphere [1–5]. Many CCS projects have been conducted
worldwide, including the Sleipner project [6, 7] in Norway,
the Weyburn project in Canada [8], the Otway Pilot project
in Australia [9], the In Salah project in Algeria [6], and the
Shenhua CCS demonstration project in China [10]. Wellbore
and site safety must be ensured in all fluid injection projects
[11, 12]. In many CCS projects, particularly those with large-
scale CO2 injection, multiple reservoirs are employed for
simultaneous injection to achieve a preset injection target
amount of CO2 (see [13–16]). Layers of caprocks and reser-
voirs are sequentially spaced to form multiple suits of cap
rock-reservoir combinations, which significantly increase the
complexity of fluidmigrations [14]. Amature designmethod-
ology for safe and effective CO2 injection through deep
wellbores requires an in-depth understanding of the reservoir
performance and safety and their influencing factors in terms
of CO2 injection.

The injection of CO2 withmultiple layers differs consider-
ably from single-layer injection in several respects. First, safe
injection requires that the pressure in each reservoir does not
exceed themaximumallowable value. Second, the flow rate of
each reservoir is unknown in advance of the initial injection.
Third, themost dangerous reservoir, based onwhichwellbore
working parameters should be used, is also not known in
advance. Therefore, the analysis and evaluation of the risks
involved with multiple reservoir injection are difficult.

Bai et al. [14] derived an analytical solution for two-phase
flows based on the work of Nordbotten et al. [17], and a solu-
tion was derived to designate the wellhead injection pressure.
These authors characterized the risks of a reservoir using
the ratio of the actual pressure of the fluid to the maximum
allowable pressure. A higher ratio indicates that the corre-
sponding reservoir is more dangerous. The reservoir that has
the largest ratio is the weakest reservoir, which is also defined
as the critical reservoir (CR). As the shortest slab in terms of
the Cask principle, the CR actually constrains the maximum
allowable wellhead injection pressure. Although the actual
injection pressures are typically less than the maximum
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allowable value, the injection flow rates can vary, which may
lead to variation of CR’s location. On such occasions, one
cannot determine which layer is the CR because the down-
hole pressures and flow rates of all the reservoirs are initially
unknown.Therefore, investigations of the effects of the injec-
tionparameterson the allocations of the total flow rates among
multiple layers are extremely valuable.

This paper investigates the determination of CRs and
their influencing factors duringmultireservoir CO2 injection.
For this purpose, the allocation percentage of the total flow
rates among the multiple reservoir layers and the risk evalu-
ation of the reservoirs must be simultaneously investigated.
Such an investigation is expected to enrich the analysis and
design methodologies for CO2 injection operations. First, we
outline the basic theory of the wellbore pressure and temper-
ature. Then, a base case for determining the CR is presented.
Next, we analyze the influences of the injection parameters
and reservoir properties on the allocation percentage of the
total flow rate, the reservoir risk, and the position of the CR.
Finally, we summarize our main findings and conclude the
study.

2. Fundamental Theory

To achieve the goal of this study, the coupling calculations for
the flow and heat transfer of the wellbore and formationmust
be performed. Although various methods, including three-
dimensional numerical simulations, could be employed, a
semianalytical method developed by Bai et al. [14] and based
on a fast, explicit numerical method and an analytical solu-
tion is used to calculate the wellbore flow and heat exchange
between the wellbore and formations in this paper. The
method is fast and can be applied successfully. In thismethod,
the wellbore is discretized into a series of one-dimensional
elements, and themodel should include the following assump-
tions:

(1) One-dimensional flow with homogenous fluid is
assumed in the vertical wellbore, and all the state
variables and properties are assumed to be uniform
at the same section.

(2) Only radial heat transfer is considered, and the tem-
perature at each point is updated using Ramy’s solu-
tion [18].

(3) The influence of the phase change on the fluid proper-
ties is not considered.

(4) All of the fluid properties should be constant within
an element.

(5) The portion of the wellbore in the reservoir is simpli-
fied as an element node; that is, the variation in the
state variables of the wellbore fluid is held constant in
a reservoir.

The CO2 pressure can be determined when the injection
pressure at the wellhead is known; then, the fluid pressure

𝑃𝑗+1 at the end point of the 𝑗-th well segment can be acquired
from the following equation when 𝑃𝑗 is already known:
𝑃𝑗+1 = 𝑃𝑗 [[1

+ Δ𝑥𝑗 (𝑃2𝑗𝑀𝑔/𝑅𝑇𝑗𝑍𝑗 − (𝛾𝐶2𝑗𝑅𝑇𝑗/4𝑟0) (𝑍𝑗/𝑀))(𝑃2𝑗 − (𝐶2𝑗𝑅𝑇𝑗/𝑀)𝑍𝑗) ]] ,
(1)

where𝐶 is themass flow velocity of the wellbore cross section
(kg⋅m−2⋅s−1),Δ𝑥 is the discretized segment (m),𝑔 is the accel-
eration of gravity (m/s2), 𝑟0 is the inner radius of the tubing
(m),𝑀 is the gas molar mass (kg/mol), 𝑅 is the universal gas
constant, 𝛾 is the coefficient of friction, 𝑍 is the compression
factor obtained by solving the Peng-Robinson equation [19],
and 𝑇 is the thermodynamic temperature (K). The subscript𝑗 is used to number the discretized segments of the wellbore
in the finite difference method.

As noted above, Ramy’s analytical solution is used to
obtain the CO2 temperature of the wellbore.The details of the
derivations are provided in the studies of Liu et al. [15] andWu
et al. [16], and the heat transfer between the wellbore and the
surrounding earth is detailed in the study by Streit and Hillis
[13].

The steady two-phase flow for the CO2 flooding in the
reservoir can be characterized by an equation proposed by
Nordbotten et al. [17], with the assumption that a reservoir
can be divided into CO2-saturated and brine-saturated zones
with a sharp interface. Obtaining an analytic solution from
Nordbotten’s equation is almost impossible. According to the
derivation, by introducing two-phasemobility into the Darcy
formula of a single-phase flow and assuming that the CO2
plume is radially symmetric, as suggested byWu et al. [20, 21]
and Bai et al. [12], the mass flow rate 𝐶𝑟𝑖 , which enters the 𝑖-th
reservoir from the wellbore, can be expressed as follows:

𝐶𝑟𝑖 = 2𝜋𝑘𝑖𝐵𝑖𝜌𝑖
⋅ 𝑃𝑘𝑖 − 𝑃0𝑖(1/𝜆𝑐𝑖) ln (𝑅𝑐𝑖/𝑟0) + (1/𝜆𝑤𝑖 − 1/𝜆𝑐𝑖) + (1/𝜆𝑤𝑖) ln (𝑅0𝑖/𝑅max𝑖) ,

(2)

where𝑃0 is the initial formation pressure of the reservoir (Pa);𝑃𝑘 is the injection pressure on the wellface of the reservoir
(Pa); 𝑅0 is the maximum influence radius of the flow in the
reservoir (m); 𝑅𝑐 and 𝑅max are the radii of the CO2 plume at
the bottom and top of the reservoir, respectively (m); 𝑘 is the
absolute permeability of the reservoir (m2); 𝐵 is the thickness
of the reservoir (m); 𝜌 is the density of the CO2 (kg/m3); and𝜆𝑐 and 𝜆𝑤 are the mobility of CO2 and the mobility of brine
(m⋅s/kg), which are defined as the ratios of their relative
permeability to their fluid viscosity, that is, 𝜆𝑐 = 𝑘𝑟𝑐/𝜇𝑐 and𝜆𝑤 = 𝑘𝑟𝑤/𝜇𝑤. Since the saturations of brine in the CO2 and
brine domains of a reservoir are zero and one, respectively,
the relative permeabilities of 𝑘𝑟𝑐 and 𝑘𝑟𝑤 are both equal to one.

Moreover, three of the parameters in (2), 𝑅0, and 𝑅𝑐, and𝑅max, are used to describe the distributions of CO2 and brine
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in a reservoir. These parameters are time-dependent and can
be calculated as follows:

𝑅0 = √ 2.24𝑘𝑡𝜇𝑤𝜑 (𝛼𝑝 + 𝛽𝑤) + 𝑅max, (3a)

𝑅𝑐 = √𝜆𝑤𝑉𝑟 (𝑡)𝜆𝑐𝜑𝜋𝐵 , (3b)

𝑅max = √𝜆𝑐𝑉𝑟 (𝑡)𝜆𝑤𝜑𝜋𝐵 , (3c)

where 𝑡 is the injection time (s); 𝑉𝑟(𝑡) is the total flow into
a reservoir during 0–𝑡 (m3); 𝜑 is the reservoir porosity; 𝛼𝑝 is
the pore compressibility (m2/N); 𝛽𝑤 is the compressibility of
brine (m2/N); and 𝜇𝑤 is the viscosity of brine (kg/m/s).

According to the flow equilibrium conditions, the inflow
of the section of the wellbore in the 𝑖-th reservoir is equal
to the summation of the outflow into the next well segment
and the corresponding reservoir [12].Therefore, the following
equation is obtained:

𝐶𝑖 = 2𝑘𝑖𝐵𝑖𝜌𝑖𝑟20
⋅ 𝑃𝑘𝑖 − 𝑃0𝑖(1/𝜆𝑐𝑖) ln (𝑅𝑐𝑖/𝑟0) + (1/𝜆𝑤𝑖 − 1/𝜆𝑐𝑖) + (1/𝜆𝑤𝑖) ln (𝑅0𝑖/𝑅max𝑖)
+ 𝜌𝑖𝜌𝑖+1𝐶𝑖+1.

(4)

When (4) is used for the bottom reservoir, the second
term on the right-hand side disappears.

Typically, the site stability and the flow-rate target must
also be satisfied and form the constraints during CO2 injec-
tions.Thewellbore constraints include the pressure and flow-
rate constraints. The lower limit of the latter can be deter-
mined during the project-feasibility stage, whereas the upper
limit requires each branch flow to meet the corresponding
constraint conditions. Therefore, the complete wellbore con-
straints can be expressed as

𝑃0𝑖 + 𝑃𝑏𝑖 < 𝑃𝑘𝑖 ≤ [𝑃𝑘𝑖] ,
𝐶𝑟𝑖 ≤ [𝐶𝑟𝑖 ] , (5)

where 𝑃𝑏 represents the capillary pressure (Pa); [𝑃𝑘𝑖] is
the maximum allowable pressure of the i-th reservoir (Pa),
which is the formation-fracturing pressure multiplied by
a synthetic design coefficient 𝜂; and [𝐶𝑟] is the available
reservoir capacity (kg/s).

3. Example of the Shenhua CCS
Demonstration Project

The Shenhua CCS demonstration project is the first fully
implemented CCS project in China; the storage target of this
project was set to 100,000 tons/year. A single injection well,
which is referred to as ZSZ1, was drilled to a depth of 2,450m,
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Figure 1: Flow-rate distribution among the reservoirs for the base
case of the Shenhua CCS project.

penetrating 21 reservoir-cap rock pairs, which were then
combined and reduced to eight reservoir-cap rock units for
analysis by Bai et al. [14]. From top to bottom, the geological
formations include the Zhifang group, Heshanggou group,
Liujiagou group, Shiqianfeng group, Shihezi group, Shanxi
group, Taiyuan group, Benxi group, and Majiagou group.
Table 1 lists the computational parameters of the reservoir-
cap rock units from top to bottom.The other parameters, that
is, the inner radius of the tubing r0, pore compressibility 𝛼p,
brine compressibility𝛽𝑤, CO2 viscosity𝜇𝑐, and brine viscosity𝜇𝑤, were set to 31mm, 4.5 × 10−10m2/N, 4.5 × 10−10m2/N,
88 kg/m/s, and 552 kg/m/s, respectively.

As noted above, a forward analysis is employed in this
study. Therefore, the parameters of the wellhead, such as
the wellhead injection pressure and injection flow rate, must
be prepared before the aforementioned method can be used
to obtain the pressure and CO2 injection flow rates of the
reservoirs. Based on these values, the ratio 𝑃𝑘𝑖/[𝑃𝑘𝑖] can be
obtained for the 𝑖-th reservoir. The synthetic design coeffi-
cient for obtained [𝑃𝑘𝑖] is 0.8. The boundary conditions, that
is, the injection pressure and injection rate at the wellhead,
are 5MPa and 4.63 kg/s, respectively, in the base case, which
is consistent with the actual operational values at a certain
injection stage. In addition, the calculated injection time is 3
years.

According to the distribution of the flow rates in the eight
reservoirs plotted in Figure 1, the CO2 flows are greater in the
upper reservoirs under the given injection parameters. The
flow rates of the upper four reservoirs account for 59.2% of
the CO2 flow, although the sixth reservoir has the largest flow
rate, accounting for 23.2% of the total. Reservoirs 5, 7, and
8 comprise considerably lower percentages of the total flow
rate.

The risk factors of all eight reservoirs, which are defined
as the ratios of the actual pressures of the fluid 𝑃𝑘𝑖 to the
maximum allowable pressures [𝑃𝑘𝑖] at the entrances of the
reservoirs, are shown in Figure 2. Reservoir 8 has the highest
risk factor and is thus the CR. Bai et al. [14] found that a
different reservoir was the CR when using different injection
parameters. Hence, the CR is closely related to the injection
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Table 1: Parameters of the reservoir-caprock units of the Shenhua CCS project.

Reservoir
number

Thickness of
reservoir

(m)

Thickness of
caprock (m)

Logging
permeability
(×10−3 𝜇m2)

Logging porosity
(%)

Fracturing pressure
(MPa)

Formation pressure
(MPa)

1 9 1699 2.81 10.6 35.29 17.45
2 5 57 5.47 12.4 37.53 17.89
3 40 191 1.431 9.7 38.95 20.15
4 8 43 6.58 12.9 42.60 21.43
5 4 119 5.99 12.6 47.00 22.94
6 26 114 2.738 12.5 43.47 23.1
7 8 52 5.1 11.9 46.03 23.84
8 12 178 0.039 5.2 45.68 22.75
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Figure 2: Risk factors of each reservoir for the base case of the
Shenhua CCS project.

parameters. Because all the risk factors are less than 1.0, the
given combination of injection parameters will not induce
reservoir failure; the CR has a safety reserve of nearly 18%.
In addition, Reservoir 8, which exhibits the minimum pro-
portions of CO2 entry, is themost dangerous reservoir, which
indicates that the pressure might build up sharply at the well-
face because of the poor injectivity under the given injection
conditions.

4. Analysis of the Influencing Factors

Because the injection parameters are typically not constant
during the actual injection operations, it is valuable to know
how the risks and proportions of the flow rates in each reser-
voir depend on the injection conditions. Knowing whether
the CR will shift because of the variations in the injection
parameters is more important. In addition to these injection
parameters, the characteristic parameters of the reservoirs are
believed to be important influencing factors.The typical char-
acteristic parameters of reservoirs include the reservoir thick-
ness, porosity, permeability, initial formation pressure, and
formation-fracturing pressure [2]. The two classes of factors,
that is, the injection and characteristic factors, will be investi-
gated in a subsequent study.The injection fluid is assumed to

be pure CO2, so the effects of impurities are not considered.
Although the saturation of the fluid can significantly affect
the distribution of the wellbore pressure and the wellhead
pressure in particular, this factor will not change the CR [12].
Therefore, the effects of the characteristic physical parameters
of the fluids will not be further investigated in this study.

4.1. Injection Parameters. In this subsection, we utilize the
wellbore model and analysis method presented in the previ-
ous section. The main injection parameters of interest in this
section are the injection pressure, injection flow rate and
injection temperature. Ten injection cases are described in
Table 2 based on combinations of these three parameters.The
settings of the parameter values, which are chosen by con-
sidering the base case in the previous section and the actual
injection history, are likely to be used in actual injection prac-
tices. Therefore, the results should provide valuable guidance
for any subsequent injection operations during the Shenhua
CCS project. The cases shown in Table 2 were designed with
four targets, that is, determining the effect of variations in the
injection pressures (Cases 1A to 1D), injection rates (Cases1D to 1F), injection temperatures (Cases 1G to 1J), and com-
binations of the first two factors (Cases 1C, 1E, and 1G) on
the percentages of the CO2 inflows and the risks of each
reservoir. All the designed parameter values ensure the safety
of each reservoir because the target of this study is not the
failure properties of the formations but the sensitivities of the
CR to the parameters. The responses of the percentages of
the CO2 flow rates and the risk factors for each reservoir are
illustrated in Figures 3 and 4, respectively.

Figure 3(a) shows that the proportion of CO2 that flows
into each reservoir varies with changes in the injection pres-
sure under the given flow rates and temperatures at the well-
head.With greater injection pressures, the inflows into Reser-
voirs 1–5 increase monotonically, the inflows into Reservoir 6
initially increase and then decrease, and the inflows into Res-
ervoirs 7-8 gradually decrease.These variation trends indicate
that a greater injection pressure causes more CO2 to enter
the upper reservoirs because of the increase in the fluid
pressure at the wellbores in the reservoirs and the constant
total flux at the wellheads. Figure 4(a) indicates that the reser-
voir risk also increases due to the increased injection pressure.
More importantly, the risk-increasing trends of the upper
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Figure 3: Distributions of the flow rates that correspond to the different injection parameters at the wellhead of the Shenhua CCS project.
(a), (b), and (c) are the results for different injection pressures, flow rates, and temperatures, respectively. (d) shows the investigation of the
influences of simultaneous changes of the injection pressures and flow rate.
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Figure 4: Risk factors of each reservoir which correspond to the different injection parameters at the wellhead of the Shenhua CCS project.
(a), (b), and (c) are the results for the different injection pressures, flow rates, and temperatures, respectively. (d) Investigation of the influences
of simultaneous changes of the injection pressures and flow rates.

Table 2: Injection parameters for the described cases of the Shenhua CCS project.

Case Injection pressure (MPa) Injection flow rate (kg/s) Injection temperature of CO2 (
∘C)

1A 5 4.63 −5
1B 6 4.63 −5
1C 7 4.63 −5
1D 8 4.63 −5
1E 8 5 −5
1F 8 6 −5
1G 10 6 −5
1H 10 6 5
1I 10 6 15
1J 10 6 −15
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Table 3: Characteristic parameters of the reservoirs in the conceptual engineering model.

Reservoir
number

Thickness of
reservoir (m)

Thickness of
caprock (m)

Logging
permeability
(×10−3 𝜇m2)

Logging porosity
(%)

Fracturing pressure
(MPa)

Formation pressure
(MPa)

1 10 1390 6 12 35 15
2 10 190 5 11 38 17
3 10 190 4 10 41 19
4 10 190 3 9 44 21

reservoirs are more dramatic than those of the lower reser-
voirs. When the injection pressure reaches 7.0MPa, the CR
transfers from Reservoir 8 to Reservoir 1, indicating that
the injection pressure can control the overall risks of the
reservoirs and that concentrating CO2 in the upper reservoirs
causes the CR to shift to the top reservoir because of the
increased injection pressure.

Figure 3(b) shows the variations of the distributions of
the CO2 flow rates among the reservoirs with increases in the
injection flow rates when the injection pressure and injection
temperature are known. In contrast to Figure 3(a), a higher
total injection flow rate increases the proportion of CO2 that
flows into the lower reservoirs. This is mainly because the
pressure attenuation increases with the injection flow rate
such that the flows into the upper reservoirs are reduced.
Moreover, as shown in Figure 4(b), the risks of all the reser-
voirs gradually decrease from Case 1D to Case 1F, and the
CR shifts back to Reservoir 8, which differs from the results
presented in Figure 4(a). However, the risk reductions of
these reservoirs are relatively small, particularly for the lower
reservoirs, even when their flow rates are increased.Thus, the
injection flow rate has a smaller impact on the risk of a reser-
voir than the injection pressure does, and both parameters
have larger impacts on the risks of the upper reservoirs than
on the risks of the lower reservoirs.

As the injection temperature of CO2 increases, the vari-
ation trends of the flow rates in each layer become opposite
to those induced by the increases in the injection pressure,
despite agreeing well with those shown in Figure 3(b) for the
gradually increasing concentrations of CO2 in the upper res-
ervoirs, as shown in Figure 3(c). Similarly, Figure 4(c) indi-
cates that the changes in the reservoir risks are approximately
opposite to those in Figure 4(a).This decrease in the reservoir
risk is likely induced by a drop in the viscosity, which can
accelerate the transport of fluids and lead to a partial dissipa-
tion of pressure because of the increasing injection tempera-
ture. Furthermore, Reservoir 1 remains the CR, even though
the reservoir risk decreases with the increasing injection
temperature.

Given the synchronous variations in injection pressures
and flow rates, the injection proportion of each reservoir
remains almost invariant, except for that of Reservoir 6,
which exhibits a 7.5% decrease in Case 1G, as shown in
Figure 3(d). However, the risks of all the reservoirs in
Figure 4(d) increase significantly, but Reservoir 1 remains the
CR. In combination with the results shown in Figures 4(a)
and 4(b), the injection pressure is shown to predominantly

control the overall risks of the reservoirs, and the injection
flow rate is shown to be able to affect the position of the CR
to a certain extent.

4.2. Characteristic Parameters of the Reservoirs

4.2.1. Parameter Settings. The injectivity of the reservoir and
the downhole limitations of the injection pressure depend on
the reservoir’s characteristic parameters; variations in these
parameters can affect the intake percentages and risks of each
reservoir. For a CCS project, these parameters are typically
considered to be constant. The objective of this section is
to determine the effects of these parameters; therefore, the
assumedparameters rather than the experimental parameters
of the Shenhua CCS project are employed to conduct a
parameter sensitivity analysis. A conceptual engineering
model that contains four reservoir-cap rock units with a
single injection well that penetrates 2,000m underground is
established. The formations in the conceptual model, from
top to bottom, are as follows: Cap rock 1, Reservoir 1, Cap
rock 2, Reservoir 2, Cap rock 3, Reservoir 3, Cap rock 4, and
Reservoir 4.Thedepths of the bottoms of these formations are
1390m, 1400m, 1590m, 1600m, 1790m, 1800m, 1990m, and
2000m, respectively. The basic characteristic parameters of
the reservoirs are listed in Table 3, and the parameters of the
wellbores are the same as those for the Shenhua CCS project.
For the base case, the wellhead injection pressure, injection
flow rate, and injection temperature of CO2 are set to 10MPa,
4 kg/s, and −5∘C, respectively. Five cases with the same initial
states as the base case (Table 3) are designed to study the
influence of each reservoir’s parameters. The injection time
is set to ten years.

4.2.2. Influence of the Formation-Fracturing Pressure. As
presented above, the concept of the CR depends on the𝑃𝑘𝑖/[𝑃𝑘𝑖] ratio. [𝑃𝑘𝑖] is typically obtained from the formation-
fracturing pressure multiplied by the synthetic design factor,
which is smaller than 1.0. In this conceptual model, the
synthetic design factor is set to 0.6.Therefore, [𝑃𝑘𝑖] represents
the intrinsic ability of a formation to resist damage and
is a decisive factor in determining the risk of a reservoir
and the position of the CR, which will be investigated first.
Five groups of fracturing pressures are designed and listed
in Table 4. In Cases 2B and 2C, the formation-fracturing
pressures of Reservoirs 2 and 3, respectively, are obtained
by slightly decreasing the corresponding values in Case 2A.
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Table 4: Cases with different formation-fracturing pressures (MPa).

Reservoir number 2A (base case) 2B 2C 2D 2E
1 35 35 35 35.5 36
2 38 37 38 38.5 39
3 41 41 40 41.5 42
4 44 44 44 44.5 45
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Figure 5: Flow-rate distribution of a conceptual model with the
corresponding parameters of the formations in Table 3; the injection
pressure, flow, and temperature are 10MPa, 4 kg/s, and −5∘C,
respectively.

Therefore, the effect of the decrease in the formation-fractur-
ing pressure of a single reservoir on the intake percentage and
the risk of each reservoir can be investigated by comparing
the results from Cases 2A to those of 2C. In Cases 2D and 2E,
the fracturing pressures of all the reservoirs increased by 0.5
and 1.0MPa, respectively. Using these results, the effects of a
synchronous increase in the formation-fracturing pressures
can be studied. The percentages of the inflows and the risks
of each reservoir in these five cases are illustrated in Figures
5 and 6, respectively.

The formation-fracturing pressure does not influence the
CO2 pressure or injectivity. Therefore, modifying the forma-
tion-fracturing pressures does not alter the proportion of
CO2 that flows into each reservoir. As shown in Figure 5, the
majority of CO2 enters the upper two reservoirs. In contrast,
variations of the formation-fracturing pressure considerably
affect the risks of the reservoirs (Figure 6) and can cause the
CR to shift. A comparison of the results of Cases 2A, 2B,
and 2C indicates that when the fracturing pressure of only
one reservoir formation is reduced, the risk of this reservoir
immediately increases, such that this reservoir will become
the CR when the formation-fracturing pressure decreases to
a certain value. Furthermore, an identical increment in the
formation-fracturing pressures of all the reservoirs should
improve the safety of the reservoirs, and the reservoir with the
smallest fracturing pressure will exhibit the largest decrease
in risk. Similarly, increasing all the reservoirs’ formation-
fracturing pressures should decrease the risks of the reser-
voirs without altering the position of the CR.
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Figure 6: Variations in the risk factors of the reservoirs at differ-
ent formation-fracturing pressures for the conceptual engineering
model.

4.2.3. Influence of the Initial Formation Pressure. In engineer-
ing practices, the initial formation pressure is used to deter-
mine the lower limit of the injection pressure of the reservoir.
Because the injection pressure is typically considerably higher
than the initial formation pressure, variations in the initial
formation pressure will not affect the reservoir risk directly
but will affect the intake percentage of each reservoir. As
discussed above, the uppermost reservoir is the CR for the
original set of parameters used in this study. Because the
pressure at this reservoir can be calculated directly from the
wellhead conditions and is not related to the proportion of the
CO2 inflow, the uppermost reservoir will remain the CR with
the use of the original set of parameters. To further investigate
these characteristics, another base case in which the CR is not
the uppermost reservoir must be constructed, and the initial
case can then be used as a reference to investigate the effects
of varying the initial formation pressure.

Because the formation-fracturing pressure can affect the
position of the CR considerably, directly changing its value
allows the construction of a reference case. Therefore, two
scenarios (i.e., S-1 and S-2) with two sets of formation-
fracturing pressures are presented, and the settings of the
formation-fracturing pressures of S-1 and S-2 are the same as
those of Cases 3A and 3C, respectively, as shown in Table 4.
Five different initial formation pressures for each scenario are
provided in Table 5.
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Figure 7: Proportions of the inflows (a) and risk factors of each reservoir under different initial formation pressures for the two scenarios of
the conceptual engineering model. (b) and (c) are the risk-factor results for Scenarios S-1 and S-2, respectively.

As noted above, the proportion of CO2 that flows into
each reservoir is not related to the formation-fracturing pres-
sure. The distributions of the flow rates among the reservoirs
in S-1 and S-2 shown in Figure 7(a) are identical. Overall,
when the initial formation pressure of a layer increases, the
injection proportion of this layer decreases, whereas the flow
rate that enters the layer beneath also increases. The inflow
proportion for the uppermost reservoir changes only when
its initial formation pressure changes. However, the initial

formation pressures of the first and second reservoirs affect
the inflow proportion of the second reservoir. The remaining
inflow proportions can be deduced via an analogy; that is,
the percentage of CO2 that enters a reservoir is related to
the variation of the initial formation pressure of the reservoir
itself and its upper reservoirs.

As the initial formation pressure increases, the risks of
the reservoirs below the uppermost reservoir also increase,
whereas the risk of the uppermost reservoir remains constant.
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Table 5: Five cases with different initial formation pressures (MPa).

Reservoir
number 3A (base case) 3B 3C 3D 3E

1 15 17 17 15 15
2 17 19 17 19 17
3 19 21 19 19 21
4 21 23 21 21 21

Table 6: Five cases with different reservoir thicknesses (m).

Reservoir
number 4A (base case) 4B 4C 4D 4E

1 10 20 20 10 10
2 10 20 10 20 10
3 10 20 10 10 20
4 10 20 10 10 10

Moreover, the initial formation pressure has a greater effect
on the lower reservoirs than on the upper reservoirs, as shown
in Figures 7(b) and 7(c). A comparison between the five
cases of the two scenarios indicates that changes in the initial
formation pressures have greater effects on the risks of the
upper reservoirs than on the risks of the lower reservoirs.
Reservoirs 1 and 3 are the CRs in S-1 and S-2, respectively.
Thus, changes in the initial formation pressures also influence
the position of the CR. In S-1, when the initial formation
pressure of Reservoir 1 continues to increase, the risks of
the lower reservoirs increase, and both Reservoirs 2 and 3
have the potential to become the CR. In S-2, when the initial
formation pressure of Reservoir 1 or Reservoir 2 decreases
to a certain value, then the risk of Reservoir 3 decreases and
Reservoir 1 becomes the CR. Thus, when the first layer is not
the CR, the risk of the CR can be reduced by decreasing the
initial formation pressure of the upper reservoirs, which can
help improve the safety and injectivity of the target site.

4.2.4. Influences of theThickness, Permeability, and Porosity of
the Reservoir. Thethickness, permeability, and porosity of the
reservoirs affect the capacity and injectivity of the reservoirs,
which then affect the inflow andCO2 pressure in thewellbore,
which is similar to the role of the initial formation pressure.
Therefore, in this section, the aforementioned scenarios, S-1
and S-2, are used as the working models. The cases in Tables
6–8 were designed to investigate the effects of these three
parameters, respectively. Changing the parameters of the last
reservoir alone does not affect any of the results for the entire
wellbore; hence, only the parameter sensitivities of the first
three reservoirs are investigated.

Figure 8(a) shows the proportion of CO2 injected into
each reservoir, considering the different reservoir thick-
nesses.The results in Figures 7(a) and 8(a) illustrate that as the
thickness of a reservoir increases, the CO2 inflows into its
upper reservoirs remain unchanged, whereas those of the
reservoir itself and its lower reservoirs increase and decrease,
respectively. As shown in Figures 8(b) and 8(c), an increase
in the thickness of a single reservoir can effectively reduce

Table 7: Five cases with different reservoir logging permeabilities
(×10−3 𝜇m2).
Reservoir
number 5A (base case) 5B 5C 5D 5E

1 6 12 12 6 6
2 5 10 5 10 5
3 4 8 4 4 8
4 3 6 3 3 3

Table 8: Five cases with different reservoir logging porosities (%).

Reservoir
number 6A (base case) 6B 6C 6D 6E

1 12 24 24 12 12
2 11 22 11 22 11
3 10 20 10 10 20
4 9 18 9 9 9

the risks of its lower reservoirs without affecting those of its
upper reservoirs, which is similar to the decreasing effect of
the initial formation pressure. Therefore, the risk of the first
reservoir is always fixed, regardless of whether the thickness
of the reservoir varies. Moreover, increasing the thicknesses
of the upper reservoirs to reduce the reservoir risk is signif-
icantly more effective than increasing the thicknesses of the
lower reservoirs. In Cases 4B and 4C of S-2, the CR shifts
fromReservoir 3 to Reservoir 1, which can effectively improve
the safety of the wellbore and verify the conclusion that
the CR might shift with changes in the formation-fracturing
pressure. Additionally, the results for Cases 4B and 4C are the
same in each of the three subpanels of Figure 8, which does
not mean that doubling the thickness of Reservoir 1 produces
the same effect as scaling up the thicknesses of all the reser-
voirs at the same time. This phenomenon occurs because the
flow rate into Reservoir 1 accounts for 94% of the total flow
after scaling up its thickness by one under the given injection
conditions, and the remaining flow rate does not satisfy the
capacity of the lower reservoir. In other words, when the total
injection flow rate is adequate, the differences between the
results of Cases 4B and 4C will clearly manifest themselves.

The scheme for generating the cases used to examine the
reservoir permeability is the same as that used for the reser-
voir thicknesses. As shown in Figure 9, the influence of the
permeability of the reservoir on the distribution of the flow
rates and the risks of the reservoirs is nearly the same as that
of the thickness of the reservoir, as shown in Figure 8, because
the inflow of a reservoir, as expressed by (2), is proportional
to the thickness and permeability of the reservoir. Therefore,
we do not describe Figure 9 in further detail. However, subtle
differences do exist in the flow-rate distributions and risks of
the results shown in Figures 8 and 9 for the two scenarios.
In short, the permeability has less significant effects than the
thickness of the reservoirs.

Figure 10 shows the results when considering different
reservoir porosities. The distributions of the flow rates and
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Figure 8: Proportions of the inflows (a) and risk factors of each reservoir for different reservoir thicknesses for the two scenarios of the
conceptual engineering model. (b) and (c) are the risk-factor results for Scenarios S-1 and S-2, respectively.

risks of the reservoirs for each case agree well with each other.
Thus, the effect of the variations in porosity can be neglected.

5. Conclusions

This paper presented a systematic study on the key issues
that arise frommultiple CO2 injections during CCS projects,

namely, the distributions of the flow rates among the reser-
voirs, the CRs, and their influencing factors. Understand-
ing these issues is essential for both pressure design and
field operations at wellheads. The calculation methods and
programs were based on those in our previous work. Some
specific conclusions of the study are given as follows.

(1) Assuming that all the reservoirs had identical prop-
erties, including thickness, porosity, and permeability, the
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Figure 9: Proportions of the inflows (a) and risk factors of each reservoir for different reservoir permeabilities for the two scenarios of the
conceptual engineering model. (b) and (c) are the risk-factor results for Scenarios S-1 and S-2, respectively.

injected fluid was mainly distributed in the upper reservoirs,
and less CO2 entered the lower reservoirs. This trend mainly
occurred because deeper reservoirs have greater formation
pressure; therefore, high formation pressures require higher
injection pressures to maintain injectivity.

(2) The risk of the reservoir was mainly controlled by
the injection pressure and the formation-fracturing pressure
and was minimally related to the inflow of CO2. Therefore,

a reservoir could still be the CR even when the flow rate of
CO2 into that reservoir is close to zero.

(3)The injection parameters at the wellhead considerably
affected the flow-rate distributions and risks of the reservoirs.
More CO2 entered the upper reservoirs than the lower reser-
voirs with increasing injection pressure (or decreasing injec-
tion rate). Moreover, the risks of all the reservoirs increased,
and the risk-increasing trend of the upper reservoirs was
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Figure 10: Proportions of the inflows (a) and risk factors of each reservoir for different reservoir porosities for the two scenarios of the
conceptual engineering model. (b) and (c) are the risk-factor results for Scenarios S-1 and S-2, respectively.

notably greater than that of the lower reservoirs. Because the
extent of the variation in each reservoir was different, the
CR could shift. This result demonstrates that the injection
pressure controls the overall risk level of the reservoir and
the flow-rate distribution among the reservoirs can control
the position of the CR. The CO2 injection temperature had a
similar effect as the injection flow rate, but the fluid injection
temperature had no effect on the position of the CR.

(4) Although the formation-fracturing pressure does not
affect the flow-rate distribution, it is one of the key factors
for determining the reservoir risk and CR. Decreasing the
formation-fracturing pressure increased the reservoir risk
and cause the CR to shift. When the formation-fracturing
pressures of all the reservoirs were decreased by the same
factor, the risk of each reservoir increased equally without
changing the CR. Under a constant flow rate, variations in
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the reservoirs’ porosities had aminimal effect on the flow-rate
distribution and the reservoir risk.The thickness and perme-
ability had similar effects on the flow-rate distributions and
reservoir risks. For a specific reservoir, the flow rate increased
with increasing thickness or permeability, and the flow rates
of the lower reservoirs simultaneously decreased, whereas
the flow rates of the upper reservoirs remained unchanged.
Furthermore, only the risks of the lower reservoirs decreased
with increases in these two parameters; therefore, the CR
can shift to another reservoir. The initial formation pressure
had the opposite effect as the reservoir thickness. Therefore,
certain reservoirs can be selectively reformed according to
their risks to decrease these risks and adjust the position of
the CR, which can effectively improve the injection safety and
utilization efficiency of the reservoirs.

(5) The injection flow rates notably influenced the flow-
rate distribution. The position of the CR and injection flow
ratemay vary in actual CO2 injection processes.The design of
the maximum allowable wellhead injection pressure should
consider multiple flow-rate scenarios to reduce uncertainties
and to improve the reliability of the project.

(6) The results obtained from our investigations of the
influence of the injection parameters on the flow-rate distri-
butions and reservoir risks in the case study of the Shenhua
CCS demonstration project can be used to guide subsequent
injection operations. This research was based on a vertical
wellbore that penetrated a number of reservoirs. Although
the results for horizontal and inclined wells may be similar,
further research on these topics is still required.
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An effective sealing system is crucial for CO2-EOR storage, and these sealing systems are typically composed of the caprocks and
faults that surround a reservoir. Therefore, the sealing effectiveness of a caprock-fault systemmust be evaluated at various stages of
CO2-EOR storage projects. This paper presents a new evaluation framework that considers specific site characteristics and a case
study on the sealing effectiveness of the caprock-fault system in the Shengli Oilfield. The proposed method is a weighted ranking
system where a set of 17 indicators has been developed for the assessment and ranking of the G89 block in terms of their sealing
ability for CO2 sequestration. Additional indicators are involved in the method, such as the newly proposed parameter, frontier
displacement work which reflects the influence of formation pressure, displacement pressure resistance, and caprock thickness.
The new approach considers the sealing mechanisms of caprocks and faults as well as the configuration relationships between
them.Themethod was used to evaluate the sealing effectiveness of the G89 block that has a considerable number of faults and good
sealing ability of caprock in the Shengli Oilfield.

1. Introduction

CO2 geological storage (CGS) is widely recognized as an
effective approach for reducing CO2 levels in the atmosphere
[1–3]. As a further CGS initiative, CO2 geological utilization
and storage (CGUS) [4], which fall under the wider scope of
CCUS (Carbon Capture, Utilization, and Storage) technol-
ogy, were proposed for the full utilization of CO2 and the
maximization of its additional value prior to underground
storage. Of the identified CGUS options, CO2-enhanced
oil recovery (EOR) storage (CO2-EOR storage), which is
different from the CO2-EOR operations traditionally used in
Tertiary oil recovery, is a subject of increasing interest because
of its overall advantages over other CGS options. CO2-EOR
storage is essentially a cooptimization process of CO2 storage
and EOR designed to improve oil production simultaneously
sequestrating CO2 [5, 6], which can achieve cost advantages
and social and economic benefits [7, 8].

A number of CO2-EOR projects have been conducted
worldwide [9–11]. In China, several CO2-EOR projects have

been conducted by PetroChina, Yanchang Petroleum, and
Sinopec in the Jilin Oilfield, Jingbian Oilfield, and Shengli
Oilfield, respectively [8, 12–14].The Shengli Oilfield (Figure 1)
is the target site in this paper. The CO2-EOR pilot operations
designed to explore whether the gradual decreasing trend
of oil production could be overcome began at this site early
in 2007 [15]. The active enhancement effect observed at the
site and a desire to improve CO2 reductions inspired Sinopec
to move forward with CO2-EOR storage research in 2012 at
the Shengli Oilfield with the support of the National Key
TechnologyR&DProgramofChina. In this project, amethod
of screening suitable target blocks for CO2-EOR storage was
required and investigated. The effectiveness of a seal system
is of overriding importance for realizing effective geological
sequestration of CO2 [16, 17]; therefore, such systemsmust be
evaluated carefully.

Caprock is the principal seal system for CO2 storage,
and although the hydrodynamic sealing capacity of caprock
has been frequently discussed for hydrocarbon migration
[19], few studies have focused on the sealing capacity for
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Figure 1: Location of the Sinopec Shengli Oilfield (after [18]).

CO2 storage. In practice, most CO2-EOR storage projects
utilize the same evaluation methodologies and indicators
[20]; however, the differences related toCO2 storage are rarely
discussed. Moreover, the structural or geometric characteris-
tics of caprock, such as the thickness, have not been properly
detailed [21].

Compared with many overseas projects, in the Shengli
Oilfield reservoir, a considerable number of faults have
been observed and the configuration relationships between
caprock and faults are very complex. Therefore, the effective-
ness of the fault sealing ability must be evaluated carefully
when selecting appropriate sites. Current researches on the
conditions that allow faults to seal or leak principally occur in
the field of hydrocarbon exploration [19]. Although research
on the structural control of fluid flow in hydrocarbon
reservoirs is in nascent stages, various hydrocarbon leakage
indicators have been identified for faults [22]. Integrity is a
restraint on the fault sealing capacity, and it is currently a
focal parameter in the literature; however, studies into the
static sealing effectiveness of fault systems that consider CO2
migration and the internal fault structure have made limited
progress [23–25].

Here, we present a study detailing an approach to eval-
uating the baseline sealing effectiveness of the caprock-fault
system of a CO2-EOR storage project in the Shengli Oilfield
based on a new evaluation framework. The baseline evalua-
tion refers to an investigation of feasibility performed before
the project begins. The new evaluation method is based on
the evaluation criteria for CO2-EOR storage and includes
comprehensive key parameters related to caprocks, faults,
and their matching relationships. Parametric normalization

and ranking are employed to organize the indicator system.
In the selection of evaluation indicators, we will pursue a
balance among reliability, new CO2 storage demands, and
data availability.

2. Framework of the Evaluation Method

2.1. Identification of the Evaluation Objects. A potential reser-
voir block for CO2-EOR storage is usually surrounded by
different geological features, such as caprocks and faults.
These features as a whole compose a network that determines
the sealing ability of the seal system (Figure 2). A reservoir
for CO2 storage is usually deeper than 800m underground,
and more than one set of caprocks are positioned over the
reservoir. The overlying caprock layer is usually specified as a
leakage controlled layer, and it actually determines the scope
of the sealing system that must be evaluated.The engineering
target in this project requires a lack of direct CO2 penetration
into the caprock so that the injected CO2 cannot leak through
the caprock and to the upper reservoirs. Therefore, only the
directly overlying caprock-fault system (composed of the
caprock and the faults) associated with the reservoir for CO2
storage will be evaluated in this paper (Figure 2).

CO2-EOR risk assessments have tended to use risk
scenarios, particularly scenarios related to wellbores, large
faults, and an unspecified leaking caprock [26]. Figure 2
shows a conceptual model of a typical system that includes a
reservoir, caprocks, and faults for CO2-EOR storage.The seal-
ing effectiveness of the system depends on the sealing ability
of all components as shown in Figure 2(A)–(E). Therefore,
the components must be assessed during the site evaluation
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Figure 2: Conceptual model of caprock-fault system for CO2-EOR storage.

stage. The caprocks are usually geologically cut by the
faults and form several configurational relationships. Three
types of configurational relationships have been identified:
embedding type, lower broken type, and broken-through
type [27, 28]. The embedding type refers to direct caprocks
that are only partly penetrated by the fault (Figure 2(A)).The
lower broken type refers to a direct caprock that has been cut
through by a fault, although the overlying caprock has not
been reached (Figure 2(B)). The broken-through type refers
to a direct caprock and its overlying caprocks that have been
cut through by a fault (Figure 2(C)).

The matching types between caprocks and faults can also
be characterized by the relationship between the fault throw
and the thickness of the direct caprock. The following three
matching types have been defined: intact top seal type, seal
connected type, and seal apart type [27]. The intact top seal
type (Figure 2(E)) corresponds to an embedded type when
the top of the direct caprock is not penetrated by faults. The
seal connected type refers to a direct caprock that has been
cut through by a fault but the throw is less than the thickness
of the direct caprock. The seal apart type refers to a direct
caprock that has been cut through by a fault but the throw is
greater than the thickness of the direct caprock (Figure 2(D)).

2.2. Indicator System and Evaluation Criteria. The sealing
effect of a caprock-fault system forCO2-EOR storage depends
mainly on the sealing ability of the caprocks and faults
[29]. The sealing mechanisms for CO2 storage are similar
to that for hydrocarbons and include the capillary sealing
mechanism, overpressure sealing mechanism, concentration
sealing mechanism, and synergetic sealing mechanism com-
posed of two or more sealing mechanisms [21]. There-
fore, breakthrough pressure (or displacement pressure) and
caprock overpressure are necessary indicators for evaluating
the sealing effect of caprocks. In this paper, the two indicators
will be merged as one indicator, that is, frontier displacement

work described in Appendix. As a structural characteristic,
the thickness of a caprock has no direct relationship with
the breakthrough pressure, although it has been confirmed to
have an outstanding sealing effect. The frontier displacement
work can be calculated by the values of the thickness,
breakthrough pressure, and overpressure of the caprock with
the formula (A.3) in Appendix. In addition, permeability,
shale content, and other caprock parameters are usually
chosen as evaluation indicators. Liu [30] concluded a positive
correction between permeability and porosity that was used
to assess the sealing effect of caprocks. A fault can either be
a seal or a leak depending on specific factors of the fault. In
past decades, knowledge on fault sealing properties has been
accumulated by the oil and gas industry, and these data could
be directly applied when evaluating the sealing properties of
CO2-EOR storage.The following two types of fault seals have
been recognized: juxtaposition seals and fault rock seals [31].
Juxtaposition seals originate from differences in the lithology
and petrophysical properties (porosity, permeability, capil-
lary pressure, etc.) of different rocks juxtaposed between
the hanging wall and the footwall. Typical methods of
evaluating the sealing properties of juxtaposition sealsmainly
include stratigraphic juxtaposition methods (e.g., the Allan
map [32] and triangle juxtaposition diagram [33]) and clay
smear indices. Comparedwith the stratigraphic juxtaposition
methods, triangle juxtaposition diagramprimarily focuses on
the architecture of the fault juxtapositions, the stratigraphic
units, and the fault geometry. The clay smear index methods
emphasize the amount of clay that has been smeared along the
fault planes.These methods include the Clay Smear Potential
(CSP), Shale Smear Factor (SSF), and Shale Gouge Ratio
(SGR). According to their definitions, these indicators are
dependent on specific parameters, such as the shale bed
thickness, distance from the source bed, the fault throw, and
the shale layer thickness. The CSP and SSF estimate the fault
sealing properties by considering the continuity of smearing
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Table 1: Indicators and ranking system for a caprock-fault system for CO2-EOR storage [27, 30, 37–40].

I II III
Specific indicators

Very Good Good Normal Poor Very Poor
5 4 3 2 1

Fault caprock
sealing
system

Caprock

Displacement work (MPa⋅m) >6300 2100∼6300 350∼2100 <350
Porosity (%) <5 5∼10 10∼15 >15

Permeability (mD) <0.1 0.1∼1.87 1.87∼10 >10
Shale content (%) >75 75∼50 50∼25 <25

Well density (/10 km) 0 1∼2 3∼5 5∼10 >10

Fault

Fault activity time Tranche Syngenetic Multiperiod
Configuration relationship
between fault extension and

caprock

Embedded
type

Lower broken
type

Broken-
through
type

Configuration relationship
between fault throw and direct

caprock thickness

Intact top
seal type

Seal
connected

type

Seal apart
type

Fault dip angle (∘) ≤45 45∼75 >75
Fault lateral displacement work

(MPa⋅m) >30 2.5∼30 <2.5
Fault vertical displacement work

(MPa⋅m) >6300 2100∼6300 350∼2100 <350
Fault lateral permeability (mD) <0.001 0.001∼0.0187 0.0187∼0.1 >0.1
Fault vertical permeability (mD) <0.001 0.001∼0.0187 0.0187∼0.1 >0.1

Fault tightness coefficient >1 <1
Shale smear factor <4 4∼7 >7
Clay smear potential >35 15∼35 <15
Shale gouge ratio >0.5 0.3∼0.5 <0.3

of shale/mudstone beds, whereas the SGR calculates the
average mixture of clays likely to be present at different
points on a fault [31]. Compared with juxtaposition seals,
where the fault is usually treated as a single plane, fault
rock seals refer to faults as a fault zone composed of a
series of fault planes and fault rocks. Therefore, the fault
zone is similar to a thin caprock with high heterogeneity.
Therefore, many caprock sealing indicators (permeability,
capillary threshold pressure, etc.) could be used to evaluate
the sealing properties of fault rock in the fault zones. The
petrophysical properties of fault rocks are affected by many
factors, the most important of which involve geostresses,
subsurface temperatures, and their historical tendencies.
Occasionally, these factors or their derived parameters have
been selected as evaluation indicators of fault sealing prop-
erties, and they typically include differential displacement
pressures between the caprock and the reservoir [34], the
slip and offset of the formation lithology [29], and the fault
tightness coefficient [35]. In many practical evaluations, the
vertical and lateral sealing properties of faults might have
different roles in specific projects and must be evaluated
separately [36]. In addition, it is worth noting that although
we strive to choose independent indicators, however, some
of them in Table 1 might be intrinsically connected and
actually not independent. Therefore, the indicators in Table 1
might be redundant.This is inevitable to some extent because,
according to the current knowledge, we cannot get the exact

quantitative relationship between these possible redundant
indicators.

In the evaluations for specific engineering objectives,
a comprehensive evaluation approach that uses multiple
indicators, including redundant indicators, is widely adopted
([41, 42]) because a single indicator cannot characterize the
sealing properties of a system with such a high degree of
complexity and uncertainties. According to the objective
of this study, we designed a system of multiple indicators
considering the geometry, juxtaposition characteristics, and
petrophysical properties of the caprock or faults (Table 1).
Each of the indicators is classified into five grade levels,
scoring, respectively, 1, 2, . . . , 5, which can be used to produce
a comprehensive evaluation result in the next section.

2.3. Weighted Comprehensive Evaluation. To represent the
sealing effectiveness of the caprock or the fault, the multiple
indicators inTable 1 need to be synthetically integrated, which
will be donewith the idea similar to analytic hierarchy process
(AHP). Hierarchical method was used to compute the weight
of each indicator/criterion. AHP is applied with its extension
to create weights for quantitative, expert opinion, and sensory
panel data (listed in Table 2). The indicators/criteria adopted
for evaluating the sealing ability of the caprock and faults are
listed in Table 2, and the detailed evaluationmethod is similar
to that described in Bachu [41]. To evaluate a specific part k,
a monotonically decreasing numerical function 𝑆𝑖,𝑗 (score)
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Table 2: Scores and weights assigned to the various criteria and classes.

Class
I

Class
II Criteria Index

𝑖
Scores Weight

𝑤𝑖𝑗 = 5 𝑗 = 4 𝑗 = 3 𝑗 = 2 𝑗 = 1

Caprock fault
sealing
system

Caprock

Displacement work 1 15 7 3 1 0.14
Porosity 2 9 7 3 1 0.06

Permeability 3 15 7 3 1 0.06
Shale content 4 13 5 3 1 0.03
Well density 5 15 9 7 3 1 0.02

Fault

Fault active time 6 9 5 1 0.01
Configuration relationship
between fault extension and

caprock
7 9 5 1 0.05

Configuration relationship
between fault throw and direct

caprock thickness
8 9 5 1 0.05

Fault dip angle 9 7 5 1 0.05
Fault lateral displacement work 10 9 5 1 0.11
Fault vertical displacement work 11 9 5 1 0.11

Fault lateral permeability 12 9 7 5 1 0.03
Fault vertical permeability 13 9 7 5 1 0.03
Fault closed coefficient 14 15 1 0.11
Shale smear factor 15 15 7 1 0.02
Clay smear potential 16 7 1 0.02
Shale gouge ratio 17 15 7 1 0.02

is assigned to indicator 𝑖 according to its corresponding
grade level 𝑗 as determined in Table 1 (𝑗 from 5 to 1
indicates the best to the worst grade in terms of suitability
for a particular criterion). The scores can be continuous or
discrete, that is, they can be assigned to all five grades or only
a portion of the grade levels of the corresponding criterion.
Because the function 𝑆𝑖 has different ranges of values for
each criterion 𝑖, comparisons between different indicators of
sealing effectiveness may be difficult.Therefore, a normalized
value must be used for different indicators as in

𝑃𝑘𝑖 =
𝑆𝑖,𝑗 − 𝑆𝑖,1
𝑆𝑖,𝑛 − 𝑆𝑖,1 , (1)

where 𝑆𝑖,𝑗 is the specific score value for criterion 𝑖; 𝑆𝑖,1 is
the function score value under the least favourable class
conditions for criterion 𝑖; 𝑆𝑖,𝑛 is the value under the most
favourable class condition; the normalized value 𝑃𝑖 = 0
represents the least favourable class; and the normalized value
𝑃𝑖 = 1 represents the most favourable class.

The effect of parameterization andnormalization pertains
to the transformation of various site characteristics into
dimensionless variables between 0 and 1. Considering the
weight factor of each criterion, a synthetical score 𝑅𝑘 can be
obtained as follows:

𝑅𝑘 =
𝑖

∑
1

𝑤𝑖𝑃𝑘𝑖 ,
𝑖

∑
1

𝑤𝑖 = 1, (2)

where 𝑤𝑖 is the weight factor from Table 2, and it is used to
estimate the impact degree of a corresponding criterion.

2.4. Application Steps of the Method. In practical evaluation
work, a preliminary characterization of a candidate site
is necessary and the fundamental geological and physical
parameters are required to be prepared by lab tests or
geophysical prospecting. Next, the target caprocks or faults
of the candidate site are discretized into small pieces, and
the evaluation parameters involved in Tables 1 and 2 could be
obtained for each piece. In other words, the evaluation work
is actually done for each piece and therefore the evaluation
result will be a scoring or ranking distribution of the whole
candidate site. The case study in the latter part of this paper
will follow the evaluation process.

3. Target Site

3.1. Site Geology. The Shengli Oilfield branch company
includes 65 oil fields and 2 gas fields, and it covers an aerial
extent of approximately 2117 km2 [43]. Almost 90% of the oil
reserves lie at depths ranging from 950m to 3200m under-
ground.The candidate target site is theGao89-Fan142 district,
which is located in the northernZhenglizhuangOilfield of the
Dongying sag and the central Jinjia-Zhenglizhuang–Fanjia
structure belt. The target site consists of the G899 block,
G89-1 block, G891 block, F143 block, and F142 block as
shown in Figure 3. The strata of the target site (from top
to bottom) are the Pingyuan formation of the Quaternary
system, the Minghuazhen formation and Guantao formation
of the upper Tertiary system, the Dongying formation of
the lower Tertiary system, and the 1st, 2nd, 3rd, and 4th
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Figure 3: The target area (G89-F142 area) for CO2-EOR storage and the distribution of faults.
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members of the Shahejie formations andKongdian formation
in Cenozoic Erathem (Figure 4). In the blocks, five main sets
of oil-bearing series have been found via exploration: Ed, ES1,
ES2, ES3, and ES4. Among these series, the Shahejie ES4S
formation, which is the main oil-bearing series, is buried at

a depth of 2700–3200m and the thickness of the strata is
approximately 120–170m. The lithology of the formation is
mainly grey and light greymudstonewith thin sandstone.The
Shahejie ES3 formation is a direct caprock of ES4S reservoir,
and its lithology is mainly dark grey mudstone.
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Table 3: Geostress data of the target area.

Well Core depth (m)
Geostresses Stress gradient (MPa/m)

Direction (∘) Size (MPa)
𝜎𝐻 𝜎ℎ 𝜎V 𝜎𝐻 𝜎ℎ 𝜎V 𝜎𝐻 𝜎ℎ

G892-3 3170 71.23 161.23 72.69 61.97 47.97 0.0229 0.0195 0.0151
G892-X8 3225 70 160 71.80 82.37 56.12 0.0223 0.0255 0.0174
G893 3281 118 208 73.95 88.67 57.67 0.0225 0.0271 0.0176

The target area is a southeast high, northwest low mon-
oclinal structure with a strata dip angle of approximately
4∼8∘. The structure is divided into many terraces by a
series of parallel faults running northwest and trending
northeast. The largest structural gap can reach 500∼700m.
According to strata comparisons and seismic interpretations,
fault F1 extends upward to theGuantao formation; F2 extends
upward to the ES1 formation; F3, F4, F6, andF7mainly extend
upward to the ES3M formation; F5 extends upward to the ES2
formation; and the other faults mainly extend to the ES3X
formation. Approximately 26 faults intersect with the direct
caprock as shown in Figure 3.

3.2. Current Geostresses. Geostresses and fault sealing prop-
erties are closely correlated, and geostress variations signif-
icantly affect the fault sealing effectiveness [44]. Therefore,
the geostress data must be obtained to calculate the fault
surface stress for the evaluation indexes. Current geostress
characteristics of the target area have been obtained from a
variety of sources, like the empirical formula of geostresses,
measured geostress data, and so on.

The target area is located in the Bohai Bay basin, and
the three principal stresses all increase with depth. When
the depth is greater than a certain value, the three principal
stresses will satisfy 𝜎𝐻 > 𝜎V > 𝜎ℎ; thus, the vertical
stress 𝜎V represents the intermediate principal stress. In
the oil fields of the eastern region of China, the vertical
stress 𝜎V is approximately equal to the lithostatic stress of
the overlying rock formations. The Dongying sag is located
in a district of medium tectonic stress controlled by plate
tectonic movement. The hydraulic fracturing data of the
Dongying sag show that the cracks caused by the oil well
fracturing are mainly vertical cracks. Li [45] investigated the
current geostress field of the 3rd Shahejie formation in the
Dongying sag based on numerical modelling and found that
the direction of the current maximum horizontal principal
stress is approximately NE280∘ with the stress values ranging
from 50 to 65MPa, and the direction of the minimum
principal stress is approximately NE10∘ with the stress values
ranging from 35 to 50MPa. The geostresses of the southern
and eastern parts of Dongying sag are larger, and smaller
stresses appear to occur along the north-western edges of
the Boxing depression. Lower stresses occur in the fault
zone belt. Moreover, because the 3rd Shahejie formation
in the Dongying sag is under abnormally high formation
pressure, the minimum horizontal principal stress in the
sag is significantly higher than that of the surrounding
formations.

Limited measured geostress data are available for the
target area, and the latest measured data are listed in Table 3.
To the authors’ knowledge, no studies have focused on
the geostress distribution in the target area; however, some
measured data and research on the neighbouring regions
could provide a partial supplement and reference for our
research work. These data are listed in Table 4. In addition,
the Geological Institute of the National Seismological Bureau
recommended the following regression formula to estimate
the geostress data for the Shengli Oilfield:

𝜎𝐻 = −22.58 + 0.034𝐻,
𝜎ℎ = −11.65 + 0.022𝐻,
𝜎V = (0.021 ∼ 0.022)𝐻,

𝐻 ∈ [1300, 3300]m.

(3)

Wang [49] also studied the geostress of the L112 region in
Chunliang and suggested the following approximate estima-
tion formula:

𝜎𝐻 = 0.03731𝐻 − 21.6655,
𝜎ℎ = 0.02955𝐻 − 23.8529,
𝜎V = 0.02335𝐻 + 1.36759,

(4)

where H is the depth, m; 𝜎𝐻 is maximum principal stress,
MPa; 𝜎ℎ is minimum principal stress, MPa; and 𝜎V is the
vertical principle stress, MPa.

4. Results and Analysis

4.1. Evaluation Parameter Values. Figures 5–9 show values
of some key parameters of the caprock. The parameters of
the faults will be detailed in a subsequent section. Figure 5
shows the contour map of the effective thickness of the target
caprock,which has strong regularity. In the south, the caprock
is thin, and, in the north, the caprock is thick. The caprock is
especially thick near wells G899, G89-24, and F142-3, with an
average thickness of approximately 540m and a maximum
thickness of up to 590m. The region near wells F142-2-8
and F142-8-2 also presents considerable caprock thicknesses,.
Starting at the positions of the two wells, the thickness of
the caprock increases gradually, and the minimum value
is approximately 450m. Figure 6 shows the distribution
of the mudstone displacement pressure ranging from 0 to
24MPa in the ES3X region of the Shahejie formation. The
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Table 4: Measured geostress data in the region near the target area.

Blocks Well number Well section
/depth (m)

𝜎𝐻
(MPa)

𝜎V
(MPa)

𝜎ℎ
(MPa)

Maximum principal stress’s
direction N E

(∘)
Note

Fanjia

Fan8-511 2866∼2874 — 66 43.6 89.3

[46]

Fan10-513 2870∼2894 60.6 66.3 46.1 82.7
Fan17-17 2867∼2872 57.9 65.9 46.1 80
Fan15-8 3013∼3076 71.6 70 52 123
Fan12-511 2866∼2877 67.6 66.2 51.2 82
Fan19-720 3136.3∼3156.1 76.4 72.4 56.4 138
Fan22-724 3144∼3167 83.2 72.6 58.6 175
Fan24 2815∼2825 66.2 64.9 49.6 100

Fan18-720 3142∼3146 68.2 72.3 53.4 145
Fan23 3150∼3155 73.5 72.5 58.1 143.3

[45]
Fan26 2980∼3020 68 71.1 45 91.2
Fan10 2914∼2935 67 66.6 46 87.6
Fan162 2644.5∼2652.0 59.5 63.5 46.5 107

Bonan 3100 66 68 44 85

[47]

Fanjia 3000 66.7 68 45.8 100
Ying11 3100 110–120 68 59–62 100
Shanjiasi 2600 78 68 44 100
Changwei 2400 66 54 45 80
Niuzhuang 3250 91 68 66 105
Binnan 2400 66 66 45 80
Shengtuo 2100 58 — 44 90

Gao89 G89-1 76.41 47.35 NE69.0

[48]

G89-7 72.47 55.77 NE53.3

Chun107 C97-6 — — 49.64 —
C97-7 75.59 53.27 NE97.5

L112

L112-32 78.03 50.79 NE128.6
L112-8 83.00 55.8 NE103.0
L9-3 — — — NE145.5

L112-12 2676.6∼2701 81.64 64 54.26 102.6

[49]

L112-8 2717∼2750 82.64 65 51.89 103.6
L112-61 2789.5∼2818.6 79.07 66 52.39 151.0
L112-32 2722.4∼2764.4 78.03 53.79 128.6
L112-43 2715.3∼2759 80.38 52.43 132.9
L112-45 2729.5∼2776.8 82.60 52.70 127.4

displacement pressure gradually increases from the centre of
wells G892-X4, G89-1, and F142-8-2 outwards. Figure 7 shows
the distribution of the formation pressure in the range of 0 to
8MPa. The formation pressure is large in the eastern part of
well F143-8 and the northern part of wells F143-X9, F142-2-4,
and F142-3-9, which present values that are all greater than
4MPa, whereas in the remaining areas, the pressures are less
than 4MPa. Figure 8 shows the porosity distribution of the
caprock, which gradually decreases from the centres of wells
G891-10, G899-X2, andG89 outwards.The porosity gradually
increases in a local area with a “⋏” shape at the eastern part of
wells F142-1 and F142-11 and the west part of wells F142-11-2

and F142-16-2, and the maximum porosity is up to 24%.
Figure 9 shows the frontier displacement work of the caprock
calculated using the formulas (A.1)–(A.3). The distribution
characteristics are similar to that of the displacement pressure
of caprock in Figure 6.

The calculation results of the fault properties are shown in
Table 5. Most of the fault activities ceased prior to the deposi-
tion of ES2. Faults F1 and F2 stopped growing at the late stage
of the Guantao group, and the configuration relationship
between F1, F2, and the caprock is the double break type.
Therefore, faults F1 and F2 are active faults, and CO2 might
leak to the Guantao formation through the two faults.
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Figure 5: Thickness distribution of the caprock in the target area.
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Figure 6: Displacement pressure distribution of the caprock in the target area.

The thicknesses of the fault rock are included in the
evaluationmethodology as shown in Table 5. However, scarce
information is available on the thickness of the fault rock
in the target area at the early stage of the project. In the
literature, empirical formulas have been presented to estimate
the thickness of fault rock [50, 51], and, therefore, a similar
method is employed in this paper. The results show that
the thicknesses of all the fault rocks are close to 1m. An

empirical formula [51] of permeability was used to estimate
the permeability of the involved fault rocks. All the fault
tightness coefficient values are greater than 1.0, as shown in
Table 5.

4.2. Evaluation Results and Analysis. In Section 4.1, we deter-
mined all the primary parameter values as iso-values and spa-
tial layers in the GIS tool for the target caprock-fault system



10 Geofluids

2

4 6

2

22

2

4

2

2

4

4

G89G94

F141

F145

F142

F143

G893

G941

G899

G891

G892

F5-X6

G89-5

G89-4G89-8

G89-9

G89-1

89-14

G89-6
G89-3

G89-7

G89-2

F142-2

F142-1

F141-1

F145-1

F142-3

G892P1

G892P2

G892-3

G892-5

G89-10

G89-13

F143-8
F143-7

G89-S3

G89-12
G89-22

G89-24
G891-3G891-7

G899-1

F143-3F143-4

G891-5

G891-2

F143-6
F143-5

G891-8
G891-6

G891-1

F142-10F142-11

F142-30

F142-20G89-x21

G899-X2

G899-X5
G892-X8

G892-X4

G89-X26
G89-X27

F143-X9

F143-13

F143-12

F143-X1
F143-X2

G891-16

G891-15G89-P1
G891-10G891-12

F142-9-5

F142-8-2

F142-7-1
F142-6-2

F142-4-1 F142-3-9

F142-2-8F142-2-4 F142-1-5
F142-1-2

F142-9-4
F142-8-3

F142-8-1

F142-4-2

F142-2-3

G892-X10
F143-X11

F143-X14

F142-5-X4 F142-5-X6

F142-3-X8

F142-20-3

F142-9-X1

F142-3-X2

F142-20-8

F142-11-2

F142-10-2

F142-20-X2

F142-20-X4

8

2

0

.50 1
(km) N

Formation
pressure

Pressure contour
Well name

Figure 7: Formation pressure distribution in the target area.
6

8

10

12

41

18

16

20
6

18

6

8

18

6

12

14

8

6

16

14

18
18

10

01

12

16 16

6

18

8

14

8

18

8
16
1216

16

14

14

10

16 8

10

16

12

12
6

12

10

8

12

14

16

1414

10

10

12

14

10

12

8

G89G94

F141

F145

F142

F143

G893

G941

G899

G891

G892

F5-X6

G89-5

G89-8

G89-9 89-14

G89-6
G89-3

G89-7

G89-2

F142-2

F142-1

F141-1

F145-1

F142-3

G892P1

G892P2

G892-3

G89-P1

G892-5

G89-10

G89-13

G891-9

F143-8
F143-7

G89-22

G89-24
G891-3

G899-1

F143-3F143-4

G891-5

G891-2

F143-6
F143-5

G891-6

G891-1

F142-11
F142-10

F142-30

F142-20G89-x21

G899-X2

G899-X5
G892-X8

G892-X4

G89-X26
G89-X27

F143-X9

F143-13

F143-12

F143-X1 F143-X2

G891-16

G891-15
G891-10G891-12

F142-9-5

F142-7-1

F142-6-2

F142-3-9

F142-2-8F142-2-4 F142-1-5

F142-1-2

F142-4-2

F142-1-4

G892-X10

F143-X14

F142-3-X8
F142-5-X4 F142-5-X6

F142-3-X2

F142-20-8

F142-11-2

F142-20-X2

F142-20-X4 
F142-20-3

8 

24
Porosity

0

Porosity contour
Well name

.50 1
(km) N

Figure 8: Caprock porosity distribution in the target area.

(Figures 5–9, Table 5). Spatial layers representing indicates
were converted into 50m × 50m grid squares (or segments).
Then using methodology presented in Section 2.3. and the
spatial analysis functions of the GIS tool, we obtained the
weighted comprehensive score for each grid square. Higher
scores were correlated with a higher sealing effectiveness.
Thus, the sealing effectiveness distributions for all segments

of all the caprocks and faults were determined, and these
distributions were used to define the sealing effectiveness of
the whole caprock-fault system as shown in Figure 10. We
classified the evaluation results into 5 grade levels, that is,
Bad, Medium, Good, Better, and Best. Table 6 shows the area
percentage assigned to each grade level. Figure 10 shows the
evaluation results for the integral caprock and the faults.
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Figure 9: Frontier displacement work distribution of the caprock in the target area.
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Table 6: Comprehensive grading of the sealing effectiveness of the caprock-fault system.

Caprock-fault seal classification Bad Medium Good Better Best
Score <0.56 0.56∼0.65 0.65∼1.45 1.45∼1.61 >1.61
Area percentage 1.59% 2.63% 14.89% 37.00% 43.55%

Figure 10 shows that the green areas representing the
integral caprocks without disturbances in the northwest
present integral caprocks that have almost the best sealing
ability. In these areas, the porosity and the well density are
very small, whereas the frontier displacement work is quite
large. The distribution characteristics of the caprock sealing
ability are consistent with that of the caprock porosity. In the
region with the “⋏” shape lying between the wells F142-1 and
F142-11 and the wells F142-11-2 and F142-16-2, the positions
that have porosity ranging from 10% to 20% and 6% to
10% also present “Good” and “Better” sealing effectiveness,
respectively.

The sealing ability of most faults in the target area is
“Good.” The sealing ability throughout F1, F9, F22, and F28
is “Good”; the sealing ability throughout F12 and F12-N is
“Bad”; and the sealing ability of F2, F5, F19, F6, and F11
ranges from “Medium” to “Good.” Thus, F2, F5, F19, F6, and
F11 appear to have different sealing abilities, which might
be caused by the properties of the caprock surrounding the
faults. Li [27] considered that the vertical sealing ability of
fault F1 is worse than that of F2 based on the fault properties
and configuration relationship between the caprock and the
faults. In this paper, the sealing ability of fault F1 is better than
that of F2, although F1 and F2 have the same activity period
and cut-through type. The sealing ability of the remaining
faults is classified as “Better.”

The area classified as “Good” accounts for approximately
70.55% of the total target area, whereas the area classified as
“Bad” accounts for approximately 1.59% and is located near
the fault crossings (i.e., throughout F12 and F12-N and local
positions within F2, F5, F6, and F11). The area classified as
“Medium” sealing capacity accounts for 2.63% of the total
area and is affected by the caprock porosity, and these areas
are mainly distributed in faults F25, F14, and F4, which
present porosities of more than 10%. More attention should
be paid to these positions of injection wells planned in this
area. Larger frontier displacement work corresponds to a
better sealing capacity. The sealing ability of a caprock-fault
system is affected by the porosity of the caprock. Caprock-
fault systems with good sealing ability often appear in the
following areas: where the allocation relationships between
the regional seals and the vertical fault extensions are the
embedded type and lower broken type; where the allocation
relationships between the fault throw and the direct seal
thickness are the intact top seal type and the seal connected
type (without the seal apart type); and where the fault dip is
between 40∘ and 65∘.

Figure 11 shows the sealing capacity of five blocks. The
sealing capacity of the G89-1 and G891 blocks ranges from
“Medium” to “Good,” and they are suitable for CO2-EOR
storage.The sealing capacity of the F142 block is “Medium” to
“Good” overall except at thewestern endof F6,which is “Bad”

and not suitable for CO2-EOR storage. The sealing ability of
the head of the northeast extension direction of fault F11 in the
G899 block is “Bad,” but the remainder is suitable for CO2-
EOR storage. Fault F2 as the boundary line between F143
block and G899 block, and also the boundary line between
the G899 block and G89-1 block, has the sealing ability level
“Bad”; therefore, the adjacent area of fault F2 is not suitable
for CO2-EOR storage.

5. Conclusions

(1) A new framework for evaluating the sealing effective-
ness of a caprock-fault system for CO2-EOR storage
was developed considering specific site characteris-
tics. The method is a weighted ranking system with
multiple indicators. In the method, caprocks and
faults are considered as elements of the whole sealing
system defined as “caprock-fault system.”

(2) Additional indicators are involved in the method,
such as the newly proposed parameter, frontier
displacement work. The sealing mechanism of the
caprock and faults as well as the configuration rela-
tionship between the caprock and faults were consid-
ered in the evaluation method.

(3) The method was used to evaluate the sealing effec-
tiveness of the G89 block in the Shengli Oilfield,
which presents many faults. A preliminary evaluation
showed that higher scores corresponded with better
sealing capacity of the caprock-fault system. Sealing
systems classified as “Good” account for 70.55% of the
total area, and they are mainly located in areas with
large frontier displacement work, small porosity, and
small well density. Sealing systems classified as “Bad”
account for only 1.59% of the total area, and they
are located at the tail and the head of the southwest
extension direction of faults F12 and F2 and parts of
F5, F19, F6, and F11. The sealing effectiveness of most
regional caprock is classified as “Good.”

(4) The sealing effectiveness of fault F1 is better than
that of F2, although F1 and F2 have the same activity
period and cut-through type. This result is incon-
sistent with the results presented in existing studies.
Thus, more attention should be focused on these two
faults.

(5) The sealing effectiveness of theG89-1 andG891 blocks
is “Medium” and “Good,” respectively, and the two
blocks are suitable for CO2-EOR storage. The overall
sealing effectiveness of most parts of the F142 block
is also “Medium” to “Good,” although at the western
end of F6, it is classified as “Bad.” Therefore, this
block is not suitable forCO2-EOR storage.The sealing
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Figure 11: Sealing capacity of five blocks in the target area.

effectiveness of the head along the northeast exten-
sion direction of F11 in the G899 block is classified as
“Bad,” although the remainder is suitable for CO2-
EOR storage. The sealing effectiveness of fault F2,
which is the boundary line of the F143 block and
G899 block (also the boundary line of the G899 block
and G89-1 block), is classified as “Bad”; therefore, the
regions near the F2 border are not suitable for CO2-
EOR storage.

(6) The evaluation parameters and methods in this
research are essentially static because we do not con-
sider the disturbances from CO2-EOR storage pro-
duction. Therefore, the evaluation method involved
in this paper might be especially suitable for site
selection prior to injection.

Appendix

Frontier Displacement Work

Frontier displacement work considers the formation pressure
(pore pressure), caprock displacement pressure, and caprock
thickness. The formation pressure and caprock displacement
pressure represent the overpressure sealing and capillary
sealing, respectively [21]. The top edge of the caprock is con-
sidered as the controlled leakage point and the critical state of
the leading edge of the flow. We consider a conceptual model
of CO2 leaking through a caprock with a thickness 𝐻, as
shown in Figure 12. The leakage process is actually a flooding

H

REV-N

PU

...

REV-3

REV-2

REV-1

PI

(a) CO2 flooding in
the caprock

PI

Pd Pp

(b)
Frontier
force
diagram
of CO2
upward
flooding

Figure 12: CO2 flooding through caprock.

process of CO2 displacing saline water in the caprock. The
caprock in the model is uniform and divided hypothetically
into𝑁 representative element volumes (REVs).

Assume the initial formation pressure of the caprock is 𝑃
and the fluid gravity is not considered. We tested the sealing
capacity of the caprock under the assumption that the fluid
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injected slowly from the bottom of the caprock will overcome
the formation pressure, capillary resistance, and drainage
caprock pore water during the process of gradual upward
migration. As shown in Figure 12(a), the injected fluid (i.e.,
CO2 in this study)will overcome the displacement pressure of
the REV-1 unit (red) and remain in a critical equilibrium state
after the REV-1 unit becomes full of CO2. The force diagram
of the top edge of the REV-1 unit is shown in Figure 12(b).

To keep the fluid migrating slowly until it reaches the
top of REV-2, we increase the injection pressure 𝑃𝐼 until
the leading edge of the fluid at the top of REV-𝑁 reached
equilibrium. The process by which the fluid slowly advances
and drains the caprock pore water on each REV is called
quasi-static displacement.The fluid frontier has the following
equation at each REV:

𝑃𝐼 = 𝑃𝑝 + 𝑃𝑑. (A.1)

In the quasi-static displacement process, the work done
by the fluid pressure on a unit area is

𝑊 = ∫
𝐻

0
𝑃𝐼𝑑𝑙, (A.2)

which is called specific displacement work (Pa⋅m) or simply
referred to as displacement work through the paper.

Displacement work reflects the resistance of the for-
mation pressure and displacement pressure as well as the
influence of the flow path. Therefore, this value reflects the
ease of draining fluid from the caprock and can be used
as a measured index of the caprock sealing ability. If the
pore pressure and displacement pressure of the formation
are uniform in the process of CO2 injection, the injection
pressure 𝑃𝐼 is constant. These indicators can be simplified
directly as follows:

𝑊 = 𝑃𝐼𝐻 = (𝑃𝑝 + 𝑃𝑑)𝐻, (A.3)

where𝑃𝑝 is the caprock formation pressure (the pore pressure
(MPa) is obtained by Wang’s method [52]); and 𝑃𝑑 is the
caprock displacement pressure (MPa). The breakthrough
pressure measured by Liu [30] is used to determine the
relationship between the displacement pressure and acoustic
time and the relationship between the displacement pressure
and the depth to calculate the caprock displacement pressure;
and the caprock thickness (m) is frequently obtained by
combining the seismic and well information.
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Carbon capture, utilization, and storage (CCUS) is a gas injection technology that enables the storage of CO2 underground. The
aims are twofold, on one hand to reduce the emissions of CO2 into the atmosphere and on the other hand to increase oil/gas/heat
recovery. Different types of CCUS technologies and related engineering projects have a long history of research and operation in the
USA.However, in China they have a short development period ca. 10 years. Unlike CO2 capture andCO2-EOR technologies that are
already operating on a commercial scale in China, research into other CCUS technologies is still in its infancy or at the pilot-scale.
This paper first reviews the status and development of the different types of CCUS technologies and related engineering projects
worldwide.Then it focuses on their developments inChina in the last decade.Themain research projects, international cooperation,
and pilot-scale engineering projects in China are summarized and compared. Finally, the paper examines the challenges and
prospects to be experienced through the industrialization of CCUS engineering projects in China. It can be concluded that the
CCUS technologies have still large potential in China. It can only be unlocked by overcoming the technical and social challenges.

1. Introduction

Fossil fuels, especially coal that is rich in carbon, constitute
the highest proportion of primary energy in China [1]. In
recent years, the rapid urbanization and development of
industries including power plants, cement factories, steel
plants, biotransformation, and fossil fuel transformation
plants, which are highly dependent on large consumption
of fossil fuels, have been a great challenge to the Chinese
environment [2, 3]. Since the winter of 2012/2013, most
cities in China have been faced with serious atmospheric
pollution from a haze formed from a combination of SO2,
NOx, and inhalable particles within the mist, containing fine
particle concentrations of up to ca. 900𝜇g/m3 [4]. Automo-
bile exhausts, industrial emissions, waste incineration, and
fugitive dust from construction sites are the main sources of
the haze. Based on statistical data from Beijing, reported by

ChinaCentral Television (CCTV) in 2014, haze particles from
automobile exhausts contributed 22.2%, while the burning
of coal, dust, and industrial emissions accounted for pro-
portions of 16.7%, 16.3%, and 15.7%, respectively. Therefore,
a reduction in the emissions from coal and industry has
become the key to improving the quality of the environment.

The increase in the concentration of greenhouse gases has
had a large impact on global climate change, since industri-
alization. Many countries have set targets for reducing the
emissions of greenhouse gases in order to mitigate global
warming. Among them, top on the list of CO2 emissions in
the world, China aims at reducing 40%–45% of its CO2 emis-
sions per unit GDP by 2020, based on the 2005 level [5–7].
This requires considerable changes not only in the framework
of fossil fuel consumption, but also in the development of
renewable energy from wind, solar, geothermal, and so on,
together with an enlargement in the area covered by forests
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and innovations in technologies that can enable permanent
storage of the CO2 underground.

CO2 emissions in China come mainly from the com-
bustion of fossil fuels (90%) and during the process of
cement manufacturing (10%). For example, in 2012, 68% of
the emitted CO2 was sourced mainly from the combustion
of coal, while 13% came from oil and 7% from natural gas
[8]. According to the statistics, annual emissions of CO2
from large stationary point sources, that is, >0.1Mt/year,
amount to 3.89 GtCO2, which accounts for 67% of the total
emissions. Among which, 72% is from power stations [9].
This demonstrates that a reduction of the CO2 emissions
from the large stationary point sources is the key to realizing
China’s target [10, 11].

China’s main target for the transformation in its energy
framework is to reduce the combustion of coal, while increas-
ing the supply of natural gas and other clean energy, and
controlling the emissions of CO2, SO2, NOx, and so on.
CO2 capture and sequestration (CCS) and utilization (CCUS)
technologies can be applied to store CO2 underground
effectively, thus reducing its emission into the atmosphere.
This technology is now highly developed and is likely to play
a significant role in China, especially when the operation
costs are reduced. This paper reviews the state of the art
of CCS and CCUS technologies worldwide while paying
more attention on its status and development in China. The
mature technology will be examined in various engineering
projects.Therefore, this paper considers the state of operation
of CCS and CCUS projects in detail and concludes by
presenting the likely challenges to be experienced through
the industrialization of these projects in China. Due to space
limitation, it has not been possible to include a review of the
current research status on the conversion of CO2 to produce
some commercial products or its use in the food industry,
for example, as an additive in beverages or as a preservative
for fruits and vegetables. Henceforth, only its utilization for
geologic and geoengineering purposes such as EOR, ECBM,
ESG, and EGR has been considered in this paper.

2. Worldwide Development of CCS and CCUS

The CCS technology is a means to control emissions of
CO2 that are captured from different processes including
precombustion, postcombustion, and oxy-fuel combustion.
The stages of a CCS project can be divided into (1) CO2
capture, (2) CO2 transportation, (3) CO2 injection, and (4)
postinjection of CO2 [12–19].

In the short term, depending on the purpose of the CCS
project, CO2 can be stored in different geological sites, includ-
ing deep saline formations, depleted oil or gas reservoirs,
deep unmineable coal seams, and shale formations, to reduce
the CO2 emissions [20, 21], Figure 1. In comparison with the
pure CCS technology, CCUS technology pays more attention
to utilization (U) of the captured CO2 while sequestration
(S) plays a secondary role. CCUS can reduce the cost of
sequestration and bring benefits by enhancing the production
of hydrocarbons or heat energy, thus becoming very popular
in recent years. Based on the purpose of the CO2 injec-
tion, a number of related technologies have been developed

including (1) Enhanced Oil Recovery (EOR), (2) Enhanced
Coalbed Methane Recovery (ECBM), (3) Enhanced Gas
Recovery (EGR), (4) Enhanced Shale Gas Recovery (ESG),
and (5) Enhanced Geothermal System (EGS).

The engineering projects for both CCS and CCUS tech-
nologies are systematically complicated, with their success
depending on rigorous research in engineering and science
disciplines including geology, geoengineering, geophysics,
environmental engineering, mathematics, and computer sci-
ences. In addition, key to success in site selection for any such
a project demands strict considerations of safety, economy,
environment, and public acceptance at all levels of operation,
that is, countrywide, basin-wide, regional, or subbasin levels
[22–26], Figure 2. Although CCS and CCUS technologies
share similarities in site selection, each will induce a series of
different physical and chemical responses in the underground
porous or fractured rock formations, in terms of the existing
local hydrological (H), thermal (T), mechanical (M), and
chemical (C) fields [27–29], Figure 2. Coupling of the THMC
processes during and after CO2 injection related to CCS and
CCUS technologies has become a research hotspot in recent
years [26, 30–33].The two technologies, however, haveminor
differences, in terms of purpose, storage duration, injection
depth and rate, fluid and reservoir types, scheme of drilling,
completion and monitoring, and so on.

2.1. CCS. CCS is a viable option for significantly reducing
CO2 emissions from large-scale emission sources. When its
only purpose is for CO2 sequestration, the storage sites may
include deep saline formations, deep unmineable coal seam,
depleted oil or gas reservoir, and rock salt caverns [35–
38]. This technology is mature but still very expensive for
widespread commercial application.

2.2. CCUS: CO2-EOR. The first CO2-EOR field test was held
in 1964 in Mead Strawn Texas, in the USA. Since the 1970s,
CO2 has been used on a commercial scale for oil production
projects [20, 21]. Up to the present time, there have beenmore
than 100 CO2-EOR projects in operation. Among them, the
CO2-EORproject inWeyburn, Canada, is themost successful
example. It uses mixed gases separated from natural gas
production, coal gasification, and coal power from the Great
Plains Synfuels Plant near Beulah, North Dakota, USA [39].
The injection gas is mainly composed of CO2 (96.8%), plus
H2S (1.1%) and a minor amount of hydrocarbons that are
piped to the Weyburn Basin through a pipeline 339 km in
length [7]. The purpose of the project is to inject 2 million
tons of CO2 into the depleting oil reservoir over a 20-year
period, in order to increase oil recovery to 130 million barrels
and to extend the production of oil in this oilfield to 25 years
[40].

2.3. CCUS: CO2-ECBM. The conventional method to pro-
duce coalbed methane is to decrease the pressure in the
coalbed reservoir, making the methane desorb from the
matrix. However, the recovery of coalbed methane produc-
tion using this method is less than 50%. The alternative is
to desorb more CH4 from the coalbed matrix by injecting
gases including CO2 or N2 [41–44]. Studies on enhancing
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Figure 1: Schematic diagram of the CCUS technology in different geological reservoirs for both long and short-term sequestration of CO2.

coalbedmethane byCO2 injection started in the 1990s [7, 45].
When CO2 is injected in the coalbed layer, both the gaseous
and adsorbed-state of CH4 and CO2 will exist in equilibrium
[46]. Because the coalbed has a much stronger adsorption
capacity for CO2 than CH4, the injection of CO2 will make
the adsorbed CH4 desorb, thus enhancing the CH4 recovery.

A proportion of the injected CO2 will be stored in the coalbed
formation, making it difficult for it to leak to the surface.
Therefore, this technology can bring both economic benefits
and also guarantee the safe storage of CO2 [47, 48].

The successful injection of CO2 to enhance coalbed
methane recovery has been proved by many experimental
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Figure 2: Schematics of the two main topics, that is, the site selection system (1) and the THMC responses (2) associated with CCS and
CCUS technologies.

and numerical studies. However, the production efficiency
is strongly site-dependent, in relation to the permeability
of the coalbed matrix, production history, gas transporta-
tion process, maturation of coal, geological configuration,
completion scheme, hydraulic pressure, and so on [42–
44, 49–52]. Nevertheless, the maturity of its commercial
application is still very low. Pilot-scale CO2-ECBM projects
so far include those in Alberta, Canada, which started in 1997,
the Burlington project in the San Juan Basin of the USA, the
RECOPOL project that started in 2001, the Yubari project in
Japan, and the Qinshui basin project in China that started in
2002 [53].

2.4. CCUS: CO2-EGR. Studies on injectingCO2 into depleted
gas reservoirs to enhance gas recovery started in the 1990s
[54]. Unlike the CO2-EOR technology, CO2-EGR technology
is still at the pilot-scale stage. Its efficiency is highly dependent
on reservoir type, temperature and pressure conditions, het-
erogeneity, production strategy, and so on [55–60]. For some
CO2-EGR projects, the gas recovered can reach 10%, while
other projects have seen less or no enhancement [61–63].The
rapid breakthrough of CO2 in a production well, resulting in
a high concentration of CO2, restricts the production of pure
natural gas [64]. Since 1999, the USA has carried out a pilot
project of CO2-EGR in Rio Vista. The Netherlands injected
60 kilotonnes of CO2 into a depleted gas reservoir in the
K12B project during 2004 and 2009 [7]. The CLEAN project
in Germany started a CO2-EGR project in the Altmark gas
fields in 2009; however, public protests have prevented CO2
injection on the site [65]. Many other countries including
Australia and Norway are also positively developing this
technology [64, 66–74].

2.5. CCUS: CO2-ESG. The USA has been carrying out shale
gas desorption since 1821. However, limited development of
the technology made this process procedurally cumbersome
and substantively difficult to apply before the 21st century.
In 2000, shale gas contributed only 1% of the whole natural
gas supply, while, by the end of 2011, this proportion had
increased to 30% due to a breakthrough in horizontal drilling
and horizontal multistaged fracturing technology. The revo-
lution of shale gas in theUSA is changing the energy structure
of the world [75].

Encouraged by the successful application of CO2 in oil
and gas recovery, its application in aiding the production
of shale gas began in recent years [76–81]. There has also
been progress in replacing water by supercritical CO2 as the
injection fluid in the fracturing technology [82–86].However,
this process is still in the very early exploration stages.

2.6. CCUS: CO2-EGS. The first study of EGS technology
started in Fenton Hill, USA, in 1970 [87]. Since then, many
other countries, including France, Germany, Austria, Italy,
Japan, and Australia, have paid attention to the development
of this technology. The conventional EGS technology uses
water as the injection fluid and circulation media. Based on
the research in [88], CO2 is now regarded as a more favorable
circulation fluid compared with water because of its large
compressibility and expansibility. This idea has already been
supported by many studies (e.g., [89–93]).

The application of CO2 in a geothermal system is not
restricted to the hot dry rock reservoirs but also includes
the conventional hydrothermal reservoirs [38, 91, 94]. The
injection of CO2 can enhance the efficiency of reinjecting the
hot wastewater by improving the porosity and permeability
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through the activated water-rock geochemical reactions [95].
Besides being the main circulation fluid, CO2 can also be
regarded as a pressurized hydraulic fluid in the reservoir.
Injection of CO2 in a hydrothermal or hot dry rock reservoir
can maintain the reservoir pressure, promoting the flow
rate of the in situ water towards the production well, thus
enhancing the heat recovery and even the recovery of the
CH4 dissolved in the aquifer water [96–99]. Reference [38]
described this process as theCO2-AGES (CO2-aided geother-
mal extraction system) in which three stages are involved:
(1) the production of hot water when CO2 is used as the
pressurized hydraulic fluid; (2) two-phase fluid flow in the
production well after the CO2 breakthrough; and (3) and as
a circulation fluid, when CO2 fills the production well, which
is similar to CO2-EGS.

3. CCS and CCUS Engineering
Projects Worldwide

By the end of 2016, based on the statistics of Global Status
2016, there were 38 large-scale CCS + CCUS projects in
operation or under construction and planning. Among them,
17 projects are located in North America (12 projects in the
United States and 5 in Canada); 12 projects in Asia (8 in
China, 2 in South Korea, 1 in Saudi Arabia, and 1 in United
Arab Emirates), 5 in Europe (2 in Norway, 2 in United
Kingdom, and 1 in the Netherlands), 3 in Australia, and 1 in
Brazil. Among the 15 projects that are in operation, 12 projects
are related to CO2-EOR and the other 3 projects are pure CO2
sequestration. There are 66 pilot-scale CCS + CCUS projects
of which 22 are in operation, 5 under construction, 5 at the
planning stage, and 34 have just been completed.

Among the 70 pilot-scale engineering CCUS projects
worldwide, based on their distribution by regions or coun-
tries, 22 are located in North America, 1 in South America,
22 in Europe, 20 in Asia, 4 in Australia, and 1 in South Africa;
see Figure 3 for more details.

There are still no concrete CO2-ESG and CO2-EGS
projects anywhere in the world. Only a few countries,
including the USA, Canada, China, and Argentina, can
commercially produce shale gas. At the end of 2015, the daily
shale gas output in the USA, Canada, China, and Argentina
had reached 37, 4.1, 0.5, and 0.07 Bcf, respectively [100, 101].
Shale gas production in the USA abruptly increased after
2000, while Canada and China successfully produced shale
gas for the first time in 2008 and 2012, respectively. There
are now more than 100,000 shale gas drilling wells in the
USA. In China, however, only about 600 wells have been
drilled in the last few years [102]. The EGS technology is
still at the research and development stage. Nevertheless,
there are some experimental EGS plants and pilot projects,
for example, at Fenton Hill, Coso, and Desert Peak in
the USA, Bad Urach, Neustadt-Glewe, Bruchsal, Landau,
and Unterhaching in Germany, and Soultz-sous-Forets and
Bouillante in France [87]. Substantially higher research,
development, and demonstration efforts are needed to ensure
EGS technology becomes commercially viable in the near
future.
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4. Current Status of CCS and
CCUS Technologies in China

Since 2005, CCS has been listed as a frontier technology
in China’s mid-long term technical development program
in order to realize the goal of zero emissions from fossil
fuel energy [103]. Meanwhile, more attention has been paid
to CCUS technology, especially CO2-EOR and CO2-ECBM
[104–107]. Between 2006 and 2015, the Ministry of Science
and Technology of China (MOST) funded eight National
Basic Research Programs (also known as the 973 Program)
and State High-Tech Development Plans (commonly known
as the 863 Program). Three of these programs were related
to CO2-EOR and the others to the CO2 capture technol-
ogy, shale gas recovery, and the hot dry rock systems.
The National Natural Science Foundation of China (NSFC)
also generously funded basic research related to CCS and
CCUS.

Based on the incomplete statistics of the research projects
funded by MOST and NSFC during 2005–2016 (Figures 4
and 5 and Table 1), the distribution of funding for different
aspects of CCS and CCUS is shown as follows: (1) CCS (32
projects), of which all the 7 projects funded by the MOST
were related to CO2 capture technology. The 23 projects
funded by the NSFC and 1 project funded by the Ministry
of Land and Resources were concerned with CO2 storage;
(2) CCUS: CO2-EOR (18 projects), of which 6 projects were
funded by the MOST and 10 by the NSFC; (3) CCUS: CO2-
ECBM (22 projects), of which 3 projects were funded by the
MOST, and 17 by theNSFC; (4) CCUS:CO2-EGR (4 projects);
(5) CCUS: CO2-ESG (4 projects); and (6) CCUS: CO2-EGS (7
projects).

Several international cooperation research projects were
also developed, including NZEC between China and Europe,
CAGS between China and Australia, and CCERC between
China and the USA; see Table 2 for further details.

http://www.globalccsinstitute.com/
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Table 2: China’s international collaboration on CCUS projects during 2005–2016.

Name of projects Main responsible institutes in
China Funding sources Funding

China-EU Cooperation on
Near Zero Emissions Coal
(NZEC)

The Administrative Center for
China’s Agenda 21 (ACCA21)

etc.

MOST, EU, UK Environment,
Food and Rural Affairs
(DEFRA) 2007–2009

4.5 million US$

China-Australia Geological
Storage of CO2 (CAGS)

MOST, Australian
Department of Resources,

Energy and Tourism
2010–2018

>4.0 million US$

China-Italy CCS project MOST, Italian Ministry of
Environment 2010–2012 —

China-Netherlands
CO2-ECBM and CO2 saline
aquifer storage exchange
center

Institute of Coal Chemistry
(CAS) etc.

Ministry of Economic Affairs
2008- —

China-U.S. low emission
technology of IGCC

Institute of Engineering
Thermophysics (CAS) etc.

MOST, U.S. DOE
2010–2012 —

China-U.S. Clean Energy
Research Center (CCERC)

Huazhong University of
Science and Technology

MOST, U.S. DOE
2010–2015 2 million US$/year

China-Germany CCUS
project Sichuan University etc. NSFC, DFZ

2010–now —

EOR ECBM EGR ESG EGS CCS
Types of CCUS and CCS

MOST
NSFC
Others

0

5

10

15

20

N
um

be
r

Figure 4: Research projects of CCS and CCUS in China during
2005–2016 based on Table 1.

4.1. CCS. China’s Geological Survey compiled a series of
atlases relating to the storage capacity and suitability eval-
uation of China and its main sedimentary basins [25, 108–
112]. Combined with a selection indicator evaluation system
for potential storage sites, the standardization of the CCS in
China has a good foundation [20, 21, 113, 114]. A preliminary
evaluation of the CO2 storage potential in the saline forma-
tions at a depth of 1–3 km showed a capacity of 1.435 × 1011
tonnes, andmost parts of the Huabei plain and Sichuan Basin
can be regarded as favorable storage sites [115, 116]. Based on

2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016
Year
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Figure 5: Different types of CCUS research projects inChina during
2006–2016 based on Table 1.

the studies on CO2 sequestration in saline formations [117–
124], the first full chain CCS project in China was successfully
launched in the Ordos Basin with a storage target of 0.1
million tons of CO2 injected in 2010 [125–130].

4.2. CCUS: CO2-EOR in China. The theoretical CO2 storage
capacity of depleted onshore oil reservoirs is estimated to be
3.78 gigatons of CO2 [131]. Conservative estimates reveal that
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Daqing Recovery 10%

Daqing

Jiangsu Fumin area 1500 tons increased
WAG test Fumin #14 zone

Jilin

1420 tons increased

Shengli
Liaohe

200 tons/well increased

Subei Water content < 70%

Jilin Hei #59 zone Recovery 13%

Zhong
yuan Wen #88-Ping #1

Shayixia 109.6 kilotons increased
Dagang Gang #282

Oilfields Type of field tests Field location Experimental results

Changqing Qiaojiawa of Jingbian
and Wuqi

Recovery 4–9%
＃／2-EOR pilot test
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1960
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2020
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Figure 6: Development of CO2-EOR pilot tests in several oilfields in China since the 1960s.

about 70% of the oil production comes from nine oilfields,
that is, Changqing, Tarim, Daqing, Shengli, Yanchang, Bohai,
Liaohe, Zhongyuan, and Jilin. However, most of them are
facing or will soon be depleted after many years’ produc-
tion. Under these circumstances, CO2-EOR technology may
become an effective option to produce more oil from the
depleting reservoir. In fact, China started the development
of CO2-EOR technology in the 1960s in several districts of
the Daqing oilfield including Ta #112, Fang #48, and Shu
#16 and #101 [132]. Several CO2-EOR field tests have also
been carried out in other fields including Jilin, Dagang,
Shengli, and Liaohe (see Figure 6), with recovery increasing
to about 10% [118, 121, 132–137]. Compared with the status
of CO2-EOR technology in the US, extensive application of
CO2-EOR in most oilfields of China may be difficult as the
geologic structure ofmost reservoirs is characterized bymany
faults and low permeability [138]. Besides, a lack of policy
and regulatory incentives, high commercial uncertainty, and
technical challenges affect the rapid development of the CO2-
EOR technology in China.

4.3. CCUS: CO2-ECBM in China. While studies on CO2-
ECBM technology first started in the 1990s, China began its

basic research in this field (including adsorption, desorption
and swelling mechanisms in the coal matrix, and the two-
phase gas flow of CO2 and CH4 in different types of coal
rocks) at the end of 20th century [139–145]. This research
was further extended to include the CH4 displacement
mechanisms by using a mixture of CO2 and N2 [41, 146–151].
Based on the well test data for coalbed methane production
in China, the recovery is in the range of 8.9%–74.5%, with
an average value of 35%. By using CO2-ECBM technology,
the recovery can be increased to 59% [152]. Based on the
preliminary evaluation of [153], the recoverable coalbed
methane can increase to 1.632 × 1012m3 with CO2 storage
amount of about 120.78× 108 tonnes for the coalbed at a depth
ranging from 300 to 1500m.

4.4. CCUS: CO2-EGR inChina. According to the results from
the third oil and gas reserve investigation, if 75%of the porous
volume derived from gas production is used for CO2 seques-
tration, there will be a potential for a CO2 storage capacity
of 5.18 billion-tons [9, 154]. However, the gas industry in
China started late and gas production is low, which means
that there will not be many depleted gas reservoirs in the



12 Geofluids

short term, limiting the possibility of a commercial scale
application of the CO2-EGR technology. From the maturity
point of view of this technology, very few research institutes
in China are working on the improvement of CO2-EGR at the
present. Furthermore, the early breakthrough of CO2 in gas
production wells makes it difficult to attain good production
efficiency from the application of CO2-EGR technology [47].
A means of reducing the costs of separating the mixed gases,
CO2 andCH4, is required to attain thewidespread application
of the CO2-EGR technology in China.

4.5. CCUS: CO2-ESG in China. Encouraged by the successful
exploitation of shale gas in North America, China joined the
exploration of shale gas in 2005 [155]. The published data
from the Ministry of Land and Resources in 2002 confirms
that China had a shale gas reserve of 25.1 × 1012m3. By the
end of 2015, China had a technical shale gas reserve of about
1.3 × 1011m3 including the increased proved technical reserve
of 1.09 × 1011m3.

In December 2010, China drilled its first shale gas
exploration well, Wei201 in Weiyuan gas field [155]. In May
2012, the first shale gas horizontal well in China was drilled
and operated by Yangchang oilfield, demonstrating a great
breakthrough in the hydraulic fracturing technology for shale
gas reservoirs. By the end of 2012, China’s total shale gas
production was 2.5 × 107m3, which increased to 2.0 × 108m3
in 2013, 1.3 × 109m3 in 2014, and 4.47 × 109m3 in 2015.
The production of shale gas in China has increased greatly
during the last few years, especially from the Peiling shale
gas field in Chongqing with a proved reserve of more than
1.0 × 1011m3. It has produced shale gas of about 1.03 ×
109m3, becoming the largest commercial shale gas field in
China.

However, high production costs, a large amount of water
consumption and a breakthrough in some key technolo-
gies related to shale gas production will restrict large-scale
production in the near future [102]. In 2012, the National
Energy Administration of China set a target for shale gas
production of 6 × 1010–1.0 × 1011m3 by 2020. But after a
two years’ practical experience during 2012-2013, it revised
this target to 3.0 × 1010m3 by 2020. Using CO2 to enhance
the recovery of shale gas is now at an early exploration stage
[156].

4.6. CCUS: CO2-EGS in China. The 863 plan project that
aims at investigating EGS was initiated by Jilin University
in 2012 [157]. There are now several other projects in the
country using CO2 in geothermal production (see Table 1).
This demonstrates that China is interested in developing
EGS to exploit the deep geothermal resources from the hot
dry rocks. Many Chinese researchers (e.g., [143, 158–162])
have already studied the operation mechanisms of the CO2-
EGS system and its optimization designs. A preliminary
site selection system considering the role of CO2 in the
geothermal production was set up by [26]. Research in this
technology is still at the very early stage and requires detailed
work to attain pilot scheme status.

5. Status of CCUS Engineering
Projects in China

The CO2 emission sources are mainly located in the middle-
eastern regions of China; see details in Figure 2.15, [34].
Therefore, pilot-scale CCUS (mostly CO2-EOR) engineering
projects in China are also located in these regions (Figure 7,
Table 3). Based on published government and industrial
reports and personal communications, the progress of pilot-
scale CCUS engineering projects in China is as follows:

(1) ACO2-EORfield test was executed for the first time in
Daqing oilfield in 2003. In recent years, the industrial
injection of CO2 and the production of oil with the
help of CO2-EOR technology operated by the Daqing
oilfield aremainly located in the Yushulin andHailaer
oilfields.

(2) A CO2-EOR project with a CO2 injection amount
of 0.8–1 million tons/year in Jilin oilfield (still in
operation) since 2005 for the exploitation of the CO2-
rich (21% CO2 concentration) Changling gas field. A
CO2-EOR experiment has been carried out by Jilin
oilfield in 2006 andoil recovery enhanced by 8%–10%.
The Changling gas field was the first project to
integrate natural gas production, CO2 sequestration,
and EOR technology [7]. As the conventional water
injection method does not provide good production
efficiency in low permeable oilfields, CO2-EOR has
played a large role in increasing production, such
as in the Fuyang oilfield [137]. By March 2017, oil
production increased to 100 kilotons by injecting 1.1
million tons of CO2 underground.

(3) A full chain pilot-scale CO2-EOR project has been
injecting CO2 at a rate of 40,000 tons/year in the
Shengli oilfield (still in operation). The Sinopec
Shengli oilfield cooperated with the Shengli power
plant to install the largest equipment for capturing
exhaust gases in a coal power plant [163]. Its purpose
is to reduce CO2 emission by 30 kilotons/year and
enhance oil recovery by 20.5%. This project started
in 2008 and about 251 kilotons of CO2 had already
been injected in the ultralow permeable oil reservoir
through 11 injection wells by April 2015.

(4) A CO2-EOR project operated by Zhongyuan oilfield
(still in operation) injected CO2 at a rate of 30,000
tons/year and managed to increase oil production by
3600 tons after injection of 2170 kilotons of CO2 and
827 kilotons of water [7]. By February 2017, a total
amount of about 553 kilotons of CO2 was injected
underground. As a result, oil recovery is proved to
have enhanced by 10% in the Zhongyuan oilfield and
by 60% in the Shayixia oilfield after the pilot-scale test.

(5) The CO2-EOR project led by the Yangchang oilfield
company was carried out in 2013 using captured CO2
during the production of methanol and acetic acid.
At present, the capture equipment designed for 360
kilotons/year of CO2 is under construction. Pilot-
scale CO2-EOR field tests have been done in some
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districts of Jinbian and Wuqi, with a total of 90
kilotons CO2 injected.

(6) As the first demonstration of IGCC power station in
China, the first stage of the IGCC project at Tianjin
combined with the CO2 capture and EOR technology,
with an installation capacity of 265MW, has been in
operation since November 2016.

(7) The CO2-ECBM project located in the Qinshui
basin of Shanxi Province operated by China United
Coalbed Methane Corporation, Ltd (completed) [7,
164]. It is the only pilot-scale CO2-ECBM field test
in China and operates at an injection rate of 40
tonnes/day of CO2. This is a cooperation project
between the Zhonglian coalbed methane Ltd and

Canada which aims at studying the feasibility of CO2-
ECBM in China [53].

(8) The full chain CCS project in the saline formations
located in the Ordos of the Inner Mongolia (com-
pleted). This is the first full chain CCS project in
China, with a capital investment of more than 28.6
million US$. The drilling of one injection (with a
completion depth of 2826m) and two monitoring
wells (31 and 70m away from the injection well)
started in 2010. Since September 2011 until 2015, a
total amount of 300,000 tons CO2, produced by the
coal liquefaction factory of the Shenhua Group, has
been transported by oil tankers and injected in four
saline formations and one carbonate formation [165].
The first stage of injection test started in 2011, with
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the wellhead injection pressure ranging from 6.79
to 8.63MPa. The second production test started in
2012 with varying injection rates of 6m3/h, 9m3/h,
12m3/h, and 15m3/h and constant wellhead injection
pressure of 5.7MPa and temperature of 5∘C. Another
large-scale CO2 sequestration in the deep saline for-
mations located in Lianyungang of Jiangsu Province
is in preparation.

(9) A CO2 storage project in the rock salt at Yingcheng
in Hubei Province, where CO2 will be captured by
the oxy-fuel combustion technology, is in preparation
[166].

(10) CO2 sequestration by microbe algae has also been
identified an effective means to reduce CO2 concen-
tration in the atmosphere. The two representative
CO2 sequestration projects using microbe algae are
the Xin’ao and Qinghua groups both from China.

In the next few years, CO2-EOR engineering projects
will still be the most important CCUS technology in appli-
cation. After the successful experience attained from the
pilot-scale CCUS projects so far, China is now planning to
run 13 large-scale CCUS projects. Based on the stages of
the engineering projects, the project will be divided into
the following study phases: opportunity → preliminary →
prefeasibility→ feasibility→ construction drawing design→
construction→ operation→ completed. All the stages before
the construction drawing design phase, that is, preparation of
the engineering projects, could be lumped together and called
the “evaluation” stage. Due to the current low oil price and a
lack of themotivation policy, the progress in developingmost
of these large-scale planning CCUS projects lags far behind
the schedule. Most of these projects are still at prefeasibility
or feasibility stages and some may even be cancelled.

Although capturing and industrial utilization of CO2 in
China are not the key aims of this paper, the related projects
in operation include (1) Huaneng Beijing thermal power
plant; (2) Huaneng Shanghai Shidongkou; (3) China Power
Investment Corporation Chongqing Shuanghuai; (4) CO2
project in Hainan operated by China National Offshore Oil
Corporation (CNOOC); (5) CO2 project in Jiangsu province
operated by the Zhongke CO2 Jinlong company. The CO2
pilot-scale project in Tianjin organized by China Guodian
Power is in preparation.

At present, China does not execute any CO2-EGS field
tests. However, a few engineering EGS projects exist at their
early scientific field test stages. These include (1) the hot dry
rock scientific drilling project in Zhangzhou Fujian province,
in operation since May of 2015, with a drilling depth of
4000m and a water temperature high enough for geothermal
power generation and (2) a hot dry rock scientific drilling
project in Qinghai Province, with a water temperature of
200∘Cat a depth of 3000m [157]. Studies on power generation
in traditional hydrothermal fields located in Yangyi, Xizang,
and Tengchong in Yunnan Province are also undergoing.
However, there are no active engineering projects related to
CO2-EGR and CO2-ESG in China.

6. Challenges in the Widespread Application
of CCUS in China

6.1. Tackling Problems in Key Technologies. The injection of
CO2 underground for the CCS and CCUS purposes involves
multiple physical-chemical coupling interactions of multiple
components in porous fractured media, especially the trans-
mission and migration of fluids between porous media with
a low/ultralow permeability and complex fractured network.

(a) There aremature commercial CO2-EOR technologies
in the USA and Canada. In China, however, because
of the strong heterogeneity in oil reservoirs, the
CO2 channeling effect is serious [138]. Therefore,
improving the sweep efficiency is the key to attaining
widespread application of CO2-EOR in China. Other
efficient methods include the alternating injection of
water and CO2 (WAG) and the addition of foaming
and gelling agent [132].

(b) There are currently no commercial scale CO2-ECBM
engineering projects being developed anywhere in the
world. In China, studies on CO2-ECBM technology
are at a very early stage of exploration. More research
is required to tackle key problems like the adsorption-
desorption process between CH4 and CO2 in the coal
seam [46, 146, 147], themechanisms of the interaction
between CO2-CH4-H2O at molecular scale [150],
the impact of the coal grade, water content and
composition of coal, and so on on the diffusion
and migration of mixed gases in the coal seam,
the dynamic changes of phase behaviour during the
process of CO2 injection, and CH4 production and so
on.

(c) In the application of the CO2-EGR technology, more
effort is required to prevent the early breakthrough
of CO2 into the production well, thus enhancing
the sweep efficiency of CO2. Thus more studies are
needed like the understanding of migration processes
of the CO2 after its injection into the depleted gas
reservoir, phase behaviour, the mixing mechanism of
CO2 and CH4, and so on [48, 60].

(d) Multistage hydraulic fracturing in the horizontal wells
has been widely used in shale gas production in
China. However, this technology is still not mature
enough for the production of shale gas at depths
>3500m. The large amount of water consumed in
the production of shale gas is a big challenge for
its large-scale production, especially in southwestern
China, where the existing water resources are very
poor. Using CO2 as the fracturing fluid has become
a research hot spot in China [167]. Injection of CO2
to extract brine or methane energy from the aquifers
was also studied recently [168].While the feasibility of
using CO2 to enhance shale gas recovery still requires
more research and field tests.

(e) The direct use of geothermal energy in China has
been the priority during the last few years, while its
use for power generation largely lags behind that of
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several countries, such as the USA, the Philippines,
Japan, and Indonesia. Technologies including CO2-
AGES, EGS, and binary cycle power plants may
have a positive effect on the development of China’s
geothermal power system. However, before obtain-
ing mature engineering experiences, China needs
to enlarge its investment in human, physical, and
financial resources in these technologies.

6.2. Negative Impacts on the Environment and Resources. The
risk of leakage of the injectedCO2 in the injection/production
wells may have a serious environmental impact [169–173].
The groundwater quality may deteriorate if the CO2 in the
injection layer leaks into the freshwater aquifer through
microfractures or faults [174, 175].When hydraulic fracturing
is applied to shale gas or geothermal energy production, it will
induce microseismic events. In addition, the toxic chemical
additives in the hydraulic fluid may have a serious negative
impact on freshwater aquifers when they leak into the shal-
low layers because of possible geological hazard. Therefore,
a long-term environmental monitoring activity should be
carried in parallel with the CCUS engineering project to
ensure its safety [104]. The dynamic migration process of
CO2, chemical interaction among CO2 -reservoir fluid-rock,
the deformation or eruption of injection/overlying caprocks,
and temperature and pressure changes in the reservoir should
be monitored for a long time after the injection [29, 176].

6.3. Storage Capacity Data Is Not Clear. The total amount
of resources and the distribution of depleted oil and gas
fields, deep unmineable coal seams, deep saline formations,
shale gas, and rock salt reservoirs are not clearly known
because of the inadequacy of the geological data. Thus to
attain a widespread application of CCUS technologies, more
accurate evaluationwork should be done based on geological,
geophysical, geochemical, rock mechanics data, and so on.

6.4. Policy Factor. The positive effect of China’s involvement
in CCUS technologies in recent years has been to focus on
developing CO2-EOR, the capture of CO2, the shale gas and
hot rock geothermal energy production, and especially shale
gas production with a subsidy of 4US¢/m3 during 2016–2018
and 3US¢/m3 during 2019-2020. However, other fields of
CCUS also need to be supported by the government.

6.5. High Investment Costs. The cost of a CCS or CCUS
projectmainly includes CO2 capture, transportation, drilling,
injection, and monitoring. Costs for the capture of CO2
produced by the technologies of precombustion, postcom-
bustion, or oxy-fuel combustion take the largest proportion
in the investment of a specific CCS or CCUS project. Taking
a coal-fired power station as an example, if 80% of the CO2
emitted is captured and compressed to a certain pressure, its
energy consumption will increase by 24%–40% [177]. In the
US, the price of electricity generated from a coal-fired power
station is 82–99US$/MWh and 83–123US$/MWh without
and with the CO2 capture technology, respectively, [178].
Depending on different situations and technologies in US,
the capture cost is 42–87US$/ton CO2, transportation costs

range from 4.3 to 7.2US$/ton CO2/250 km, while injection
and storage costs are 1–12US$/ton CO2 based on the prices
in 2013. In China, the cost of electricity generation by coal-
fired power station increases by 30%–50% using CO2 capture
technology due to the extra consumption of electricity and
steam. Taking the Huaneng Beijing coal-fired power station
as an example, the capture price is about 24.3US$/ton CO2,
with the CO2 capture efficiency of 80%–85% [179]. On
the other hand, simulation results of the IGCC coal-fired
power station with the CCS technology in Tianjin show
the capture price to range from 21.3 to 24.8US$/ton CO2,
accounting for 80% of the price of a full-scale CCS project
[180, 181]. However, the uncertainty in the CO2 capture price
is high depending on different capture technologies including
precombustion, postcombustion, and oxy-fuel combustion at
various stationary point sources including coal-fired power
stations, cement factories, and coal chemical industries. From
the aforementioned point of view, the uncertainty in the
investment of a specific CCS or CCUS engineering project is
determined by the cost of CO2 capture.Therefore, a reduction
in the cost of CO2 capture is the key to the widespread
application of CCS or CCUS technologies. Besides, drilling
costs are large for all types of CCUS engineering projects and
hydrocarbon/geothermal production, taking a shale gas well
as an example, it costs 5.8 million US$ for a drilling length
of 2500–3000m, and 0.72 million US$ for a general gas well.
The drilling cost of a geothermal production well in a hot
dry rock will be much higher.The corrosion property of CO2
requires a high quality of pipelines and ground equipment,
increasing the production costs of oil, gas, and geothermal
energy [182, 183].

6.6. Energy Price. The slump in the international oil price
has greatly affected the investment in the oil/gas production
and CCUS projects. Shale gas production in Peiling shale gas
field in southwestern China with good geological conditions
and large reserves is just above the breakeven point. If the
oil/gas price remains low in the future, many industries
will be unwilling to invest in these kinds of projects. With
the exception of CO2-EOR, it is difficult to profit from
other CCUS projects. Due to completion from the increased
installation capacity of wind and solar energy that have been
much easier to make an economic return in recent years,
the development in geothermal power generation will be
continuously limited because of the difficulty in returning an
economic benefit.

6.7. Social Acceptance. This is the biggest challenge for any
CCS or CCUS project. It has a substantial impact on political
decision makers and the implementation of energy projects
such as nuclear power and wind energy programs [184]. It
is the same for CCS and CCUS projects, and some CCS
exploration activities in Schleswig-Holstein and Vattenfall
Janschwalde in Germany, the Belchatow project in Poland,
and so on were postponed or cancelled because of the lack
of public acceptance over the exploration of storage sites
[185, 186]. As the most unfamiliar technology to the general
public in China, CCUS technology has been reluctantly
accepted when compared with other low carbon technologies
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including wind power, solar power, energy efficiency, or
biomass for reasons of climate change mitigation [10, 187].
However, there is now a positive attitude towards CCUS
policies in China. In order to stimulate public acceptance,
the uncertainties regarding safety and environmental risks
involved in CCUS will have to be reduced at the beginning
of the development stage of any CCUS technology [188].
However, this will be largely dependent on the innovation
of long-term monitoring techniques in both operating and
planned pilot projects [189, 190].

7. Conclusions

(1) Many countries have participated in activities to tackle
global climate changes during the last few years. The total
CO2 emissions for China in 2005 were 59.76 × 108 tonnes,
accounting for 80.03% of the greenhouse gas emission of
China in 2016. To perform its social responsibility, China
plans to reduce its CO2 emission per unit of GDP by
40%–45% in 2020 compared with the 2005 level. Therefore,
on one hand, China needs to change its current energy
framework by reducing the consumption of fossil fuels like
coal energy, or applying a clean coal program, capturing
the CO2 produced by the combustion of coal. On the
other hand, China needs to develop the renewable energy
sector, including wind energy, solar energy, and geothermal
energy.

(2) The serious air pollution problems in recent years are
forcing the government of China to pay more attention to
the development of green and clean energy aimed at saving
energy and reducing the emissions of greenhouse gases.
Some local governments have increased their investment
in modern coal-fired power station coupled with the CCS
technology. The CCUS engineering projects, especially those
related to EOR, are also developing fast.

(3) Traditional CCS projects can store a large amount
of CO2, captured from large-scale point source emission
sites, deep underground, thus effectively decreasing emis-
sions in the atmosphere. CCUS is more attractive than
the CCS technology in China because of the economic
benefits accrued by using the CO2. China has large reserves
of low permeable oil and gas reservoirs. The conventional
water injection methods cannot achieve good production
efficiency in such reservoirs; therefore the CO2-EOR and
CO2-EGR will have a great potential in enhancing the
recovery of oil and natural gas in low and ultralow perme-
able reservoirs, as well as storing CO2 in the underground
space. The CCUS technology will play a considerable role
in controlling the reduction of CO2 emissions related to
coal-fired power stations and the coal chemical industry.
For a long period of time, coal will remain the main
energy source in China; thus CCUS technology is very
important for cleansing the coal-based industry. CO2 has
the potential to be used in the production of geothermal
energy because of its favorable physical properties including
large density and small viscosity. In addition, studies on
replacing water by supercritical CO2 as the fracturing fluid
in the oil/gas/shale gas reservoirs are currently being carried
out by many researchers. If this method is proved to be

feasible, it will greatly decrease water consumption in the
production of shale gas.This is particularlymeaningful in the
western regions of China where there is lack of groundwater
resources.
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IEO: International Energy Outlook
IGCC: Integrated Gasification Combined Cycle

(IGCC)
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Approximate solutions are found for amathematical model developed to predict the heat extraction from a closed-loop geothermal
system which consists of two vertical wells (one for injection and the other for production) and one horizontal well which connects
the two vertical wells. Based on the feature of slow heat conduction in rock formation, the fluid flow in the well is divided into
three stages, that is, in the injection, horizontal, and production wells.The output temperature of each stage is regarded as the input
of the next stage. The results from the present model are compared with those obtained from numerical simulator TOUGH2 and
show first-order agreement with a temperature difference less than 4∘C for the case where the fluid circulated for 2.74 years. In
the end, a parametric study shows that (1) the injection rate plays dominant role in affecting the output performance, (2) higher
injection temperature produces larger output temperature but decreases the total heat extracted given a specific time, (3) the output
performance of geothermal reservoir is insensitive to fluid viscosity, and (4) there exists a critical point that indicates if the fluid
releases heat into or absorbs heat from the surrounding formation.

1. Introduction

With the rapid increasing demand for clean and renewable
energy, geothermal energy has become one of the most
promising alternatives for energy supplies due to its many
advantages. First, geothermal energy is inexhaustible and
renewable due to radioactive decay from below the earth
[1] and there is a wide range of geothermal resources in
the world including in the USA, Mexico, Germany, Italy,
Finland, Norway, Iceland, Sweden, New Zealand, Australia,
Indonesia, and China [1, 2]. Second, geothermal energy is
much cleaner and environmentally friendly compared to
the conventional fossil fuels. It has been reported that the
geothermal energy based plants produce 1/12 carbon dioxide
of the coal based plant [3]; Third, up to date, as only small

amount of geothermal resource has been utilized for heating
or power generation compared to its large reserve, there is a
large potential for extraction.

Closed-loop geothermal system represents an important
mean to extract heat from below the earth and study on
maximizing its output performance is very important [4, 5].
The basic principle of a closed-loop system is simple: a cold
fluid (CO2 or water) is injected into the well, absorbs heat
from hotter surrounding rocks when flowing in a channel
such as wellbore or fracture, and then is pumped out from the
productionwell. In the present paper, the connecting channel
is chosen to be a wellbore. In addition to extracting heat
from the reservoir by fluid circulation, the closed-loop system
can prevent contaminants in fluids from leaking into the
reservoir. As the output performance, including temperature
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and thermal power, of a geothermal reservoir is affected
by many factors such as number and location of wells and
fractures, flow rates, and velocity and direction of areal
flow [6, 7], an efficient mathematical model is required for
studying the relationship between reservoir performance and
these parameters depending on specific system configuration.

Fluid flow and heat transfer in a wellbore/pipe have
received a great deal of attention during the last several
decades due to their importance in oil and gas industry. For
example, the thermoelastic stress change is significant near
the wellbore; it may change the fracture initiation and
path during hydraulic fracturing [10–12]. The mathematical
models can be mainly classified into two types, that is,
analytical and numerical. Many studies belong to the first
type. For example, Bullard [13] andMoss andWhite [14] used
a line/source model to study the time for a wellbore to attain
temperature equilibrium and the temperature evolution in a
water-injectionwell, respectively. Recently, the infinite, cylin-
drical, and finite line source theories [15] have been widely
used for geothermal simulation. For example, Eskilson [16],
Zeng et al. [17], Sutton et al. [18], Bandos et al. [19],Michopou-
los and Kyriakis [20], Molina-Giraldo et al. [21], Hecht-
Méndez et al. [4], Rivera et al. [22], and Zhou et al. [23] used
line source models to predict the temperature evolution in
the ground source heat pumps. In addition, Ramey [24]
presented approximate solutions for the wellbore/reservoir
(W/R) system involved in injection of hot or cold fluid.
Dowdle and Cobb [25] applied the Horner temperature plot
method, which is similar to conventional pressure build-up,
to predict the static wellbore temperature from well logs.
Edwardson et al. [26] and Tragesser et al. [27] studied the
wellbore temperature during mud circulation by using an
exact method which is based on the solution of differential
equation of heat conduction. Because the above models do
not consider the heat exchange between the fluid inside and
that outside the drill pipe, they cannot be used as a gen-
eral tool for predicting the thermal behaviour in a well-
bore/reservoir systems.

As for fluid circulation in a wellbore/reservoir system, the
work by Raymond has to be mentioned [28]. In addition to
providing systematic derivation of the governing equations
characterizing the transient fluid flow and heat transfer,
Raymond [28] obtained the analytical solutions for the case
with steady state heat transfer in thewellbore by using Laplace
transformation and also numerically solved the problemwith
transient heat transfer in both wellbore and formation by
using the finite differencemethod (FDM).Most of themodels
studied later on fluid circulation in a wellbore/reservoir
system more or less borrow some concepts from Raymond’s
work [28]. For example,Holmes and Swift [29] solved approx-
imately similar governing equations under assumption of
steady state heat transfer between the annular fluid and the
formation. Keller et al. [30] considered the effects of heat
generated by fluid friction, sliding casing strings, and other
energy sources in the system. Garćıa et al. [31], Espinosa-
Paredes et al. [32], Fomin et al. [33], and Izgec et al. [34]
presented a fully transient FDM model by considering the
transient heat behaviour during fluid circulation in a W/R
system. Wu et al. [35] solved analytically the transient heat

transfer both in the wellbore and formation during drilling
with fluid circulation in the wellbore.

In addition to the above-mentioned approaches, recently
a large number of numerical open sources or commer-
cial software are available for geothermal simulation. For
example, HYDROTHERM by US Geological Survey [36]
and TOUGH2 by Lawrence Berkeley National Laboratory
[37] based on FDM, OpenGeoSys by Helmholtz Centre of
Environmental Research, Germany [38], ROCKFLOW by
Kolditz et al. [39], FEFLOW by Diersch et al. [40, 41], FEHM
by Los Alamos National Laboratory [42] and COMSOL
[43] based on finite element method (FEM), ECLIPSE by
Schlumberger [44], and Fluent by ANSYS [45] based on finite
volume method (FVM) have been applied successfully to
model the heat extraction from geothermal reservoirs with
complicated geometries. In addition, the boundary element
method (BEM)was also used formodelling similar problems.
For example, Ding [46], Ghassemi et al. [47], Kumar and
Gutierrez [48], and McClure and Horne [49] used the BEM
or displacement discontinuity element method (DDM) to
simulate the heat and mass transfer in geothermal reservoir
with single fracture or fracture networks.

Although the above numerical methods can be used to
solve complex problems, they sometimes are computationally
costly. The analytical methods cannot be directly used to
solve the present closed-loop geothermal model because of
the complex model geometry.This is the mainmotivation for
carrying out the present work.

The objective of the present work is to provide an
approximate approach to predict the heat extraction and
thermal power from a closed-loop geothermal reservoir.This
paper is organized as follows: in Section 2, the problem
description and formulation, including governing equations
and boundary and initial conditions, are presented; Section 3
provides the dimensionless formulation, followed by solution
method in Section 4. The model validation and numerical
results are given in Section 5 and conclusions are presented
in Section 6.

2. Problem Formulation

2.1. Problem Description and Assumptions. Themodel geom-
etry studied is shown in Figure 1. It contains one simplified
well containing two vertical parts and one horizontal part.
The initial temperature of the system is a function of depth;
that is, T0 = A0z + B0, where A0 is the geothermal gradient
and B0 is the surface ground temperature. At time 𝑡 > 0, a
fluid (water) with a constant temperature 𝑇in is injected into
the system at a constant volumetric rate Q1. The geometrical
sizes of the wellbore shown in Figure 1 are defined as follows:
the lengths of the injection, horizontal, and production well
sections are L1, L2, and L3 (L3 = L1), respectively; the radius
of the wellbore is 𝑟ℎ𝑖 (𝑖 = 1, 2, 3), possibly including all
layers such as steel casing and cementation if they exist as
shown in Figure 1.Theorigin of the general coordinate system
(GCS), denoted by the coordinates (𝑥, 𝑦, 𝑧), is located at the
injection point of the vertical well and coincides with the
origin of the local cylindrical coordinate system (LCCS),
denoted by the coordinate (r1, z), for the injection well. The



Geofluids 3

11

Heat exchanger

Hot granite

Hot granite

A B

C
L1

L2

QＣＨ , TＣＨ

(a)

Fl
ui

d 
f l

ow

Tu
bi

ng

Ca
sin

g

Ce
m

en
t

Ro
ck

A
nn

ul
us

2rℎ

2rco

2rci

2rto

2rti

(b)

Figure 1: Model geometry. (a) Injection well system and (b) cross section of the well system.

origin of the LCCS, denoted by the coordinate (r2, x), for
the horizontal well is at the bottom of the injection well,
that is, intersection 𝐴. In a similar way, the origin of the
local cylindrical coordinate system (LCCS), denoted by the
coordinate (r3, z1), for the production well is located at the
bottom of the production well, that is, (L2, 0, L1) in the GCS.

In order to make the problem tractable, some assump-
tions are made:

(a) The fluid is single phase, incompressible, and Newto-
nian, and the rock is impermeable.

(b) The material properties of the fluid and the rock are
constants, independent of temperature.

(c) When there are multiple layers around the wellbore,
the heat transfer through the layers is characterized by
one overall heat transfer coefficient.

(d) The heat diffusion around the wellbore can be
regarded to be axis-symmetric.

Assumption (d) is the most important one based on
which the present model is simplified. According to JiJi [50,
page 242–246], for a semi-infinite domain with a homoge-
nous initial temperature and one time-dependent surface
heat flux imposed at the boundary at time 𝑡 > 0, the
penetration depth of the thermal layer is in the order of
(6𝜅𝑟𝑡)1/2, where 𝜅𝑟 = 𝜆𝑟/(𝜌𝑟𝑐𝑟) is the thermal diffusivity
with 𝜆𝑟, 𝜌𝑟, and 𝑐𝑟 being the thermal conductivity, mass
density, and specific heat capacity, respectively, of the media.
Take shale, for example, when 𝜆𝑟 = 1.42W/(m⋅K), 𝜌𝑟 =2057Kg/m3, and c𝑟 = 2151 J/(Kg⋅K) (pp 106, [8]), the thermal
diffusivity 𝜅𝑟 = 3.209 × 10−7m2/s. This means that, after
60 days and 30 years, the thermal layer is about 3.16m and
42.68m, respectively, illustrating the slow movement of the
thermal front in rock. Because the reservoir size is large
enough (say in the order of 1 km), the interaction of heat
transfer in the horizontal and vertical directions around the
bottom of the vertical wells can be neglected.

Based on the above assumptions, the current model
can be simplified greatly without causing large errors in
predicting the temperature profiles.

2.2. Governing Equations. The governing equations can be
written in the corresponding local cylindrical coordinate
system (LCCS) for the vertical and horizontal parts of the
well. Besides, temperature continuity is enforced at the
intersection point at the heel of the horizontal well.

2.2.1. Heat Exchange along the Wellbore. As the heat flow is
uniform along the well, the transient energy equations for
the fluid flow are written as follows, according to their LCCSs
[28]:

𝜌𝑓𝑐𝑓𝐴1V1 𝜕𝑇𝑓1𝜕𝑧 + 2𝜋𝑟𝑡1𝑈1 (𝑇𝑓1 − 𝑇𝑏1)

= −𝜌𝑓𝑐𝑓𝐴1 𝜕𝑇𝑓1𝜕𝑡 , (injection),

𝜌𝑙𝑐𝑙𝐴3V3 𝜕𝑇𝑓3𝜕𝑧1 + 2𝜋𝑟𝑡3𝑈3 (𝑇𝑏3 − 𝑇𝑓3) = 𝜌𝑓𝑐𝑓𝐴3
𝜕𝑇𝑓3
𝜕𝑡 ,

(production),

(1)

for the vertical wells, and

𝜌𝑓𝑐𝑓𝐴2V2 𝜕𝑇𝑓2𝜕𝑥 + 2𝜋𝑟𝑡2𝑈2 (𝑇𝑓2 − 𝑇𝑏2)

= −𝜌𝑓𝑐𝑓𝐴2 𝜕𝑇𝑓2𝜕𝑡 ,
(2)

for the horizontal well, where 𝜌𝑓 and 𝑐𝑓 are the mass density
and specific heat capacity, respectively, of the fluid and 𝑟𝑡ℓ,𝐴ℓ,𝑈ℓ, Vℓ, 𝑇𝑓ℓ, and 𝑇𝑏ℓ (ℓ = 1 for injection, ℓ = 2 for horizontal,
and ℓ = 3 for production) denote the radius of fluid flow
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channel, the areas of the wellbore cross section, overall heat
transfer coefficients (OHTCs), fluid velocity in the wellbore,
fluid temperature, and the temperature at the wellbore wall,
respectively. The value of the radius of fluid flow channel will
be determined based on the condition as follows. If fluid flows
in a pipe, it is equal to the pipe radius; if the fluid contacts
directly with the rock formation, it is equal to the wellbore
radius; that is, 𝑟𝑡ℓ = 𝑟ℎℓ.

The OHTCs 𝑈ℓ can be calculated based on Willhite’s
equation [51] which considers a multilayered wellbore struc-
ture

1
𝑈ℓ =

𝑟𝑡𝑜𝑟𝑡ℓℎℓ +
𝑟𝑡𝑜 ln (𝑟𝑡𝑜/𝑟𝑡ℓ)𝑘tub. + 𝑟𝑡𝑜 ln (𝑟ins./𝑟𝑡𝑜)𝑘ins

+ 𝑟𝑡𝑜𝑟ins. (ℎ𝑐 + ℎ𝑟) +
𝑟𝑡𝑜 ln (𝑟𝑐𝑜/𝑟𝑐𝑖)𝑘cas.

+ 𝑟𝑡𝑜 ln (𝑟ℎ/𝑟𝑐𝑜)𝑘cem. ,

(3)

where ℓ = 1 or 2, for two well parts. The cross-section
geometry can be found in Figure 1(b) and the subscripts
provide the layers. k denote the thermal conductivities for
different layers. ℎ𝑐 is the natural convection and conduction
HTC through the annulus, and ℎ𝑟 is the radiation HTC
through the annulus; hℓ is the HTC between the fluid and
tubing. If the effects of the annulus, casing, and cements are
not taken into account, the first two terms on the right side
of (3) are used to calculate Uℓ. If the fluid contacts directly
with the rock formation, 𝑟𝑡𝑜 = 𝑟𝑡ℓ and Uℓ = hℓ. From (3)
we also know that the OHTC is mainly determined by the
minimum value of the denominators of the terms on the
right side. This indicates that if the thermal conductivity of
some layer is very small, this layer will work as a thermal
insulator.

When fluid flows in a tubing, the HTC between the fluid
and tubing, that is, ℎℓ, is obtained by using the relationship
Nuℓ = ℎℓ𝐷/𝑘𝑓, where𝑁𝑢 denotes the Nusselt number, 𝑘𝑓 is
the thermal conductivity of the fluid, and D is the hydraulic
diameter of the tubing. For fully developed laminar flow in
a pipe with circular cross section, the Nusselt number 𝑁𝑢 =3.66, while, for transitional and turbulent flows, the Nusselt
number is obtained by using the well-known Gnielinski
correlation [52]

Nu = (𝜉/8) (Re − 1000)Pr𝑓
1 + 12.7√𝜉/8 (Pr2/3

𝑓
− 1) (

Pr𝑓
Pr𝑟

)0.11 ,

𝜉 = [0.79 ln (Re) − 1.64]−2 ,
(4)

when 0.5 < Pr𝑓 < 2000 and 3000 < Re < 5 × 106. In the
present model, the Reynolds and Prandtl numbers related to

fluid flowing in the tubing or wellbore and the rock formation
are expressed as

Reℓ = 𝜌𝑓Vℓ2𝑟𝑡ℓ
𝜇 ,

Pr𝑓 = 𝜇𝑐𝑓
𝑘𝑓 ,

Pr𝑟ℓ = 𝜇𝑐𝑟ℓ𝑘𝑟ℓ ,

(5)

where 𝜌𝑓 and 𝑐𝑓 denote the mass density and heat capacity,
respectively, of the fluid and 𝑘𝑟ℓ and 𝑐𝑟ℓ denote the thermal
conductivity and heat capacity, respectively, of the rock
formation.

2.2.2. Heat Conduction in the Rock Formation Surrounding
the Wellbore. As the radial heat conduction dominates the
thermal diffusion process around the wellbore, the equations
are written as follows in their corresponding LCCS:

𝜕𝑇𝑟ℓ𝜕𝑡 = 𝜅𝑟ℓ 1𝑟ℓ
𝜕
𝜕𝑟ℓ [𝑟ℓ

𝜕𝑇𝑟ℓ𝜕𝑟ℓ ] , (ℓ = 1, 2, 3) , (6)

where Tr1, Tr2, and Tr3 denote the temperature of the
formation around the injection, horizontal, and production
wells, respectively. The thermal diffusivities of the rock
formation are denoted by 𝜅𝑟ℓ = 𝑘𝑟ℓ/(𝜌𝑟ℓ𝑐𝑟ℓ), with 𝜌𝑟ℓ being
the mass density of the rock formation. It should be noted
that the radial spatial variables for the injection, horizontal,
and production wells are r1, r2, and r3, respectively.

The heat transfer conditions between the rock and the
whole well system are given as

2𝜋𝑟𝑡ℓ𝑈ℓ (𝑇𝑏ℓ − 𝑇𝑓ℓ) = 2𝜋𝑟ℎℓ𝜆𝑟ℓ 𝜕𝑇𝑟ℓ𝜕𝑟ℓ , at 𝑟ℓ = 𝑟ℎℓ. (7)

Based on the above equation, if the OHTC 𝑈ℓ = 0,𝜕𝑇𝑟ℓ/𝜕𝑟ℓ = 0, indicating no heat flowing into or out of the
rock formation. From the point of view of heat extraction,
a thermal insulation layer along the production well can
enhance the heat production by preventing the heat loss along
the well during fluid flowing upwards.

2.3. Boundary and Initial Conditions. The injection rate𝑄1 is
prescribed and the injection temperature is

𝑇𝑓1 = 𝑇in, at (0, 0, 0) in GCS. (8)

The bottomhole temperature (BHT) of the vertical well is
used as the input conditions for the horizontal well and the
output temperature of the horizontal well is used as the input
conditions for the production well, that is, at the intersections
A and B

𝑇𝑓1 = 𝑇𝑓2, at (0, 0,𝐻) in GCS,
𝑇𝑓2 = 𝑇𝑓3, at (𝐿, 0,𝐻) in GCS. (9)
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The ground temperature at the surface is a constant

𝑇𝑟1 = 𝐵0, on 𝑧 = 0, (10)

and the initial temperature of the whole system is a function
of depth

𝑇0 = 𝐴0𝑧 + 𝐵0. (11)

The heat extraction rate or thermal power output by the
fluid with output temperature 𝑇out is expressed as

𝑊 = 𝑄3𝜌𝑤𝑐𝑤𝑇out − 𝑄1𝜌𝑤𝑐𝑤𝑇in, (12)

where𝑄1 = 𝑄3 = 𝑄in and fromwhich the total heat extracted
is

Φ = ∫𝑡
0
𝑊(𝑡) 𝑑𝑡 = ∫𝑡

0
𝑄in𝜌𝑤𝑐𝑤 (𝑇out − 𝑇in) 𝑑𝑡. (13)

3. Dimensionless Formulation

The governing equations, boundary and initial conditions,
are simplified with the following transformation:

𝑍 = 𝑧
𝐿𝑧 ,

𝑋 = 𝑥
𝐿𝑥 ,

𝑅ℓ = 𝑟ℓ𝑟ℎℓ ,

𝜏 = 𝜅𝑟1𝑡𝑟2
ℎ1

,

Θ𝑓ℓ = 𝑇𝑓ℓ
𝑇∗ ,

Θ𝑏ℓ = 𝑇𝑏ℓ𝑇∗ ,

Θ𝑓ℓ = 𝑇𝑓ℓ
𝑇∗ ,

𝜀ℓ = 𝜅𝑟ℓ𝑟2ℎ1𝜅𝑟1𝑟2ℎℓ ,

Biℓ = 𝑟𝑡ℓ𝑈ℓ𝜆𝑟ℓ ,

𝜒ℓ = 𝐿ℓ𝜅𝑟ℓ𝑟2
ℎ
Vℓ
,

𝛼ℓ = 2𝜋𝐿ℓ𝑟𝑡ℓ𝑈ℓ𝜌𝑓𝑐𝑓𝑄ℓ ,

𝛾1 = 𝐴0𝐻𝑇∗ ,
Θ0𝑟1 = Θ0𝑓1 = 𝛾1 (𝑍 − 1) + 1,
𝑇∗ = 𝐴0𝐻 + 𝐵0,
𝐿𝑧 = 𝐿1,
𝐿𝑥 = 𝐿2,

(14)

where Θ𝑓ℓ, Θ𝑏ℓ, and Θ𝑟ℓ (ℓ = 1 for injection, ℓ = 2 for
horizontal, and ℓ = 3 for production) denote dimensionless
temperature in the fluid, at the wall and in the formation,
respectively.

By using the above variables, the simplified formulation
for the three subproblems of the original model is listed as
follows.

(a) Injection Well. The governing and heat balance equations
for the injection well are

𝜕Θ𝑟1𝜕𝜏 = 1
𝑅1

𝜕
𝜕𝑅1 [𝑅1

𝜕Θ𝑟1𝜕𝑅1 ] ,

Bi1 (Θ𝑏1 − Θ𝑓1) = 𝜕Θ𝑟1𝜕𝑅1
at 𝑅1 = 1,

𝜒1 𝜕Θ𝑓1𝜕𝜏 + 𝜕Θ𝑓1
𝜕𝑍 = 𝛼1 (Θ𝑏1 − Θ𝑓1) ,

(15)

with the initial and boundary conditions

Θ𝑟1 = Θ𝑓1 = 𝛾1 (𝑍 − 1) + 1, on 𝜏 = 0,
Θ𝑓1 = Θin, at (1, 0) in LCCS. (16)

(b) Horizontal Well. The governing and heat balance equa-
tions for the horizontal well are

𝜕Θ𝑟2𝜕𝜏 = 𝜀2𝑅2
𝜕
𝜕𝑅2 [𝑅2

𝜕Θ𝑟2𝜕𝑅2 ] ,

Bi2 (Θ𝑏2 − Θ𝑓2) = 𝜕Θ𝑟2𝜕𝑅2
at 𝑅2 = 1,

𝜒2 𝜕Θ𝑓2𝜕𝜏 + 𝜕Θ𝑓2
𝜕𝑋 = 𝛼2 (Θ𝑏2 − Θ𝑓2) ,

(17)
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with the initial and boundary conditions becoming

Θ𝑓2 = Θ𝑓1, at (1, 0) in LCCS,
Θ𝑟2 = Θ𝑓2 = 1, on 𝜏 = 0. (18)

(c) Production Well. The governing and heat balance equa-
tions for the production well are

𝜕Θ𝑟3𝜕𝜏 = 𝜀3𝑅3
𝜕
𝜕𝑅3 [𝑅3

𝜕Θ𝑟3𝜕𝑅3 ] ,

Bi3 (Θ𝑏3 − Θ𝑓3) = 𝜕Θ𝑟3𝜕𝑅3
at 𝑅3 = 1,

𝜒3 𝜕Θ𝑓3𝜕𝜏 + 𝜕Θ𝑓3
𝜕𝑍 = 𝛼3 (Θ𝑏3 − Θ𝑓3) ,

(19)

with the initial and boundary conditions

Θ𝑟3 = Θ𝑓3 = 𝛾3𝑍 + 1, on 𝜏 = 0,
Θ𝑓3 = Θ𝑓2, at (0, 0) in LCCS, (20)

where 𝑍 = 1 − 𝑍 denotes the distance of the point from the
bottom of production well, 𝛾3 = −𝛾1. The subproblem for
production well is similar to that for injection well as it can be
regarded as a model with the origin of the CS at the bottom
of production well and with a negative geothermal gradient𝛾3 = −𝛾1.
4. Solution Method

By using the Laplace transformation, the analytical solutions
for the three stages are obtained. In the following equations,
the symbol ∧ denotes the variables which are Laplace trans-
formed and 𝑠 is a complex number as the Laplace symbol. For
example, 𝑓(𝑠) denotes the Laplace transform of the function𝑓(𝑡).
4.1. Injection Well. From the Laplace transform of the gov-
erning equation, that is, the first of (15), for the heat diffusion
in the rock around the injection well, we obtain the rock
temperature

Θ̂𝑟1 = 𝐹1 (𝑍, 𝑠)𝐾0 (√𝑠𝑅1) + 𝐹2 (𝑍, 𝑠) 𝐼0 (√𝑠𝑅1)
+ 𝛾1 (𝑍 − 1) + 1𝑠 , (21)

where Θ̂𝑟1 is the Laplace transform of the dimensionless
temperatureΘ𝑟1; 𝐼𝑛 and𝐾𝑛 are the modified Bessel functions
of the first and second kind of order n, respectively; and F1(s)
and F2(s) are unknowns to be determined by the boundary
conditions. AsΘ𝑟1 is finite when𝑅1 → +∞, it is easy to know
that 𝐹2(𝑍) = 0. Therefore, the temperature at the wellbore
wall is obtained

Θ̂𝑏1 = Θ̂𝑟1𝑅1=1 = 𝐹1 (𝑍, 𝑠)𝐾0 (√𝑠) +
𝛾 (𝑍 − 1) + 1

𝑠 . (22)

By substituting (21) and (22) into the second of (15) we
have

Θ̂𝑓1 = 𝐹1 (𝑍, 𝑠) Δ + 𝛾 (𝑍 − 1) + 1
𝑠 ,

Δ = √𝑠𝐾1 (√𝑠)
Bi1

+ 𝐾0 (√𝑠) ,
(23)

which, after being used in the third of (15), produces an
ordinary differential equation with respect to the unknown𝐹1(𝑍, 𝑠); that is,
d𝐹1
d𝑧 + 𝛽1Δ 1𝐹1 +

𝛾1𝑠Δ 1 = 0,
where 𝛽1 = 𝜒1𝑠Δ 1 + 𝛼1 (Δ 1 − 𝐾0 (√𝑠)) .

(24)

The solution of the above equation is found to be

𝐹1 (𝑍, 𝑠) = − 𝛾1𝑠𝛽 + 𝑒−𝛽𝑍/Δ𝐶1 (𝑠) , (25)

where the unknown function C1(s) can be determined by
using (23), (25), and the injection boundary condition (16)

𝐶1 = Θ̂in𝑠𝛽 + 𝛽𝛾1 − 𝛽 + Δ𝛾1𝑠𝛽Δ = Θ̂in𝑠 + 𝛾1 − 1𝑠Δ + 𝛾1𝑠𝛽 . (26)

Therefore, the solutions for the temperatures of the rock,Θ̂𝑟1, and fluid, Θ̂𝑓1, are obtained and rewritten as

Θ̂𝑟1 = [Θ̂in𝑠 + 𝛾1 − 1𝑠 𝐴1 + 𝛾1𝑠 𝐴2] 𝑒−𝑍/𝐴3 −
𝛾1𝑠 𝐴2

+ 𝛾1 (𝑍 − 1) + 1𝑠 ,

Θ̂𝑓1 = [Θ̂in𝑠 + 𝛾1 − 1𝑠 + 𝛾1𝑠 𝐴3] 𝑒−𝑍/𝐴3 −
𝛾1𝑠 𝐴3

+ 𝛾1 (𝑍 − 1) + 1𝑠 ,

(27)

where the functions A1, A2, and A3 are defined as

𝐴1 = Bi1𝐾0 (√𝑠𝑅1) /𝐾1 (√𝑠)√𝑠 + Bi1𝐾0 (√𝑠) /𝐾1 (√𝑠) ,

𝐴2 = Bi1𝐾0 (√𝑠𝑅1) /𝐾1 (√𝑠)𝜒1𝑠 [√𝑠 + Bi1𝐾0 (√𝑠) /𝐾1 (√𝑠)] + 𝛼1√𝑠 ,

𝐴3 = √𝑠 + Bi1𝐾0 (√𝑠) /𝐾1 (√𝑠)𝜒1𝑠 [√𝑠 + Bi1𝐾0 (√𝑠) /𝐾1 (√𝑠)] + 𝛼1√𝑠 ,

(28)

where Θ̂in is the Laplace transform of the injection tempera-
ture.
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The Laplace transformation of the bottomhole tempera-
ture (BHT) of the injection well is

BHT1 = 𝐺 (𝑠)
= [Θ̂in𝑠 + 𝛾1 − 1𝑠 + 𝛾1𝑠 𝐴3] 𝑒−1/𝐴3 −

𝛾1𝑠 𝐴3
+ 1
𝑠 ,

(29)

which will be used as the input condition for the horizontal
well.

4.2. Horizontal Well. Initially, the temperature along hori-
zontal well is identical due to the same depth. Based on the
above calculations, the thermal front only penetrates less than
50meters into the rock within 30 years. In the region between
the upper and lower thermal front, the largest temperature is
less than 4∘C.Therefore, it is reasonable to assume a constant
temperature in the rock formation around the horizontalwell.

In a similar way, the solutions for the horizontal well are
obtained

Θ̂𝑟2 = 𝑠𝐺 (𝑠) − 1
𝑠 𝑒−𝑋/𝐵3𝐵1 + 1

𝑠 ,
Θ̂𝑓2 = 𝑠𝐺 (𝑠) − 1

𝑠 𝑒−𝑋/𝐵3 + 1
𝑠 ,

(30)

where the functions B1 and B3 are defined as

𝐵1 = Bi2𝐾0 (√𝑠/𝜀2𝑅2) /𝐾1 (√𝑠/𝜀2)
Bi2𝐾0 (√𝑠/𝜀2) /𝐾1 (√𝑠/𝜀2) + √𝑠/𝜀2 ,

𝐵3
= √𝑠/𝜀2 + Bi2𝐾0 (√𝑠/𝜀2) /𝐾1 (√𝑠/𝜀2)
𝜒2𝑠 [√𝑠/𝜀2 + Bi2𝐾0 (√𝑠/𝜀2) /𝐾1 (√𝑠/𝜀2)] + 𝛼2√𝑠/𝜀2 .

(31)

The Laplace transformation of the temperature at the end
of the horizontal well, also BHT of the production well, is
obtained by using𝑋 = 1; that is,

BHT2 = 𝐻 (𝑠) = 𝑠𝐺 (𝑠) − 1
𝑠 𝑒−1/𝐵3 + 1

𝑠 , (32)

which will be used as the input condition for the production
well.

4.3. Production Well. The temperatures for the fluid in the
production well and neighboring rock formation can be

obtained in the sameway as those for injection and horizontal
well and the calculation details are omitted here

Θ̂𝑟3 = [𝐻 (𝑠) 𝑠 − 1
𝑠 𝐶1 + 𝛾3𝑠 𝐶2] 𝑒−𝑍/𝐶3 −

𝛾3𝑠 𝐶2
+ 𝛾3𝑍 + 1𝑠 ,

Θ̂𝑓3 = [𝐻 (𝑠) 𝑠 − 1
𝑠 + 𝛾3𝑠 𝐶3] 𝑒−𝑍/𝐶3 −

𝛾3𝑠 𝐶3
+ 𝛾3𝑍 + 1𝑠 ,

(33)

where the functions C1, C2, and C3 are defined as

𝐶1 = Bi3𝐾0 (√𝑠/𝜀3𝑅1) /𝐾1 (√𝑠/𝜀3)
Bi3𝐾0 (√𝑠/𝜀3) /𝐾1 (√𝑠/𝜀3) + √𝑠/𝜀3 ,

𝐶2
= Bi3𝐾0 (√𝑠/𝜀3𝑅1) /𝐾1 (√𝑠/𝜀3)
𝜒3𝑠 [Bi3𝐾0 (√𝑠/𝜀3) /𝐾1 (√𝑠/𝜀3) + √𝑠/𝜀3] + 𝛼3√𝑠/𝜀3 ,

𝐶3
= √𝑠/𝜀3 + Bi3𝐾0 (√𝑠/𝜀3) /𝐾1 (√𝑠/𝜀3)
𝜒3𝑠 [√𝑠/𝜀3 + Bi3𝐾0 (√𝑠/𝜀3) /𝐾1 (√𝑠/𝜀3)] + 𝛼3√𝑠/𝜀3 .

(34)

The Laplace transformation of the temperature at the end
of the horizontal well, also BHT of the production well, is
obtained by using𝑋 = 1; that is,

BHT2 = 𝐻 (𝑠) = 𝑠𝐺 (𝑠) − 1
𝑠 𝑒−1/𝐵3 + 1

𝑠 , (35)

which will be used as the input condition for the production
well.

5. Validation and Numerical Results

5.1. Method Validation. In the present model, in order to
obtain analytical solutions for temperature prediction in
a closed-loop geothermal reservoir, the wellbore for fluid
flow and heat transfer is divided into three parts with the
output of one well part as the input conditions of the next
well part. In order to show that these assumptions are
reasonable and to show the error resulting from decoupling
of the whole process, the results from the present model
are compared with those from numerical simulator TOUGH
2. An automatic Laplace inversion technique developed by
D’Amore et al. [53] based on Fourier series is used in the
present model to obtain the values in the time space.

Figure 2 shows spatial discretization of the rock formation
for the numerical calculation by using TOUGH2. As the
temperature of the fluid in the radial direction in the pipe
is assumed to be the same, it is denoted by blue node. The
node for the rock is located in themiddle of the each element.
Figure 3 compares the temperature variations at points A,



8 Geofluids

Formation
Well

· · ·

· · ·
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Figure 2: Grid for numerical calculation by using TOUGH2. The blue node is for the fluid and red node for the rock formation.

B, and C, which corresponds to the output points of the
injection, horizontal, and production well parts, respectively,
between TOUGH2 [37] and the present model. The solid
curves denote results from TOUGH2 and the dashed ones
are results from the present model. Figures 3(a) and 3(b)
are for temperatures at short (20 days) and long (2.74 years)
times of circulation, respectively, for the case 𝑄 = 0.05m3/s,
while Figures 3(c) and 3(d) are for small 𝑄 = 0.01m3/s
and large 𝑄 = 0.20m3/s, respectively. Other parameters
used here are 𝐿1 = 2000m, 𝐿2 = 3000m, B0 = 20∘C, and𝑇in = 30∘C.

It can be seen that the temperature results at points A, B,
and C predicted from both methods do not match at short
time period, say 10 days, as shown in Figure 3(a) for the case
when 𝑄 = 0.05m3/s. The temperature difference is mainly
caused by the neglect of thermal interaction at the heel of the
injection and production wells (i.e., around points A and B)
in the present model. However, for large time of circulation,
the difference in the temperature results from both methods
is very small, generally less than 4∘C, as shown in Figure 3(b).
The temperature differences after 365 days and 1000 days
between the present model and TOUGH2 are −3.87∘C and−3.65∘C, respectively. In order to further show the accuracy
of the presentmodel, the temperatures at these three points in
another two cases, that is, 𝑄 = 0.01m3/s and 𝑄 = 0.20m3/s,
are also compared with those obtained from TOUGH2 and
show good agreement.Thismeans that the presentmodel can
be used to predict approximately the output temperature of
the closed-loop system without causing large errors.

5.2. Numerical Results. In this section, the case with fluid
fully contacted (without any tubing, casing, and cement)
with the wellbore is first investigated. Under this condition,
the radius of the tubing for fluid flow, 𝑟𝑡𝑖, is equal to the
wellbore radius, 𝑟ℎ𝑖. By doing so, two objectives are achieved.
First, the important factors affecting the fluid and heat
flow behaviour are identified; second, the critical location
determining whether the heat is flowing into or out of the
rock formation is identified for thermal isolation design,
especially for production well. Water is chosen for the fluid;
sandstone and shale are chosen for the rock around the
vertical and horizontal wells, respectively, for the following

Table 1: Physical parameters for the present calculation (the param-
eter values for thermal properties of shale are from Eppelbaum et al.
[8] and the value of geothermal gradient is from Quick et al. [9]).

Parameter Value
Wellbore radius, 𝑟ℎ (m) 0.1
Length of vertical well,𝐻 (m) 2000
Length of horizontal well (m) 3000
Geothermal gradient, A0 (K/m) 0.047
Surface temperature, B0 (∘C) 20
Fluid density (Kg/(m3)) 900
Injection rate, Q (m3/s) 0.05
Injection temperature (∘C) 30.0
Fluid specific heat (J/(Kg⋅K)) 4200
Fluid thermal conductivity (W/(m⋅K)) 0.68
Fluid viscosity (Pa⋅s) 0.0004
Shale thermal conduct (W/(m⋅K)) 1.42
Shale specific heat (J/(Kg⋅K)) 2151
Shale density (Kg/(m3)) 2057

calculations. The parameters used for the examples are listed
in Table 1 unless otherwise specified.

5.2.1. Temperature along the Vertical Wells. Figure 4 displays
the dimensionless temperature changes, which are defined by
physical temperature changes with respect to the initial state
divided by (A0H + B0), along the injection and production
wells, respectively. The red curves refer to the initial state.
For the injection well, we can see from Figure 4(a) that (1)
before the cold fluid reaches the bottom of the wellbore,
the temperature change of the fluid on the upper part of
the wellbore decreases linearly with depth, while that on
the lower part of the wellbore is almost a constant; (2) the
temperature along the injection well decreases very quickly,
with a temperature of 46.3∘C at the bottom after 3 hours of
circulation; and (3) as the injection temperature is lower than
the initial ground temperature for most of the well length,
most of the fluid flowing downwards absorbs heat from the
surrounding rock except a small portion of fluid on the upper
part of the wellbore.
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Figure 3: Comparison of the temperatures at points 𝐴, 𝐵, and C. (a) For small time and (b) for large time when 𝑄 = 0.05m3/s; (c) for small𝑄 = 0.01m3/s and (d) for large 𝑄 = 0.2m3/s.

Before the cold fluid reaches the productionwell, the tem-
perature along the whole production well increases because
of hot fluid flowing upwards, as shown by solid and dashed
curves in Figure 4(b). The production temperature increases
from 57∘C to 152∘C when the time varies from 10mins to 1.0
hours and then decreases to 126∘C after 3 hours. The small
difference in temperature change between times 𝑡 = 10 days
and 𝑡 = 30 years means that the heat transfer in the fluid
approaches pseudo-steady state after 10 days. Moreover, the
critical position which indicates if the fluid absorbs heat from

or releases heat to the rock formation is around 𝑍𝑐 = 0.2 or𝑧𝑐 = 700m.

5.2.2. Effect of Flow Rates on Output Performance. Figure 5
presents the output temperature for different injection rates
ranging from 𝑄 = 0.01m3/s to 0.14m3/s. It can be seen
that the injection rate plays a major influence on the output
temperature. First, for each injection rate, the output tem-
perature increases quickly to a maximum value, as shown
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Figure 4: Temperature change profiles along the (a) injection and (b) production wells when 𝑄 = 0.05m3/s, L1 = 3500m, and L2 = 6000m.
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Figure 5: Variation with time of output temperature of the production well under different injection rates when L1 = 3500m and L2 = 6000m:
(a) for general view and (b) for local view.

in Figure 5(b), and then decreases steadily to a constant
value, as shown in Figure 5(a). Second, with increasing the
injection rate, the production temperature is decreased. This
is due to shortened time as a result of larger fluid speed for
heat exchange between fluid and the surrounding rock. In
addition, the temperature difference after 30 years between
the cases 𝑄 = 0.01m3/s and 𝑄 = 0.14m3/s is around 40∘C.
However, when the injection rate is increased to some value
(0.05m3/s for the present case), there is no large difference in
the final production temperature, as shown in Figure 5(a).

The thermal power and total heat extracted for the above
cases are plotted in Figure 6. According to the definition of
thermal power in (12), thermal power is linearly proportional
to the injection rate and temperature. However, as lower
production temperature is obtained when the injection rate is
increased, the curves for thermal power shown in Figure 6(b)
donot exhibit similar trends to the production temperature in
Figure 5(b). It has to bementioned that the long-time thermal
power ranges from 1.71MWs to 2.21MWswhen𝑄 is changed
from 0.01m3/s to 0.14m3/s.
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Figure 6:Thermal power and total heat extracted for different injection rates: thermal power (a) for large time and (b) for short time and (c)
total heat extracted.

Figure 6(c) displays the total heat extracted from the
reservoir up to 30 years under different injection rates. The
total heat extracted is expected to increase when the injection
rate is increased. However, the total heat extracted after 30
years when 𝑄 = 0.14m3/s is only 32.75% larger than that
when 𝑄 = 0.01m3/s. This means that the cost related
to higher pressure required for larger flow rates has to be
balanced with the total energy extracted.

5.2.3. Effect of Injection Temperatures on Output Performance.
The effect of injection temperatures on output performance
is displayed in Figures 7 and 8. As for output temperature,
it increases evenly with increasing the injection temperature,
as shown in Figure 7(a), and the maximum value of output

temperature is not sensitive to the injection temperature, as
shown in Figure 7(b).

Figure 8 presents the thermal power and total heat
extracted up to 30 years. As the thermal power is linearly
proportional to the temperature and the injection rate is
kept constant, the thermal power exhibits a similar trend
to the output temperature, as shown in Figures 8 and 7. In
addition, it is interesting to find that although higher output
temperature is obtained under larger injection temperature,
the total heat extracted from the reservoir is reduced, as
shown in Figure 8(c).

5.2.4. Effect of FluidViscosity onOutput Performance. Figures
9 and 10 display the final output performance for different
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Figure 7: Variation with time of output temperature of the production well under different injection temperatures: (a) for large time period
and (b) for short time period.

fluid viscosities. The water viscosity ranges from about 2.8× 10−4 Pa⋅s to 1.3 × 10−3 Pa⋅s when the temperature changes
from 100∘C to 10∘C, which can be found in the website link
(https://en.wikipedia.org/wiki/viscosity). Here 𝜇 = 10−4, 5 ×
10−4, 2.5 × 10−3, and 1.2 × 10−2 Pa⋅s are chosen to show
the effect of the viscosity on the output temperature. From
Figure 9 the output temperature follows almost the same
curve under these four cases and the decreasing trend for
rapid temperature drop in less than 5 hrs is insensitive to the
fluid viscosity.

5.2.5. Effect of Geothermal Gradient on the Output Perfor-
mance. The output temperatures under different gradient
geothermal gradients, A0, are displayed in Figure 11 when
other parameters are kept the same. It can be found that (1)
as the depth of the vertical well is the same, larger geother-
mal gradient produces larger maximum output temperature
(MOT), which is increased by around 42.2∘C if 𝐴0 has an
increase of 1.5∘C. For example, the MOTs for the cases with
A0 = 0.020, 0.035, 0.050, 0.065, 0.080, and 0.095K/m are 76.2,
118.4, 160.5, 202.7, 244.9, and 287.0∘C, respectively. However,
the output temperature after a long time (say 30 years) is
found to be increased by around 4∘CwhenA0 has an increase
of 1.5∘C, as shown in Figure 11(b), where the output temper-
ature is 34.2, 38.2, 42.1, 46.0, 49.9, and 53.8∘C, respectively,
for the above six cases. This means that, compared to the
injection conditions, the geothermal gradient playsmuch less
important role in the output performance.

5.2.6. Fully Insulated Case. Figure 12 compares the produc-
tion temperatures under fully contacted and fully insulated

conditions. The parameters used for the fully insulated case
are the same as those in Figure 4 except that the overall
heat transfer coefficient along the production well is set to
zero.

It is found from Figure 12 that there is no large difference
in production temperature between these two cases and the
production temperature predicted from fully insulated case
is a little smaller than that predicted from fully contacted
case. From the curves for 𝑡 = 10 days and 𝑡 = 30 years
in Figure 4(b) without any casing and cementing, it can be
found that (1) the final output temperature decreases very
quickly and approaches some pseudo-steady value which is
dominated by the inject conditions and (2) the fluid along
a larger part (around 80 percent) of wellbore length absorbs
heat from the surrounding rock formation and the fluid along
the rest of the wellbore releases heat into the formation.
Compared with this openhole case, if an insulated layer is put
along the whole wellbore, the final output temperature will
become smaller although the heat loss into the formation,
which occurs along a small part of wellbore length in
the openhole case, is prevented in the insulated case, as
confirmed in Figure 12.

6. Conclusion

This paper deals with the heat extraction from a closed-
loop geothermal system. Through reasonable assumptions
and the temperature continuity conditions at the intersection,
the whole well is divided into three portions, two vertical
wellbores and one horizontal wellbore, which can be solved
independently based on the input conditions. Conclusions

https://en.wikipedia.org/wiki/viscosity
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Figure 8:Thermal power and total heat extracted for different injection temperatures: thermal power (a) for large time and (b) for short time
and (c) total heat extracted.

that can be made based on our numerical results are as
follows:

(1) The difference in the output temperature predicted
from the proposedmodel andTOUGH2 is very small,
less than 4∘C in the present numerical study, and
thus can be used to approximately predict the heat
extraction from the closed-loop geothermal system.

(2) The injection rate plays the dominant role in affecting
the output performance; although it can increase
the thermal power, the reduced temperature as a
result of high flow rate compromises its production
performance.

(3) Higher injection temperature produces larger output
temperature but decreases the total heat extracted
given a specific time.

(4) The output performance of geothermal reservoir is
insensitive to fluid viscosity.

(5) There exists a critical point that indicates if the fluid
above and below this point releases heat into or
absorbs heat from surrounding formation.

(6) This approximation model proposed in this work
runs in terms of seconds on a personal notebook
computer and thus provides an efficient tool for
reservoir optimization.
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Figure 9: Variation with time of output temperature of the production well under different viscosities 𝜇: (a) for large time period and (b) for
short time period.
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[19] T. V. Bandos, Á. Montero, E. Fernández et al., “Finite line-
source model for borehole heat exchangers: effect of vertical
temperature variations,”Geothermics, vol. 38, no. 2, pp. 263–270,
2009.

[20] A. Michopoulos and N. Kyriakis, “Predicting the fluid temper-
ature at the exit of the vertical ground heat exchangers,”Applied
Energy, vol. 86, no. 10, pp. 2065–2070, 2009.

[21] N. Molina-Giraldo, P. Blum, K. Zhu, P. Bayer, and Z. Fang,
“A moving finite line source model to simulate borehole heat
exchangers with groundwater advection,” International Journal
of Thermal Sciences, vol. 50, no. 12, pp. 2506–2513, 2011.

[22] J. A. Rivera, P. Blum, and P. Bayer, “Influence of spatially
variable ground heat flux on closed-loop geothermal systems:
Line source model with nonhomogeneous Cauchy-type top
boundary conditions,” Applied Energy, vol. 180, pp. 572–585,
2016.

[23] G. Zhou, Y. Zhou, and D. Zhang, “Analytical solutions for two
pile foundation heat exchanger models in a double-layered
ground,” Energy, vol. 112, pp. 655–668, 2016.

[24] H. Ramey, “Wellbore heat transmission,” Journal of Petroleum
Technology, vol. 14, no. 04, pp. 427–435, 2013.

[25] W. L. Dowdle and W. M. Cobb, “Static formation temperature
fromwell logs - an empirical method,” JPT, Journal of Petroleum
Technology, vol. 27, pp. 1326–1330, 1975.

[26] M. Edwardson, H. Girner, H. Parkison, C. Williams, and C.
Matthews, “Calculation of formation temperature disturbances
caused by mud circulation,” Journal of Petroleum Technology,
vol. 14, no. 04, pp. 416–426, 2013.

[27] A. Tragesser, P. B. Crawford, and H. R. Crawford, “A method
for calculating circulating temperatures,” Journal of Petroleum
Technology, vol. 19, no. 11, pp. 1507–1512, 2013.

[28] L. Raymond, “Temperature distribution in a circulating drilling
fluid,” Journal of Petroleum Technology, vol. 21, no. 03, pp. 333–
341, 2013.

[29] C. S. Holmes and S. C. Swift, “Calculation of circulating mud
temperatures,” Journal of Petroleum Technology, vol. 22, no. 6,
pp. 670–674, 1970.

[30] H. Keller, E. Couch, and P. Berry, “Temperature distribution
in circulating mud columns,” Society of Petroleum Engineers
Journal, vol. 13, no. 1, pp. 23–30, 2013.
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A 100,000 t/year demonstration project for carbon dioxide (CO2) capture and storage in the deep saline formations of the Ordos
Basin, China, has been successfully completed. Field observations suggested that the injectivity increased nearly tenfold after
CO2 injection commenced without substantial pressure build-up. In order to evaluate whether this unique phenomenon could
be attributed to geochemical changes, reactive transport modeling was conducted to investigate CO2-water-rock interactions and
changes in porosity and permeability induced by CO2 injection.The results indicated that using porosity-permeability relationships
that include tortuosity, grain size, and percolation porosity, other than typical Kozeny-Carman porosity-permeability relationship,
it is possible to explain the considerable injectivity increase as a consequence ofmineral dissolution.Thesemodelsmight be justified
in terms of selective dissolution along flow paths and by dissolution ormigration of plugging fines. In terms of geochemical changes,
dolomite dissolution is the largest source of porosity increase. Formation physical properties such as temperature, pressure, and
brine salinity were found to have modest effects on mineral dissolution and precipitation. Results from this study could have
practical implications for a successful CO2 injection and enhanced oil/gas/geothermal production in low-permeability formations,
potentially providing a new basis for screening of storage sites and reservoirs.

1. Introduction

Geological storage of carbon dioxide (CO2) in deep saline
formations is widely considered as a significant method for
reducing CO2 emissions in the atmosphere [1, 2]. Currently,
a number of CO2 storage operations and demonstration
projects (e.g., Sleipner, Norway, 1996; Weyburn, Canada,
2000; Ketzin, Germany, 2006; Cranfield, USA, 2008; Otway,
Australia, 2008) have been conducted around the world
[3–7]. The first pilot project of CO2 capture and storage
(CCS) in China, the Shenhua CCS demonstration project,
successfully completed its goal of injecting CO2 at a rate
of 100,000 tons/year into the onshore saline aquifer in the
Ordos Basin [8]. The site of the Shenhua CCS project is in
the Chenjiacun village of Wulam Len town, Ejinhoro county,

about 45 km southeast of theOrdosCity, InnerMongolia.The
Ordos Basin covers an area of 25 × 104 km2, is the second
largest sedimentary basin in China, and has low porosity
and permeability typical of continental basins in China. Deep
saline aquifers are widely distributed in the basin, with large
potential for CO2 storage [9]. The Shenhua CCS project used
a single vertical well to inject CO2 into five reservoir-caprock
assemblages deeper than 1576m: the Liujiagou, Shiqianfeng,
Shihezi, Shanxi, and Majiagou formations. More than 80% of
the total CO2 injected entered the first three formations [8].

During CO2 injection at the Shenhua CCS demonstra-
tion, a unique phenomenon was observed: the injection
index increased nearly tenfold from 4.056m3/h/MPa in 2011
to 40.018m3/h/MPa in 2013 for the main injection layer,
without strong pressure build-up [10].This indicates that CO2
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injectivity increases after injection started, which is different
from earlier predictions [8].

For large-scale injection of CO2 into saline formations,
CO2 injectivity is a key technical and economic issue of
concern. Previous studies and applications show that CO2
injectivity can be affected by the following mechanisms: (1)
pressure build-up due to massive and continuous CO2 injec-
tion; (2) dry-out of the near-well zone due to evaporation of
H2O into unsaturated CO2; (3) CO2-water-rock interactions
induced by the injection of CO2 (Bacci et al. 2011) [11–13].
Among these processes, CO2-water-rock interactions could
alter the rock matrix and potentially lead to porosity and
permeability changes in the near-well zone [14–17], which is
of particular importance for CO2 injectivity.

Laboratory experiments related to CO2 injection into
sandstone and carbonate rocks have been reported in the
previous studies [15, 18–22]. These experiments indicate that
CO2-water-rock interactions can have a substantial effect on
porosity and permeability, depending on fluid composition,
rockmineralogy, and subsurface thermodynamic conditions.
They found that carbonate dissolution processes seem to be
themain cause of permeability increases and promote a rapid
spreading of the reaction front in short time scales.

Reactive transport modeling has been previously used
to investigate geochemical reactions and their effects on
permeability and porosity evolution [14, 15, 23–26]. André
et al. [14] simulated CO2 storage in the carbonate-rich
Dogger aquifer in the Paris Basin (France) using the reactive
transport simulator TOUGHREACT. They found that the
porosity in the near-well zone increased significantly due
to mineral dissolution. This was in accordance with the
reactive flow-through experimental study by Luquot and
Gouze [15] for the same basin. Some studies [25, 26] also
reported that geochemical reactions dissolved the host rock
increasing porosity and permeability thereby affecting fluid
flow through reactive transportmodeling. On the other hand,
Izgec et al. [23] found that CO2 injection into carbonate
aquifers simulated using CMG’s STARS could result in
permeability reduction as well as improvement depending
on the balance between mineral dissolution and precipita-
tion. Furthermore, Sbai and Azaroual [24] found that CO2
injection could in some circumstances cause particulates to
clog reservoir pores leading to a permeability reduction and
injectivity decline near the injection well.

Laboratory experiments, imaging characterization, and
numerical modeling have previously been combined to
describe mineral alteration and associated reactive transport
processes and mechanisms in porous media induced by
CO2 injection (Bacci et al. 2011) [16, 27, 28]. Those studies
focused on pore- or continuum-scale transport and reac-
tion processes and indicated that CO2 injectivity increases
from dissolution of both carbonate and silicate minerals
(especially feldspars). They also confirmed the rapid reaction
kinetics of carbonate minerals compared to silicate minerals.
Among these research approaches, numerical modeling is an
excellent technique in which CO2 injection and geochemical
performance can bemodeled at different temporal and spatial
scales.

In general, previous studies reveal that CO2-water-rock
interactions induce mineral dissolution and precipitation
which can consequently change the porosity andpermeability
of the subsurface matrix and thus affect the CO2 injectivity
and overall storage capacity. The trend and magnitude of
change in porosity and permeability are highly reservoir
specific and depend on reservoir properties, which are related
to particle sizes, brine composition, and as well the thermo-
dynamic conditions.

Analyses of geohydrological, mechanical, thermal, and
geochemical processes involved in Shenhua CCS project have
been reported [29–33].However, few of these have focused on
the considerable CO2 injectivity increase during CO2 injec-
tion period. Liu et al. [33] examined this unique phenomenon
through numerical simulation and concluded that it could be
explained through heterogeneities in reservoir permeability.
However their approach did not consider the possible role of
CO2-water-rock interactions on CO2 injectivity.

In this study, we applied a 2D radial injectionmodel using
the reactive transport code TOUGHREACT to investigate
the effect of CO2-water-rock geochemical reactions on CO2
injectivity through the evolution of the formation porosity
and permeability at the Shenhua CCS site. We focus on
Liujiagou, Shiqianfeng, and Shihezi formations, which are the
three main formations that sequestrate more than 90% of
total CO2 injected. The goal is to determine the key mech-
anisms controlling the CO2-water-rock interactions during
CO2 injection, particularly focusing on investigation of the
reasons for CO2 injectivity improvement in the Shenhua
CCS project. Moreover, we examined the impact of various
parameters on mineral dissolution/precipitation as well as
relevant porosity and permeability changes and compared
the simulation results with available experimental data.
Understanding of these mechanisms could have important
practical implications for a successful CO2 injection and
storage operation in low-permeability formations, providing
a new basis for screening of the storage sites and reservoirs
and assessing CO2 injectivity from a geochemical point of
view.

2. Modeling Approach

2.1. Numerical Tool. The simulations presented in this
study were carried out using the reactive transport code
TOUGHREACT [34, 35], which introduces reactive geo-
chemistry into the multiphase fluid and heat flow code
TOUGH2 V2 [36]. A fluid property module ECO2N [37]
was used to describe isothermal or nonisothermalmultiphase
flow in H2O-NaCl-CO2 system under conditions typically
encountered in saline aquifers of interest for CO2 seques-
tration (31∘C ≤ 𝑇 ≤ 110∘C; 7.38MPa < 𝑃 ≤ 60MPa).
TOUGHREACT is a thermal-physical-chemical code appli-
cable to one-, two-, or three-dimensional geologic systems
with physical and chemical heterogeneity. The numerical
method for fluid flow and chemical transport simulation
is based on the integral finite difference (IFD) method
for space discretization. The system of chemical reaction
equations is solved on a grid-block basis by Newton-Raphson
iteration. Thermodynamic data used in the simulations were
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Figure 1: (a) Injection well (Zhongshenzhu 1) at the Shenhua CCS site and (b) schematic diagram of the 2D model.

taken from the EQ3/6 database [38], which derived using
SUPCRT92. Local equilibrium constants and kinetic rates
used in TOUGHREACT refer to Xu et al. [35].

Porosity changes in the matrix are directly tied to the
volume changes as a result of mineral dissolution and precip-
itation. The porosity of the reservoir in the TOUGHREACT
code is calculated by

𝜙 = 1 −
𝑎𝑏

∑
𝑏=1

f r𝑏 − f r𝑢, (1)

where 𝑎𝑏 is the number ofminerals; f r𝑏 is the volume fraction
ofmineral 𝑏 in the rock (𝑉mineral/𝑉medium, including porosity);
and fr𝑢 is the volume fraction of nonreactive rock.

Reservoir permeability changes are calculated from
changes in porosity using ratios of permeabilities as per the
Kozeny-Carman grain model [35], as follows:

𝑘 = 𝑘𝑖 (1 − 𝜙𝑖)2
(1 − 𝜙)2 (

𝜙
𝜙𝑖)
3

, (2)

where 𝑘𝑖 is the initial permeability; 𝜙 and 𝜙𝑖 are current and
initial porosity, respectively.

Full details on numerical methods are given in [34, 35].

2.2. Model Description. A two-dimensional (2D) radial
model is employed as a conceptual framework to study the
CO2-water-rock interactions on CO2 injectivity in the three
main formations (Liujiagou, Shiqianfeng, and Shihezi) at
the Shenhua CCS demonstration project site (Figure 1). The
2D homogeneous model represents a 100m thick sandstone
reservoir with a radial extent of 10 km, sufficiently large to
ensure that boundary pressure conditions are maintained
constant at initial values, that is, equivalent to an infinitely
acting system. Other authors have used similar approxima-
tions in previous studies (Bacci et al. 2011) [35, 39]. The grid
is composed of 4010 cocentered cell elements. The radius of
the first cell containing the injection well is 0.2m. Away from

the injection well, 200 grid cells are considered between 0.2
and 1,000m, 100 grid cells between 1,000m and 3,000m, and
100 grid cells between 3,000m and 10 km. In each interval,
the radius of the cells follows a logarithmic progression.
The vertical discretization is achieved by a division of the
reservoir into 10 layers with a constant spacing of 10m. The
bedrock and caprock are assumed to be impermeable no-flow
boundaries.

CO2 is injected into the reservoir at a constant flow rate of
3.17 kg/s (corresponding to 0.1Mt/year) at the bottom 4 layers
of the injection well uniformly for 30 years. The physical
properties used to model the three formations (which have
depth ranges from 1576m to 2232m) at the Shenhua CCS
site are from previous works [8, 40] and are summarized
in Table 1. The initial pressure is in hydrostatic equilibrium
determined using the model, and the temperature of the
three formations is fixed at 55∘C, 62∘C, and 67∘C, respectively.
The porosity and permeability of the three formations are
obtained from well log data, and permeabilities are assumed
to be isotropic. Pore compressibility of the formations is set
to be 4.5 × 10−10. The capillary pressure and liquid relative
permeability are computed by van Genuchten [41], and gas
relative permeability is calculated after Corey [42]. Different
scenarios have been simulated to determine the different
mechanisms of CO2-water-rock interactions.

2.3. Mineral Composition. The initial rock mineral compo-
sition was derived from the laboratory analysis as described
in [8, 43–45]. The Liujiagou formation is characterized as
feldspar sandstone and lithic arkose. It consists mainly of
quartz, alkali feldspar, plagioclase, the multilayer of chlorite
and smectite, illite, and kaolinite. The Shiqianfeng formation
consists mainly of feldspar rich sandstone and lithic arkose,
which is mainly composed of quartz, feldspars, calcite, and
small amount of clay minerals (illite and smectite). Felds-
pathic quartz sandstone and feldspathic lithic sandstone are
the main rock type of the Shihezi formation. It consists
mainly of quartz with some clayminerals (illite and smectite),
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Table 1: Hydrogeological parameters of the formations used in this study.

Parameter Liujiagou formation Shiqianfeng formation Shihezi formation
Permeability (m2) 2.81 × 10−15 6.58 × 10−15 5.99 × 10−15

Porosity 0.10 0.129 0.126
Pore compressibility (Pa−1) 4.5 × 10−10 4.5 × 10−10 4.5 × 10−10

Rock grain density (kg/m3) 2600 2600 2600
Formation heat conductivity (W/m ∘C) 2.51 2.51 2.51
Rock grain specific heat (J/kg ∘C) 920 920 920
Temperature (∘C) 55 62 67
Pressure (MPa) 16 18.9 21
Salinity (wt.%) 6 3 0.9
Relative permeability model
Liquid [41]

𝑘𝑟𝑙 = √𝑆∗ {1 − (1 − [𝑆∗]1/𝜆)𝜆}2 𝑆∗ = (𝑆𝑙 − 𝑆𝑙𝑟)
(1 − 𝑆𝑙𝑟)

Residual liquid saturation 𝑆𝑙𝑟 = 0.30
Exponent 𝜆 = 0.457
Gas [42]

𝑘𝑟𝑔 = (1 − 𝑆)2 (1 − 𝑆2) 𝑆 = (𝑆𝑙 − 𝑆𝑙𝑟)
(1 − 𝑆𝑙𝑟 − 𝑆𝑔𝑟)

Residual gas saturation 𝑆𝑔𝑟 = 0.05
Exponent capillary pressure model [41] 𝜆 = 0.457
𝑃cap = −𝑃0 ([𝑆∗]−1/𝜆 − 1)1−𝜆 𝑆∗ = (𝑆𝑙 − 𝑆𝑙𝑟)

(1 − 𝑆𝑙𝑟)
Residual liquid saturation 𝑆𝑙𝑟 = 0.00
Exponent 𝜆 = 0.457
Strength coefficient 𝑃0 = 19.61 kPa

carbonates (calcite and dolomite), and plagioclase. It should
be noted that alkali feldspar is represented as K-feldspar, pla-
gioclase is represented as an ideal solid solution of oligoclase,
and smectite is divided into Na-smectite and Ca-smectite
equally by volume fraction referring to previous studies [46–
48]. The detailed mineral composition is given in Table 2.

Simulation results can be influenced profoundly by the
choice of secondary mineral assemblage. Almost all possible
secondaryminerals are considered in the simulations accord-
ing to previous studies [35, 49].

2.4. Water Geochemistry. The main ions contained in pore
water within the three formations are Na+, Ca2+, and Cl−;
however, the total dissolved solids (TDS) content varies
substantially. The Liujiagou formation water is high salinity,
with a TDS content of about 56,000mg/L. The TDS content
of Shiqianfeng formation water is 31,200mg/L, and the TDS
content of Shihezi formation water is 9,390mg/L [44, 45,
50]. Prior to simulating reactive transport, batch geochem-
ical modeling of water-rock interaction was performed to
equilibrate the initial formation water composition with the
primary formationminerals (Table 2) at the reservoir temper-
ature and CO2 partial pressure. The background CO2 partial
pressure is chosen to match the measured pH according to
Xu et al. [51]. The resulting water chemistry of the three
formations (Table 3) is used as the initial conditions for the
reactive transport simulation of CO2 injection.

3. Results and Discussion

3.1. Influence of Porosity and Permeability Changes on CO2
Injectivity. Injectivity, 𝐽, is the flow rate of CO2 achieved
for a particular pressure difference between the injection
well and the reservoir. It is linearly proportional to reservoir
permeability as given by

𝐽 = 𝑞
Δ𝑃 ∝ 2𝜋𝑘ℎ

𝜇 ln (𝑟𝑟/𝑟𝑤) , (3)

where 𝑞 is the volumetric flow rate of injected CO2, ΔP is a
pressure differential between injection pressure and reservoir
pressure, ℎ is the vertical thickness of the reservoir, 𝜇 is the
fluid viscosity, and 𝑟 is the radial distance with subscripts
denoting the well-reservoir interface and boundary of the
reservoir. Permeability changes close to the injection well
have a comparatively larger effect than permeability changes
in distant regions of the reservoir due to the logarithm of
radial distance in the denominator. The precise effect of
localized changes in permeability can be estimated using an
average weighted by the logarithm of the radial distance as
defined by

𝐽
𝐽𝑖 =

𝑘
∑𝑛𝑖 𝑘𝑖 ln (𝑟𝑖/𝑟𝑖−1) . (4)

For a preliminary analysis of the potential effect of
permeability changes, it is not necessary to solve (4) precisely;
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Table 2: Mineralogical compositions of the three formations, initial mineral volume fractions introduced in the model, and possible
secondary mineral phases used in the simulations.

Mineral Chemical composition Volume fraction (%)
Liujiagou Shiqianfeng Shihezi

Primary
Quartz SiO2 27 65 66
K-feldspar KAlSi3O8 14 9 —
Oligoclase Ca0.2Na0.8Al1.2Si2.8O8 24 16 6
Calcite CaCO3 — 3 3
Dolomite CaMg(CO3)2 — — 3
Illite K0.6Mg0.25Al1.8(Al0.5Si3.5O10)(OH)2 17 4.5 18.5
Kaolinite Al2Si2O5(OH)4 6 — —
Chlorite Mg2.5Fe2.5Al2Si3O10(OH)8 8.5 — —
Na-smectite Na0.290Mg0.26Al1.77Si3.97O10(OH)2 1.75 1.25 1.75
Ca-smectite Ca0.145Mg0.26Al1.77Si3.97O10(OH)2 1.75 1.25 1.75
Total 100 100 100
Secondary:
Magnesite MgCO3
Albite∼low NaAlSi3O8
Siderite FeCO3
Ankerite CaMg0.3Fe0.7(CO3)2
Dawsonite NaAlCO3(OH)2
Hematite Fe2O3
Halite NaCl
Anhydrite CaSO4

Table 3: Initial component concentrations of the formation water
in the three formations.

Component Concentration (mol/kg H2O)
Liujiagou Shiqianfeng Shihezi

Na+ 1.09 4.19 × 10−1 1.97 × 10−1

Ca2+ 1.32 × 10−2 5.66 × 10−2 2.70 × 10−5

Mg2+ 7.09 × 10−7 5.59 × 10−13 2.25 × 10−5

K+ 6.84 × 10−5 1.82 × 10−3 2.87 × 10−5

Fe2+ 1.02 × 10−4 1.25 × 10−5 9.52 × 10−11

Cl− 1.12 5.06 × 10−1 1.50 × 10−1

SO4
2− 3.93 × 10−4 1.85 × 10−2 2.26 × 10−7

HCO3
− 1.77 × 10−3 6.50 × 10−4 4.57 × 10−2

AlO2
− 1.32 × 10−8 2.77 × 10−8 7.59 × 10−8

SiO2 (aq) 5.15 × 10−4 5.89 × 10−4 6.63 × 10−4

pH 7.03 6.68 7.92
Temperature 55∘C 62∘C 67∘C

the order of magnitude of the effect on injectivity can be
assessed by assuming a uniform change in permeability. On
that basis, injectivity increases linearlywith permeability with
a gradient of unity. The maximum permeability increases of
0.32%, 0.40%, and 1.39% for the three reservoirs would cause
an identical increase in CO2 injectivity. Consequently the
permeability change estimated using (2) and (3) is insufficient
to explain the obvious increase in injectivity observed during
the Shenhua CCS project.

However, this result relies on the use of the Kozeny-
Carman grain model (2) as an estimate of permeability
changes in response to porosity change frommineral precipi-
tation/dissolution. Implicit in this model are the assumptions
that tortuosity and mineral grain size remain constant as
porosity changes, which may not be the case. Furthermore,
the Kozeny-Carman model excludes the possibility of a
percolation limit to permeability, that is, a minimumporosity
below which permeability is zero due to a lack of hydraulic
connectivity between pores. Alternative forms of the Kozeny-
Carman model have been proposed which account for these
factors [52], such as

𝑘 = 𝑘𝑖 𝑑
2

𝑑𝑖2
𝜏𝑖2
𝜏2

(1 − 𝜙𝑖 + 𝜙𝑝)2
(1 − 𝜙 + 𝜙𝑝)2

(𝜙 − 𝜙𝑝)3
(𝜙𝑖 − 𝜙𝑝)3

, (5)

where 𝑑 represents mineral grain size, 𝜏 is tortuosity, and 𝜙𝑝
is the percolation porosity for the reservoir rock. From (5), if
the CO2-water-rock interaction-induced mineral dissolution
causes grain size increase or tortuosity reduction, it could
result in larger permeability increase than calculated from (2).

Grain size does not anticipate increase substantially.
Percolation porosity is estimated to typically be 1–3% [52],
which is insufficient to explain increases in injectivity: a
percolation porosity of 3% would lead to maximum perme-
ability increases of 0.45%, 0.50%, and 1.87% for the three
reservoirs. However, tortuosity has been reported to vary
widely at fixed porosity for similar rock or other porous
medium samples [53]. A large decrease in tortuosity would
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cause a very substantial difference in permeability (e.g., a
halving of tortuosity would increase permeability by a factor
of four). A large decrease in tortuosity can be explained,
at least in theory, by mineral precipitation-dissolution that
selectively occurs in relation to major fluid flow paths. That
is, if dissolution predominates along larger and more direct
flow paths, and precipitation mainly occurs in pores that are
not part of flow pathways, small changes in total porositymay
lead to substantial increase in tortuosity and consequently
permeability. Furthermore, it is possible that tortuosity can be
decreased by the removal of fine particulates that plug, bridge,
or impinge existing or potential fluid flow paths. Only small
amounts of dissolutionmay be necessary to dislodge fines and
allow them to settle out of fluid flow.

These possible explanations provide a conceptual frame-
work which could explain injectivity increases in terms
of CO2-water-rock-interaction-induced mineral dissolution
and precipitation. Further research would be needed to
evaluate whether they are appropriate to apply to this reser-
voir system. In particular, flow models incorporating fines
migration and the effect ofmechanical forces on precipitation
and dissolution reactions, as well as empirical studies using
reservoir core samples, may provide insights into possible
geological mechanisms for CO2 injectivity increase. This
further work may assist in differentiating between geochem-
ical changes and permeability heterogeneity as competing
explanations for the observed CO2 injectivity increase.

3.2. Analysis of Mineral Dissolution/Precipitation on Porosity
Changes. The amount of dissolution and precipitation of
minerals induced by CO2-water-rock interactions deter-
mines porosity change. In order to investigate this process,
clarify the key minerals leading to porosity changes, and ana-
lyze the differences between different mineral assemblages
of the Liujiagou, Shiqianfeng, and Shihezi formations, we
investigate the distribution of changes in mineral volume
fraction and concentrations of major aqueous species for
these three formations along the horizontal direction at the
depth of −75m after 30 years of CO2 injection.

The change in mineral composition and major aque-
ous species as a function of CO2-water-rock interaction-
induceddissolution andprecipitation for different formations
can be seen in Figure 2. Figure 2(a) shows the horizontal
distribution of changes in main mineral volume fraction
and porosity for Liujiagou formation after 30 years of CO2
injection. It can be seen that porosity changes throughout
the simulation are distinctly tied to the mineral dissolu-
tion and precipitation. The spatial distribution of mineral
alteration varies in different regions. Mineral dissolution
and precipitation are most substantial in zone II because
there is sufficient aqueous CO2 to decrease pH to values as
low as 5.0 perturbing the equilibrium state of the system.
This is consistent with changes in concentrations of major
aqueous species (Figure 2(b)). The main dissolved minerals
are oligoclase, chlorite, K-feldspar, and kaolinite, with the
oligoclase dissolution providing the main source of volume
fraction reduction, in agreement with minerals behavior in
laboratory experiments [45]. The main precipitated minerals
are Na-smectite, Ca-smectite, illite, and siderite, consuming

Ca2+ and Mg2+ provided by the dissolution of oligoclase and
chlorite. The net volume fraction change of minerals is a
reduction, resulting in porosity increase.

The resulting porosity changes of the Shiqianfeng forma-
tion are explored in Figure 2(c), where the volume fraction
changes of minerals versus radial distance are shown after
30 years of CO2 injection. The injection of CO2 displaces
the liquid flow away from the injection well, but some liquid
flow reverses due to capillary-drive, providing water for
CO2-water-rock interactions. The porosity increases slightly
in zone I, which can be explained by the large amount
of calcite dissolution relative to the anhydrite precipitation.
This is consistent with the increase of Ca2+ concentration
(Figure 2(d)). However, this effect is reduced in the region
approximately 30m away from the well due tomanyminerals
precipitating. In zone II, oligoclase, illite, and calcite vol-
umes decreased relative to initial conditions, while kaolinite,
quartz, dawsonite, K-feldspar, Na-smectite, and Ca-smectite
volumes increased. Overall, the most important contributor
to net volume change caused by precipitation and dissolution
was oligoclase dissolution.There was no noticeable change in
porosity in zone III because CO2 has not reached that region
of the reservoir.

As shown in Figure 2(e), there is a distinct difference in
the mineral alterations between the Shihezi formation and
the other two formations, particularly in terms of variation in
dolomite and calcite. In the Shihezi formation as the volume
fraction of dolomite decreases (6), the volume fraction of
calcite increases.This is also demonstrated by the experimen-
tal study [44]. The effect of dolomite dissolution and calcite
precipitation is substantial in zone I and determines the
change in porosity.The changes in this zone can be explained
by liquid flow reversal into zone I due to capillary-drive
combinedwith the high reactivity of dolomite resulting in fast
CO2-water-rock interactions. It can be inferred that the disso-
lution of dolomite provides Ca2+ for calcite precipitation ((6)-
(7)), with Ca2+ making no significant changes (Figure 2(f)).
In zone II, the dolomite dissolution and calcite precipitation
are also substantial, although the porosity change is also
altered by oligoclase dissolution and Na-smectite and Ca-
smectite precipitation. The overall effect is a reduction in
net mineral volume fraction that leads to porosity increase.
Oligoclase dissolution also occurs in zone III, mainly due
to precipitation of Na-smectite and Ca-smectite ((8)-(9)),
consuming Ca2+ and Na+ and consequently promoting the
dissolution of oligoclase (10):

CaMg (CO3)2 (dolomite) + 2H+ → Ca2+ +Mg2+

+ 2HCO3
−

(6)

Ca2+ +HCO3
− ←→ CaCO3 (calcite) +H+ (7)

0.26Mg2+ + 0.29Na+ + 1.77Al (OH)3 + 3.97H4SiO4
→ Na0.290Mg0.26Al1.77Si3.97O10 (OH)2
⋅ (Na − smectite) + 0.81H+ + 9.19H2O

(8)
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Figure 2: The horizontal distribution of changes in main mineral volume fraction, porosity, and concentrations of major aqueous species
and pH for Liujiagou formation (a, b), Shiqianfeng formation (c, d), and Shihezi formation (e, f) along the horizontal direction at the depth
of −75m after 30 years of CO2 injection.
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Figure 3: Temporal and spatial evolution of the keyminerals volume fraction in the three formations ((a) Liujiagou formation; (b) Shiqianfeng
formation; (c) Shihezi formation).

0.26Mg2+ + 0.145Ca2+ + 1.77Al (OH)3
+ 3.97H4SiO4
→ Ca0.145Mg0.26Al1.77Si3.97O10 (OH)2
⋅ (Ca − smectite) + 0.81H+ + 9.19H2O

(9)

CaNa4Al6Si14O40 (Oligoclase) + 6H+ + 34H2O
→ Ca2+ + 4Na+ + 6Al (OH)3 + 14H4SiO4

(10)

The temporal and spatial evolution of the volume fraction
of key minerals within the three formations is shown in
Figure 3. By analyzing the porosity changes and mineral
alteration in Figures 2 and 3, it can be seen that the key
minerals affecting porosity in the near-well region (zone I) are
calcite and dolomite. In zone II, the dissolution of oligoclase
and dolomite plays the key role in porosity increases, which is
consistent with the phenomenon observed by Hao et al. [16]
through the study of CO2-induced dissolution processes of
low-permeability carbonate reservoirs. It can be concluded
that oligoclase, dolomite, and calcite are the keyminerals that
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Table 4: Summary of the simulation cases.

Simulation
scenarios Variable changed Alternative value

Case 1 Dolomite volume fraction
(%)

0
Case 2 15
Case 3 Calcite volume fraction (%) 0
Case 4 15
Case 5 Oligoclase volume fraction

(%)
0

Case 6 15
Case 7 Temperature (∘C) 50
Case 8 80
Case 9 Pressure (MPa) 10
Case 10 30
Case 11

Salinity (wt.%)
0.09

Case 12 9
Case 13 15

affect porosity increases in the Shenhua CCS demonstration
project during CO2 injection.

These results indicate the importance of localizedmineral
dissolution during CO2-water-rock interactions, which can
lead to a large increase in the volume of void space thereby
increasing the porosity and permeability of the reservoir,
and potentially CO2 injectivity via mechanisms previously
discussed.

3.3. Analysis of Factors Affecting Porosity Change. Min-
eral composition, temperature, pressure, and salinity may
each influence CO2-water-rock interactions (mineral disso-
lution/precipitation) thereby affecting porosity and perme-
ability changes. In order to investigate the influence of these
factors, an additional 13 simulation cases were analyzed, each
varying one factor relative to a base case for the Shihezi
formation (Table 4). It should be noted that the mineral
composition (especially dolomite, calcite, and oligoclase) and
formation physical properties (e.g., temperature, pressure,
and brine salinity) are the key difference between the different
formations. Therefore, a series of analyses are conducted
to assess how the porosity and permeability changes and
mineral alteration are affected by these parameters.

3.3.1. Impacts of Key Minerals. Dolomite is one of the key
primary minerals in the system. Figures 4(a) and 4(b) show
the difference in the porosity change andmineral alteration if
the reservoir contains larger or smaller amounts of dolomite.
It can be seen that the maximum porosity is above 12.61%
in the CO2 plume when there is no dolomite in the system.
Themaximum porosity increases to 12.645% when the initial
volume fraction of dolomite is 3%. However, when the initial
volume fraction of dolomite is 15%, porosity is not markedly
increased, and in fact porosity changes in zone II coincide
with results for a dolomite volume fraction of 3%.As dolomite
content increases in the near-well region (zone I), it has
less effect on porosity change; this is because reactivity is
limited by lack of water (due to evaporation of water into the

free CO2 phase) and excessive initial mineral (i.e., dolomite
supersaturation). This was also observed in a flow-through
experiment performed by Tutolo et al. [22].

The complex effect of dolomite on the porosity results
from the different behavior of minerals alteration induced
variation in dolomite content. As shown in Figures 4(b) and
4(c), when there is no dolomite in the system, the minerals
and major aqueous species show very different behavior
compared with the base case. Under those circumstances,
calcite is dissolved rather than precipitated in zone I and zone
II, and oligoclase mainly dissolves in zone II, while there is
no Mg2+ provided by dolomite. Some kaolinite and quartz
precipitated, which is also very different from the base case.

The overall effect of increased dolomite volume fraction is
a reduction in netmineral volume fraction, leading to aminor
porosity increase. When dolomite is present (and conse-
quently Ca2+ and Mg2+), dedolomitization occurs: dolomite
transforms into calcite. This result agrees well with Yan and
Zhang’s study [54]. It occurs because the change in Gibbs free
energy (Δ𝐺) for dolomite dissolution is smaller than that for
calcite dissolution; that is, the required energy for dolomite
dissolution is less than that for calcite [27, 55]. Consequently
the dissolution of dolomite occurs more readily than that of
calcite. Furthermore, the presence of dolomite can promote
the precipitation of Na-smectite and Ca-smectite and the
dissolution of oligoclase outside the CO2 plume.

Compared with dolomite, calcite has minimal effects on
the mineral alteration, porosity, and major aqueous species
changes in the system, as shown in Figures 4(d)–4(f). It
should be noted that the black line representing 3% volume
fraction calcite coincides with the blue line representing 15%
calcite.When calcite is absent in the primaryminerals, calcite
is still precipitated in the system, due to the increase in
Ca2+ supplied by dolomite dissolution (dedolomitization)
mentioned above. Only when dolomite is absent can calcite
dissolve to make a contribution to the porosity increase
(Figures 2(c) and 4(b)).

Figures 4(g)–4(i) show the changes in major aqueous
species, porosity, and relevant mineral alteration with respect
to radial distance for different initial oligoclase content.These
results indicate that oligoclase also plays an important role
in porosity and permeability changes (Figure 4(g)). It can be
seen that the greater the oligoclase content, the smaller the
porosity increases and the concentration ofMg2+ supplied by
dolomite, which is mainly because oligoclase can inhibit the
dissolution of dolomite (Figure 4(h)). This further suggests
that dolomite is an important mineral for formation porosity
increases and CO2 injectivity improvement.

3.3.2. Impacts of Physical Parameters. In order to investigate
the impact of physical parameters, temperature, pressure, and
salinity, we have used the Shihezi formation as the base case
to vary one factor to obtain the temperature, pressure, and
salinity targeted allowing more comparable, consistent, and
making sense results. The initial temperature and pressure of
the Shihezi formation are 67∘C and 21MPa, and the variation
of temperature is 50∘C (Case 7) and 80∘C (Case 8), and the
pressure is 10MPa (Case 9) and 30MPa (Case 10). The initial
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Figure 4: The horizontal distribution of changes in porosity, mineral volume fraction, and concentrations of major aqueous species and pH
for different amounts of dolomite (a, b, and c), calcite (d, e, and f), and oligoclase (g, h, and i) at the depth of −75m after 30 years of CO2
injection.

water salinity of the Shihezi formation is 0.9 wt.% dissolved
NaCl, and it is evaporated to 9 (Case 12) and 15 (Case 13) wt.%
dissolvedNaCl and diluted to 0.09wt.% dissolvedNaCl (Case
11) to evaluate the salinity effect, as can be seen in Table 4.

Temperature. Figure 5(a) shows that the porosity change at the
reservoir temperature of 67∘C is larger than at the tempera-
ture of 50∘C and 80∘C, indicating that the changes in porosity
increase first and then decrease with increasing reservoir
temperature in zone I and zone II, with the maximum value

occurring between 50∘C and 80∘C. This is attributed to the
changes in mineral volume fraction that the dissolution of
dolomite increases first and then decreases with increasing
temperature in zone I and zone II (Figure 5(b)), which is con-
sistent with the study conducted by Yan et al. [56]. Although
the dissolution of oligoclase increases with increasing tem-
perature, the precipitation of Na-smectite and Ca-smectite
increases correspondingly in zone II, such that there is nearly
no net contribution to porosity increases. Porosity increases
with larger temperatures in zone III without CO2, resulting
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Figure 5: The horizontal distribution of changes in porosity, mineral volume fraction, and concentrations of major aqueous species and pH
for different temperature (a, b, and c), pressure (d, e, and f), and salinity (g, h, and i).

from the dissolution of oligoclase. The effect of temperature
on the horizontal distribution of changes in major aqueous
species is shown in Figure 5(c), which agrees well with the
mineral alteration. It can be concluded that temperature has
a large effect on mineral dissolution and precipitation as well
as consequent porosity and permeability changes.

Pressure. The impact of pressure on the horizontal distri-
bution of changes in porosity, mineral volume fraction,
and major aqueous species is shown in Figures 5(d)–5(f).
It can be seen that the change in porosity increases with
increasing pressure from 10MPa to 30MPa (Figure 5(d)).

However, the impact of pressure on the precipitation and
dissolution of different minerals varies. This also leads to
the complex behavior of major aqueous species (Figure 5(f)).
The dissolution of dolomite increases with pressure resulting
in corresponding calcite precipitation, while no effect of
pressure on oligoclase dissolution is observed within the
pressure range investigated. This also supports the idea
that the porosity increases resulted from the key carbonate
mineral-dolomite dissolution.

Salinity. The effect of salinity on porosity was evaluated
by evaporating the initial water of the Shihezi formation
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Figure 6: The evolution of porosity in the three formations ((a): Liujiagou formation; (b): Shiqianfeng formation; (c): Shihezi formation).

(0.9 wt.% dissolvedNaCl) to increase salinity to 9 and 15wt.%
dissolved NaCl and diluting the initial water to decrease the
salinity to 0.09wt.% dissolved NaCl. As shown in Figure 5(g),
the changes in porosity increase with salinity between 0.9
and 15wt.% dissolved NaCl. It can be inferred that the overall
effect of salinity is a reduction in netmineral volume fraction.
Figures 5(h) and 5(i) show the horizontal distribution of
changes in mineral volume fraction and major aqueous
species, which demonstrate this. It can be seen that the
dissolution of dolomite increases with increasing salinity,
while the dissolution-precipitation of other minerals and
major aqueous species does not change except for minor
calcite precipitation. This is in accordance with previous
studies [22, 54] and can be explained by the ionic strength
of the solution increasing with salinity and reducing the
activity of aqueous species, thereby promoting dolomite
dissolution. There was no obvious difference in the porosity
changes between salinities of 0.09% (not shown) and 0.9wt.%
dissolved NaCl.This is probably because both those salinities
are so low that there is no significant effect on mineral
alteration and consequent porosity changes.

3.4. Temporal and Spatial Evolution of Porosity and Perme-
ability. The injection of CO2 into the deep saline aquifers
results in a sequence of CO2-water-rock interactions, induc-
ing mineral dissolution and precipitation, which can have
a substantial impact on the porosity and permeability of
the reservoir. Figure 6 shows the evolution of porosities in
the Liujiagou, Shiqianfeng, and Shihezi formations. Porosity
within each formation increases gradually with time, and the
variation range of porosity is consistent with the migration
scope of CO2; this is consistent with the field observations
[8]. However, the distribution of porosities is nonuniform
in the range of CO2 plume. This might be due to different
geochemical reactions in different regions. The three reser-
voirs experienced increases in porosity of up to 0.10%, 0.12%,
and 0.42%, respectively, depending on the primary mineral
compositions and reservoir conditions.

Figure 7 shows the temporal and spatial evolution of
permeability in the Liujiagou, Shiqianfeng, and Shihezi
formations. The three formations experienced increases in
permeability of up to 0.32%, 0.40%, and 1.39%.The variations
in permeability agree with those of porosity (Figure 6),
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Figure 7:The evolution of permeability in the three formations ((a): Liujiagou formation; (b): Shiqianfeng formation; (c): Shihezi formation).

because that permeability is calculated from porosity using
(2).

The supercritical CO2 saturation and nonuniform distri-
bution of porosity change along the horizontal direction at
the depth of −75m after 30 years of CO2 injection are shown
in Figure 8. It can be seen that the distribution of reservoir
porosity is closely related to the change of supercritical CO2
saturation. The reservoir system could be divided into three
regions according to supercritical CO2 saturation, which are
(1) zone I: supercritical CO2 region, where all the water has
been displaced or has evaporated and Sg is close to one,
(2) zone II: CO2 and saline water region, where the pH
decreases due to CO2 dissolution in the water phase and
stabilizes at a pseudoequilibrium value of approximately 5.0,
and (3) zone III: saline water region, consisting of formation
waters undisturbed by injected CO2. The distribution of
porosity change corresponds to these three distinct regions of
supercritical CO2 saturation (Figure 8). Porosity changes are
different between the three formations due to their different
physical and chemical properties and the corresponding
balance of mineral dissolution and precipitation induced by
CO2-water-rock interactions.

The porosity change in the Liujiagou formation is the
most limited: it increases slightly within zone I at distances
of more than 3m from the injection well, and there is a
moderate uniform increase in porosity in zone II. In zone III,
the porosity does not change because the system maintains
its initial equilibrium state without CO2 disturbance. The
changes in porosity of the Shiqianfeng formation are slightly
larger than Liujiagou formation, and the variation trend is
different in each region, especially in zone I. Among the three
formations, the changes in porosity of the Shihezi formation
are largest, with the maximum changes located in zone II.

The CO2-water-rock interactions after CO2 injection
lead to changes in porosity and permeability. These changes
are directly tied to mineral dissolution and precipitation,
calculated by (1)-(2) [35]. If the volume of minerals dissolved
is larger than the volume of those precipitated, a porosity
increase results. This will lead to an increase in permeability,
which consequently enhances the injectivity of CO2 into
the formation. The differences in porosity changes between
the three formations indicate that different CO2-water-rock
interactions occur in the Liujiagou, Shiqianfeng, and Shihezi
formations. It can be concluded that porosity changes of zone



14 Geofluids

Zone IIZone I Zone III

0.1001
0.1000

0.1291
0.1290
0.1289

0.0

0.2

0.4

0.6

0.8

1.0

Su
pe

rc
rit

ic
al

＃
／

2
sa

tu
ra

tio
n

Sg_Liujiagou
Sg_Shihezi
Sg_Shiqianfeng

Por_Liujiagou
Por_Shihezi
Por_Shiqianfeng

0.1260
0.1261
0.1262
0.1263
0.1264
0.1265

Po
ro

sit
y

1
Radial distance (m)

10 100 1000 10000

Figure 8: The distribution of porosity and supercritical CO2
saturation in the horizontal plane at the depth of−75m after 30 years
of CO2 injection in the three formations.

II are larger than those in zone I. This is mainly because
no condensed water is present in zone I and consequently
mineral reactions are limited, while zone II is a two-phase
region with sufficient saline water and CO2 for CO2-water-
rock reactions to proceed rapidly.

3.5. Comparison with Laboratory Experiments and Previous
Other Modeling Work. With regard to Shenhua CCS demon-
stration project, the CO2-water-rock interactions and asso-
ciated mineral dissolution/precipitation after CO2 injection
have been tested in laboratory experiments [43–45] and
we find good qualitative agreement with our results. Tao
[45] conducted batch reaction experiments with sandstone
using a mixture of CO2 and brine fluids at temperatures
of 60∘C, 80∘C, and 100∘C and a pressure of 16MPa for 1
to 25 days. The sandstone samples were sourced from the
Liujiagou group at the Shenhua CCS demonstration project
site. After the dissolution of CO2, SEM and EDS analyses
showed significant dissolution of primary minerals such as
K-feldspar, albite, and chlorite and precipitation of secondary
minerals such as siderite and some clay minerals. It should
be noted that albite here is corresponding to oligoclase in our
studies. These mineral alteration patterns are well consistent
with our simulations.

Batch reactions were also conducted by Wang [43] and
Yang [44] using sandstone samples from the Shiqianfeng
formation and Shihezi formation, Ordos Basin, China. The
experiments were conducted for 24 days at temperatures
of 55∘C, 70∘C, 85∘C, and 100∘C and the same pressures of
18MPa. SEM and EDS analyses showed albite and carbonates
such as calcite and dolomite dissolved following the decrease
of pH after CO2 injection. During the experiment, the
dissolution of carbonates buffered the fluid pH between 5 and
7.3. The concentration of K+, Na+, and Ca2+ increased due to
the dissolution of initial dolomite and albite.Their findings on
the amount of minerals alteration are in general agreement
with our simulations, in which the dissolution of minerals

is larger than the precipitation, and mineral dissolution
amount increased with increasing temperature in a certain
temperature range. This can explain field observations well
that the injectivity increased after CO2 injection.

The experiments discussed showed there were only inter-
mediate states of carbonate minerals and some unknown
aluminosilicate minerals precipitated, and the precipitation
of clay minerals was rarely observed.This is in contrast to our
simulation results where precipitation of carbonates such as
dawsonite and calcite and clay minerals such as smectite and
kaolinite precipitation associated with oligoclase dissolution
were predicted. The differences are explained by factors
such as kinetic and nucleation effects that likely prevent the
formation of these minerals over the short time scales (only
24 days) of the laboratory experiments [44, 57].

In addition to batch experiments discussed above, we
have also compared our results with previous reactive
transport modeling results [39, 57, 58]. These simulations
suggested that mineral dissolution and precipitation induced
by CO2 injection have a major impact on the porosity and
permeability changes. Liu et al. [58] performed coupled
reactive flow and transport modeling of CO2 injection in
the Mt. Simon sandstone formation, Midwest USA. They
found dissolution of K-feldspar, oligoclase, and dolomite
originating in the matrix caused increase in porosity, from
the original 15% to 15.7% in the near-well zone during the
injection period, which is in line with our simulation. In
another recent paper [57], the initial mineral composition
used in this work was similar with Shiqianfeng formation in
our studies, but the minerals contents and in situ conditions
(e.g., temperature and pressure) are different. Despite these
differences, their results are well consistent with our studies
that the increase in porosity is caused by the acidic brine
that triggered the dissolution of minerals such as calcite and
albite (corresponding to oligoclase in our studies). Also, the
formation of dawsonite was observed in both models.

4. Conclusions

This study investigated CO2-water-rock geochemical reac-
tions during CO2 injection at the Shenhua CCS demon-
stration site using two-dimensional (2D) reactive trans-
port model. The potential role of mineral dissolution and
precipitation (and resulting porosity change) in explain-
ing the nearly tenfold increase in injectivity observed at
that site was explored using conventional and alternative
porosity-permeability models. The effect on mineral dissolu-
tion/precipitation of keymineral composition (e.g., dolomite,
calcite, and oligoclase) and formation physical properties
(e.g., temperature, pressure, and brine salinity) was also
examined. The conclusions are as follows.

The CO2-water-rock interactions induced by CO2 injec-
tion into the deep saline aquifers affect the porosity evolution
of the reservoir due to mineral dissolution and precipitation.
The porosities of the three formations increase gradually
over time during CO2 injection, and the spatial distribution
of porosity change is consistent with the migration scope
of CO2. The porosities of the Liujiagou, Shiqianfeng, and
Shihezi reservoirs experienced maximum increases of 0.10%,
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0.12%, and 0.42%, respectively. The differences in porosity
changes between these three formations are a consequence of
the different CO2-water-rock interactions occurring due to
their different primary mineral compositions and reservoir
conditions.

The reservoir permeability will increase as a consequence
of the porosity increase. Using a typical Kozeny-Carman
porosity-permeability relationship, the nearly tenfold injec-
tivity increase observed cannot be attributed to CO2-
water-rock interaction-induced mineral dissolution. How-
ever, using porosity-permeability relationships that include
tortuosity, grain size, and percolation porosity, it is possible
to explain the injectivity increase as a consequence ofmineral
dissolution. These models might be justified in terms of
selective dissolution along flow paths and by dissolution
or migration of plugging fines. Empirical studies using
core samples would be necessary to evaluate the suitability
of applying these alternative models to the Shenhua CCS
site. Further research could also explore the near-wellbore
porosity-permeability changes at the early stage of CO2
injection and also as to whether more extreme variations
in reservoir properties could explain permeability changes
under a Kozeny-Carman porosity-permeability relationship.

Variation of key mineral composition and physical reser-
voir parameters illustrates that dolomite is the key mineral
that affects porosity increase during CO2 injection, and
the dissolution of dolomite can inhibit the dissolution of
calcite. The dissolution of oligoclase can also lead to porosity
increase, although oligoclase can also inhibit the dissolution
of dolomite, which is not conducive to porosity increase.
Formation physical properties such as temperature, pressure,
and brine salinity are all important factors that affect mineral
dissolution and precipitation as well as relevant porosity and
permeability changes.

The simulation results are comparedwith available exper-
imental data and found to show reasonably good agreement.
These results indicate the importance of localized mineral
dissolution during CO2-water-rock interactions, which can
lead to a large increase in the volume of void space thereby
increasing the porosity and permeability of the reservoir.This
study helps deepen our understanding of how geochemical
changes may affect CO2 injectivity. Results from this study
could have important practical implications for a successful
CO2 injection and enhanced oil/gas/geothermal production
in low-permeability formations, providing a new basis for
screening of themost effective storage sites and reservoirs and
assessing CO2 injectivity by considering specific mineralogy
and in situ conditions.
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An Enhanced Geothermal System (EGS) is an artificially created geothermal reservoir formed by hydrofracturing hot dry rock.
Thermal shock occurs when the cold water contacts the hot rock near the injection borehole, creating a network of small,
disorganized, closely spaced micro cracks. As the cold-water injection continues, the hot rock cools down and the micro cracks
coalesce, becoming a better-defined network of thermal fractures. Thermal fractures in an EGS reservoir are believed to improve
reservoir performance by increasing the surface area for heat exchange and lowering flow impedance; however, it is difficult to
precisely predict how they grow and affect the permeability of the reservoir. The goal of this paper is to provide an insight into the
transport mechanisms within the thin, permeable, thermally shocked region of an EGS reservoir. COMSOLMultiphysics� is used
to set up an indealized porous region with identical geometrical features at different domain scales to show the scale dependence
of heat and mass transport in the initial microscale crack network and in the later coalesced thermal fractures.This research shows
the importance of EGS maturity in determining how heat and mass are transferred and how to select appropriate analytical tools
for different stages of development.

1. Introduction

Global demand for electricity generation from alternative
energy sources is increasing. More countries are evaluating
the potential of geothermal energy as their alternative energy
source for electricity generation [1]. An Enhanced Geother-
mal System (EGS) has the potential to take geothermal energy
production to a new level of utility-scale energy production.
For the last several decades, starting with the Fenton Hill
project, several EGS projects have been developed with the
hope of understanding the complex nature of man-made
geothermal reservoirs. This type of man-made geothermal
reservoir requires a cold-water injection to a hot but dry
granitic rock at several kilometers deep to create an artificial
reservoir and recover the injected water as hot steam through
production wells. Hot dry granitic rocks are easier to find at
that depth. One of the main engineering problems has been
the inability to connect the injection well with production
well that are several hundred meters apart. This is partially

due to the lack of our understanding of how the state of
stresses from the weight of the overlaying strata and locked-
in stresses of the tectonic origin combine to interact with the
induced thermal changes. The authors assume that the initial
development of thermal fractures caused by the cold-water
injection controls the patterns of fracture propagation, as
this pattern development will initially define the connecting
paths between injection and production wells. Thus, it is
important to investigate how heat and mass are transferred
in the thermally shocked region and how they will influence
the development of reservoir permeability.

Thermal fractures are believed to improve reservoir per-
formance [2–4]. In an EGS reservoir, as the cooling process
continues, thermal fractures are widened and penetrate
deeper into the hot rock. This stimulation increases the
reservoir’s ability to transport heat and mass by lowering
the flow impedance and by increasing the heat exchange
surface areas. Thus far, thermal fractures have not been
extensively studied or incorporated into reservoir simulations
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because they add another layer of complexity to themodeling;
however, their inclusion is vital to understanding the thermal
and hydrologic effects of cold-water injection.

Several authors have studied how thermal stresses are
developed in brittle materials due to cold-water injection.
Chen and Marovelli [5] conducted an experiment to analyze
thermal stresses in a rock disk subjected to an external
thermal shock. Perkins and Gonzalez [6] as well as Kocabas
[7] proposed analytical models to investigate the state of
stresses induced by cold fluid injection. Ghassemi et al. [8]
developed an integral equation to calculate thermally induced
stresses associated with the cooling of a planar fracture in a
hot rock. The findings from these studies are relevant to the
induced tensile stresses present in the cooled region of the
EGS reservoir that stimulate thermal fractures. Another key
finding from these studies is the direct correlation between
the difference in the applied temperature and the crack
density.

A series of studies have also been conducted to under-
stand the mechanical and thermal behavior of thermally
induced fractures and their interactions in brittle-elastic
materials [9–12]. Nemat-Nasser et al. [13] investigated stabil-
ity of growing thermal fractures. Barr [14] investigated the
branching of thermal fractures by examining the potential
of crack propagation away from the surface of the primary
fracture in a hot dry rock (HDR) system. Bažant andOhtsubo
[15] as well as Murphy [3] and Barr [14] show that, during the
heat extraction process, a network of closely spaced thermal
fractures, which resembles a “waffle” grid of grooves [2], is
formed adjacent to the primary fractures.One of the common
observations of these studies is that the growth patterns of
thermal fractures are complex, particularly under the large
thermal strain close to the surfaces of primary fractures.

Although these studies present a comprehensive view of
the impact of thermal fracturing, thermal fractures have not
clearly been integrated into EGS reservoirmodeling. In fact, a
common practice of reservoir modeling neglects the positive
effects of thermal fractures by excluding them from the core
structure of simulation, and this exclusion hinders progress
towards a better understanding of the contribution of thermal
fractures in reservoir performance.

Only a small number of studies have been conducted
to investigate the effect of thermal fractures on reservoir
performance. Harlow and Pracht [16] were probably the
first to integrate thermal fractures into a reservoir model
as an additional porosity. Stephenes and Voight [17] show
that the presence of thermal stresses lowers the pressure
requirement to initiate hydraulic fractures in the reservoir.
Tran [18] also indicates that the presence of thermal fractures
in a reservoir could change both the shape and aperture
of the primary hydraulic fractures, and as a consequence,
reservoir performance is affected. Huang et al. [12] developed
a quasi-static discrete element model to simulate fracture
propagation induced by thermal stresses. Huang et al.’s model
of thermal fractures has a significant influence on heat
conduction within the rock matrix. These studies highlight
the importance of thermal fractures in an EGS reservoir
model; however, the heat and mass transport mechanisms

within the thermally shocked region of an EGS reservoir have
not yet been clearly investigated.

Motivated by these observations, this paper investigates
the transport mechanisms within a thermally shocked region
to provide a better understanding of the overall heat and
mass transport in an EGS reservoir. In response to the cold-
water injection, a thin thermally shocked region is formed
adjacent to the hydraulically induced fracture. The thermally
shocked region initially acts as a transition zone between
the hydraulically induced fracture and thermal fractures.The
structure of the thermally shocked region and its transport
properties can affect overall reservoir performance in two
ways: first by controlling the growth behavior of the thermal
fractures and second by altering heat transfer from the rock
mass to the working fluid. In this study, a porous medium
consisting of a solid skeleton and fluid pathways is considered
as a conceptual model of the thermally shocked region. The
pore-scale approach is adopted, and mathematical formula-
tion and numerical examples are developed to investigate the
transport mechanisms within the region of interest.

2. Conceptual Model

Figure 1(a) shows a conceptual model of an EGS reservoir
comprising a series of parallel hydraulically induced fractures
connected to define a doublet system of an injection and a
production well embedded in hot dry crystalline rock. This
system is commonly used to characterize an idealized EGS
reservoir [2, 20, 21], although the geometrical configuration
of the model does not fully portray a realistic EGS reservoir.

As mentioned earlier, the occurrence of the thermal
fractures in an EGS reservoir has been proven theoretically
and experimentally [3, 5, 13–15]. Their presence has also
been acknowledged in induced seismicity studies in several
operating geothermal sites [22]. However, thermal fractures
are excluded from the geometrical representation of the
conceptualmodel of an EGS reservoir. A representation of the
thermally shocked region adopted from earlier studies [3, 10]
is shown in Figure 1(b).

This paper focuses on the transport behavior of a thin
thermally shocked region adjacent to a hydraulically induced
lenticular fracture. The goal of simulation of the thermally
shocked region is to generate randomized flow paths at
different length scales to gain a better insight into how heat
and mass are transported. The thermally shocked region
with micro cracks is idealized as a granular porous medium.
Following this assumption, MATLAB� was used to generate
a random 2D porous region composed of randomly placed,
nonoverlapping circles. To this end, the authors are less
concerned with the specific shape of particles, as long as
the nonoverlapping packing of circular particles can create
similar tortuous paths that are created by a collection of small
fractures. Various arrangements of clustered and differently
sized circles approximate irregular shaped matrix elements.
The resulting clusters of randomly sized particles create pref-
erential flow paths that can be used to effectively measure the
scale effect on mass transport and temperature distribution.
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Figure 1: Conceptual model of EGS reservoir (a); side view of the model (b). The width of the hydraulic fractures and thermally shocked
regions is exaggerated for clarity.

The degree of fragmentation due to thermal shock
depends on several factors, such as the severity of the
temperature gradient, the depth of reservoir, the temperature
mismatch between the rock and the water at the fracture
surfaces, the thermal expansion coefficient, Young’s modulus
of the rock, and the rate of water circulation [2]. Since we
cannot determine the exact density of the fractures within
the thermally shocked region, defining a Representative
Elementary Volume (REV) with different length scales can be
a practical option to characterize the density of the thermal
fractures within this region. In this work, we utilize REVs
with different side lengths, from 1mm to 500mm. The REV
with the side length of 1mm can yield a value representative
of the thermally shocked region with the highest density

of fractures. Therefore, the REV with the length scale of
1mm is considered a severely thermally shocked region.
Proportionally, a model with the length scale of 100mm can
be considered a moderately thermally shocked region.

The 1mm scale model represents the initial stage of the
thermally shocked region, and the 100mm represents the
latter stage once the cracks have coalesced or the initial region
that can be developed when the thermal shock was not severe
enough so that fragmentation was coarse. Porous media with
length scales lower than 1mm and larger than 500mm are
beyond the scope of this paper. The former length range may
cause nanoscale pore spaces, and the latter may cause an
unwanted turbulent flow regime.
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3. Contributing Physics

In order to describe the transport mechanisms within the
thermally shocked porous region of an EGS reservoir, a set
of equations that describe the fluid flow, heat, and mass
transport are required. Furthermore, these equationsmust be
coupled to capture the multiphysics nature of the described
transport phenomena. In this work, a sequential coupling
approach is taken. Initially, fluid flow and mass transport are
considered to be the only contributing transport processes
without heat transfer. Thus, the connected pore network
alone is responsible for fluid and mass transport and they
are coupled in an isothermal manner. Later, the solid rock
matrix is added in conjunctionwith the pore network, and the
equation of heat transfer is added to themass transportmodel
to build the sequential coupling for heat and mass transport.
This sequentially but fully coupled system is capable of ana-
lyzing the nonisothermal transport behavior of a thermally
shocked region. The physics of fluid flow, heat, and mass
transport in porous media exhibit complex phenomena that
stem from different length scales. The transport phenomena
in the severely thermally shocked region with many small
fractures can be best described by coupling the Navier-Stokes
and advection-diffusion equations together with conjugate
heat transport. In order to investigate the distinct transport
phenomena of different scales, we create computational
domains that are geometrically identical but different in scale.
In each scale, the small identical Reynolds number assures
that the flow is laminar.

4. Pore-Scale Modeling

In this section, we will describe our sequential coupling
method to analyze heat and mass transport at the pore-scale.

4.1. Mass Transport (Isothermal Coupling). Following the
sequential coupling approach, the physics of fluid flow
and mass transport are first coupled. There is no thermal
interaction between the fluid in the pore and the solid
rock matrix. The flow is assumed to be isothermal single-
phase laminar flow, and the Navier-Stokes equation governs
the fluid flow. Figure 2 shows the computational domain.
Relative Concentrations of mass and temperature arrivals
are monitored at discrete locations (A, B, C, and D) of this
simulation domain.

𝜌𝑓 𝜕u𝜕𝑡 + 𝜌𝑓u ⋅ ∇u = −∇𝑝 + ∇

⋅ [𝜇 (∇u + (∇u)𝑇) − 2
3𝜇 (∇ ⋅ u) I]

+ F,

(1)

where 𝜌𝑓 denotes the density of the fluid (kg/m3), u the
fluid velocity (m/s), 𝑝 the pressure (Pa), F a body force term
(N/m3), and I the identity matrix. The low-pressure gradient
of ∇𝑝 = (𝑝𝑖 − 𝑝𝑜) = 0.1 Pascals is applied on the boundaries
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Figure 2: Computational domains adopted for the pore-scale
modeling. Reference lines A, B, C, and D divide the computational
domain into four equal subdomains.

to keep the flow regime laminar. The initial and boundary
conditions can be expressed as

u (𝑥, 𝑦, 0) = 0 𝑥, 𝑦 ∈ pore space,
𝑝 (𝑥𝑖, 𝑦, 𝑡) = 𝑝𝑖,
𝑝 (𝑥𝑜, 𝑦, 𝑡) = 𝑝𝑜.

(2)

A no-slip boundary condition is applied at the interior walls
(solid skeleton surfaces), as well as on the upper and the lower
walls. The transient advection-diffusion equation governs
transport of nonreactive species of mass in a laminar flow
regime.

𝜕𝐶
𝜕𝑡 + ∇ ⋅ (−𝐷∇𝐶) + u ⋅ ∇𝐶 = 𝑅, (3)

where 𝐶 denotes mass concentration (mol/m3), 𝐷 the diffu-
sion coefficient (m2/s), u the velocity (m/s), and 𝑅 the source
or sink term (mol/m3s).

The complex geometry of the pore network in conjunc-
tion with the coupling of the contributing physics makes the
simulation computationally expensive. To maintain numeri-
cal accuracy with a manageable simulation time, a Gaussian
profile is given to express the initial condition of the mass
transport. For the initial condition, the concentration of the
mass within the domain is defined as follows:

𝐶 (𝑥, 𝑦, 0) = 𝐶0 𝑥, 𝑦 ∈ pore space, (4)

𝐶0 = 𝐶max × exp [1000 × (−( 𝑥
0.5)
2)] . (5)

According to (5), within the pore-network domain very close
to the left boundary (adjacent to the inlet, 𝑥 → 0), the mass
concentration is equal to𝐶max. However, within the rest of the
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pore-network domain the mass concentration is almost zero
(see Figure 13).

For the boundary conditions, a constant concentration
of 𝐶max is applied to the inlet boundary, and the species are
transported out of the domain by fluid motion to the right
side of the model.

𝐶 (𝑥𝑖, 𝑦, 𝑡) = 𝐶max,
n ⋅ (−𝐷∇𝐶) = 0 at outlet, 𝑥𝑜,

(6)

where n is the normal vector, used to identify the component
of the mass flux perpendicular to the boundary. All other
boundaries, including solid skeleton surfaces and the upper
and lower boundaries, are assumed to be insulating bound-
aries where no mass flows in or out.

−𝐷𝑖∇𝐶𝑖 + u𝐶𝑖 = N𝑖,
n ⋅ N𝑖 = 0. (7)

For a complex flow field geometry such as the one considered
here, the Stokes equations do not have simple analytical
solutions; however, the transport of species in one dimension
has been analytically solved [23–27] and it can be expressed
as

𝐶
𝐶0 = 0.5 [erfc(𝑑 − k ⋅ 𝑡

√𝐷 ⋅ 𝑡 )

+ exp(k ⋅ 𝑑𝐷 ) erfc(𝑑 + k ⋅ 𝑡
√𝐷 ⋅ 𝑡 )] ,

(8)

where 𝐶/𝐶0 is the Relative Concentration (RC) defined as
the ratio of the species concentration to its initial value at
a distance 𝑑 from the inlet (m), erfc is the complementary
error function, k is the flow speed (m/s), 𝐷 is the diffusion
coefficient (m2/s), and 𝑡 is the time (s).

Using (8), the Mass Breakthrough Time (MBT) is calcu-
lated against velocity for a given RC value. This RC specific
MBT is calculated at the outlet D, that is, the time to travel
1mm in distance. Two major trends can be observed in
Figure 3. First, when the velocity becomes small enough, that
is, less than 10𝐸−6m/s, thenMBT for eachRC value becomes
constant. This is an indication that mass is transported by
diffusion, and the MBT depends only on the concentration
gradient. On the other hand, when the velocity becomes large
enough,MBT values for eachRC valuemerge to a single value
that can be calculated as the time that takes the fluid velocity
to travel 1mm in distance. This is the indication that the
mass is now transported along the movement of fluid. More
specifically, for example, for RC of 0.1, the MBT due to pure
diffusion can be found by reading off the value for the point
where the plotted red line intersects with the smallest velocity
value. On the other hand, theMBT due to pure advection can
be found as the point where the red line intersects with the
largest velocity value. Any MBT between these two extremes
are due to the combined effect of diffusion and advection.
The precise contribution of each effect is unknown. However,
it is clear from Figure 3 that, for slower velocities, the MBT
is influenced more by the diffusional mass transfer. Here,
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Figure 3: Mass Breakthrough Time (MBT) as a function of velocity
for pure diffusion, diffusion with advection, and pure advection
(analytical solution for the case with scale length of 1mm, modified
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for pure diffusion, diffusion with advection, and pure advection
(numerical solution for the case with length scale of 1mm).

only the case with the length scale of 1mm is considered
for validation. It is noted that the coefficient of diffusion
is assumed to be equal to that of self-diffusion (or tracer-
diffusion) of water, 1𝐸 − 9m2/s.

In Figure 3, based on our theoretical analysis, we show
which transport mechanisms are at work for a given velocity
and Relative Concentration. Now, the model is validated by
measuring the RC values as the flow passes through the outlet
D (see Figure 2). Figure 4 shows that, for a given RC value,
the MBT is the shortest when both diffusion and advection
participate in transfermechanisms and the longest when pure
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advection controls the dispersion. It is also noted that, for the
advection dominated flow, the mass passes the outlet D with
a large concentration gradient.

4.2. Heat and Mass Coupled Transport (Nonisothermal). A
fully coupled nonisothermal, transient model is needed
to capture the transport phenomena within the thermally
shocked porous region of the EGS.Unlike the isothermal cou-
pling model where only the fluid phase in the pore network
was responsible for mass transport, for the nonisothermal
coupled case, both the pore fluid network and solid rock
matrix participate in heat and mass transfer. The conjugate
heat transport concept [28] is used to couple the physics of
heat transfer in both domains.

It is assumed that heat is transferred within the solid
matrix only due to conduction; therefore, Fourier’s law can
define the temperature field in this domain.

𝜌𝑟𝐶𝑃𝑟 𝜕𝑇𝜕𝑡 = ∇ ⋅ (𝑘𝑟∇𝑇) + 𝑄, (9)

where 𝜌𝑟𝐶𝑃𝑟 is the effective volumetric heat capacity of the
solid phase at constant pressure (J/m3∘C) and 𝑘𝑟 is the thermal
conductivity of the solid (J/ms∘C). In the pore fluid network,
the energy equation is modified to reflect the influence due to
viscous effect and the temperature-dependent pressure work.
Accordingly, the following equations are used to govern the
energy transport in the system:

𝜌𝑓𝐶𝑃𝑓 𝜕𝑇𝜕𝑡 + 𝜌𝑓𝐶𝑃𝑓u ⋅ ∇𝑇 + ∇ ⋅ q = 𝑄, (10)

q = −𝑘𝑓∇𝑇, (11)

where 𝜌𝑓𝐶𝑃𝑓 indicates the effective volumetric heat capacity
of the fluid at constant pressure (J/m3∘C), 𝑘𝑓 the thermal
conductivity of fluid (J/ms∘C), and u the fluid velocity. Initial
and boundary conditions are applied as follows:

𝑇𝑠 (𝑥, 𝑦, 0) = 𝑇𝑓 (𝑥, 𝑦, 0) = 𝑇0
𝑥, 𝑦 ∈ both domains,

𝑇0 = (𝑇max − 𝑇in)
× [1 − exp [1000 × (−( 𝑥

0.5)
2)]]

+ 𝑇in.

(12)

A constant temperature of 𝑇in is prescribed at the inlet. It is
also assumed that there is no heat flux across the upper and
lower boundaries.

𝑇𝑓 (𝑥𝑖, 𝑦, 𝑡) = 𝑇in 𝑥, 𝑦 ∈ pore network,
−n ⋅ q = 0. (13)

By accommodating these coupled equations in the numerical
model, COMSOL Multiphysics was used to numerically
study coupled heat and mass transport phenomena in a

Table 1: Parameters used in the simulation.

Parameter Symbol Value/unit
Solid phase
Thermal conductivity 𝑘𝑟 2.9W/(mK)
Heat capacity 𝐶𝑃𝑟 850 J/(kgK)
Density 𝜌𝑟 2600 kg/m3

Porosity 𝜀 0.431
Fluid (water)
Thermal conductivity 𝑘𝑓 0.6W/(mK)
Heat capacity 𝐶𝑃𝑓 Function of temperature (see

Appendix)Density 𝜌𝑓
Dynamic viscosity 𝜇
Inflow temperature 𝑇in 15∘C
Initial temperature 𝑇0 85∘C

complex fractured rock. COMSOL Multiphysics is a Finite
Element (FE) simulation software, well suited for simulat-
ing mechanical-thermal-hydrological coupled problems.The
computational domain of interest is discretized explicitly for
both pore-network and solid rock domains. Time is also
discretized by utilizing the BackwardDifferentiation Formula
(BDF) time stepping method.The BDF is a family of implicit,
linear multistep methods used to numerically integrate ordi-
nary differential equations, and its transient solver is both
stable and versatile and provides extra robustness required for
transport applications. Parameters used in the simulation are
listed in Table 1. Formore details on the numerical model and
the initial and boundary conditions see Appendix.

5. Results and Discussion

Fully coupled models were simulated at the domain length
scales of 1 and 100mm. A small pressure difference of 0.1 Pa
between the inlet and outlet quickly led to a steady-state
condition. Due to the Venturi effect, fluid velocity locally
increases as the fluid passes through constrictions and evolves
to an uneven flow field. The fluid velocity in the preferential
paths is higher and rapidly drops to almost zero as the fluid
diverts from the preferred paths to locally stagnant regions.
The flow patterns of the preferred flow paths for both length
scales are identical. Although the flowpatterns are identical to
both domain length scales because the local velocity gradients
define flow paths, the values are different by two orders of
magnitude proportional to the scale of the domain, as can be
seen in Figure 5. In the following discussion of the results, the
mass that is dispersed is interpreted as a tracer.

Figure 6 shows the transport of a tracer (as an example
of mass transport) within the pore network for both domain
length scales. The RC value of 0.5 measured at the center line
B is used as a criterion to define this specific MBT for both
length scales. For the model with the domain length scale of
1mm, it takes about 300 seconds for the tracer to reach the
RC of 0.5 at B, whereas, for the model with the length scale
of 100mm, it takes about 500 seconds. It is important to note
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Table 2: The average velocity, Reynolds number, and Péclet number of different length scales.

Length scale
𝑙 (mm)

Average velocity
u (m/s)

Reynolds number
Re

Péclet number (Pe)
For mass For heat

1 7.53𝐸 − 07 1.36𝐸 − 03 0.75275 4.87𝐸 − 03
2 1.51𝐸 − 06 5.44𝐸 − 03 3.0108 1.95𝐸 − 02
3 2.26𝐸 − 06 1.22𝐸 − 02 6.7737 4.39𝐸 − 02
5 3.76𝐸 − 06 3.40𝐸 − 02 18.82 1.22𝐸 − 01
10 7.53𝐸 − 06 1.36𝐸 − 01 75.324 4.88𝐸 − 01
20 1.50𝐸 − 05 5.43𝐸 − 01 300.4 1.94𝐸 + 00
30 2.33𝐸 − 05 1.27𝐸 + 00 700.44 4.54𝐸 + 00
50 3.84𝐸 − 05 3.47𝐸 + 00 1922.25 1.24𝐸 + 01
100 7.72𝐸 − 05 1.40𝐸 + 01 7720.9 5.00𝐸 + 01
500 3.99𝐸 − 04 3.60𝐸 + 02 199455 1.29𝐸 + 03
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Figure 5: Velocity field in thermally shocked regions. 1mm and 100mm domain length scale models are shown on (a) and (b), respectively.
There are two orders of magnitude difference in the velocity.

that there is a significant difference in the way the tracer is
spatially dispersed. For the 1mm domain length scale, the
tracer transport is distributed uniformly across the domain
with a flat propagating concentration front, while, for the
100mm scale model, unevenly propagating tracer front with
preferential paths can clearly be observed. This difference
clearly shows that, at the smaller domain scale, the tracer
is dispersed by diffusion due to the concentration gradient,
and at the larger scale, mass is dispersed by advection. It is
reminded that similar flow patterns do not assume similar
mass transport. As shown in Table 2, the Reynolds numbers
for flows at 1 and 100mm scales are 1.36𝐸 − 3 and 1.40m/s,
respectively. In both scales, the flow is extremely slow and
laminar.

Figure 7 shows how temperature is transported at both
domain scales.While the fluidwith lower temperature sweeps

the rock domain with a higher initial temperature, thermal
energy is transported through conduction in the rock matrix
and through both conduction and convection in the pore
network. The Relative Temperature (RT) is defined as the
ratio of the current temperature to its initial value, and the
RT value of 0.5 at B is used to define the Temperature
Breakthrough Time. Results in Figure 7 indicate that, for the
model with the length scale of 1mm, the average temperature
at B achieves the criterion in less than 1 (0.26 sec) second of
the cold fluid injection. However, for the model with domain
length scales of 100mm, it takes 471 seconds for the RT to
reach the value of 0.5 at B. It is noted that, for the smaller
geometry, heat is transported uniformly across the model
with a straight temperature propagation front, while, for the
larger geometry, an uneven heat front can clearly be observed.
This difference can also be explained based on (10). In the
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Figure 6: Relative Concentration (RC) of the tracer within each scale domain. For the model with the length scale of 1mm (a), it takes 306
seconds for the tracer to reach the Relative Concentration of 0.5 at the center line B, whereas, for the model with the length scales of 100mm
(b), it takes 500 seconds. Evolution of the Relative Concentration (RC) over time at reference lines for models with the length scale of 1mm
(c) and 100mm (d).

case with the length scale of 100mm, the energy transported
by the fluid motion is dominant, whereas, in the case with
1mm scale length, the dominant heat transport mechanism
is conduction.

Table 2 summarizes which mechanisms are dominant
for heat and mass transport at each domain scale. It is
noted that the small Reynolds numbers indicate that the flow
remains laminar at all scales, and furthermore for the domain
length scale up to a few millimeters, the given pore structure
produces a Stokes flow with creeping motion. The Reynolds
number defines the relative influence between inertial and

viscous resistance on flow behavior. The Péclet number (Pe)
was also calculated to define the ratio of the rate of advection
to the rate of diffusion of the same physical quantity driven by
an appropriate gradient. In the context of mass transfer, the
Péclet number is calculated as the product of the Reynolds
number and the Schmidt number. In the context of heat
transfer, the Péclet number is equivalent to the product of the
Reynolds number and the Prandtl number. As can be seen
in Figure 8, mass transfer is dominated by diffusion for the
length scale of 1mm but as the length scale increases, mass
transfer due to advection quickly becomes more dominant.
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Figure 7: Relative Temperature (RT) within the computational domain. For the model with the length scale of 1mm (a) it takes 0.26 seconds
for the heat to reach the Relative Temperature of 0.5 at the center of the domain, whereas for the model with the length scale of 100mm (b)
it takes 471 seconds.
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Figure 8: Relative Concentration (RC) of the mass (tracer) for the model with the length scale of 1, 5, 10, 50, 100, and 500mm.

On the other hand, heat transfer remains diffusion dominated
up to the scale of 10mm, whereas advection and diffusion
are equally important for the length scales between 10 and
30mm, and beyond the length scale of 50mm, heat transfer
will be dominated by advection (Figure 9). In summary, for
the flow considered here at different domain length scales,

advection has a greater influence on how mass is transported
for length scales for a few millimeters or greater. However,
the way heat is transported goes through three different
combinations of mechanisms, and they are diffusion up to
around 10mm, advection-diffusion between 10 and 30mm,
and advection greater than 50mm of domain length scales.
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Figure 9: Relative Temperature (RT) for the model with the length scale of 1, 5, 10, 30, 50, 100, and 500mm.

5.1. Thermal versus Mass Breakthrough Time. Quantitative
criteria to assess EGS reservoir performance are divided into
two groups. The criteria are used to judge the hydraulic
performance and those that evaluate the thermal perfor-
mance of the EGS reservoir. Mass Breakthrough Time (MBT)
and Thermal Breakthrough Time (TBT) are usually used
to identify the distribution of fluid residence times within
the reservoir and temperature decline in the recovery as a
function of time. The MBT and TBT have been used in the
previous sections of this paper to evaluate the thermal and
transport properties in the different scale studies.

The scale of the thermally shocked region and its trans-
port properties can affect overall reservoir performance.
Comparing MBT and TBT at different length scales can give
a better understanding of the transport mechanism within a
specific region and its effect on overall EGS performance.

Figure 10 shows the mass and heat breakthrough times at
the outlet for the length scales of 1 and 100mm. Results show
that, for the case with the length scale of 1mm (Figure 10(a)),
heat transport is much faster than mass transport. For
example, it takes 193 seconds for the mass to reach RC of
0.1 at the outlet; however, for the heat, it takes less than one
second to reach a RT of 0.9 at the outlet. For both cases, the
time for 10% of the original concentration of mass (tracer) or
temperature to reach at the outlet wasmeasured.Three orders

of magnitude difference in breakthrough times of heat and
mass indicate the critical role of diffusion at the model with
the length scale of 1mm. For the case with the length scale of
100mm, the mass transport is faster than the heat; however,
unlike the smaller scale, heat and mass transport operate on
the same order of magnitude (Figure 10(b)). For example, it
takes 529 seconds for mass to reach the RC of 0.1 at the outlet
of the model. The time for the RT of 0.9 at the outlet is about
844 seconds. Unlike the smaller case, the role of advection is
pronounced in the model with the length scale of 100mm.

6. Conclusion and Recommendation

The mechanisms of the heat and mass transport within a
thermally shocked region of anEGS reservoirwere studied. In
this numerical study, the thermally shocked region adjacent
to the primary hydraulic fractureswas assumed to be a porous
medium. A pore-scale simulation approach was considered
to study its applicability and limitations in capturing coupled
transport physics of heat and mass. For the pore-scale
modeling, mass and heat transfer at two domain length scales
of 1 and 100mm were considered to represent a thermally
shocked region with two different degrees of fragmentation
or fracture coalescence. Using the COMSOL platform, con-
tributing physical laws were sequentially coupled to capture
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Figure 10: Relative Concentration (RC) of the mass and Relative Temperature (RT) of the fluid at the outlet as a function of time: model with
the length scale of 1mm (a) and model with the length scale of 100mm (b).

multiphysics features of the problems investigated.The results
showed that, for the severely thermally shocked region
represented by the domain length scale of 1mm, diffusion
is responsible for both heat and mass transfer. The TBT was
found to be three orders of magnitude faster than the MBT.
In other words, the ratio of thermal diffusivity to molecular
diffusivity was also found to be 103 for this model. This
ratio can determine the relationship between heat and mass
transfer in a diffusion-dominated small system where the
flow speed is insignificant. The pore-scale simulation results
also indicate that, for a moderately thermally shocked region
represented by the domain length scale of 100mm, mass
transfer is mainly accomplished by advection, but heat is
transferred via both fluid motion and conduction. Thermal
and Mass Breakthrough Times were found to be in the same
orders of magnitude.

Although a simple model has been presented in this
paper, the results of pore-scale analyses confirm that the
transport behavior of the thermally shocked region of an EGS
strongly depends on the degree of fragmentation. In actual
field cases, one can identify the following appropriate regions
of an EGS reservoir where the presented pore-scale analysis
may be beneficial:

(i) Near the injection point of water: this is where intense
cooling on the surface of the primary hydraulic
fracture produces a thin thermally shocked region
with a high degree of fragmentation (i.e., higher
fracture density).

(ii) Near the production point of hot water: this is where
the cooling effect becomes less intense, and the
adjacent thermally shocked region is less fragmented.

(iii) Early stage of EGS fluid circulation: this is when the
thermal front advances very rapidly along the primary
hydraulic fracture and isotherms in the rock matrix
are parallel to the main hydraulic fracture.

(iv) Later stage of EGS fluid circulation: this is when the
cold front penetrates more into the rock matrix and
isotherms in the rock matrix become perpendicular
to the main hydraulic fracture.

Differences in the transport behavior of the thermally
shocked region due to the variation in its fragmentation
may cause temporally and spatially sensitive behavior in the
reservoir as speculated above. The exact fragment geometry
of the inside of an EGS reservoir will never be known,
but incorporating representative elements into a reservoir
simulation may help more accurately depict and predict the
heat and mass transport processes in the EGS circulation
system.

Appendix

Numerical Model Description

The computational domain in COMSOL Multiphysics was
created in 2D space dimension. In the direct pore-scale
approach, the geometry is discretized explicitly for both pore
network and solid phases. As shown in Figure 11 the domain
is discretized spatially with triangular elements for both pore
network and solid skeleton subdomains. Table 3 shows the
statistics of the elements. Time is also discretized by utilizing
the Backward Differentiation Formula (BDF) time stepping
method. The initial time step size is set to 0.001 and as the
simulation approaches the convergence, the time steps are
increased incrementally to the value of 0.1 s and step size of
0.1 seconds is kept to the end of simulation.

The pore network was assumed to be fully saturated
with water and the granite with predefined properties was
designated as the solid domain.Theproperties of the assigned
fluid, such as heat capacity, density, and thermal conductivity,
were assumed to be temperature dependent (Figure 12) while
the properties of the solid phases were considered constant.
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Table 3: Statistics of the elements.

Elements Statistics Element quality histogram
Type of elements Triangle

0 1

Number of elements 102956
Minimum element quality 0.003662
Average element quality 0.9204
Element ratio area 6.66𝐸 − 5
Maximum growth rate 3.412
Average growth rate 1.395

Figure 11: The mesh scheme of model domain utilized in the numerical simulation.
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Figure 12: Properties of the fluid as a function of temperature. (a) Dynamic viscosity (blue curve) and thermal conductivity (red curve). (b)
Heat capacity at constant pressure (blue curve) and density (red curve).

The values of the basic properties of the solid phases are 𝜌𝑟
= 2600 kg/m3, 𝐶𝑝𝑟 = 850 J/(kg ∘C), and 𝑘𝑟 = 2.9W/(m ∘C).
An unstructured triangular mesh was created for both solid
and pore-network domains.Themesh is adequately sized and

is refined at the region adjacent to the inlet where both the
species and temperature gradients are higher. The element
size of the pore network and solids is calibrated according to
the contributing physics, and the average element quality of
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Table 4: The initial and boundary conditions for the fluid flow, mass, and heat transport.

Physics Initial conditions Boundary condition

Fluid flow

𝑝 (𝑥𝑖, 𝑦, 𝑡) = 𝑝𝑖 At boundary (1)
u (𝑥, 𝑦, 𝑡 = 0) = 0 𝑝 (𝑥𝑜, 𝑦, 𝑡) = 𝑝𝑜 At boundary (2)
𝑥, 𝑦 ∈ pore space u = 0 No-slip boundaries (3) and (4)

u = 0 No-slip boundary (5)

Mass transport

𝐶 (𝑥, 𝑦, 𝑡 = 0) = 𝐶0 𝐶(𝑥𝑖, 𝑦, 𝑡) = 𝐶max At boundary (1)
𝑥, 𝑦 ∈ pore space n ⋅ (−𝐷∇𝐶) = 0 At boundary (2)

𝐶0 = 𝐶max × exp [1000 × (−( 𝑥
0.5)
2)] −𝐷𝑖∇𝐶𝑖 + u𝐶𝑖 = N𝑖 No flow at boundaries (3), (4), and (5)

n ⋅ N𝑖 = 0

Heat transport

𝑇𝑠(𝑥, 𝑦, 0) = 𝑇𝑓(𝑥, 𝑦, 0) = 𝑇0 𝑇𝑓 (𝑥𝑖, 𝑦, 𝑡) = 𝑇in At boundary (1)
𝑥, 𝑦 ∈ both domains −n ⋅ (−𝑘∇𝑇) = 0 At boundary (2)
𝑇0 = (𝑇max − 𝑇in)

× [1 − exp [1000 × (−( 𝑥
0.5)
2)]] + 𝑇in

−n ⋅ q = 0 No heat flux at boundaries (3) and (4)
Boundary conditions at locations
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Figure 13: The initial condition for both physics of mass and heat
transport.

the mesh for both 1 and 100mm models is computed higher
than 0.94.The porosity of the generated domain is calculated
through dividing the integration of the pore-network region
by the length and width of the structure:

𝜀𝑝 = 1
𝐿1𝐿2 ∫

𝐿1

0
∫𝐿2
0

1 𝑑𝑥 𝑑𝑦, (A.1)

where 𝐿1 and 𝐿2 denote dimensions of the computational
domain in 𝑥 and 𝑦 directions. The porosity results in a value
of 0.431.

As mentioned, to avoid high numerical dispersion, a
gradual profile was given to express the initial condition for
both the physics of heat and mass transport (Figure 13). The
initial mass concentration everywhere in the domain is zero
except in the vicinity of the inlet where the concentration is
equal to the inlet concentration. The initial temperature was
also assumed to be 85∘C everywhere, except adjacent to the
inlet where the temperature is assigned to be the same as the
inlet temperature. Table 4 describes the initial and boundary
conditions for the fluid flow, mass, and heat transport.
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The effect of gravity on vertical flow and fluids saturation, especially when flow is against gravity, is not often a subject of interest
to researchers. This is because of the notion that flow in subsurface formations is usually in horizontal direction and that vertical
flow is impossible or marginal because of the impermeable shales or silts overlying them.The density difference between two fluids
(usually oil and water) flowing in the porous media is also normally negligible; hence gravity influence is neglected. Capillarity is
also often avoided in relative permeability measurements in order to satisfy some flow equations. These notions have guided most
laboratory core flooding experiments to be conducted in horizontal flow orientation, and the data obtained are as good as what the
experiments tend to mimic. However, gravity effect plays a major role in gas liquid systems such as CO2 sequestration and some
types of enhanced oil recovery techniques, particularly those involving gases, where large density difference exists between the fluid
pair. In such cases, laboratory experiments conducted to derive relative permeability curves should take into consideration gravity
effects and capillarity. Previous studies attribute directional dependence of relative permeability and residual saturations to rock
anisotropy. It is shown in this study that rock permeability, residual saturation, and relative permeability depend on the interplay
between gravity, capillarity, and viscous forces and also the direction of fluid flow even when the rock is isotropic. Rock samples
representing different lithology and wide range of permeabilities were investigated through unsteady-state experiments covering
drainage and imbibition in both vertical and horizontal flow directions. The experiments were performed at very low flow rates to
capture capillarity. The results obtained showed that, for each homogeneous rock and for the same flow path along the core length,
the relative permeability and residual saturation are dependent on flow direction. The results were reproducible in all experiments
conducted on the samples. This directional dependence, when accounted for in numerical simulation, can significantly improve
simulation accuracy in the flow processes described.

1. Introduction

Reservoir rocks are often made of horizontal layers called
sand beds that are usually interbedded with impermeable
shales or silts that prevent cross flow between rock layers. As
a result, flows in underground reservoirs are often considered
to be principally in horizontal directions. In order to mimic
reservoir flow conditions, laboratory flow experiments are
often conducted with rock samples in horizontal orientation.
However, there are field case scenarios where flows occur in
vertical direction such as during water or gas flooding from

horizontal well sections, gas upward/verticalmigration due to
buoyancy in thick rock beds during gas sequestration or gas-
enhanced oil recovery (EOR), and cross flow between reser-
voir beds with good vertical permeabilities. In such cases,
modelling upward migration of CO2 plume or cross flow
between reservoir beds using laboratory relative permeability
data obtained from horizontal core flooding experiments will
not be adequately representative and accurate. Furthermore,
most commonly used relative permeability calculationmeth-
ods are based on the assumption that two fluids flowing
in the same direction are under pressure gradients that are
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relatively larger than the buoyant force of gravity as well as
capillary forces. Hence, both gravity and capillarity are often
neglected. Laboratory measurements conducted to obtain
relative permeability and end saturations are thus required to
obey such assumptions by conducting core flooding exper-
iments at high flow rates such that viscous forces dominate
and capillary forces are negligible. These assumptions also
become invalid and greatly erroneouswhen studying a liquid-
gas system, where significant buoyancy exists because of the
high variation in fluids densities. According to Corey [1],
the assumption of neglecting both gravitational and capillary
effects in the fractional flow equations is not accurate. He
argued that capillary effect is not entirely eliminated and still
exists during displacement process. He also pointed out that
a large density difference occurs between water and oil in
a soil-water system, which makes it impractical to ignore
the gravitational terms. In addition, fluids’ flow in actual
reservoirs is mainly in capillary dominated regions with
capillary number of ≤10−6. It is therefore essential to make
laboratorymeasurements at conditions closely representative
of reservoir conditions. This involves combining viscous,
capillary, and gravity forces [2].

Bennion and Bachu [3, 4] did an extensive work on the
role of lithology, permeability, and viscosity ratio on relative
permeability in a horizontal core flooding of CO2/brine sys-
tem under different reservoir pressure and fluid conditions.
Akbarabadi and Piri [5] conducted a CO2/brine experiment
with the rock samples in vertical position and flow in upward
vertical direction under a capillary dominated flow regime.
However, there was no comparative analysis of the effect of
vertical flow on relative permeability and residual saturation
as compared to the case when the flow is in horizontal
direction. Niu et al. [6] investigated the effect of variation in
pressure, temperature, and brine salinity on residual trapping
of CO2 in a horizontal core flooding of Berea sandstones.
Reynolds et al. [7] studied the effect of viscosity ratio and
interfacial tension (IFT) under a capillary dominated flow
regime of CO2/brine system in a single Bentheimer sandstone
sample flooded in a horizontal direction. Many other authors
[8–11] investigated, through either simulation or laboratory
experiment, the effect of flow rate/capillarity on multiphase
flow of CO2/brine in a horizontal core-flood. Many other
published relative permeability curves considered only the
effect of the viscous forces and neglected the contribution
of capillary and gravitational forces. Few studies [12–14]
have observed through experimental studies that relative
permeability and end saturations are dependent on flow
directions. However, the directional dependence of these
parameters was thought to have been influenced by rock
heterogeneity such as permeability anisotropy and presence
of lamination. This study takes a step further to investigate
whether the directional dependency of residual saturation
and relative permeability are actually due to only the rock
heterogeneity or also due to the flow direction and the
dominating forces during the interplay between capillarity,
viscous, and gravitational forces.

The objective of this study is to highlight the directional
dependence of relative permeability and end saturations even
for a homogeneous and isotropic system. This dependence,

Table 1: Sample properties.

Sample # Lithology Length Diameter Porosity 𝑘brine
(cm) (cm) (%) (mD)

Sample 1 Sandstone 30.3 3.8 19.49 158
Sample 2 Limestone 25.4 3.8 13.88 269
Sample 3 Limestone 25.4 3.8 11.83 79
∗Brine permeability was measured in horizontal orientation.

Table 2: Fluid properties at 45 degree Celsius and atmospheric
pressure.

Density
(g/cc)

Viscosity
(cp)

Viscosity
ratio,
𝜇𝑔/𝜇𝑤

Density
ratio,
𝜌𝑔/𝜌𝑤

IFT, 𝜎𝑔𝑤
(dynes/cm)

Brine 1.0204 0.5653 0.0329 0.1019 62
Nitrogen 0.104 0.0186
𝜇𝑔 and 𝜇𝑤 denote the viscosity of gas and water, while 𝜌𝑔 and 𝜌𝑤 denote
the density of gas and water. IFT denotes interfacial tension between gas and
water and is denoted by 𝜎𝑔𝑤.

when accounted for in numerical simulation, can signifi-
cantly improve simulation accuracy in flow processes involv-
ing vertical flow. Finally, it should be noted that directional
flow as meant in this study may not necessarily be only due
to directional permeability caused by heterogeneous features
like anisotropy or laminations, as these have been sufficiently
discussed in the literature [12–15]. In the context described
here, the variations in relative permeability and residual
saturation exist due to flow direction even if the rock is very
homogeneous and has an isotropic permeability.

2. Experimental Procedures

Experiments were conducted using three samples, which
include sandstone and limestone obtained from Berea sand-
stones and Indiana limestone, respectively. The porosities
of the samples range from 11.8% to 19.5%, while the liquid
permeabilities range from 79mD to 270mD as seen in
Table 1. Soxhlet reflux extraction method was used to clean
samples at elevated temperature of 80∘C and then dried in
a vacuum oven at 60∘C. Table 1 summarizes the samples’
dimensions and physical properties. Synthetic aquifer brine
was prepared with TDS of 58 g/l and a density of 1.03 g/cc
and high purity (99.9%) Nitrogen was used as the gas phase.
Nitrogen gaswas used instead of CO2 to avoid complexities in
saturation estimation because ofmass transfer and active rock
fluid interaction. However, the results obtained using gas can
be applicable to other gases such as CO2.The fluids properties
were measured at 45∘C and at atmospheric pressure as given
in Table 2.

2.1. Description of Experiments. A series of unsteady-state
and low flow rates core flooding experiments were performed
to represent actual flow conditions during CO2 injection
in saline aquifer, using the set-up shown in Figure 1. The
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Figure 1: Experimental setup. BPR is backpressure regulator, BP means backpressure, and OB is overburden pressure.

core holder is a hydrostatic core holder, which holds the
cylindrical rock sample, and is capable of applying a confining
pressure on the sample. It can be rotated such that core flood-
ing is conducted in either horizontal or vertical orientation.
The core holder is also capable of holding samples of varying
lengths as long as 30.48 cmwith diameter of 3.8 cm. Reservoir
fluids (brine and nitrogen) were stored in floating piston
accumulators made of Hastelloy and stainless steel. A dual
injection pump is connected to the accumulators through
stainless steel tubing. The pump was used to drive fluid from
the floating piston accumulators into the core sample through
another set of stainless tubing connecting the accumulators to
the core holder. The injection pump is capable of continuous
fluid injection at a specified constant rate (0.01–50 cc/min)
and injection pressure as high as 10,000 psi. Another auto-
mated syringe pump was used to supply a constant confining
pressure of 2,000 psi (or net confining pressure of 450 psi)
on the sample, while a third pump was used to provide
a constant backpressure of 1,450 psi. A video separator is
placed between the backpressure regulator and the core outlet
to record the amount of fluid produced from the sample.
High-resolution differential pressure transducers (±50 psi,
±500 psi, and ±1,500 psi with resolutions of ±0.1% of full
scale) were used to measure the pressure drop across the
samples. An industrial oven encloses and applies constant
temperature of 45∘C on all the accumulators, core holders,
separator, and tubing. Fluid flow into the sample was con-
trolled and alternated with air actuated automated pneumatic

valves. All core flooding data such as rates, pressure gradient,
oven temperature, backpressure, overburden pressure, and
fluid production were continuously recorded at a stipulated
time interval of 5 seconds on a computer station.

The samples were presaturated with the formulated brine
using vacuum saturation method. Each sample was subse-
quently placed in the core holder and circulated with about
2PV of brine at a constant injection rate of 0.5 cc/min.
This was to ensure that all trapped gases are removed and
the sample comes to thermodynamic equilibrium with the
brine. Absolute permeability of brine was measured on each
sample in both horizontal and vertical flow orientations. The
procedure involved measurement of pressure drop across the
sample at different flow rates. Darcy’s equation was then used
to compute the absolute permeability from a linear plot of
pressure gradient versus flow rates. At the end of permeability
measurement, the flow rate was reduced back gradually to
0.5 cc/min and allowed to stabilize. Afterwards, unsteady-
state drainage and imbibition experiments were conducted
on each rock sample at a constant injection rate of 0.5 cc/min
and at other experimental conditions mentioned above.
Drainage involved injecting gas to displace the brine from the
sample until a stabilized flow and irreducible water saturation
were attained. Imbibition then followed by injecting brine to
displace the gas until residual gas saturation was attained.
Stabilized flow at irreducible/residual fluid saturation is indi-
cated by stabilized pressure drop and production curve. Core
flooding experiments were repeated multiple times with the



4 Geofluids

L

H

Kℎ

(a)
L

H

K�

(b)

Figure 2: Illustration of flow directions during (a) horizontal flow and (b) vertical upward flow for the same sample.

same fluids and the same experimental conditions but with
different flowdirections in order to isolate the effect of hetero-
geneity and permeability anisotropy. In this way, comparison
can be fairly made between horizontal and vertical flows
without the influence of rock heterogeneity and anisotropy.

2.2. Dimensionless Number. Dimensionless numbers were
used to characterize the flow behavior in both horizontal and
vertical flows. Different dimensionless numbers exist such as
those derived by Fulcher et al. [16], Zhou et al. [17], Chia-Wei
and Sally [18], and Reynolds andKrevor [19]. In this paper, we
use capillary number as given by Fulcher et al. [16] in (1) and
gravity number given by Zhou et al. [17] in (2). The gravity
number in (2) was used because it can be used to compare the
ratio of the forces acting in transverse and longitudinal direc-
tion in horizontal flow as in Figure 2(a) with that where the
principal flow direction is vertically upward as in Figure 2(b).
In case (a), gravity and capillary effect are associated with
the vertical direction (H), while viscous effect is associated
with the horizontal direction (L) (i.e., direction of pressure
drop). Hence, (2) was used to compute the gravity number.
In Figure 2(b), both viscous and gravity forces are associated
with H, while capillary force can drive flow in L direction.
Hence, the ratio of fluid flow in the vertical direction (H) due
to gravity and viscous force to that in horizontal direction (L)
due to capillary forces is thus given in (3).

𝑁ca =
𝜇𝑔𝑉𝑡
𝜎𝑔𝑤
, (1)

𝑁𝑔V (hori) =
𝐿𝑔𝐾ℎΔ𝜌𝑔𝑤
𝐻𝜇𝑔𝑉𝑡

, (2)

𝑁𝑔V (vert) =
𝐾V𝑔Δ𝜌𝑔𝑤
𝜇𝑔𝑉𝑡
, (3)

where 𝐻 is height or vertical distance through which fluid
flows, 𝐿 is the distance the fluid flows in horizontal direction,
𝐾 is absolute permeability in the transverse flow direction
(𝐾ℎ in case (a) and 𝐾V in case (b) in Figure 2) in mD, 𝑉𝑡 is
total flow velocity in the principal flow direction in m/s, 𝜇𝑔is
gas viscosity in cp, 𝑔 is acceleration due to gravity in m/s2, 𝜎
is interfacial tension in N/m, and Δ𝜌𝑔𝑤 is density difference
between gas and brine in Kg/m3.

2.3. Relative Permeability Models. Since the experimental
conditions under which the experimental data presented
above were obtained violate the assumption of Weldge,
Johnson-Bossler-Naumann (JBN)method, and other explicit
relative permeability methods, empirical correlations are
used to generate the relative permeability curves for the
different flow processes. The two most commonly used
empirical correlations are Corey’s [20] two-phase relations
(theoretical approach) for drainage in a consolidated rock and
Naar and Henderson’s [21] two-phase model for imbibition.
Corey’s [20] model is given as follows:

𝑆∗𝑤 =
𝑆𝑤 − 𝑆𝑖𝑤
1 − 𝑆𝑖𝑤
,

𝑘𝑟𝑤 = (𝑆∗𝑤)
((2+3𝜆)/𝜆) ,

𝑘𝑟𝑛 = (1 − 𝑆∗𝑤)
2 (1 − (𝑆∗𝑤)

((2+𝜆)/𝜆)) ,

(4)

where 𝑘𝑟𝑛 and 𝑘𝑟𝑤 are the nonwetting and wetting phase
relative permeabilities, respectively, 𝑆∗𝑤 is the normalized
wetting phase saturation, 𝜆 is the pore size distribution
index, 𝑆𝑤 is the water saturation, 𝑆𝑖𝑤 is the irreducible
water saturation, and 𝑆𝑟𝑛𝑤 is the residual nonwetting phase
saturation. The pore size distribution index, 𝜆, was obtained
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Figure 3: Absolute permeability to brine for horizontal and vertical
core orientation.

empirically from capillary pressure data using Brooks and
Corey [22], which relates capillary pressure to normalized
wetting phase saturation.

log𝑃𝑐 = log𝑃𝑒 −
1
𝜆 log 𝑆

∗
𝑤, (5)

where 𝑃𝑐 is the capillary pressure, 𝑃𝑒 is the minimum
threshold pressure, and 𝑆∗𝑤 is the normalizedwater saturation.
Naar and Henderson’s [21] two-phase model for imbibition is
given as follows:

𝑘𝑟𝑤 = (𝑆∗𝑤)
((2+3𝜆)/𝜆) , (6)

𝑘𝑟𝑛 = (1 − 2𝑆∗𝑤)
3/2 [2 − (1 − 2𝑆∗𝑤)

1/2] . (7)

In this study, a 𝜆 value of 2 was used for all the samples
assuming that they fall withinWyllie’s equation for cemented
sandstones and oolitic and small vug limestone. This value
is sufficient for approximation purpose, since the intent is
to show how flow direction influences relative permeability
for the same rock sample. The value used does not affect the
comparison between vertical and horizontal flows, since the
same rock samples were used for both flow directions.

3. Results and Discussions

The absolute permeability values of brine for the three
samples are shown in Figure 3. The absolute permeabilities
of brine in horizontal and vertical core flooding, respectively,
are compared. It can be seen that 𝐾𝑉 was lower than 𝐾𝐻.
This is due to the gravity term and higher pressure gradient
required to overcome gravity force during 𝐾 measurements.
Dimensionless numbers (see (1), (2), and (3)) were then used
to characterize the different flow experiments in the three
samples, namely, horizontal drainage, horizontal imbibition,
vertical drainage, and vertical imbibition.

3.1. Residual Saturation. As discussed earlier, the cross plot
of residual saturation versus capillary number is a very useful
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Figure 4: Residual saturation versus capillary number for horizontal
and vertical flow. “Hor” means horizontal, “Ver” means vertical,
“Dr” means drainage, and “Imb” means imbibition.

tool in understanding the interplay between viscous and
capillary forces. It explains how these forces affect residual
saturation during immiscible displacements in rock samples.
The capillary number for all the flow experiments conducted
in this studywas computed using (1) to get a capillary number
of 0.8 × 10−5 for both vertical imbibition and horizontal
imbibition and 2.5 × 10−5 for both vertical drainage and hor-
izontal drainage as seen in Figure 4. The capillary numbers
were the same because the same values of injection rates,
fluid pairs, and experiment conditions were used in both flow
directions. In addition, the range of capillary number for both
drainage and imbibition is within the capillary dominated
flow range in actual reservoir flow.According toWillhite [23],
capillary dominated flow processes have capillary number in
the range of ∼10−6. Gravity number, on the other hand, can
be seen in Figure 5 to vary from sample to sample and from
vertical flow to horizontal flow because of the effect of gravity
and permeability variation from sample to sample and from
vertical flow to horizontal flow. The gravity number relates
the effect of gravity force to viscous force according to (2).
As seen in Figure 5, increasing gravity number resulted in
lower residual/irreducible saturations in all the samples and
flow experiments. The higher gravity numbers are for the
horizontal flows, while the lower ones are for the vertical flow
experiments. A Lower gravity number means that gravity
was not in favor of flow and hence the observed higher
residual saturations. Similarly, a high gravity number means
that gravity dominates and was in favor of flow. The work
of Kuo and Benson [10] also showed that a higher gravity
number resulted in a lower residual saturation and vice versa.

The cumulative fluid productions during drainage are
also shown in Figures 6–8 for both vertical and horizontal
core flooding. For drainage process, it can be seen that
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Figure 6: Comparison of cumulative brine production during gas
injection in horizontal and vertical core flooding in sample 1.

horizontal core flooding yielded more brine production
(i.e., lower residual water saturation) than when the same
core sample was flooded from bottom to top in a vertical
core orientation. The gravity number in horizontal flow
is higher than that in vertical flow. Moortgat et al. [24]
observed a similar gravitational effect during their study in
which oil recovery was compared between core flooding in
horizontal, vertical up, and vertical down CO2 flooding. In
their study, CO2 density was higher than the oil density
used; hence, gravitational frontal instability was observed
during vertical CO2 injection from top to bottom. In our
study, gravitational instability was observed during nitrogen

Horizontal drainage
Vertical drainage
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Figure 7: Comparison of cumulative brine production during gas
injection in horizontal and vertical core flooding in sample 2.
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Figure 8: Comparison of cumulative brine production during gas
injection in horizontal and vertical core flooding in sample 3.

injection from bottom to top because nitrogen density is
much lower than brine density. Gravitational fingering will
be significantly higher during vertical multiphase flow of
two fluids of wide density difference than during horizontal
multiphase flow of the same fluid pair in the same sample
and at the same experimental conditions. Because of the
wide difference in fluids’ density and the very low injection
rates, gravitational fingering caused by gravity segregation
dominated the flow process in comparison to viscous and
capillary forces. Since the injection rate is quite low, the
viscous force is weak and is unable to overcome the gravity
effects; hence, some of the residual brine in the rock sample
gradually replaces the injected gas at the bottom (causing
a downward flow). Since the core sample is quite long and
the injection rate is low, fluid segregation and replacement
have sufficient time and space to take place. Furthermore,
the rate of fluid segregation and replacement may be higher
than the rate of brine production, a possible phenomenon
that may explain the lower recovery from vertical upward
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Figure 9: Comparison of irreducible water saturation during
horizontal drainage and vertical drainage.

flow and the production rate not being equal to the injection
rate as can be observed in the production curves in Figures
6–8. The irreducible water saturations after vertical drainage
and horizontal drainage are also compared in Figure 9. It can
be seen in the figure that the irreducible water saturation in
vertical flow is higher than that in the horizontal flow. The
reason is obviously due to the gravity fingering of gas during
gas injection from the bottom to the top of the sample, which
resulted in an unstable displacement. As discussed above,
the very low injection rate allowed gravity segregation to
dominate both viscous and capillary forces, causing the water
in the sample to settle down to replace the injected gas instead
of being produced at the outlet; hence, not much water is
produced from the top.

For gas-EOR methods in horizontal wells, gravity fin-
gering effect can be dampened by injecting the gas at an
optimum high injection rate. High injection rates can be
achieved only at the near wellbore area, while the far field
area will continue to be in the low flow rate regime. Another
method of dampening gravity fingering is by designing the
well completion such that the injection well is placed at
the top and production well at the bottom so that injected
gas sweeps the oil from top to bottom. In the case of gas
sequestration such as CO2 sequestration, a low injection
rate in a vertical upward flow will be most desirous, since
the optimum goal is to increase the amount of gas trapped
permanently. Gravity fingering will thus facilitate capillary
trapping of the injected gas. The optimum injection rate that
will cause themaximum residual gas saturationwill be sought
through a dimensionless-saturation correlation. A study to
derive these correlations is ongoing.

Figures 10–12 show the cumulative gas recovery dur-
ing secondary imbibition. Similar to drainage experiments,
recovery during horizontal flooding is also consistently
higher than recovery during vertical flooding. The higher
gas recovery observed in the horizontal core flooding during
secondary imbibition can be explained by the initial-residual
(IR) gas theory. That is, the higher the initial gas saturation,
the higher the recovered gas. The gas injected in the hor-
izontal core flooding was higher than that injected during
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Figure 10: Comparison of cumulative gas production during sec-
ondary brine injection in horizontal and vertical core flooding in
sample 1.
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Figure 11: Comparison of cumulative gas production during sec-
ondary brine injection in horizontal and vertical core flooding in
sample 2.

vertical flooding because a lower irreducible water saturation
was attained during horizontal injection. Figure 13 compares
the residual gas saturation in horizontal and vertical flow
directions. One would expect that, under the same initial
gas saturation, vertical upward water injection would give
higher gas recovery than the horizontal flow because of the
expected more stable displacement front. However, because
the initial gas saturation during horizontal drainage is quite
higher than the initial gas saturation during vertical drainage
for a given sample, the horizontal imbibition experiment will
produce more gas than the vertical secondary imbibition
experiments on the same sample. This then explains the
higher recovered gas (Figures 10–12) or higher trapped
gas saturation (Figure 13) during horizontal flow. Another
important feature of the imbibition process is the piston-
like displacement of the gas as manifested in the production
curves. The production curves sharply progressed from a
linear increase to no production (a flat and stable line).
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Figure 12: Comparison of cumulative gas production during sec-
ondary brine injection in horizontal and vertical core flooding in
sample 3.
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Figure 13: Comparison of residual gas saturation during horizontal
and vertical secondary imbibition.

3.2. Relative Permeability Curves. The relative permeability
curves are generated for each sample, using (4) to (7). As
can be seen from these equations, relative permeability is
strongly dependent on the end saturation values. Since end
saturation in vertical flow differs from that in horizontal
flow for the same sample, the relative permeability curves
will also differ accordingly as shown in Figures 14–16. The
relative permeability of all the samples tested showed strong
dependence on flow direction. Such difference in relative
permeability and end saturation can have significant bearing
on the numerical simulation carried out in forecasting CO2
distribution (in the case of CO2 sequestration) or recovery
(in the case of EOR). For example, the predicted CO2
saturation distribution and CO2 travel time may be either
significantly underestimated or overestimated. It is therefore
crucial that the right relative permeability curves are selected
which are representative of the actual flow direction in a
reservoir.
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Figure 14: Comparison of relative permeability curves: (a) drainage
and (b) imbibition for sample 1.

4. Conclusions

In this study, a reservoir condition core flooding experiments
were conducted in two flow directions, namely, horizontal
and vertical flows. The flow conditions capture unsteady-
state flow, gravity, and capillarity that are common in actual
field scenario but are often neglected in many laboratory
estimations of relative permeability of gas-liquid systems.The
following conclusions are drawn from this study:

(1) Directional dependence of relative permeability and
end saturations is not only due to heterogeneity
(caused by permeability anisotropy and heterogene-
ity) but also due to the flowdirection itself as observed
in homogeneous and isotropic rocks tested.

(2) Residual fluid saturation is higher when flow is in
vertical direction as compared to horizontal flow
direction even in an isotropic rock.

(3) The interplay between viscous and gravity forces
during flow in horizontal and vertical directions as
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Figure 15: Comparison of relative permeability curves: (a) drainage and (b) imbibition for sample 2.

0.6 0.7 0.8 0.9 10.5
0

0.1

0.2

0.3

0.4

0.5

0.6

Krw , horizontal
Krg , horizontal

Krw , vertical
Krg , vertical

K
r

Sw

(a)

0.6 0.7 0.8 0.9 10.5
0

0.2

0.4

0.6

0.8

1

Krw , horizontal
Krg , horizontal

Krw , vertical
Krg , vertical

K
r

Sw

(b)

Figure 16: Comparison of relative permeability curves: (a) drainage and (b) imbibition for sample 3.

indicated by the gravity numbers shows that the grav-
ity number is lower in vertical flow than in horizontal
flow because of the effect of gravitational fingering
and flow against gravity. The gravity number versus
residual saturation plot also showed that residual
saturation decreases as gravity number increases

(4) Core holder orientation and flow direction in labora-
tory flow studies are important, since flow direction
affects rock and fluid properties such as permeability,
residual fluid saturation, and relative permeability.
Core orientation should therefore be determined to
represent actual reservoir flow.

(5) The higher residual saturation resulting from vertical
flow could be taken as an advantage inCO2 sequestra-
tion, where higher residual (trapped) gas saturation is
desired

(6) Finally, this study underpins the importance of mea-
suring residual saturations, permeability, and relative

permeabilities of plug samples in the same direction
fluid flows in them during 2D or 3D flow in actual
reservoir flow scenarios. Plugs extracted horizontal to
the bedding plane should be measured horizontally,
while plugs extracted perpendicular to the bedding
plane should be measured vertically and the flow
in this case should be from bottom to top if the
end use of the data is to simulate CO2 migration in
the formation. It is thus strongly recommended that
reservoir simulation experts understand details of the
core flooding experiments used to generate relative
permeability curves. They must ensure that the lab-
generated relative permeability curves represent the
actual flow directions in the reservoir under study.
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CO2 is now considered as a novel heat transmission fluid to extract geothermal energy. It can achieve both the energy exploitation
and CO2 geological sequestration. The migration pathway and the process of fluid flow within the reservoirs affect significantly a
CO2 plume geothermal (CPG) system. In this study, we built three-dimensional wellbore-reservoir coupledmodels using geological
and geothermal conditions of Qingshankou Formation in Songliao Basin, China. The performance of the CPG system is evaluated
in terms of the temperature, CO2 plume distribution, flow rate of production fluid, heat extraction rate, and storage of CO2. For
obtaining a deeper understanding of CO2-geothermal system under realistic conditions, heterogeneity of reservoir’s hydrological
properties (in terms of permeability and porosity) is taken into account. Due to the fortissimo mobility of CO2, as long as a highly
permeable zone exists between the twowells, it ismore likely to flow through the highly permeable zone to reach the productionwell,
even though the flowpath is longer.Thepreferential flow shortens circulation time and reduces heat-exchange area, probably leading
to early thermal breakthrough, which makes the production fluid temperature decrease rapidly. The analyses of flow dynamics of
CO2-water fluid and heat may be useful for future design of a CO2-based geothermal development system.

1. Introduction

The enhanced geothermal system (EGS) is defined as an
engineered reservoir that has been created to extract eco-
nomical amounts of heat from geothermal resources of low
permeability and/or porosity [1]. As part of an effort to reduce
atmospheric emissions of carbon dioxide (CO2), a novel
concept of operating the EGS using CO2 instead of water
as the working fluid (CO2-EGS) and achieving simultaneous
geologic sequestration of CO2 has been proposed and evalu-
ated [2, 3].

In recent years, a similar concept, the so-called CO2
plume geothermal (CPG) system, has been proposed [4].
The CPG system utilizes existing, naturally porous, high
permeability geologic formations (reservoirs) for geothermal
energy recovery. The major benefit of the CPG system over
the EGS is that the CPG system does not require hydrofrac-
turing, which helps increase fracture permeability but may
induce seismicity. The EGS has encountered considerable
unfavorable conditions and sociopolitical issues (resistances).
Consequently, the CPG system that can use the CO2 seques-
tration site to recover geothermal energy may be practical.

The advantages of carbon dioxide as a working fluid
compared to water in geothermal energy recovery include (1)
large expansivity and compressibility, which result in great
density difference between the injector and the producer and
reduce the power consumption for circulation on account
of buoyancy force, (2) low viscosity coefficient, which leads
to the larger flow rate under fixed differential pressure, (3)
low salt solubility, and (4) low chemical reactivity; CO2 does
not mostly tend to react with rocks. Pruess [3] has built a
homogeneous five-spot “fully developed” fractures reservoir
model and indicated that, for a given pressure difference
between injection and production wells, CO2 would generate
50% larger net heat extraction rate and four times larger
mass flow rate compared to water. Atrens et al. [5] drew a
conclusion without consideration of frictional pressure that
CO2 thermosiphon could produce similar amount of electric
power with the same quantity of heat extraction compared
to water but with simpler surface equipment. Xu et al.
[6] performed wellbore-reservoir coupled five-spot model
and pointed out that the specific enthalpy change of CO2
in the wellbore is so small relative to its intrinsic specific
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enthalpy that the wellbore flow can be regarded as isenthalpic
process, and the temperature of the fluids in production well
will decrease rapidly with pressure. Compared to water, the
advantage of CO2 as a working fluid is more noticeable in low
permeability and low temperature reservoirs.

Actually, the investigations mentioned above were car-
ried out under an assumption that the target reservoirs
are homogeneous. However, the permeability and porosity
heterogeneity of a reservoir significantly affect the CO2
migration and production. Garapati et al. [7] analyzed the
effects of multilayered reservoirs on a CPG system; they
found that the produced CO2 mass fraction is dominated by
high permeability layers and their position within reservoirs.
In addition, the heat extraction rate comes down as the
permeability of the bottom reservoirs decreases. Yang et
al. [8] considered the effects of permeability and porosity
heterogeneity on the liquid invasion in tight gas reservoir
and drew a conclusion that both the liquid invasion depth
and invasion rate increased as the heterogeneity coefficient
of permeability decreased. Tian et al. [9] established a two-
dimensional model with the consideration of heterogeneity
in hydrological parameters of a caprock and indicated that
the hydrological heterogeneity significantly affects the con-
tainment of intruded CO2 within a caprock. Bu et al. [10]
constructed a 2D numerical model to study the influence of
high-porosity and high permeability faults within a reservoir
and found that the high-porosity and high permeability faults
influence CO2 migration and spatial distribution and then
increase the CO2 storage capacity of reservoir.

In this paper, we built a three-dimensional geological
model with spatially varying permeability and porosity, based
on Qingshankou Formation in Songliao Basin, China, to
evaluate the effects of hydrological heterogeneity in terms
of permeability and porosity on the performance of a CPG
system. The temperature change, temporal and spatial distri-
bution of CO2, rate of production flow, heat extraction rate
of system, and storage capacity of CO2 were chosen as the
metrics to evaluate the performance.

2. Problem Setup

A great deal of detailed information is required to assess the
feasibility of injected CO2 as a heat transmission fluid at any
specific site and to develop engineering designs for CO2-
based geothermal systems. Before moving into site-specific
investigations, general features and issues should be explored.
This can be done by investigating deep brine systems that
abstract site-specific features and thereby attempt to represent
characteristics that are common to many such systems. Here,
geological characteristics and thermophysical conditions are
mainly extracted from the central depression of Songliao
Basin, Northeastern China. The basin has a pretty high
geothermal gradient and heat flow among sedimentary basins
in China and can meet the temperature requirement for
geothermal development.

2.1. Conceptual Model and Boundary Condition Settings. To
investigate processes of fluid migration and heat exchange

within both wellbores and geologic formation, a three-
dimensional conceptual model with a size of 10000m ×
10000m × 100m, including two wellbores and a reservoir
formation (Figure 1), to represent a 100m thick sandstone
layer extending 10 km horizontally in Qingshankou Forma-
tion in Songliao Basin, was used. The distance between
the injection and production wellbores is 600m, and both
wellbores vertically perforate thewhole thickness of reservoir.
The length of the model set to be 10000m laterally is aimed at
avoiding the influence of lateral boundaries.Moreover, for the
lateral boundaries, Dirichlet-type condition (here, constant
pressure and temperature) was imposed. As for the top
and bottom boundaries, no-flow conditions were assigned
(see the following section for more details). The wellbores
with the surrounding formation are also set to be no-flow
conditions but the heat exchange is allowed. The mesh of
the modeling domain is generated using TOUGHVISUAL
[11], which is able to create regular and irregular grids for
TOUGH family codes [12]. During simulation, the accuracy
and computational demand should be considered.Therefore,
the mesh for the area around wellbores is refined, as shown
in Figure 1.

2.2. Geological and Thermophysical Parameters. The top of
Qingshankou Formation in Songliao Basin is at 2510m depth
and the thickness of this formation is about 250∼550m,
including about 100m thick sandstone layer with porosity
of 10%∼30% and permeability of 3 to 300 millidarcys which
is the main oil and gas reservoir in this formation and
with overlying and underlying mudstone as the caprock and
bedrock [13]. The average geothermal gradient of the basin
is 38.7∘C/km [14]. In our model, the depth of the sandstone
reservoir is 3000m with the thickness of 100m. The initial
temperature of the reservoir was set to be 120∘C according to
the average geothermal gradient and the local mean annual
surface temperature (about 4∘C). The initial pressure of the
model was obtained by hydrostatic equilibrium, and the
reservoir was initially saturated with resident water (i.e., CO2
saturation Sg = 0). The details of reservoir geological and
thermophysical conditions used in our model are listed in
Table 1, and the specification of physical parameters of the
wellbores is summarized in Table 2.

2.3. Heterogeneity Implementation. From a realistic view,
natural aquifer is intrinsically heterogeneous. The fluids are
more likely to flow through the highly permeable zone,
especially for CO2, because of its strong mobility. It may lead
to an early breakthrough. Among the properties of reservoir,
permeability and porosity have the largest influence on flow
field and heat extraction. Therefore, we just take them as the
main variables to study heterogeneity effects.

As shown in Figure 1, the reservoir extends 10 km laterally,
including a one square kilometer subdomain in the center.
Here we assume that the subdomain is a geothermal reservoir
with heterogeneities in permeability (𝑘) and porosity (𝜑).
Neuzil [15] observed that there exists a log-linear relationship
between permeability and porosity in argillaceous sediments.



Geofluids 3

Injection
Production

Subdomain

Injection

Production

3000 m

10000m
1000

0 m

100 m

Figure 1: Two-spot reservoir-wellbore concept model with grid dissection.

Table 1: Geological and thermophysical conditions of the reservoir.

Reservoir parameter Value
Depth (m) 3000
Thickness (m) 100
Temperature (∘C) 120
Thermal conductivity (W⋅m−1 ⋅ ∘C−1) 2.51
Rock grain specific heat (J⋅kg−1 ⋅ ∘C−1) 920
Permeability (10−15m2) 3∼300
Porosity 0.1∼0.3
Rock grain density (kg⋅m−3) 2600
Average pressure (MPa) 29.4
Initial CO2 saturation/Sg 0

Tian et al. [9] drew a similar conclusion by regression anal-
ysis. In addition, Nelson [16] suggested a linear relationship
between log(𝑘) and 𝜑 in quartz sandstone. In this study,
we assumed that the above discussed relationship between
permeability and porosity is suitable for the Qingshankou
Formation, and the relationship can be expressed as

log10 (𝑘) = 𝑎 × 𝜑 + 𝑏, (1)

where 𝑎 and 𝑏 are data-fitted parameters, 𝑘 is the permeability
in m2, and 𝜑 is the porosity. Based on the data in Table 1, we
figured out the value of 𝑎 and 𝑏 in our model as 10 and −15.52,
respectively.

We assumed that the permeability of reservoir is subject
to a lognormal distribution, and thereby the porosity obeys
a normal distribution inferred from (1). More realistically,
the permeability obeys spatial random distribution in the
reservoir rather than simply randomdistribution in probabil-
ity and statistics. So we introduced the variation function, a
concept derived from geostatistics, to depict the spatial distri-
butions of permeability and porosity in the reservoir. In this

Table 2: Specification for wellbores.

Parameter Value
Roughness (mm) 0.046
Diameter (m) 0.2
The distance between two wells (m) 600
Thermal conductivity (W⋅m−1 ⋅ ∘C−1) 2.51

study, a variance of 0.3 and correlation length of 300m were
chosen [9]. The simulator T2well provides a flexible function
inherited from TOUGH2 V2 for permeability modification
for each individual grid expressed as

𝑘𝑛 = 𝑘𝑛 × 𝜁𝑛, (2)

where 𝑘𝑛 is the absolute permeability of grid 𝑛, as specified
in data block ROCKS and 𝜁𝑛 is the permeability modification
coefficient which can be defined internally or externally and
may be provided as part of the geometry data in block ELEME
and then employed to multiply the absolute permeability𝑘𝑛 for each grid in the subdomain. When the permeabil-
ity modification is accomplished, the porosity is yielded
according to (1) and stored in block INCON. More details
about permeability modification coefficient generation and
heterogeneity realization can be found in previous research
[9]. The permeability and porosity range is shown in Table 3.

Infinite types of heterogeneous permeability and porosity
fields can be generated randomly. As shown in Figure 2, six
cases with heterogeneity in permeability and porosity were
selected to represent the conditions: (i) high permeability belt
connecting two wellbores (hh1, hh2); (ii) highly permeable
zones expanding away from the production wellbore (hp1,
hp2); and (iii) low permeability zone between the two
wellbores (hl1, hl2). They are not expected to match with any
existing geologic formation; we aim to make some theoret-
ical analysis and quantitatively evaluation of the effects of
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Figure 2: Permeability distribution of six heterogeneous cases.

Table 3: Parameter setting of different modeling scheme.

Modeling scheme Permeability (10−15m2) Porosity
Homogeneity (homo) 30 0.2
Heterogeneity

Subdomain 3∼300 0.1∼0.3
Remaining parts 30 0.2

heterogeneities on a CPG system and elucidate the affecting
mechanism.

2.4. Modeling Scenario. The CO2 migrates simultaneously
as the CO2 is injected into the reservoir through injection
wellbore, which pushes the existing resident water to move.
Therefore, the production fluid is expected to be water at
the early age. So the injection and production pressures at
the wellhead are set to be 12MPa and 0.1MPa (atmospheric
condition) tomakeCO2 get breakthrough as soon as possible.
After a period of propagation, CO2 passes through the
reservoir and can be observed from the production wellhead,
and then the saturation of CO2 (Sg) in production fluids
increases rapidly, and the temperature of carbon dioxide
decreases sharply with the pressure decline in the production
wellbore, which is called the Joule-Thomson effect. To get a
higher production fluid temperature and control the flow rate

for a stable operation of the binary system, a constant pressure
of 8.0MPa is imposed both on the wellhead of production
and injection after the production well is occupied by CO2
(about 3 years). CO2 is injected into the reservoir at a constant
temperature of 15∘C for 20 years.

3. Simulation Approach

3.1. Governing Equations. Theprocess of fluid flow in subsur-
face can be divided into two parts, flow in the wellbores and
flow in the reservoir formation. Therefore, we employed the
wellbore-reservoir coupled simulator T2well [17–19]. It is an
extension of the general multiphase, multicomponent, non-
isothermal simulator TOUGH2V2 [12].The program assigns
the wellbore and reservoir as two subdomains, in which
flows are controlled by appropriate laws, respectively. In the
reservoir, the flow is described as Darcy’s law and in wellbore,
it is momentum conservation. To consider a comprehensive
description of the thermophysical properties of H2O-CO2
mixtures, the ECO2N V2.0 module was introduced, which
reproduces fluid properties including density, viscosity, and
specific enthalpy, largely within experimental errors under
the temperature and pressure conditions of 10∘C< 𝑇 < 300∘C,𝑃 < 600 bar [20]. These fundamental flow equations, used in
the T2Well code [18], are summarized in Table 4.
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Table 4: The governing equations for numerical simulation.

Description Equation

Mass and energy conservation 𝑑𝑑𝑡 ∫𝑀𝜅𝑑𝑉𝑛 = ∫𝐹𝜅 ⋅ 𝑛𝑑Γ𝑛 + ∫𝑞𝜅𝑑𝑉𝑛
For mass

𝑀𝜅 = 𝜙∑
𝛽

𝜌𝛽𝑆𝛽𝑋𝜅𝛽
𝐹𝜅 = ∑

𝛽

𝜌𝛽𝑢𝛽𝑋𝜅𝛽

For energy
𝑀𝜅 = ∑

𝛽

𝜌𝛽𝑆𝛽 (ℎ𝛽 + 𝑢2𝛽2 + 𝑔𝑧 cos 𝜃)
𝐹𝜅 = −𝜆𝑑𝑇𝑑𝑧 +∑

𝛽

ℎ𝛽𝜌𝛽𝑢𝛽 + 𝑑𝑑𝑧∑
𝛽

(𝑢2𝛽2 + 𝑔𝑧 cos 𝜃)
Momentum equation 𝜕𝜕𝑡 (∑

𝛽

𝜌𝛽𝑆𝛽𝑢𝛽) + 𝜕𝜕𝑧 (∑
𝛽

𝜌𝛽𝑆𝛽𝑢2𝛽) = −𝜕𝑃𝜕𝑧 − Γ𝜏𝑤𝐴 −∑
𝛽

𝜌𝛽𝑆𝛽𝑔 cos 𝜃

In Table 4, 𝑀 means the accumulation term, and 𝐹
represents the flux term ofmass or energy. 𝛽 represents phase
and 𝜅 is the index for fluid species. For mass conservation,𝜌𝛽, 𝑆𝛽, 𝑢𝛽 are density, volumetric fraction, and velocity of
phase-𝛽, respectively. 𝑋𝜅𝛽 is the mass fraction of component𝜅 in phase-𝛽. For energy conservation, 𝜆, ℎ, and 𝜃 are
heat conductivity, specific enthalpy of fluid, and inclination
angle of wellbore, respectively. For momentum equation, Γ is
perimeter of wellbore, and 𝜏𝑤 is the wall shear stress.
3.2. Drift-FluxModel. Drift-FluxModel [21, 22] is introduced
to calculate the two-phase velocities of CO2-water mixtures
in wellbores by the following equations.

First, the velocity of gas phase can be described by the
constitutive relation as below:

𝑢𝐺 = 𝐶0𝑗 + 𝑢𝑑, (3)

where the profile parameter 𝐶0 is used to account for the
effect of local gas saturation and velocity profiles over the pipe
(wellbore) cross-section [23]; 𝑗 is the volumetric flux of total
mixture, which is defined as

𝑗 = 𝑆𝐺𝑢𝐺 + (1 − 𝑆𝐺) 𝑢𝐿. (4)

Thus, the velocity of liquid could be determined as

𝑢𝐿 = 1 − 𝑆𝐺𝐶01 − 𝑆𝐺 𝑗 − 𝑆𝐺1 − 𝑆𝐺𝑢𝑑. (5)

Then the mixture velocity can be calculated in light of

𝑢𝑚 = 𝑆𝐺𝜌𝐺𝑢𝐺 + (1 − 𝑆𝐺) 𝜌𝐿𝑢𝐿𝜌𝑚 . (6)

By inserting (3) and (5) into (6), the volumetric flux 𝑗 could
be described as a function ofmixture velocity 𝑢𝑚 and the drift
velocity 𝑢𝑑, as (7) shows:

𝑗 = 𝜌𝑚𝜌#𝑚 𝑢𝑚 +
𝑆𝐺 (𝜌𝐿 − 𝜌𝐺)𝜌#𝑚 𝑢𝑑, (7)

where 𝜌#𝑚 = 𝑆𝐺𝐶0𝜌𝐺 + (1 − 𝑆𝐺𝐶0)𝜌𝐿, and it is the profile-
adjusted average density. The major task is now to calculate
the mixture velocity and the drift velocity.

4. Results and Discussion

4.1. Migration of CO2 in the Reservoir. The distribution of
CO2 saturation in the reservoir after 3 years of injection
is shown in Figure 3. By comparing Figure 3(a) through
3(f) (6 heterogeneous cases) with the homogeneous cases
of Figure 3(g), it can be found that the migration of CO2
is significantly affected by the media (permeability and
porosity) heterogeneity. In the homogenous reservoir, the
CO2 saturation distributes circularly around the injection
well. However, in the heterogeneous cases, the CO2 tends
to flow through the highly permeable zone and leads to a
preferential flow. It bypasses the low permeability zone to
reach the production well, even if the flow path is longer
(shown in Figures 3(e) and 3(f)). The positions holding high
CO2 saturation match well with highly permeable zone. For
the cases that the highly permeable zones locate far away from
the production well (Figures 3(c) and 3(d)), there would be
more injectedCO2 stay in reservoir instead of being extracted
from the production well.

4.2. CO2 Saturation in Production Fluids. Being injected
through the injection wellbore, CO2 displaced the original
water in the reservoir formation, and then water was first
produced from the production well. At early stage, the
production fluid was pure water, and CO2 plume expanded
within reservoir over time. When it reached the production
well, the output fluids became into a mixture of water
and CO2. As can be seen in Figure 4(b), the time of
CO2 breakthrough was quite different in different cases. In
homogeneous case, it takes about 1.3 years for CO2 to reach
the production well, while the breakthrough time of most
heterogeneous cases is earlier; for example, it only takes 0.8
years for CO2 to get through the reservoir and reach the
production well in hh2 case, within which there is a highly
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Figure 3: Carbon dioxide saturation distribution in the cross-section of subdomain in the depth of 3050m for different cases after 3 years.

permeability zone between two wells. Correspondingly, in
hl1 and hl2 cases, the breakthrough time is 1.4 years and 1.5
years, respectively, due to the low permeable belt between
the injection and production wells. After CO2 reached the
production well, the saturation of CO2 in the output fluids
increased rapidly to over 0.9 (Figure 4(a)).The dive of curves
in the figures is caused by the increasing of production
pressure (from 0.1MPa to 8MPa as mentioned before). After
that, the saturation of CO2 recovered smoothly and stayed at
about 0.92 during the rest operation time.

4.3. Injection and Production Rate of Fluids. The evolution
of injection rate of CO2 of different cases is presented in

Figure 5.As shown in the figure, the injection rate ofCO2 rises
rapidly after it reaches the production well. When injection
and production wellhead pressures are imposed to be 8MPa,
the cyclic pressure difference (𝑃inj − 𝑃pro) reduces to zero
from 11.9MPa, the injection rate of CO2 instantly fell and
stayed relatively constant during the rest time of simulation.
The injection rate of CO2 in hh1 and hh2 is relatively higher
compared to other cases due to its high permeability and
porosity zone between the two wellbores.

Figure 6(b) shows the evolution of production rate of
water. It can be seen that the rate increases dramatically like
an eruption, when CO2 appears from the production well-
head. This phenomenon is caused by the CO2 accumulation
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Figure 5: Variation of injection rate of CO2 versus time for different
cases.

in production; when it exceeds a certain quantity, an eruption
event would take place. This phenomenon can likely account
for some cold geysers eruptions [24, 25]. After the eruption,
the content of water in the mixture fluids goes down. At
the instant of raising the production pressure and reducing
the injection pressure to 8MPa, both the production rate of

water and CO2 fall off. Note that the production rate of water
declines continually but that of CO2 rises gradually. Even
though the heat transmission fluid is CO2, water still takes
a large proportion of the production fluids because of the
huge density difference in productionwell. Simulation results
show that low permeability zone between the wellbores (hl1
and hl2) does not correspond to the lowest production rate of
fluids as we expected. On the contrary, water production rate
is relatively larger compared to other cases. This is because
the resident water saturation at production well bottom in hl1
and hl2 is higher than that of other cases. On the other hand,
the highly permeable belts connecting two wells may cause
the high production rate of CO2 and low production rate of
water (hh1 and hh2). As can be seen in the graph, the fluids
production rates of hp1 and hp2 are really low during the
simulation time, which could affect the economic feasibility
of the CPG system.

4.4. Temperature of Production Fluids. The temperature of
production fluids is affected by the flow path and heat
exchange within the reservoir. As shown in Figure 7, the
temperature of production water distributes between 100 and
115∘C before CO2 reaches the production wellhead, which is
somewhat less than the reservoir initial temperature (120∘C).
This temperature drop in the production well is due to the
heat exchange (loss) with the surrounding rock around the
wellbore. Consequently, when CO2 begins to produce in the
wellhead, the temperature of mixture output fluids drops
rapidly. It is caused by the Joule-Thomson expansion in the
wellbore with the pressure decrease from the downhole to the
wellhead. It can be seen that the temperature drop of output
fluids from the downhole to wellhead is approximate 40∘C.
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Figure 6: Variation of production rate of CO2 (a) and water (b) versus time for different cases.
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Enhancing the production pressure increases the temperature
of output fluids by 10 to 14∘C.

Comparing the temperature of production fluids between
different cases, it can be found that, to a certain extent, the
temperature of output mixture fluids is proportional to the
water output rate. It can be explained from two aspects.
Firstly, water can counteract the Joule-Thompson effect and

help keep the temperature. Secondly, higher water output
rate implicates that more space of reservoir is occupied by
CO2, and more energy is extracted by the output fluid. That
is just the reason why the cases with low permeability zone
between the two wells correspond to a higher output fluids
temperature (hl1 and hl2).

4.5. CO2 Storage. To investigate the CO2 storage capacity in
the reservoir, we define the storage rate ofCO2 as the injection
rate minus production rate of CO2 (CO2inj − CO2pro). The
storage rate of CO2 of different cases is shown in Figure 8(a).
More CO2 is stored in the cases with highly permeable zone
located away from production well. The storage amount of
CO2, that is, the storage rate of CO2 integral of time, is
shown in Figure 8(b). Similarly, the storage amount of CO2
of cases hp1 and hp2 (with highly permeable zone deviating
from production well) is relatively higher compared to other
cases. However, the storage amount of CO2 is also affected by
cumulative injection of CO2. So the storage ratio of CO2 is
calculated by storage amount of CO2 divided by cumulative
injection of CO2 and is shown in Figure 9. In cases hh1 and
hh2, CO2 tends to migrate to production wellbore through
high permeability zone between the two wellbores and the
storage ratio of CO2 in the reservoir is less than homogeneous
case. On the contrary, in cases hp1 and hp2 (with high
permeability belt deviating from producer) a portion of CO2
will transport away from production wellbore and trapped in
the reservoir. The storage ratio of cases hp1 and hp2 is 52.7%
and 55.3%, respectively, which is relatively higher compared
to homogeneous case (45%).
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Figure 8: Storage rate (a) and storage amount (b) of CO2 within reservoir versus time.
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4.6. Temperature Distribution of Reservoir. The temperature
drop in reservoir is caused by heat transfer between rock
and fluids. After 20 years of production, the temperature
of the rock matrix between the injector and producer is
significantly reduced. It is highly affected by the hydrological
heterogeneity. In cases hl1 and hl2 (Figures 10(e) and 10(f)),
the temperature drop around the production wellbore is less
than other cases due to the low permeability and porosity
zone between the two wellbores.

4.7. The System Heat Extraction Rate. The net heat extraction
rate is calculated by the following [26]:

𝐺 = 𝐹 (ℎpro − ℎinj) , (8)

where 𝐺 is the net heat extraction rate, 𝐹 is the production
flow rate, ℎinj is the specific enthalpy of injection fluids, andℎpro is the specific enthalpy of production fluids.

The simulated heat extraction results (Figure 11) indicate
that media heterogeneity affects the heat extraction rate
greatly. In cases with low permeability zone between pro-
duction and injection wells (hl1 and hl2), the heat extraction
rates are similar with the homogeneity case and stay relatively
constant in the middle and later periods. Cases hp1 and
hp2, with high permeability zones extending far away from
production well, have low heat extraction rates during the
entire simulation time. The other heterogeneous cases with
high permeability zone between two wells (hh1 and hh2)
obtain the maximum extraction rates at early time (2 to 3
years) and decrease quickly in the later periods.

5. Concluding Remarks

We have built a three-dimensional wellbore-reservoir cou-
pled model with consideration of permeability and porosity
heterogeneity based on the geological and thermal-physical
conditions of Songliao Basin, China. A total of 7 case
simulations were performed. The following conclusions can
be drawn.

Heterogeneity of reservoir’s hydrological properties (in
terms of permeability and porosity) affects the migration of
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Figure 10: Temperature distribution of reservoir after 20 years.

CO2 in the reservoir significantly. Due to the strong mobility
of CO2, as long as a highly permeable zone exists between
the two wells, it is more likely to flow through the highly
permeable zone to reach the productionwell, even though the
flow path is longer. The preferential flow shortens circulation
time and reduces heat-exchange area, probably leading to
early thermal breakthrough, which makes the production
fluid temperature decrease rapidly. The highly permeable
zone located away from production wellbore is more in favor
of the storage of CO2 in the reservoir; however, it leads to
quick decline in temperature of production fluids and heat

extraction rate, which could affect the economic feasibility of
the CPG system. Both of cases mentioned above should be
paid more attention in the future design of an actual CPG
demonstration project.

The range of problems concerning the process in CO2-
based geothermal systems is very broad. The present simu-
lation results are specific to the conditions and parameters
considered. The “numerical experiments” give a detailed
understanding of the dynamic evolution and provide useful
insight into fluid flow and thermal dynamic processes along
the wellbores and reservoir.
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In China, south of the Yangtze River, there are a large number of carbon sources, while the Sichuan Basin is the largest sedimentary
basin; it makes sense to select the targets for CO2 geological storage (CGUS) early demonstration. For CO2 enhanced oil and gas,
coal bedmethane recovery (CO2-EOR, EGR, and ECBM), or storage in these depleted fields, the existing oil, gas fields, or coal seams
could be the target areas in the mesoscale. This paper proposed a methodology of GIS superimposed multisource information
assessment of geological suitability for CO2 enhanced water recovery (CO2-EWR) or only storage in deep saline aquifers. The
potential per unit area of deep saline aquifers CO2 storage in Central Sichuan is generally greater than 50 × 104 t/km2 at P50
probability level, with Xujiahe group being the main reservoir. CO2 storage potential of depleted gas fields is 53.73 × 108 t, while it
is 33.85 × 108 t by using CO2-EGR technology. This paper recommended that early implementation of CGUS could be carried out
in the deep saline aquifers and depleted gas fields in the Sichuan Basin, especially that of the latter because of excellent traps, rich
geological data, and well-run infrastructures.

1. Introduction

The Intergovernmental Panel on Climate Change (IPCC)
noted in its fifth assessment report that climate change is
more serious than the original understanding, and perhaps
more than 95% of it is caused by human behavior [1].
In China, south of the Yangtze River, there are a large
number of carbon sources; among that about 104.58Mt
CO2 are discharged in Sichuan Province and Chongqing
City mainly from cement and thermal power plants [2].
Therefore, as the largest sedimentary basins in Southern
China, the Sichuan Basin covers about 20 × 104 km2, with
its craton basic structure, thick marine carbonate, and
clastic sedimentary strata, and has great significance in
analyzing mesoscale potential and geological suitability for
CO2 geological utilization and storage technologies (CGUS),
including CO2 enhanced oil, gas, coal bed methane, shale
gas and water recovery (CO2-EOR, EGR, ECBM, ESGR,

and EWR), CO2 enhanced geothermal systems, and ura-
nium leaching (CO2-EGS and EUL). Furthermore, CO2
geological storage technologies include depleted oil or gas
fields, unmineable coal seams, and deep saline aquifers CO2
storage [3].

Evaluation of CO2 storage potential is required to assess
the contribution towards the reduction of CO2 emissions.
The Carbon Sequestration Leadership Forum (CSLF) and
US Department of Energy (USDOE) both proposed the
standards and methodologies for CO2 storage capacity esti-
mation and site selection and also the atlas [4–9], which
provided the basic methodologies. Some researchers devel-
oped the methodologies or key parameters to evaluate the
CO2 storage potential or site selection [10, 11], and Goodman
et al. [12] provided a detailed description of the USDOE’s
methodology for CO2 storage potential evaluation. In China,
Zhang et al. [13] first carried out a preliminary assessment
of the national scale potential of CO2 geological storage
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in depleted oil and gas fields, unmineable coal seams, and
deep saline aquifers. Subsequently, Liu et al. [14] and Li
et al. [15] carried out evaluation of the potential of CO2
geological storage in depleted natural gas fields and deep
saline aquifers, respectively. Guo et al. [16] evaluated the
national scale potential of CO2 geological storage in depleted
oil and gas fields, unmineable coal seams, and deep saline
aquifers in 417 onshore and offshore sedimentary basins
supported by China Geological Survey (CGS) and evaluated
the suitability for prospective selection in the macroscale. As
the CGUS methodologies are paid more and more attention,
Li et al. [17] preliminary evaluated CO2 geological storage
potential of CO2-EOR, EGR, and ECBM. ACCA21 [3] first
evaluated the national scale potential of CGUS, andWei et al.
[18] developed the methodology of potential assessment of
CO2 geological utilization and storage in the macroscale in
China.

From the view of spatial scale and time scale, the
mesoscale corresponds to target between basin and site which
needs more geological survey for CCUS demonstration or
industrialization in the short term, generally before 2030
according to carbon reduction target of China. Therefore,
because of the large area and complicated geology different
from abroad, the methodologies and parameters of potential
evaluation of CGUS should be more suitable for geology in
the Sichuan Basin.

2. Methodology

In the mesoscale, oil and gas fields and CBM fields under
production could be the target areas for CO2 geological
utilization or storage. However, for deep saline aquifer CO2
geological storage or CO2-EWR, the assessment of potential
and geological suitability for target area selection should
follow the order of candidate prospective area to target area,
because of fast changing lithology and strong heterogeneity
in terrestrial sedimentary formations and also the different
distribution of aquifers in lateral and vertical direction.
Based on the detailed studies of reservoirs and caprocks in
sedimentary basins and the basic requirements for geological
safety, the candidate prospective areas in the Sichuan Basin
should be selected first, and then potential and geological
suitability assessment could be carried out for target area
selection next.

2.1. Method of Assessment of CO2 Geological
Utilization and Storage Potential

2.1.1. Depleted Oil Fields CO2 Storage and CO2-EOR

(1) DepletedOil Fields CO2 Storage.Themethod of assessment
of CO2 storage potential of CO2-EOR is as follows [12]:

𝐺CO
2

= OOIP
𝜌oil ⋅ 𝐵 ⋅ 𝜌CO2

⋅ 𝐸oil, (1)

where 𝐺CO
2

is CO2 geological storage potential; OOIP is
the proven original oil reserves in place of existed oil and
gas fields presented by Ministry of Land and Resources

Table 1: The value of EXTRA with different API gravity.

EXTRA (%) API
5.3 <31
1.3 (API—31) + 5.3 31 ≤ API ≤ 41
18.3 >41

Table 2: Four EOR cases with different depth/pressure and API
gravity.

Depth API 𝑃LCO2
(%) 𝑃HCO2

(%)

<2000 >35 100 0
≤35 66 33

>2000 >35 33 66
≤35 0 100

of China (MLR), in accordance with the research scale
in this paper; 𝜌oil is oil density at standard atmospheric
pressure; 𝐵 is oil volume factor; 𝜌CO

2

is CO2 density at
reservoir temperature and pressure conditions (according to
Berndt Wischnewski formula); 𝐸oil is storage efficiency (or
effective coefficient), recommend as 75% by Li et al. [17]
based on the largest oil production rate of most depleted oil
fields in China and the possible amount of CO2 could be
injected.

(2) CO2-EOR. The method of CO2 geological storage poten-
tial assessment of CO2-EOR is as follows [19]:

𝐺CO
2
-EOR = OOIP

𝜌oil ⋅ 𝐵 ⋅ 𝐸oil ⋅ EXTRA
⋅ (𝑃LCO

2

⋅ 𝑅LCO
2

+ 𝑃HCO
2

⋅ 𝑅HCO
2

) ,
(2)

API = (141.5𝑆𝑔 ) − 131.5, (3)

where 𝐺CO
2
-EOR is storage potential of CO2 by using CO2-

EOR technology; EXTRA is the proportion of extra recovery
to OOIP (Table 1); 𝑃LCO

2

is the lowest probability of oil
recovery (Table 2); 𝑃HCO

2

is the highest probability of oil
recovery (Table 2); 𝑅LCO

2

= 2.113 t/m3; 𝑅HCO
2

= 3.522 t/m3; 𝑆𝑔
is specific gravity; other parameters are the same as formula
(1).

2.1.2. Depleted Gas Fields CO2 Storage and CO2-EGR

(1) Depleted Gas Fields CO2 Storage. USDOE [12] and CSLF
[5] have the same assumptions for assessments of both
CO2-EGR storage potential and CO2-EOR storage potential.
Therefore, the calculation formulas are basically the same:

𝐺CO
2

= OGIP
𝜌gasstd ⋅ 𝐵 ⋅ 𝜌CO2

⋅ 𝐸gas, (4)
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Table 3: The values of 𝑅CO2/CH4
and 𝐶 of different types of coal

(USDOE, 2003).

Types of coal 𝑅CO2/CH4
𝐶

Lignite 10 1.00
Noncaking coal 10 0.67
Weakly caking coal 10 1.00
Long flame coal 6 1.00
Gas coal 3 0.61
Fat coal 1 0.55
Coking coal 1 0.50
Lean coal 1 0.50
Meager coal 1 0.50
Anthracite 1 0.50

Table 4: Storage efficiency of unmineable coal seams [12].

𝑃10 𝑃50 𝑃90
21% 37% 48%

where OGIP is the proven original natural gas reserves in
place, similar to OOIP; 𝜌gasstd is gas density under standard
atmospheric pressure; 𝐵 is natural gas volume factor; 𝐸gas
is storage efficiency (effective coefficient), 75% [17]; other
parameters are the same as formula (1).

(2) CO2-EGR. Whether the feasibility of CO2-EGR technique
is possible or not, we could evaluate the storage potential of
CO2 using the following formula:

𝐺CO
2
-EGR = OGIP
𝜌gasstd ⋅ 𝐵 ⋅ 𝜌CO2

⋅ 𝐸gas ⋅ 𝐶, (5)

where 𝐺CO
2
-EGR is CO2 geological storage potential by using

CO2-EGR technology; 𝐶 is reduction coefficient, compared
with depleted gas storage, Li et al. recommend it as 63% [17];
other parameters are the same as formula (4).

2.1.3. Unmineable Coal Seams CO2 Storage and CO2-ECBM

(1) Unmineable Coal Seams CO2 Storage. The formula to
calculate the storage potential is as follows:

𝐺CO
2

= 𝐺CBM ⋅ 𝑅CO
2
/CH

4

⋅ 𝜌CO
2
std ⋅ 𝐸coal, (6)

where 𝐺CBM is coal bed methane reserves (there is only
prospective reserves proposed byMLR, less credible than the
oil and gas reserves);𝑅CO

2
/CH

4

is the absorption capacity ratio
of CO2 and CH4 in coal seams; 𝐸coal is storage efficiency
(effective coefficient); other parameters are the same as
formula (4).

The values of 𝑅CO
2
/CH

4

and 𝐸coal were proposed by
USDOE (2003) and Goodman et al. [12] as shown in Tables 3
and 4.

Table 5: CO2 storage efficiency coefficients 𝐸saline at regional scales
[12].

Lithology 𝑃10 𝑃50 𝑃90
Clastics 1.2% 2.4% 4.1%
Dolomite 2.0% 2.7% 3.6%
Limestone 1.3% 2.0% 2.8%

(2) CO2-ECBM.The formula to calculate the storage potential
of CO2-ECBM is as follows:

𝐺CO
2
-ECBM = 𝐺CBM ⋅ 𝑅CO

2
/CH

4

⋅ 𝜌CO
2
std ⋅ 𝐸coal ⋅ 𝐶, (7)

where𝐺CO
2
-ECBM is CO2 geological storage potential by using

CO2-ECBM technology; 𝐶 is recovery coefficient of different
types of coal; other parameters are the same as formula
(6).

2.1.4. Deep Saline Aquifers CO2 Storage and CO2-EWR. The
calculation formulas of CO2-EWR and the only geological
storage in saline aquifers technology are the same as follows:

𝐺CO
2

= 𝐴 ⋅ ℎ ⋅ 𝜑𝑒 ⋅ 𝜌CO
2

⋅ 𝐸saline, (8)

where𝐴 is reservoir distribution area; ℎ is reservoir thickness;𝜑𝑒 is saline aquifer average effective porosity; 𝐸saline is storage
efficiency (effective coefficient), shown in Table 5; other
parameters are defined above.

2.2. Method of Suitability Assessment for
Saline Aquifers Storage Target Selection

2.2.1. Mathematical Model

(1) GIS Superimposed Multisource Information Assessment
Technology. Superimposed multisource information assess-
ment technology is an integrated method of processing
multisource geological data. Based on the two-dimensional
space determined by geographical coordinates, the unity of
the geographical coordinates within the same region but with
different information, that is, the so-called spatial registra-
tion, is achieved, which is performed by using geographic
information software (ArcGIS or MapGIS).

(2) Mathematical Model. The selected candidate prospective
areas undergo the GIS spatial analysis into grids of 1000m× 1000m. The thematic information map prepared for each
factor is screened by key veto factors. Thus, the single factor
unfit to carry out CO2 geological storage is identified to
abandon the unsuitable grid for deep saline aquifer CO2
storage.



4 Geofluids

Ta
bl
e
6:
In
de
x
sy
ste

m
fo
rg

eo
lo
gi
ca
ls
ui
ta
bi
lit
y
as
se
ss
m
en
tt
o
se
le
ct
su
ita
bl
et
ar
ge
ts
fo
rd

ee
p
sa
lin

ea
qu

ife
rC

O
2
sto

ra
ge
.

Le
ve
lo
ne

in
de
x

W
ei
gh
t

Le
ve
lt
w
o
in
de
x

W
ei
gh
t

Le
ve
lt
hr
ee

in
de
x

W
ei
gh
t

G
oo

d
G
en
er
al

Po
or

Ke
y
ve
to

fa
ct
or

Re
se
rv
oi
r

co
nd

iti
on

sa
nd

sto
ra
ge

po
te
nt
ia
l

0.
50

Ch
ar
ac
te
ris

tic
of

th
eb

es
tr
es
er
vo
ir

0.
60

Li
th
ol
og

y
0.
07

Cl
as
tic

M
ix
of

cla
st
ic
an
d

ca
rb
on

at
e

C
ar
bo

na
te

Si
ng

le
la
ye
r

th
ic
kn

es
sh

/m
0.
11

≥80
30
≤h
<8

0
10
≤h
<3

0
<10

Se
di
m
en
ta
ry

fa
ci
es

0.
36

Ri
ve
r,
de
lta

Tu
rb
id
ity
,a
llu

vi
al

fa
n

Be
ac
h
ba
r,
re
ef

Av
er
ag
ep

or
os
ity

𝜑/%
0.
20

≥15
10
≤𝜑
<15

5
≤𝜑
<10

<5
Av

er
ag
e

pe
rm

ea
bi
lit
y
𝑘/m

D
0.
27

≥50
10
≤k
<5

0
1≤

k
<10

<1
St
or
ag
ep

ot
en
tia

l
0.
40

St
or
ag
ep

ot
en
tia

l
pe
ru

ni
ta
re
aG

(1
04

t/k
m
2
)

1.0
0

≥10
0

10
≤G
<10

0
<10

G
eo
lo
gi
ca
ls
af
et
y

0.
50

Ch
ar
ac
te
ris

tic
of

th
em

ai
n
ca
pr
oc
k

0.
62

Li
th
ol
og

y
0.
30

Ev
ap
or
ite
s

A
rg
ill
ite

Sh
al
ea

nd
de
ns
e

lim
es
to
ne

Th
ic
kn

es
sh

/m
0.
53

≥10
0

50
≤h
<10

0
10
≤h
<5

0
<10

D
ep
th

D
/m

0.
11

10
00
≤D
≤2

70
0

<10
00

>27
00

Bu
ffe
rc

ap
ro
ck

ab
ov
et
he

m
ai
n

ca
pr
oc
k

0.
06

M
ul
tip

le
se
ts

Si
ng

le
se
t

N
on

e

H
yd
ro
dy
na
m
ic

co
nd

iti
on

s
0.
24

H
yd
ro
dy
na
m
ic

co
nd

iti
on

s
1.0

0
G
ro
un

dw
at
er

hi
gh

-c
on

ta
in
m
en
t

ar
ea

G
ro
un

dw
at
er

co
nt
ai
nm

en
ta
re
a

G
ro
un

dw
at
er

se
m
ic
on

ta
in
m
en
t

ar
ea

G
ro
un

dw
at
er

op
en

ar
ea

Se
ism

ic
ac
tiv

ity
0.
14

Pe
ak

gr
ou

nd
ac
ce
le
ra
tio

n
0.
50

<0.
05

g
0.
05

g,
0.
10
g

0.
15
g,
0.
20

g,
0.
30

g
≥0.

40
g

D
ev
elo

pm
en
t

de
gr
ee

of
fr
ac
tu
re
s

0.
50

Si
m
pl
e

M
od

er
at
e

C
om

pl
ex

W
ith

in
25

km
of

ac
tiv

ef
au
lts



Geofluids 5

Then, GIS spatial analysis and evaluation are carried out
using formula (9).

𝑃 = 𝑛∑
𝑖=1

𝑃𝑖𝐴 𝑖 (𝑖 = 1, 2, 3, . . . , 𝑛) . (9)

Here, P is suitability scores of unit for CO2 geological storage;𝑛 is the total number of evaluation factors; 𝑃𝑖 is given point of
the factor 𝑖; 𝐴 𝑖 is index weight of the factor 𝑖.

Single metric suitability rating is as follows: “good”: 9
points, “general”: 5 points, and “poor”: 1 point.The evaluation
result suitability rating is as follows: “highly suitable”: value
range 7 ≤ P ≤ 9, “suitable”: 5 ≤ P < 7, “less suitable”: 3 ≤ P < 5,
and “unsuitable”: 1 ≤ P < 3.
2.2.2. Index System for Geological Suitability Assessment. As
shown in Table 6, the index system for geological suitability
has three hierarchies. The index weights at all levels are
determined using the Analytic Hierarchy Process (AHP) [20,
21].

The assessment indexes are described detailed in the
following.

(1) Characteristic of the Best Reservoir

Depth. Only if the theoretical storage depth is more than 800
meters can CO2 enter the supercritical state, normally low
than 3500 meters.

Lithology. According to the existing commercial-scale CO2
geological storage projects (e.g., [22–24]), reservoir charac-
teristics of oil and gas fields inChina [25], and the engineering
verification by the Shenhua CCS demonstration project in
the Ordos Basin in China [26], clastic reservoirs are generally
better than carbonate reservoirs.

Single Layer Thickness. Because of terrestrial sedimentary
facies in most formations in onshore basins of China, it is
difficult to find the large thick aquifers forCO2 storage similar
as Sleipner project in Norway. The minimum single layer
thickness of reservoirs recommended in this paper is 10m.

Sedimentary Facies. Most Cenozoic sedimentary basins in
China are terrestrial sedimentary formations. The main part
of the reservoir is the deltaic sand body, followed by the
turbidite sand and alluvial fan glutinite body and finally the
sand beach dams and a small amount of reef.

Porosity and Permeability. Low porosity and permeability is a
special feature in terrestrial sedimentary oil and gas reservoirs
and saline aquifers in China. Generally, for both the clastic
and carbonate rock reservoirs, the porosity should be greater
than or equal to 5% and permeability should be greater than
or equal to 1mD (e.g., [27–30]).

(2) Characteristic of the Main Caprock

Lithology. The most common caprocks of oil and gas fields
in China are argillite (mudstone and shale) and evapor-
ites (gypsum and rock salt), followed by carbonate rocks

(marl, argillaceous dolomite, compact limestone, and dense
dolomite) and frozen genesis caps. Sometimes there are local
chert layers, seams, dense volcanic rocks, and intrusive rock
caps.

Thickness.There are certain relationships between cap thick-
ness and the size and height of the reservoir. With the
combination of existing cap thickness grading standards [30]
and considerations of the differences between CO2 and oil
and gas, the reference criteria for grading the classification
of CO2 geological storage cap thickness can be specified.
The minimum thickness of CO2 geological storage caprocks
recommended in this paper is 10m.

Burial Depth. The cap type is argillaceous rocks. The diage-
nesis has different effects on the performance of the caprock
at different stage [31]. When the burial depth of argillaceous
rocks is less than 1000m, the diagenetic degree is poor and the
sealing mainly relies on the capillary pressure. The porosity
and permeability are good but with poor plasticity. At the
burial depth of 1000–2700m, the diagenesis is enhanced;
mineral particles inside the argillaceous rock become more
compacted; the porosity and permeability deteriorate; the
plasticity increases; the capillary flow capacity declines; seal-
ing ability improves; and there is abnormal sealing pressure.
When the burial depth is greater than 2700m, it is equiv-
alent to the tightly compacted stage of the Argillite. The
diagenesis is boosted further; the plasticity decreases and
fragility increases; with the increase in the abnormal pressure,
microcracks appear on the argillaceous rocks; and capillary
sealing ability deteriorates.

The “Buffer Cap” above the Main Caprock. When the CO2
breaks through the main cap, the “buffer cap” above the main
cap has to provide a certain sealing capability to reduce or
prevent the escape of CO2.

(3) Geological Safety

Hydrodynamic Conditions. Ye et al. [32] divided the effect
of hydrogeological conditions controlling coalbed methane
into three categories: hydraulic transport dissipation effect,
hydraulic seal effect, and hydraulic block effect. The more
closed the hydrogeological conditions are, themore favorable
they are for CO2 geological storage. Basin lots with complex
geological structure and powerful water alternating are not
suitable CO2 geological storage candidate prospective areas
due to the high degree of hydrogeology and strong ground-
water activities.

Peak Ground Acceleration. The GB 18306-2001 “The Peak
Ground Acceleration Zoning in China” shows the Chinese
seismic zonation map, its technical elements, and user provi-
sions. It also applies to the CO2 geological storage construc-
tion project. The greater the peak ground acceleration is, the
more unfavorable it is for CO2 geological storage. In general,
the peak ground acceleration should be less than 0.40 g.
Besides, active faults are not only CO2 leakage pathways but
also cause damage to the strata continuity, resulting in CO2
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Figure 1: The statistical profile of CO2 geological storage potential per square kilometer of 390 onshore basins in China.

leakage through the caprock. According to the GB 17741-2005
“Project site seismic safety evaluation” [33], the identification
of the capable fault has to be made within a 5 km range of the
first class venues and epitaxy. For seismic safety evaluation,
the near-field region should be extended to a radius of 25 km
range. Therefore, areas within 25 km of the active faults are
inappropriate as the candidate prospective areas.

Development Degree of Fractures. CO2 could leak by tectonic
pathways including faults, fractures, and ground fissures (e.g.,
[28, 34–36]). Due to the complexity of geological structure
and faults development in the Sichuan Basin, the qualitative
assessment is based on the faults development and the
existing seismic data. The more complex the fault system
is, the more unfavorable it is for CO2 geological storage. In
addition, there have been more frequent seismic activities in
the Sichuan Basin in recent years.

(4) Storage Potential per Unit Area. Guo (2014) evaluated the
national scale potential of CO2 geological storage in deep
saline aquifers of 390 onshore basins in China supported by
China Geological Survey. As shown in Figure 1, the potential
of CO2 geological storage in deep saline aquifers in most of
the sedimentary basins is 50 × 104–100 × 104 t generally, and
a small part of the basins are less than 10 × 104 t or more than
100 × 104 t.
3. Candidate Prospective Areas for CO2
Geological Utilization and Storage

The fine forming conditions of the reservoir mediums for
oil, gas, and CBM make them possible that the existing oil
and gas fields under production are the mesoscale candidate
prospective areas or target areas in the short future. Because
of no official basin-scale data available, the CO2 storage
potential of other CO2 geological utilization technologies is
not discussed further in this paper.

3.1. Geology

3.1.1. Geostructure. As shown in Figure 2 [37], the current
geostructure of the Sichuan Basin consists of the Southeast

Table 7: Proven OGIP of 27 natural gas fields in the Sichuan Basin.

Gas fields OGIP/108m3

Puguang 4050.79
Guang’an 1355.58
Hecuan 1187.06
Datianchi 1067.55
Xinchang 843.02
Luojiazhai 797.36
Moxi 702.31
Wolonghe 408.86
Weiyuan 408.61
Tieshanpo 373.97
Dukouhe 359
Bajiaochang 351.07
Luodai 323.83
Qiongxi 323.25
Qilibei 282.21
Baimamiao 268.72
Dachigan 258.71
Gaofengchang 227.26
Qilixia 225.48
Hebaochang 222.12
Tieshan 187.82
Zhongba 186.3
Majing 175.58
Xindu 175.32
Chongxi 136.35
Fuchengzhai 103.3
Jiannan 100.25

Sichuan fold belt, Central Sichuan low uplift, and Northwest
Sichuan depression.

3.1.2. Stratigraphy. The Sichuan Basin sedimentary strata are
complete, with a total thickness of 6000–12000m. Only the
Permian and the younger strata are considered in this paper,
as follows from old to new:
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Figure 2: Sichuan Basin geological structure unit zoning map. There are three first-order tectonic units in the Sichuan Basin, that is, the
Southeast Sichuan fold belt, the Central Sichuan low uplift, and the Northwest Sichuan depression. The Southeast Sichuan fold belt consists
of the high steep fold belt in Eastern Sichuan (I1) and the low steep bottom fold belt in Southern Sichuan (I2); the Central Sichuan low uplift
is composed of the flat fold belt in Central Sichuan (II1) and the low steep fold belt in Southwestern Sichuan (II2); the Northwest Sichuan
depression consists of the low-lying fold belt in Northern Sichuan (III1) and the low steep fold belt in Western Sichuan (III2).

(1) The Permian: Liangshan group (P1l), Qixia group
(P2q), Maokou group (P2m), Longtan group (P3l),
and Changxing group (P3c).

(2) The Triassic: Feixianguan group (T1f ), Jialing Group
(T1j), Leikoupo group (T2l), Tianjingshan group
(T2t), Ma’antang group (T3m), Xiaotangzi group
(T3t), and Xujiahe group.

(3) The Jurassic: Ziliujing group (J1z), Qianfoya group
(J2q), Shaximiao group (J2s), Suining group (J3s), and
Penglaizhen group (J3p).

(4) The Cretaceous (K) and the Quaternary (Q).

3.1.3. Hydrodynamic Condition. The Sichuan Basin is essen-
tially an artesian basin dominated by Permian and Triassic
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In contrast, the groundwater activities inside the basin are relatively weak, with better hydrogeological confinement. On the edge of the
mountain around the Sichuan Basin and the eastern fold belt experiencing infiltration of fresh water due to the complex structure and strong
water alternating.

strata. The upper Jurassic and Cretaceous formations are
mostly a large set of terrestrial clastic sedimentary rocks with
red sandstones and mudstones throughout the basin. They
are extremely thick with poor permeability, generally low
in moisture, but exceedingly uneven, which could be good
caprocks for the reservoirs below them. The lower upper
Triassic Xujiahe consists of sandstones and shale, and the
sandstone may be good aquifers for CO2 geological storage
due to its huge thickness. The lower and middle Triassic
and Permian carbonate rocks are the main saline aquifers,
in which Triassic carbonate rocks often form alternate layers
with evaporites. Therefore, an aqueous rock series based on
many stacked white aquifers is formed in the Sichuan Basin
(Figure 3).

3.1.4. Geological Safety. There are many late Quaternary
active faults on the boundary of the Sichuan Basin; for
example, the Longmenshan fault zone in Northwestern
Sichuan has experienced more intense activity in recent
years. It is the induced fracture of the “5.12” Wenchuan 8.0
earthquake. The Lushan 7.0 earthquake on April 20, 2013, is

another devastating earthquake that followed the Wenchuan
8.0 earthquake nearly five years later. It is also closely linked
with the Longmenshan fault belt.

However, the crust in the Central and Eastern Sichuan
Basin is more stable. Historical earthquakes with magnitude
above 6 mainly took place in Western Sichuan and South-
western Sichuan Basin. And the peak ground acceleration
zoning according to the GB 18306-2001 “The Peak Ground
Acceleration Zoning in China” is shown in Figure 4.

3.2. Oil and Gas Fields. The Sichuan Basin has abundant
natural gas resources, mainly in Eastern Sichuan, but a
relatively small amount of oil resources. The petroleum
geological reserves in the Sichuan Basin amount to 4.38 ×
108 t, and only 0.75 × 108 t of proven OOIP in Central and
Northern Sichuan flat structure area [38].

By the end of 2008, theMinistry of Land and Resources of
China (MLR) announced 125 gas fields in the Sichuan Basin
(Figure 1), and the total amount of proven OGIP is 17225.02× 108m3. Among them, there are 27 medium to large-sized
confirmed gas fields with OGIP exceeding 100 × 108m3, of
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which the total natural gas reserves are 15092.68 × 108m3,
accounting for 87.6% of the total proven OGIP in the basin
(Table 7).

3.3. Unmineable Coal Seams. The CBM geological reserves
in the Sichuan Basin amount to 3471.40 × 108m3 in Sichuan
province and Chongqing city, 5084.57 × 108m3 in Southern
Sichuan province and Northern Guizhou province, respec-
tively, from 1000 to 2000meters depth [39]. Among these, the
coalfields in Southern Sichuan province are the most abun-
dant, accounting for 82% of the province’s total resources.

3.4. Deep Saline Aquifers. Comparedwith oil fields, gas fields,
and unmineable coal seams, the analysis of geological condi-
tions for saline aquifers CO2 geological storage is muchmore
complex. The CO2 geological storage candidate prospective
area for deep saline aquifers CO2 storage was selected from
the map projection on the ground of all potential under-
ground CO2 reservoirs. In addition, the hydrodynamic and
geological safety conditions must be studied to delineate the
candidate prospective areas.

3.4.1. Candidate Prospective Area Delineation Standards. As
mentioned above, this report presents the delineation stan-
dards of the CO2 geological storage candidate prospective

Table 8: Veto over key factors of CO2 geological storage candidate
prospective areas delineation.

Key factors Veto
Reservoir conditions

Layer thickness <10m
Porosity <5%
Permeability <1mD

Hydrogeological conditions
Formation water salinity <3 g/L
Groundwater hydrodynamic condition Groundwater zone

Geological safety conditions
Active faults <25 km
Peak ground acceleration ≥0.40 g

areas shown in Table 8. Further potential and suitability
assessments can be carried out for target area selection.

3.4.2. Vertical Reservoir Cap Combination and Candidate
Prospective Areas Distribution. The reservoirs for deep saline
aquifer CO2 storage consist of the Permian, the lower Triassic
carbonates, and upper Triassic and Jurassic clastic reservoirs
(Figure 5).The reservoir space includes carbonate karst pores
and cracks and clastic pores and cracks. Overall, all reservoirs
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Figure 5: CO2 geological storage vertical reservoir cap combination in the Sichuan Basin. There are nine sets of reservoirs in the Sichuan
Basin, and the section four of Xujiahe group is the primary reservoir with large thickness and area, which almost cover the whole basin.
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Table 9: Storage potential of CO2 geological storage in depleted oil fields.

Tectonic unit OOIP/108 t Oil density
(kg/m3) 𝐵 (—) Reservoir

pressure/Mpa
Oil

temperature/∘C
𝜌CO2

(kg/m3)
𝐸oil 𝐺CO2

/108 t

Central Sichuan flat
structure area 0.58 850 1.18 21.26 64.42 712.63 0.75 0.57

Northern Sichuan flat
structure area 0.17 850 1.18 21.26 64.42 712.63 0.75 0.17

Table 10: CO2-EOR geological storage potential in the Sichuan Basin.

Tectonic unit API EXTRA (%) 𝑃LCO2
(%) 𝑃HCO2

(%) 𝐸oil 𝐺CO2-EOR/10
8 t

Central Sichuan flat
structure area 34.97 10.46 33 66 0.75 0.16

Northern Sichuan flat
structure area 34.97 10.46 33 66 0.75 0.05

in the Sichuan Basin have poor physical properties, with
ultra-low porosity and low permeability. Comparing with
the natural gas fields in the Sichuan Basin, these reservoirs
for CO2 storage have better caprock conditions too. For
example, the extensive deposits of gypsum rocks in the
Leikoupo phase and the widely developed dark mudstone in
the Lower Jurassic can provide good sealing conditions for
the underlying reservoirs.

(1) The Permian. The reef flat facies on the top of Qixia
group form a good reservoir through dolomitization, with
favorable reservoir conditions (P2q) [40]. Part of them form
the natural gas reservoirs, with a thickness of approximately
10m. Similar to the Qixia group, the Maokou group (P2m)
is a fracture-cave type of reservoir. Changxing group (P3c)
reservoirs are pore type and fracture-pore type. The porosity
is generally 2.03%–15.85%, with an average value of 5.25%; the
permeability is less than 1000mD, with an average value of
6.05mD. The reservoir thickness is large, with a monolayer
thickness of 0.5–5m and a single well cumulative thickness
of 2.5–70m [41].

(2) The Triassic. The Feixianguan group (T1f ) is similar to
the Changxing group.The quality and distribution of the reef
beach reservoir are mainly controlled by sedimentary facies
and diagenesis. The evaporative platform oolitic dolomite
reservoir is mainly distributed in Northeast Sichuan, with
a monolayer thickness of 1.5–15m and total thickness of
20–50m. The porosity ranges from 2% to 26.8%, on the
average of 8.29%; and the permeability is less than 1160mD,
with an average value of 59.73mD. The porosity of the open
platform edge oolitic dolomite reservoir is 2.05%–22.62%, on
the average of 8.42%, and the permeability is less than 410mD
with an average value of 17.25mD. The reservoir monolayer
thickness is generally 0.5–6m, and the total thickness is
10–45m typically.

The favorable Jialingjiang reservoir facies are the platform
interior shoal and the platform margin shoal facies. For
example, section five of Jialingjiang reservoirs consists of
limestone and dolomite, with a thickness of 25–30m, of
which approximately 60% is the porosity layer, and the

average of the porosity is 5%, with the highest value reaching
18%.

The sandstone aquifers in section two, section four, and
section six of Xujiahe formation could be reservoirs for CO2
geological storage, composed of residual intergranular pore,
intergranular dissolved pore, and fracture. The sand ratio
of the sandstones is greater than 70% in 80% generally. In
addition, the porosity of section four is higher than section
two and section six, usually between 5%–10%, while the
porosity of sandstones in section two and section is less than
7% generally.

Figure 6 shows the candidate prospective areas in the
Sichuan Basin in the Sichuan Basin for deep saline aquifer
CO2 storage based on geology study.

4. Results

4.1. Potential

4.1.1. Depleted Oil Fields CO2 Storage and CO2-EOR. The
primary CO2-EOR prospective areas in the Sichuan Basin
are located in the flat tectonic area in Central and Northern
Sichuan Basin. As shown in Tables 9 and 10, the CO2
geological storage potential of storage in depleted oil fields
is only 0.74 × 108 t, while the storage potential is about 0.21 ×
108 t by using CO2-EOR technology.

4.1.2. Depleted Gas Fields CO2 Storage and CO2-EGR. The
CO2 geological storage potential of depleted gas fields is 53.73× 108 t. By using CO2-EGR technology, the Sichuan Basin gas
fields could achieve CO2 geological storage of 33.85 × 108 t.
Among that 27 large and medium gas fields have the greatest
potential, with the possibility of achieving a CO2 geological
storage capacity of 42.39 × 108 t in depleted gas fields, while
the storage potential is about 26.70 × 108 t by using CO2-EGR
technology.

4.1.3. Unmineable Coal Seams CO2 Storage and CO2-ECBM.
The Sichuan Basin has abundant coal bedmethane resources.
As shown in Table 11, the total CO2 geological storage
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Figure 6: Candidate prospective areas in the Sichuan Basin. There are eight candidate prospective areas in the Sichuan Basin for deep
saline aquifer CO2 storage which cover more than 5 × 104 km2 and mainly locate in Central Sichuan Basin (districts II–V). Only district
I is in Northwestern Sichuan. The candidate prospective areas (districts VI–VIII) in Eastern Sichuan are relatively small due to the effects of
formation depth, geological safety, and hydrogeological conditions.

Table 11: Storage potential of CO2 in unmineable coal seams and CO2-ECBM in the Sichuan Basin.

Area 𝐺CBM/108m3 Types of coal 𝑅CO2/CH4
𝐶 𝜌CO2std (kg/m

3) 𝐺CO2
/108 t 𝐺CO2-ECBM/10

8 t
Southern Sichuan and
Northern Guizhou 5084.57 Mainly anthracite 1 0.50 1.977 3.72 1.86

Sichuan and
Chongqing 3471.40 Mainly coking coal

and lean coal 1 0.50 1.977 2.54 1.27

potential of unmineable coal seams can vary in the range
from 3.55 × 108 t to 8.12 × 108 t (6.26 × 108 t on the average),
while the storage potential of CO2-ECBM technology is half
of the unmineable coal seams CO2 geological storage.

However, the coal bed methane in the Sichuan Basin
proposed by Ministry of Land and Resources (MLR) is just
the theoretical geological reserves in place but not proven
reserves, so the reliability of potential of unmineable coal
seams and CO2-ECBM is much lower than depleted oil and
gas fields CO2 storage and CO2-EOR and CO2-EGR.

4.1.4. Deep Saline Aquifers CO2 Storage or CO2-EWR. The
total CO2 geological storage potential in deep saline aquifers

varies in the range of 77.81 × 108 t to 262.08 × 108 t (154.20× 108 t on the average). However, the main CO2 geological
reservoirs are sections two, four, and six of Xujiahe formation,
with the storage potential of 71.98 × 108 t to 245.95 × 108 t
(143.98 × 108 t on the average), that is, approximately 93.37%
of the total storage potential.

According to the statistics of the structural position,
the total expected storage potential in Central Sichuan is
the largest, reaching 89.26 × 108 t on the average. The
total expected storage potentials in Western Sichuan and
Eastern Sichuan are 45.68 × 108 t and 19.27 × 108 t on the
average, respectively. The potential per unit area is shown in
Figure 7.
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Figure 7: Storage potential per unit area for each prospective area. Due to the large stratigraphic thickness and many reservoir layers, the
storage potential per unit area in most depressions in Northwestern Sichuan is quite large, with the largest up to 140 × 104 t/km2, at P50
probability level. The storage potential per unit area in Central Sichuan is generally greater than 50 × 104 t/km2, at P50 probability level.

Table 12: Geological suitability assessment information of the main reservoir distribution area (within section four of Xujiahe formation).

Level one index Level two index Level three index
Distribution information
of the main reservoir in

Xujiahe section 4

Geological information
outside of Xujiahe

section 4 distribution

Reservoir conditions and
storage potential

Reservoir geological
characteristics

Lithology Clastic Mix of clastic and
carbonate

Thickness/m ≥80 <30
Sedimentary facies River, delta Beach bar, reef
Average porosity/% GIS partition processing <10

Average
permeability/mD <10 <10

Storage potential Storage potential per
unit area (104 t/km2) GIS partition processing GIS partition processing

Geological safety

Cap geological
characteristics

Lithology Argillite Argillite
Thickness/m ≥100 ≥100

Main cap depth 1000–2700 1000–2700
Buffer cap above main

cap Multiple sets Multiple sets

Hydrodynamic
conditions

Hydrodynamic
conditions GIS partition processing GIS partition processing

Seismic activity
Peak ground
acceleration GIS partition processing GIS partition processing

Fracture development GIS partition processing GIS partition processing
The main reservoir is the section four of Xujiahe formation, and the main cap is the lower Jurassic strata. The GIS partition processing must be carried out
separately for the prospective areas within and outside of section four of Xujiahe formation. The geological information outside of section four of Xujiahe
formation is from the best value of other eight reservoirs.
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Table 13: Storage potential results in this paper compared with studies before.

CCUS Study scales Authors Results before (108 t) Basic data
CO2 geological utilization

CO2-EOR
National ACCA 21, 2014

MLR, 2010National Wei, 2015
Target This paper 0.21

CO2-EGR
National ACCA 21, 2014

MLR, 2010National Wei, 2015
Target This paper 26.70

CO2-ECBM
National ACCA 21, 2014

MLR, 2009National Wei, 2015
Target This paper 3.13

CO2 geological storage

Depleted oil fields

National Zhang, 2005
Basin Li, 2009 0.20 Li, 2002

National ACCA 21, 2014

MLR, 2010Basin Guo, 2014 Unpublished
National Wei, 2015
Target This paper 0.74

Depleted gas fields

National Zhang, 2005
National Liu, 2006 10.14 900∼3500m Recoverable reserves [25]
Basin Li, 2009 10.50

MLR, 2010
National ACCA 21, 2014
Basin Guo, 2014 Unpublished

National Wei, 2015
Target This paper 42.39

Unmineable coal seams

National Zhang, 2005
National ACCA 21, 2014

MLR, 2009Basin Guo, 2014 Unpublished
National Wei, 2015
Target This paper 6.26

Deep saline aquifers

National Zhang, 2005
National Li, 2006 64.07
National Li, 2009
National ACCA 21, 2014
Basin Guo, 2014 Unpublished

National Wei, 2015
Target This paper 154.20 Further geological study

4.2. Target Areas for Deep Saline Aquifers CO2 Storage

4.2.1. Data. On the basis of systematic analysis of the
deep saline aquifer CO2 geological storage cap, through the
geological suitability evaluation index system, the superim-
posed multisource information evaluation was successively
carried out using ArcGIS software. The basic information is
shown in Table 12. As mentioned in Section 3.4.2, the main
reservoir in the Sichuan Basin is the section four of Xujiahe
formation.

4.2.2. Target Areas. As shown in Figure 8, most prospective
areas are suitable for CO2 geological storage. The suitable
areas could be used as the target areas for CO2 geological

storage. By further ground suitability evaluation and social
economic surveys, some project sites can be identified from
those target areas for large-scale saline aquifers CO2 geologi-
cal storage.

5. Discussion and Conclusions

5.1. Discussion. The purpose of this paper is not only to
evaluate the mesoscale potential of different CCUS tech-
nologies but also select the suitable target areas for early
demonstration in the Sichuan Basin. On the basis of geology
study, the CO2 storage potential of CO2-EOR, CO2-EGR,
CO2-ECBM, and saline aquifer CO2 storage technologies
was first evaluated comprehensively. Compared with the
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Figure 8: Assessment results of CO2 geological storage suitability (suitable area is the “target area”). Most prospective areas in the Sichuan
Basin are suitable for CO2 geological storage, which could be the “target areas” for CO2 geological storage.Themain reservoirs in the Central
Sichuan Basin are sections two, four, and six of Xujiahe formation with large thickness and good physical properties. They are far from the
basin boundary faults, with weak hydrodynamic and good geological safety conditions.

similar studies before, the study scale in this paper is more
detailed especially for CO2 storage in deep saline aquifers,
which is based on further geological study of reservoirs,
seals, hydrogeology, and geological safety. The basic data
for potential assessment are from MLR, PetroChina, and
other authorities; thus the potential results are more credible,
and more in accordance with geology. Table 13 shows the
storage potential results in this paper compared with studies
before.

5.2. Conclusions. Taking the low technical application levels
of CO2-EWR andCO2-EGR into account, it is recommended
that deep saline aquifers and depleted gas fields CO2 geologi-
cal storage in the Sichuan Basin could be early demonstrated,
especially that of the latter because of excellent traps, rich
geological data, and well-run infrastructures.

5.2.1. Deep Saline Aquifers CO2 Geological Storage. For deep
saline aquifers CO2 geological storage, based on the con-
sideration of deep saline aquifer CO2 geological storage
mechanism and geology of the Sichuan Basin, this paper
proposes the study order of “prospective areas” to “target
areas” and a newGIS superimposedmultisource information
evaluation method of geological suitability for target selec-
tion. The index system of geological suitability assessment
for target selection is appropriate for multiple tectonics,
facies, and reservoirs, to evaluate the suitability of prospective

areas to select suitable target areas. The GIS superimposed
multisource information evaluation results show that most
areas are suitable for CO2 geological storage, and only some
local peripheral areas are not suitable for CO2 geological
storage. The areas selected through geological suitability
assessment can be used as target areas for CO2 geological
storage.

The geology in Central Sichuan provides the best con-
ditions, and the storage potential per unit area in Central
Sichuan is generally greater than 50 × 104 t/km2, at P50
probability level, with Xujiahe group is the main reservoir.
However, deep saline aquifers CO2 geological storage could
only be used in the future due to its lack of other economic
benefits, high investment, and multiple barriers in the short
term.

5.2.2. Depleted Gas Fields CO2 Geological Storage. In the
mesoscale, gas fields under exploration or exploitation can
be used as target areas for depleted gas fields CO2 geological
storage. The MLR has announced that there are 125 gas fields
in the Sichuan Basin and 27medium to large-sized confirmed
gas fields among them. There are many gas reservoirs or
traps becomes depleted, which provide a great chance for
early demonstration first for the CO2 resources located in the
Sichuan Basin. Even in the long run, the depleted gas fields
could be the main reservoirs for CO2 geological storage in
the Sichuan Basin.
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Massive quantities of fluid are injected into the subsurface during the creation of an engineered geothermal system (EGS) to induce
shear fracture for enhanced reservoir permeability. In this numerical thermoelasticity study, we analyze the effect of cold fluid
injection on the reservoir and the resulting thermal stress change onpotential shear failure in the reservoir.Wedeveloped an efficient
methodology for the coupled simulation of fluid flow, heat transport, and thermoelastic stress changes in a fractured reservoir. We
performed a series of numerical experiments to investigate the effects of fracture and matrix permeability and fracture orientation
on thermal stress changes and failure potential. Finally, we analyzed thermal stress propagation in a hypothetical reservoir for the
spatial and temporal evolution of possible thermohydraulic induced shear failure. We observe a strong influence of the hydraulic
reservoir properties on thermal stress propagation. Further, we find that thermal stress change can lead to induced shear failure
on nonoptimally oriented fractures. Our results suggest that thermal stress changes should be taken into account in all models for
long-term fluid injections in fractured reservoirs.

1. Introduction

One of the primary driving mechanisms for permeability
creation in engineered geothermal systems (also known as
enhanced geothermal systems), or EGS, involves shear failure
induced by fluid injection at high pressures. In environments
with low differential stress, tensile fractures may develop if
the injection pressure exceeds the minimal principal stress
(e.g., fracking). The injection of cold water into a reservoir at
substantially higher temperature also induces thermal stress
changes that contribute to the overall evolution of the local
stress and failure potential.This rapid cooling of the reservoir
can lead to thermal cracking and thus further enhance per-
meability [1–4], but thermal fracturing, fracture propagation,
or fracture reactivationmay also contribute to premature cold
water breakthrough into producing wells.

The basis for EGS is usually geothermal plays of the
“hot dry rock” type where the available water in the porous
medium is considered negligible. These conditions are found
primarily in metamorphic or igneous terrains with low

permeability and porosity containing fractures and faults that
provide the major pathways for fluid flow. In geothermal
energy systems, the fracture’s surfaces serve as the main heat
exchanger. Clearly, preexisting, critically stressed, and opti-
mally oriented fractures provide the most favorable condi-
tions for enhancing permeability of EGS [5, 6].

In this paper, we focus on the role of thermal stresses
during cold fluid injection and stimulation of an EGS site.
Of special interest, here is the interplay of hydraulic and
thermally induced stresses.The processes involved in perme-
ability creation during hydraulic stimulation act on different
timescales. While the poromechanical coupling is active
throughout the injection, its dominance over thermome-
chanical effects depends on the state of the injection.Thermo-
mechanical coupling plays a particularly important role dur-
ing prolonged periods of injection (weeks to years) because
the variation of injectivity with injection water temperatures
can be attributed to thermal stress [7].

A major concern in EGS is induced seismicity at lev-
els above that tolerated by the local population, in either
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frequency or magnitude. Usually induced seismic events
are attributed to the change in effective stress due to the
change in fluid pressure [8–10]. However, thermal stress also
significantly contributes to induced seismicity in petroleum
and geothermal fields [7, 11, 12]. Stark [12] found that, in the
Geysers geothermal field in northern California, USA, half of
the measured earthquakes appear associated with cold water
injection.

In this paper, we present the theoretical basis for thermal
stresses, evaluate the temperature distribution during injec-
tion in a borehole, and determine a modeling framework
for evaluating the influences of thermal stress generation
and propagation in a hypothetical reservoir. We describe the
numerical method and present results of numerical experi-
ments focusing on the influence of thermal stress on perme-
ability, fracture orientation, and failure potential. We discuss
the results in terms of thermal influence on induced seismic-
ity and reservoir characteristics.

2. Theory

Here we present the mathematical basis for the formulation
of thermal stresses. In addition, the temperature profile in
an injection well is considered because this has a significant
impact on the initial conditions of the numerical simulations.

2.1. Mathematical Description of Thermal Stress. A body will
change its shape and/or volume when exposed to a tempera-
ture change Δ𝑇. This change is called thermal strain and can
be expressed as

𝜖𝑇 = 𝛼Δ𝑇, (1)

where 𝛼 is the coefficient of linear thermal expansion in
1/K. In most materials, 𝛼 is positive and on the order of10−6 1/K. In isotropic materials, the thermal strain acts only
on the normal strains with the same magnitude. If the body’s
deformation is restricted, as it would be the case for a small
volume inside a rockmass, the strain results in thermal stress.

𝜎𝑇 = 𝐶 ⋅ 𝜖𝑇, (2)

where 𝐶 is the elastic stiffness tensor of the material. If we
restrict ourselves to isotropic conditions, the thermal strain
has only normal components with equal magnitude in which
case we can simplify the previous expression to

𝜎𝑇𝑖𝑗 = 𝐸
1 − 2] ⋅ 𝛼Δ𝑇𝛿𝑖𝑗, (3)

where 𝐸 is Young’s modulus (Pa) and ] Poisson’s ratio (—).
It is important to note that (3) is only nonzero for the three
normal stresses 𝜎𝑇𝑥𝑥 , 𝜎𝑇𝑦𝑦 , 𝜎𝑇𝑧𝑧 . It is immediately obvious that
larger temperature differences will result in higher thermal
stress changes. Additionally, the thermal stress is positive (rel-
ative compression) if the temperature difference is positive
(Δ𝑇 > 0), and if the temperature difference is negative, the
thermal stress is negative (relative tension).Themagnitude of
thermal stress can change widely depending on the material.

Assuming a constant thermal expansion coefficient 𝛼 =10−6 1/K and fixed temperature difference of Δ𝑇 = −10∘C,
the resulting thermal stress for an elastic sandstone (𝐸 = ∼
20GPa) is 60% smaller than the resulting thermal stress in
a typical granite (𝐸 = ∼50GPa). The granite would undergo
a stress change of 1MPa in this case compared to a 0.4MPa
stress change in the sandstone.

Thermal expansion coefficients are well-constrained by
experiments and show only minor influences of temperature
and pressure on the thermal expansion coefficients [13, 14].
Cooper and Simmons [15] attributed some of the change in
the thermal expansion coefficient to the formation ofmicroc-
racks by differential expansion ofmineral grains. Considering
the small magnitude in the change of the thermal expansion
coefficient compared with the order of magnitude expected
in temperature and pressure change, it is a valid assumption
that the thermal expansion coefficient is constant.

In the following, we assume that the thermal stress is
independent of the fluid pressure and the in situ stress state
of the rock. Thus, the resulting stress can be obtained by
superposition of the effective stress (𝜎eff = 𝜎tot − 𝑝) and the
thermal stress. Changes in the in situ stress of the rock are
negligible on the timescales of interest for hydraulic stimu-
lation. Considering only stress changes resulting from pore
pressure and thermal expansion, we can formulate the total
stress change as

Δ𝜎 = Δ𝑝 + Δ𝜎𝑇 (4)

Clearly, other stress contributions as slip-induced stresses and
stresses induced by chemical reaction have to be considered
in a general case. However, for reasons of simplicity, we
restrict ourselves to only pore pressure and thermally induced
stress changes.

2.2. Induced Shear Failure Potential. Induced shear failure
potential is estimated by a Mohr-Coulomb failure condition.
We restrict ourselves to a cohesion-less material with a
friction coefficient of 𝜇 = 0.6. A fracture segment is able to
slip and is thus categorized as “potential slip” if the following
condition is met:

𝜏 − 𝜇𝜎𝑛 > 0 (5)

The effective normal stress 𝜎𝑛 is defined as

𝜎𝑛 = 𝜎eff + 𝜎𝑇 = 𝜎𝑛 − 𝑝𝑓 + 𝜎𝑇, (6)

where 𝜎𝑛 is the normal stress, 𝑝𝑓 is the fluid pressure, and𝜎𝑇 the thermal stress as introduced in the previous section.
The effective normal stress 𝜎𝑛 and shear stress 𝜏 acting on a
fracture segment are

𝜎𝑛 = 𝜎1 + 𝜎3 − 2𝑝𝑓 + 2𝜎𝑇
2 cos 2𝜃

𝜏 = 𝜎1 + 𝜎32 sin 2𝜃,
(7)

where 𝜎1 and 𝜎3 are the maximum and minimum principal
stresses acting in the far field and 𝜃 is the angle between 𝜎1
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and the fracture segment measured from the normal to the𝜎1 plane.
The poroelastic deformation of the fractured reservoir

during the injection as well as the deformation due to fracture
slip is not included in the present model. Consequently, this
simple model does not predict magnitudes or estimation of
the amount of slip but rather identifies when a frictional
failure condition is met, similar to other approaches in
modeling EGS [9, 10].

2.3. Heat Distribution in a GeothermalWell. The temperature
inside an injection well is not constant with depth. The
injected water is heated by the rock mass surrounding the
borehole while moving downwards through the borehole.
Although the heat distribution in geothermal boreholes can
be measured, in many cases it is still useful to describe it
mathematically. Such calculations can be used in numerical
simulations and aid the drilling crews during their operation.
In most cases, description of well bore heat transmission
is based on a well bore heat balance equation. Most of the
literature is based on the initial work of Ramey [16] in which
they derived the temperature distribution in a well used for
hot fluid injection. The work was later enhanced by the rate
of heat loss from the well to the formation by Ramey [17].
Recent work fromHagoort [18] reevaluated Ramey’s classical
work and found that it is an excellent approximation.

Following Satman and Tureyen [19], the temperature in
an injection well into which a single-phase fluid is injected is
given by

𝑇 (𝑧) = 𝑇surf + 𝛼 ⋅ 𝑧 + (𝑇inj + 𝑇surf + 𝛼𝐴) ⋅ 𝑒(−𝑧/𝐴). (8)

Here, 𝑧 is the distance downwards from surface in meters,𝛼 is the geothermal gradient in ∘C/m, 𝑇surf is the surface
temperature in ∘C, and 𝑇inj is the temperature in ∘C of the
injected fluid. 𝐴 is a variable defined as

𝐴 = 𝑄𝑐𝑝𝑓𝑓 (𝑡)
2𝜋𝜆 , (9)

where 𝑄 is the mass flow rate in ks/s, 𝑐𝑝𝑓 the heat capacity of
the fluid (assumed constant), and 𝜆 the thermal conductivity
of the formation (also assumed constant with depth). The
dimensionless function 𝑓(𝑡) describes the transient heat
transfer to the formation. There are a number of different
formulations for function 𝑓(𝑡) available. Kutun et al. [20]
provide a simple formulation:

𝑓 (𝑡) = ln (1 + 1.7√𝑡𝐷) (10)

which is based on a best curve fit of the data provided
by Ramey [16] and Ramey [17, 21]. According to Satman
and Tureyen [19], it is accurate within 1% for the relevant
timescales. In (10), 𝑡𝐷 is a dimensionless time defined by

𝑡𝐷 = 𝜅 ⋅ 𝑡
𝑟2𝑤 , (11)

where 𝜅 is the mean thermal diffusivity of the formation in
m2/s and 𝑟𝑤 the well radius in meters.

Table 1: Properties used in estimation of well temperature profiles.

Surface temperature 20∘C
Injection temperature 40∘C
Geothermal gradient 0.04∘C/m
Well depths 5000m
Well radius 0.11m
Injection rate 20/40 kg/s
Rock density 2650 kg/m3

Mean thermal conductivity (formation) 2.92 J/ms∘C
Mean thermal diffusivity (formation) 1.102 ⋅10−6m2/s
Specific heat capacity (fluid) 3160 J/kg∘C

A detailed review on the methods to describe well bore
heat distributions, prevalent assumptions, and different for-
mulations for the transient heat transfer function 𝑓(𝑡) can be
found in Satman and Tureyen [19].

2.4. Heat Distribution in a Geothermal Well. Based on (8) to
(11), the general characteristics of fluid injection in thewell are
presented and examined in detail. The model parameters are
given in Table 1. Figure 1 shows the temperature distribution
with depth of well bore temperature during prolonged fluid
injection.The profiles are plotted for different injection times:
1 d, 10 d, 30 d, and 365 d. The geothermal gradient shown as a
dashed line represents also the static (long term) temperature
distribution in the well bore. It is clearly visible that it is not
a static profile but contains a dynamic evolution with time.
During the first days of injection, the temperature profile
changes most rapidly. After about 10 days of continuous
injection, the rates of the temperature profile change decrease.
After 365 days of continuous injection, the bottom hole
temperature has decreased from 70∘C after 1 day of injection
to 52∘C in the case of an injection rate of 40 kg/s. When the
injection rate is lower at 20 kg/s, the temperature decreases
from initially 93∘C after 1 day of injection to 63∘C after one
year. This demonstrates the highly dynamic temperature dis-
tribution during injection with respect to time and injection
rates.

The dynamic behavior is driven by advective heat transfer
during injection of the fluid at the well head and conductive
heat exchange with the formation. Initially heat transfer from
the formation to the fluid is high, leading to a rapid increase
in the fluid temperature. During the course of injection, the
formation is cooled by the injected fluid leading to reduced
conductive heat transfer from the formation to the fluid.This
subsequently lowers the overall temperature distribution in
the well bore.

Figure 1 shows that the assumption of a constant tempera-
ture boundary in numerical modeling of fluid injection is not
valid either in space or in time. Especially for very low injec-
tion rates (not shown here), the thermal gradient in the bore-
hole is comparable to the static geothermal gradient. In long
duration high injection rate scenarios, a constant temperature
at the borehole becomes more acceptable as the formation
is cooled quickly and the well bore temperature approaches
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Figure 1: Temperature profiles in a 5 km deep injection well for an injection temperature of 40∘C and an injection rate of 20 kg/s (a) and40 kg/s (b).

the injection temperature. From the findings of this section
we can conclude that the temperature change in the well bore
is significant and must be taken into account when thermal
stresses are to be evaluated accurately.

3. Methods

We developed an embedded discrete fracture model (EDFM)
using the phenomenology described in other studies [22–24].
The conceptual idea of the EDFM is the distinct separation of
a fractured reservoir into a fracture and a damaged matrix
domain. We introduce a transfer function to account for
coupling effects between the two domains (Figure 2), so the
fracture and matrix domains are computationally indepen-
dent except for the transfer function. As the fractures are
generally very thin and highly permeable compared to the
surrounding matrix rock, the gradient of fracture pressure
normal to the fracture is negligible. This allows for a lower
dimensional representation of fractures (i.e., 1D objects
within a 2D reservoir).

3.1. Governing Equations. The flow in naturally fractured
reservoirs is often described by the equations for nearly
incompressible single-phase flow. We include gravity effects
in the formulation because gravity can play an important role
in the flow field evolution of a reservoir fluid with variable
densities. We note that the following equations are assumed
valid in both the damaged matrix and the fractures. From
mass balance and single-phase fluid flow, the pressure equa-
tion is

𝜙 (𝛽𝑓 + 𝛽𝑟) 𝜕𝑝𝜕𝑡 = ∇ ⋅ [k𝜇∇ (𝑝 − 𝜌𝑓𝑔)] + 𝑄, (12)

(a)

(b)

(c)

�휓fm

Figure 2: A fractured domain (a) is separated in a uniform grid (b)
and a fracture grid (c).The two resulting domains are coupled using
the transfer function Ψ𝑓𝑚.

where 𝜙 [—] is the porosity, 𝜌 [kg/m3] is the fluid density,
and 𝑝 [Pa] is the fluid pressure. Compressibilities 𝛽 [Pa−1] are
denoted with subscripts 𝑓 for fluid and 𝑟 for rock, respec-
tively. Moreover k [m2] is the permeability and 𝜇 [1/s] the
fluid viscosity. In general, the permeability k is an anisotropic
2nd-order tensor. However, only an isotropic permeability 𝑘
is used hereafter and in the implementation.
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From the fluid pressure 𝑝, the fluid velocity is calculated
using Darcy’s law; that is,

k = −𝑘𝜇∇𝑝. (13)

The total mass balance equation derived above is sepa-
rated into the matrix and the fracture domains, that is,

𝜙𝑚 (𝛽𝑓 + 𝛽𝑟) 𝜕𝑝
𝑚

𝜕𝑡 = ∇ ⋅ [ 𝑘𝑚𝜇𝑚∇ (𝑝𝑚 − 𝜌𝑓𝑔)] + Ψ𝑚𝑓

+ 𝑄𝑚,
𝜙𝑓 (𝛽𝑓 + 𝛽𝑟) 𝜕𝑝

𝑓

𝜕𝑡 = ∇ ⋅ [𝑘𝑓𝜇𝑓∇ (𝑝𝑓 − 𝜌𝑓𝑔)] + Ψ𝑓𝑚

+ 𝑄𝑓,

(14)

where Ψ𝑚𝑓 and Ψ𝑓𝑚 are the flux transfer functions between
the damaged matrix and the fractures. Superscripts 𝑚 and 𝑓
denote matrix and fracture quantities, respectively.

The velocities can subsequently be used in the heat
transport equation. The heat transport equation is derived
similarly to the continuity equation by the balancing the heat
transport mechanisms and described as

𝑐𝑝𝜌𝜕𝑇𝜕𝑡 + 𝑐𝑓𝑝 k∇𝑇 − 𝜆∇2𝑇 = 0, (15)

if local thermal equilibrium is assumed. Overlined properties
denote volume averaged mean values for the porous medium
(i.e., 𝑐𝑝 = 𝜙𝑐𝑝𝑓 + (1 − 𝜙)𝑐𝑝𝑟). The heat transport equation
is separated into matrix and fracture parts according to the
same procedure as for the fluid pressure.

3.2. Fracture-Matrix Coupling. We apply a transfer function
governing the mass and heat exchange between the two
domains since flow in the damaged matrix is treated sep-
arately from flow in the fractures. The transfer function is
treated as a source/sink term in the pressure and heat trans-
port equations for damagedmatrix and fracture, respectively,
similar to classical well models (Peaceman [25]), that is,

Ψ𝑓𝑚 = CI ⋅ Λ (𝑝𝑓 − 𝑝𝑚) , (16)

with Λ being the mean total mobility of the fluid, defined as
the fraction of permeability and viscosity. CI is the connec-
tivity index between matrix and fracture that is grid depen-
dent and defined based on the linear pressure distribution
assumed within a grid cell intersected by a fracture [22]. The
connectivity index is defined as the length fraction 𝐴 𝑖𝑗,𝑘 of
fracture segment 𝑘 insidematrix cell 𝑖𝑗 divided by the average
distance ⟨𝑑⟩𝑖𝑗,𝑘 betweenmatrix cell 𝑖𝑗 and fracture segment 𝑘:

CI𝑖𝑗,𝑘 = 𝐴 𝑖𝑗,𝑘
⟨𝑑⟩𝑖𝑗,𝑘 . (17)

The average distance ⟨𝑑⟩𝑖𝑗,𝑘 can be calculated as

⟨𝑑⟩𝑖𝑗,𝑘 = ∫𝑥𝑘 (𝑥) 𝑑𝑥
𝑉𝑖𝑗 , (18)

where 𝑥𝑘 is the distance from the fracture within the matrix
cell and𝑉𝑖𝑗 the volume of thematrix cell.This allows properly
accounting for the reduced influence of a fracture segment on
a matrix cell if the fracture segment does not cross the matrix
cell through its center. In many cases, (18) has to be evaluated
by numerical integration. For rectangular grids, however,
there exists an analytical solution [22] for fracture intersec-
tions horizontally, vertically, or on the diagonal to a grid
cell. For enhanced efficiency, the analytical expressions are
used in the present implementation. From the separatedmass
balance equations, it becomes immediately clear that the total
flux between matrix and fracture has to be conserved:

∫Ψ𝑚𝑓𝑑𝑉 = −∫Ψ𝑓𝑚𝑑𝐴. (19)

Obviously, Ψ𝑓𝑚 is only nonzero in matrix cells that are
actually intersected by at least one fracture segment.

3.3. Fracture Intersections. Fractures often intersect other
fractures in naturally fractured reservoirs, which potentially
significantly impact flow dynamics in the reservoir.Therefore
we must also consider fracture-fracture coupling in the
model.The additional transmissivity at a fracture intersection
can be obtained similarly to the approach used in electri-
cal engineering known as the star-delta transformation in
circuits (Karimi-Fard et al. [26]). The additional fracture-
fracture transmissivity can be calculated as

𝑇𝑖,𝑗 = 𝛼𝑖 ⋅ 𝛼𝑗
𝛼𝑖 + 𝛼𝑗 with 𝛼𝑖 = 𝐴𝑓𝑖 Λ 𝑖0.5 ⋅ 𝑑𝑥𝑓 , (20)

where𝐴𝑓𝑖 denotes the fracture aperture,Λ 𝑖 the total mobility,
and 𝑑𝑥𝑓 the numerical discretization spacing in the fracture.
This approach can be generalized to more than two fractures
intersecting in a single point on a fracture segment but is
omitted here due to its rare occurrence.

3.4. Discretized EDFM Equations. The EDFM equations in
two dimensions are discretized by the Finite VolumeMethod
(FVM). Both the pressure equation and the heat transport
equation are discretized by a two-point flux approximation
scheme. The time derivatives in (12) and (15) are treated by
an implicit time discretization. The advection term in the
heat transport equation is treated by theQUICK scheme [27].
Although an explicit coupling also exists between the pres-
sure and transport equations themselves, the current imple-
mentation uses a serial scheme to solve the coupled problem.
Instead of assembling and solving one very large system for
pressure and transport, the problem is divided into two parts.
In a first step, the pressure system is assembled and solved.
Using Darcy’s law, the fluid velocities can be calculated in
an intermediate step. Once the fluid velocities are found, the
transport system can be assembled and subsequently solved.
In strongly coupled flow and transport problems, an iterative
schememust be used to capture any arising nonlinearities. In
most cases, the flow and transport exhibit rather loose cou-
pling in which only few iterations are needed to converge to
the solution. It is restated that both equations are discretized
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by an unconditionally stable implicit time-discretization
scheme. In case the problem shows nonlinear behavior, issues
with nonconvergence might appear and place an indirect
restriction for the time step. Nonetheless, much larger time
steps are allowed in the implemented approach when com-
pared to explicit schemes.

4. Results and Discussion

We present the results of three numerical experiments that
provide insight into the effects of thermal stress on the
stimulation of a geothermal reservoir. First we evaluate the
influence of contrasts in the fracture permeability and the
fracture-matrix permeability. We then investigate the influ-
ence of the fracture orientation on potential slip in combina-
tion with thermal stress. In a final numerical experiment, we
simulate fluid injection into a complex fracture network over
a prolonged period of time to evaluate the temporal evolution
of thermal stress and failure potential. In all experiments, the
pressure and/or temperature dependence of the fluid density
and viscosity is taken into account. The underlying equation
of state is given by Sun et al. [28] for density andAl-Shemmeri
[29] for the viscosity of water. In this section, we combine
results and their discussion to emphasize each experiment’s
outcome. Amore general discussion of the results as well as a
conclusion is provided in Section 5.

4.1. Influence of Fracture and Matrix Permeability onThermal
Stress. Fracture permeability is one of the most important
variables to be determined in EGS reservoirs to accurately
predict flow in the reservoir. Here we evaluate to what degree
the fracture permeability has an impact on thermal stress.
To this end, we model the fluid injection in a well that is
intersected by a single fracture as depicted in Figure 3.

Table 2 lists the physical parameters for the matrix and
fracture used in this study. In this experiment, we investigate

the results after a continuous injection of 30 days. In contrast
to the previously presented temperature distribution in the
well, we assume a homogeneous temperature distribution in
the open hole section throughout the injection as the open
hole section is short (100m) compared to the length of the
borehole. The injection temperature is variable with time
and obtained by a least-squares fit of the data presented in
Figure 1 for a depth of 5 km. The initial temperature is set at𝑇0 = 200∘C. The injection pressure is constant at 25MPa.
Gravity is neglected in this experiment. We vary the fracture
permeability in five steps over a range within 8.33 ⋅ 10−8–1 ⋅10−12m2. Further we evaluate two matrix permeabilities10−16m2 and 10−18m2.

Figure 4 shows the temperature distribution and resulting
thermal stress after 30 days of fluid injection for a matrix
permeability of 10−16m2. The temperature profiles along
the fracture show significant differences based on fracture
permeability. For the two lowest fracture permeabilities (𝑘fr =10−12/10−11m2), the profiles are very similar and show tem-
perature variations only within the first 10 meters of the frac-
ture. At the injection point, the temperature dropped down to
approximately 140∘C. The resulting thermal stress is approx-
imately −70MPa. An intermediate fracture permeability of𝑘fr = 10−10m2 shows a further propagation of the thermal
front within the 30 days. We observe temperature change on
almost 60m of the fracture resulting thermal stress pertur-
bations along the same length. At an approximate distance
of 30m from the injection point, the thermal stress reaches−9MPa. The two highest tested permeabilities (𝑘fr = 8.33 ⋅10−8/8.33⋅10−10m2) showdistinctively different profiles com-
pared to the lower permeability values. Here the temperature
propagates the full length of the fracture with an almost linear
profile. The temperature at the injection point however is
greater than for the other permeabilities with approximately150∘C. Due to the temperature profiles, the thermal stress is
significantly larger along the whole length of the fracture for
these very permeable fractures.

We further evaluated the mean velocity in the fracture
throughout the 30 days of injection. The result is shown in
Figure 5. Overall the mean velocity varies over four orders of
magnitude due to the wide range of fracture permeabilities.
For all fracture permeabilities, an initial decline in the
fracture velocity is visible. This is more pronounced for high
fracture permeabilities (𝑘fr = 8.33 ⋅ 10−8/8.33 ⋅ 10−10m2) with
a “stabilization time” of only a couple of days. Lower fracture
permeabilities show less variability in the mean fracture
velocity.

Figure 6 shows the temperature distribution and resulting
thermal stress after 30 days of fluid injection for a matrix
permeability of 10−18m2. The temperature profiles along
the fracture show significantly less differences compared to
higher matrix permeability. The three highest permeabili-
ties show nearly identical behavior. The temperature front
advanced as far as 25m which is the maximum for a matrix
permeability of 𝑘𝑚 = 10−18m2. The two lower fracture
permeabilities (𝑘fr = 10−12/10−11m2) show less temperature
change after 30 days compared to the other permeabilities as
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Table 2: Properties used in the fluid injection simulation. Subscripts: fr, fracture;m, matrix; f, fluid; r, rock.

Permeability 𝑘𝑓𝑟 = 8.33 ⋅ 10−8–1 ⋅ 10−12m2 𝑘𝑚 = 10−16–10−18m2
Porosity 𝜙𝑓𝑟 = 1.0 𝜙𝑚 = 0.1
Compressibility 𝛽𝑓 = 5 ⋅ 10−10 Pa−1 𝛽𝑟 = 1 ⋅ 10−10 Pa−1
Specific heat 𝑐𝑝𝑓 = 4000 J/(kg ⋅ K) 𝑐𝑝𝑟 = 1000 J/(kg ⋅ K)
Heat conductivity 𝜆𝑓 = 2.92W/(m ⋅ K) 𝜆𝑟 = 0.5W/(m ⋅ K)
Thermal expansion coeff. 𝛼 = 7.9 ⋅ 10−6 K−1
Shear modulus 𝐺 = 29.0GPa
Poisson’s ratio ] = 0.25
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Figure 4: Temperature and thermal stress distributions after 30 days
of injection for a matrix permeability of 𝑘𝑚 = 10−16m2.
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Figure 6: Temperature and thermal stress distributions after 30 days
of injection for a matrix permeability of 𝑘𝑚 = 10−18m2.

well as the higher matrix permeability. All profiles exhibit a
temperature at the injection point of 150–155∘C.

A comparison of thermal stress distribution for the
fracture permeability 𝑘fr = 10−10m2 with both matrix per-
meabilities is shown in Figure 7. As already discussed earlier,
the different propagation depths of the temperature and thus
thermal stress are visible. Additionally the matrix effect is
also shown. For the higher matrix permeability, the thermal
stress front propagates as far as 6m into the reservoir, and
we observe a wedge-shaped thermal stress disturbance close
to the fracture. In the case of the lower matrix permeability,
the thermal stress front barely penetrates the matrix. The
1MPa isoline is already at a distance of approximately 2
meters from the injection well. Close to the fracture a more
pronounced thermal stress, alteration zone is visible. In
contrast to higher matrix permeability this zone is relatively
small.

Figure 8 shows that the pressure diffusion for the higher
matrix permeability is much more homogeneous than for a
lower matrix permeability, leading to a significant pressure
gradient in the fracture. If thematrix permeability is very low,
a high pressure zone develops around the fracture causing a
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Figure 7: Thermal stress distribution after 30 days of injection. Fracture permeability 𝑘fr = 10−10m2: (a): higher matrix permeability 𝑘𝑚 =10−16m2; (b): lower matrix permeability 𝑘𝑚 = 10−18m2.
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Figure 8: Pressure distribution after 30 days of injection. Fracture permeability 𝑘fr = 10−10m2: (a): highermatrix permeability 𝑘𝑚 = 10−16m2;
(b): lower matrix permeability 𝑘𝑚 = 10−18m2.

smaller pressure gradient in the fracture. This is also observ-
able in the mean fracture velocities. For high fracture perme-
abilities, the difference in fracture velocity increases one order
magnitude with increasingmatrix permeability. For low frac-
ture permeabilities, there is no significant change in observed
mean fracture velocity with respect to matrix permeability.
The observed “stabilization time” in the fracture velocities
is caused by the initial pore pressure diffusion through the
matrix and fracture.

The differences in the pressure field and the fracture
velocities can, however, not fully explain the observed ther-
mal stress distributions. In order to explain these differences,
we examine the heat transport in more detail. It is clear that
the matrix-fracture interaction plays an important role in the
thermal stress propagation. With increasing matrix and frac-
ture permeabilities, also the interface permeability between
matrix and fracture is increased allowing heat transfer by
advection between matrix and fracture. Only by advection
has the fluid in the fracture a chance to cool down the sur-
rounding matrix. Once the surrounding matrix is cooled to a
certain extent, the temperature front can also advance within
the fracture. In case of a low matrix permeability, the main
heat transfer mechanism between matrix and fracture is heat
diffusion. Here heat diffusion from the matrix into the frac-
ture dominates, leading to a heating of the fracture and thus
significantly slowing down the thermal stress propagation.
The second scenario is favorable in terms of sustainability of
an geothermal reservoir. Here the heat is efficiently extracted
from the matrix rather than prematurely cooling down the
matrix surrounding the fractures.

4.2. Influence of Thermal Stress on Shear Failure Potential. In
this section, we investigate the thermal stress influence on
shear failure potential. As mentioned in the introduction and
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Figure 9: Numerical setup to evaluate the influence of fracture
orientation and thermal stress on shear failure potential. A constant
injection pressure is applied to the middle of the fracture. On the
outer boundaries, a no-flow boundary condition is applied.

methods, shear failure in the reservoir occurs mainly on
optimally oriented fractures. Here we investigate whether
thermal stress leads to earlier onset of slip and how this is
influenced by fracture orientation and model the fluid injec-
tion into a single fracture (Figure 9).

All parameters except for the matrix and fracture perme-
abilities are identical to the previous experiment and shown
in Table 2. We apply a fracture permeability of 𝑘fr = 10−10m2
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Figure 10: Results after 10 days of injection into the fracture. Fracture permeability 𝑘fr = 10−10m2. Matrix permeability 𝑘𝑚 = 10−17m2. (a)
Pressure distribution. (b) Thermal stress distribution.

with a matrix permeability of 𝑘𝑚 = 10−17m2. The injection
pressure is constant at 9MPa. The minimum and maxi-
mum principal stresses are 45MPa and 20MPa, respectively.
Stresses are oriented in alignment to the coordinate axis as
shown in Figure 9. We vary the fracture orientation (mea-
sured in degree from the normal to the maximum principal
stress) from 35∘ to 85∘ in steps of 2.5∘. The injection pressure
was chosen so that only very close to optimally oriented
fractures at 60∘ are eligible for slip. In this experiment, we
investigate the results after a continuous injection of 10 days.
The injection temperature is variable with time and obtained
as presented in the previous experiment. The initial temper-
ature is set again at 𝑇0 = 200∘C and we neglect gravity.

Figure 10 shows the result for a rotation of 45∘ after 10
days of injection. It shows a pressure ellipse with its principal
axis aligned with the fracture. The initial point source is not
recognizable in the matrix pressure after 10 days of continu-
ous injection.This can be explained by the fast pressure diffu-
sion in the fracture and consequential pressure diffusion from
the fracture to the matrix. The thermal stress is distributed
symmetrically around the injection point in the fracture.The
temperature front propagates roughly 10m in each direc-
tion. The maximum cooldown and consequently maximum
thermal stress are found at the injection point.Thermal stress
in the matrix is propagated again from the fracture. The
propagation direction is normal to the fracture leading to an
elliptic thermal stress alteration zone surrounding the injec-
tion point. The rotation of the fracture barely influences the
pressure and thermal stress distributions. Minor differences
were observed but can be attributed to numerical effects.

We use the Mohr-Coulomb diagram to evaluate the
failure potential due to thermal stress with respect to fracture
orientation. Figure 11 shows the failure potential for each frac-
ture orientation, where each point in the diagram is the mean
normal and shear stress calculated over the whole fracture
length. We show the effective stress modified solely by the

fluid pressure as well as modified by thermal stress and fluid
pressure combined. Figure 11 shows that, accounting only for
fluid pressure in the effective normal stress, only fractures
oriented at 55∘–65∘ are able to slip. All other orientations
do not meet the failure condition. If we further consider the
effects of thermal stress, we observe a wide range of fracture
orientations that fulfill the failure condition and are able to
slip. The results after 10 days of injection show that fractures
oriented up to 17.5∘ from the optimum (42.5∘–77.5∘) are
critically stressed. As Figure 11 only considers the average
stress state in the fracture, we evaluate the failure potential
in greater detail with a histogram. Figure 12 shows the per-
centage of fracture segments for each orientation that could
demonstrate slip. Considering only fluid pressure effects, we
find that the injection pressure of 9MPa propagated as far
as necessary to induce slip over the whole length of the
optimally oriented fracture. Fractures oriented at 5∘ from the
optimumalready show significantly less segmentswith failure
potential (−(25–50)%). Adding the thermal stress effect, we
observe a broad spectrum of potential slip in up to 35% of
the fracture segments (at ±7.5∘). However, also fractures with
an orientation further from the optimum show a significant
ability to slip with ∼20% at ±15∘ and ∼5–10% for fracture
oriented at ±25∘ from the optimum.

The observed asymmetry in the failure potential is of
numerical origin because as the fracture is rotated, the num-
ber ofmatrix grid cells intersected by the fracture is changing.
Consequently, this leads to small differences in the solution
that propagate to the failure potential.

This experiment shows that thermal stress can greatly
enhance the range of fracture orientations eligible for slip.
This has a potentially large impact for the stimulation of geo-
thermal reservoirs with a complex tectonic history andmulti-
ple fracture sets. If one ormore fracture sets are nonoptimally
oriented and unsuitable for hydraulic stimulation, theymight
still be suitable for thermal stimulation. However, due to
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Figure 12: Failure potential for rotated fractures due to thermal
stress in a bar diagram. It shows the percentage of fracture segments
eligible for slip. Again, failure occurs only in a narrow range of
orientations with the selected injection pressure. After 10 days of
injection, thermal stress leads to possible slip in a wide range of
orientations.

different propagation speeds of the fluid pressure and thermal
front, thermal stimulation might be challenging for short
stimulation scenarios. The significantly slower propagation
of the thermal front suggests that enhanced slip on close to

optimally oriented fractures is unlikely.Nevertheless, thermal
stresses can be expected to add to slip in the reservoir on
nonoptimally oriented fractures and on fractures with highly
heterogeneous frictional properties in the long run. The role
of the different timescales of fluid pressure and thermal stress
will be examined in more detail, the third numerical experi-
ment.

4.3. Cold Water Fluid Injection into a Complex Fracture Net-
work. In the third numerical experiment, we investigate the
spatial and temporal evolution of potential failure due to fluid
pressure and thermal stress.Wemodel the fluid injection into
a complex fracture network with a range of fracture orien-
tations. The initial setup is shown in Figure 13. The domain
represents a fractured reservoir at a depth of 5 km. We used
the fracture network generator FracSim3D [30] to create the
fracture network used in this study. It consists of a total of
310 large-scale fractures within a damaged rock matrix. The
borehole is located in the middle of the domain with an open
hole length of 50m (cf. Figure 13).

All parameters except for the matrix and fracture perme-
abilities are identical to the previous experiments (cf. Table 2).
We apply a fracture permeability of 𝑘fr = 10−11m2 with a
matrix permeability of 𝑘𝑚 = 10−18m2. The injection pressure
is constant at 35.1MPa. The minimum and maximum prin-
cipal stresses are 113MPa and 175MPa, respectively. The in
situ pore pressure is assumed to be hydrostatic at 50MPa.We
neglect the hydrostatic gradient within the reservoir due to
the relatively small vertical extent of the model. Stresses are
oriented with 2∘ rotation to the coordinate axis as shown in
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Figure 13. In this experiment, we investigate the results during
a continuous injection of 30 days. The injection temperature
is variable with time and obtained as discussed previously.
The initial temperature is set to 𝑇0 = 200∘C, and we include
gravity effects.

An important addition to this experiment is a stepwise
change in fracture permeability when a fracture segment
reaches the failure condition [31]. That is, when the failure
condition is reached, then the permeability adopts 𝑘fr = 𝑥 ⋅𝑘fr, where 𝑥 is a multiplication factor. For the simulations
presented here, the enhancement factor 𝑥 is set to 100. The
geological basis for stepwise change in permeability [31] rests
with the strong aperture dependence of permeability (e.g.,
Nemčok et al. [32]), where small changes in aperture result
in very large changes in permeability. The proposed model
has been used to successfully describe the distribution of the
induced seismicity in the Basel EGS site and for modeling
fluid-driven aftershock sequences [10, 33].

Figure 14 shows the pressure distribution after 30 days of
injection. Due to the heterogeneity of the fracture network,
the pressure distribution is complex. As is also visible in Fig-
ure 13, the fracture density on the left side of the injectionwell
is much higher than on the right side.This leads to more flow
towards the left side of the reservoir as clearly indicated by the
pressure field. The pressure distribution is dominated by the
fracture network. After 30 days of injection, a pressure change
of at least 1MPa is measured in the whole domain.Themaxi-
mum extent of the area with at least 30MPa is approximately
30m on the right side of the injection and up to 75m on the
left side of the well. A distinct anisotropy is visible between
the horizontal and vertical extents of the high pressure zone.
Vertically the pressure propagates slower compared to the
horizontal direction and is caused by the main direction of
the fracture set.

Figure 15 shows the thermal stress caused by the fluid
injection into the reservoir. As predicted by the results of the
previous experiments, the thermal stress alteration is concen-
trated to a region close to the injection well. Thermal stress
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Figure 14: Pressure distribution after 30 days of injection into the
fracture network. The heterogeneous fracture distribution influ-
ences the pressure field and leads to preferential flow directions
in the reservoir. Fracture permeability 𝑘fr = 10−11m2. Matrix
permeability 𝑘𝑚 = 10−18m2.

evolves around the fractures intersecting the well as most
of the fluid enters the reservoir here. The color scale in the
figure starts at 0.65MPa with the darkest blue. Everything
below is neglected in the graphical representation and shown
in the background color. This low cutoff shows the extent of
the thermal stress alterations in the domain.The propagation
of thermal stress in the matrix is rather homogeneous and
mainly driven by heat diffusion. Additional thermal stress of
0.65MPa occurs in a distance of 6–10m from the borehole.
Close to the borehole, thermal stress in the matrix reaches up
to 20MPa. The thermal stress in the fractures differs from
the thermal stress in the matrix. Maximal thermal stress
perturbation is measured at the fracture intersections at the
borehole with up to 40MPa additional stress. Due to the
complex flow pattern, the thermal stress propagation in the
fractures is equally strong. Some fractures show stress pertur-
bations up to 10m from the borehole, while, for others alter-
ations, they do not reach 5m into the reservoir. This shows
that heat in the fractures is transported also by advection.
A distinctive separation of the heat transfer mechanisms as
previously performed for a single fracture is not possible here
due to the interplay of the various effects.

We further evaluate failure potential in the reservoir due
to the fluid injection. Figure 16 shows the distribution of
potentially slipping failure segments in the reservoir at the
endof the injection period. Each fracture segment is tested for
potential failure based on (5). If the failure criterion is met, a
star is shown in the figure to indicate potential slip on this seg-
ment. The color indicates the failure mechanism. Symbols in
red indicate potential shear failure solely due to the fluid pres-
sure. Blue symbols, on the other hand, signal failure due to
the combined effects of increased fluid pressure and thermal
stress. Pressure induced shear failure (or hydraulic failure)
occurs mainly on the left side of the injection well and up
to 65m away from the well. Note that not all fractures are
hydraulically stimulated as their orientation is not suitable for
slip, although the fluid pressure inside the fractures is compa-
rable (cf. Figure 14). Close to the well thermohydraulic failure
is visible. The extent corresponds to the size of the thermal
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Figure 15: Thermal stress after 30 days of injection into the fracture
network. The thermal stress is concentrated close to the injection
well. Note that the absolute value of the thermal stress is shown and
all thermal stress here is tensional.
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Figure 16: Potentially slipping fracture segments after 30 days of
injection into the fracture network. The two colors indicate the
mechanism of failure. Red: fracture segments failing due to fluid
pressure alone. Blue: failure due to the combined effects of fluid
pressure and thermal stress.

stress alteration zone. These fractures are not aligned opti-
mally for slip and thus do not show potential failure with
hydraulic stimulation alone. Once thermohydraulic stimula-
tion is taken into account, the reduction in effective normal
stress on these fractures is high enough tomake them eligible
for slip as indicated by the blue symbols in Figure 16.

The temporal evolution of the failure potential has been
neglected so far. In Figure 17, we evaluate the simulated seis-
mic events to gain more insight into the mechanisms at play
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Figure 17: Temporal evolution of the simulated seismic events dur-
ing the injection period. An event is counted if the corresponding
fracture segment is eligible for slip. The two colors indicate the
mechanism of failure. Blue: fracture segments failing due to fluid
pressure alone (H). Red: failure due to the combined effects of fluid
pressure and thermal stress (TH).

and their evolution. An event is counted if the corresponding
fracture segment is eligible for slip. So-called H-events indi-
cate failure only due to fluid pressure. The TH-events are all
events including both hydraulic failure and thermohydraulic
failure. Initially, during the first days of injection, both event
curves are close to each other. Later in the injection cycle,
the difference between the curves grows larger, indicating the
increased significance of the thermohydraulic failure events.
Throughout the 30 days of fluid injection, the difference
between H- and TH-events is about 15%. With continued
injection, this difference is expected to increase as the fluid
pressure propagation slows down the higher the radial dis-
tance from thewell and thermal stress propagation continues.
Note that both curves share many of the sharp gradients
and subsequent plateaus. This indicates that hydraulic failure
dominates the shape of the measured event curves. Steep
gradients indicate abrupt failure in many connected fracture
segments possibly leading to microseismicity. Overall, the
microseismicity is likely to increase due to combined thermo-
hydraulic failure. However, large felt microseismic events are
not a necessary consequence as there are no sharp gradients
in the difference between the two curves (black dashed line in
Figure 17) during the 30 days of injection into the reservoir.

This third numerical experiment shows that thermal
stress can play and important role in shear stimulation of
a fractured reservoir. Figure 16 showed that two distinct
stress domination regimes can be defined. In one region, only
hydraulic failure is observed, while, in the other region (more
or less confined close to the well), thermohydraulic fail-
ure occurs. We showed that these regions act on different
timescales. Fractures that are not optimally oriented for fail-
ure and are not prone to slip early in the injection cycle might
be triggered due to the combined thermohydraulic stress
changes later during the injection. This could help to explain
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the sometimes nonintuitive temporal evolution of microseis-
micity observed during fluid injection.

We can compare our results to typical changes in the static
Coulomb stress transfer model that is widely used. Typical
changes inCoulomb stress during fluid injection are observed
in the range of −2MPa to 1MPa [34, 35]. In our experiments,
we showed that thermally induced stress changes can easily
exceed these changes in close proximity to the fractures and
the injection point. This further emphasizes the importance
of thermal stress during reservoir stimulation.

5. Conclusion

We developed and implemented a fast and efficient method-
ology for investigating the role of thermal stress in a geother-
mal reservoir. The numerical experiments presented in this
study give insight into the role of thermal stress during
hydraulic stimulation over short and long periods. We
showed that thermal stresses can facilitate slip on nonopti-
mally oriented fractures and that thermal stress propagation
is largely influenced by the hydraulic properties of both
fracture and matrix. We found that thermal stress change is
spatially more concentrated and generally propagates much
slower than fluid pressure. Nevertheless thermal stress chan-
ges can exceed fluid pressure especially close to the well.

Some of our simulations showed that the combination
of pore pressure and thermal stress can exceed the mini-
mum principal stress, which would thermally induce tensile
cracks. However, these tensile cracks are not self-propping, so
hydraulic pressurization would be needed to facilitate flow.
This is not considered in our current model but could be
introduced as shown, for example, in Ghassemi [36]. Fig-
ure 6 uses a damage methodology for the matrix blocks
surrounding the fracture. Including these effects would lead
to an enhanced heat exchange between matrix and fracture
in addition to that discussed previously. We also identified
two different failure regimes that act on different timescales.
The hydraulic failure regime acts on the timescale of days to
weeks, whereas the thermohydraulic regimes acts on the scale
of weeks to years. Future studies should aim to determine
whether this can be observed inmicroseismic data from real-
world fluid injection experiments.

Finally, we showed that thermal stress changes can be
significantly larger than the injected fluid pressure as well as
the slip-induced Coulomb stress change in some situations.
This is especially important in long-term injection scenarios
where the thermal stress changes become more significant
with time and during the production phase of high flow rate
geothermal systems.

Althoughwe assumedwater as theworking fluid, it would
be interesting to observe how the model behaves by imple-
menting an equation of state for CO2 as the working fluid.
Since CO2 is typically at supercritical conditions in a similar
reservoir, we would expect similar hydraulic outcomes. How-
ever, specific heat capacity, density, and viscosity of super-
critical CO2 differ significantly from those of water, which
could affect the spatial evolution and heat flow, consequently
influencing thermal stress propagation within the reservoir.

Our model using simplified mechanics provided impor-
tant insight into the dominant thermoelastic effects and
helped to identify some challenges and opportunities for
future studies. More advancedmodels currently under devel-
opment will consider both preexisting fractures as in the
present work but also the generation of new fractures in
response to the evolving stress state from both thermo- and
hydraulic perturbations. Future models might also include
fracture roughness andmorphology and solving the full equi-
librium equations to estimate aperture changes that influence
permeability. Finally, including a method to estimate mag-
nitude from computed slip [37], not currently modeled, is
essential for amechanistic assessment of seismic hazard asso-
ciatedwith injection. Induced seismicity cannot be quantified
in terms of magnitude as fracture slip in the fractures is not
computed. These are all areas that we are currently pursuing.

We conclude that thermal stress changes in the reservoir
should be incorporated in models that seek to fully under-
stand the processes at play during fluid injection (covering
initial stimulation as well as the production phase) in frac-
tured reservoirs over long periods.
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