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Viscosity reducer flooding has been successfully applied in tertiary oil recovery of ordinary heavy oil reservoirs. However, lowering
interfacial tension or reducing oil viscosity, which is more critical for viscosity reducer to improve oil recovery of ordinary heavy
oil, has not yet formed a unified understanding, which restricts the further large-scale application of viscosity reducer flooding for
ordinary heavy oil reservoir. Moreover, when the dominant water flow channel is formed in the reservoir, the sweep efficiency
decreases sharply and can affect oil recovery efficiency of viscosity reducer. Therefore, in this study, the concept of branched-
preformed particle gel (B-PPG) coupling viscosity reducer flooding is proposed. The oil-water interfacial tension performance,
emulsification ability, and viscosity reduction performance of three different viscosity reducers were evaluated. The enhanced
oil recovery ability of viscosity reducers, B-PPG, and viscosity reducer/B-PPG composite systems was investigated by
performing sand pack flooding experiments. The results show that the oil-water interfacial tensions of the three viscosity
reducers S1, S2, and S3 are 0.432mN·m-1, 0.0112mN·m-1, and 0.0031mN·m-1, respectively. S1 with the highest interfacial
tension has the best emulsification and viscosity reduction performance, S2 is the second, and S3 is the worst. The lower the
interfacial tension, the worse the emulsification stability. The sand pack flooding results show that the incremental oil recovery
of viscosity reducer S2 flooding is the largest, 7.5%, followed by S1, 7.3%, and S3, 5.6%. The viscosity reducer S2 with moderate
interfacial tension and emulsifying capacity has the best ability to improve the recovery of ordinary heavy oil. The incremental
oil recovery of B-PPG is 12.7%, which is significantly higher than that of viscosity reducer flooding. Compared with viscosity
reducing flooding, the viscosity reducer/B-PPG composite systems have better enhanced oil recovery capacity. The findings of
this study can help for better understanding of enhancing oil recovery for ordinary heavy oil reservoir.

1. Introduction

With the continuous development of petroleum industry,
the proportion of heavy oil in the world’s remaining oil
resources is increasing. Heavy oil exploitation has a signifi-
cant impact on the pattern of world oil production. How-
ever, heavy oil has the characteristics of high colloid and
asphaltene content, high viscosity and density, and poor flow
capacity, resulting in great difficulty and high production
cost of recovering heavy oil [1–4]. For ordinary heavy oil
reservoirs, due to adverse mobility ratio between water and
oil, the fingering effect occurs and the oil recovery efficiency

of conventional water flooding is low. To improve oil recov-
ery efficiency of heavy oil reservoirs, thermal oil recovery
technologies including steam huff and puff, steam flooding,
and steam-assisted gravity drainage (SAGD) have been
applied. The thermal oil recovery methods focus on reducing
the viscosity of heavy oil by destroying the supramolecular
structure between colloid and asphaltene in heavy oil and
reducing the water-oil mobility ratio, which enlarges the
sweep efficiency and improves oil recovery [5–11]. However,
due to high consumption of energy and water to generate
steam and severe heat loss, the thermal methods are eco-
nomically nonprofitable for the deep and thin heavy oil
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reservoirs [12–15]. Therefore, it is of great significance to
change the development mode of ordinary heavy oil and
achieve highly efficient development of ordinary heavy oil
reservoir.

The nonthermal oil recovery technology, especially
chemical flooding technology, has attracted more and more
attention because of its wide reservoir application range
and low economic cost, which has been successfully applied
in many heavy oil reservoirs [16–23]. Viscosity reducing
production is one of the most commonly used methods for
recovering heavy oil in ordinary heavy oil reservoir. The
main enhanced oil recovery (EOR) mechanisms for viscosity
reducing production can be mainly divided into two aspects:
On the one hand, through the emulsification of viscosity
reducer under certain external force conditions, the heavy
oil is dispersed into formation water and forms relatively
stable O/W emulsion, which can greatly reduce the viscosity
of heavy oil and improve its fluidity in porous media. On the
other hand, it can effectively reduce the adhesion work by
reducing the interfacial tension between oil and water, so
as to reduce the flow resistance of crude oil and improve
the oil displacement efficiency [24–26]. However, the two
different EOR mechanisms including emulsifying viscosity
reduction and lower oil-water interfacial tension, which is
more critical for viscosity reducer to improve oil recovery
of ordinary heavy oil, have not yet formed a unified under-
standing. Some researchers believe that the interfacial ten-
sion is the primary index to determine the performance of
viscosity reducer. Lower interfacial tension can effectively
reduce the residual oil saturation [27–30]. Some researchers
also believe that the mechanism of emulsification and viscos-
ity reduction is the key to greatly improve the recovery of
ordinary heavy oil. The viscosity reducer with better emulsi-
fication ability and viscosity reduction performance has bet-
ter EOR effect [31–33].

In addition, due to the high viscosity of heavy oil and
water-oil mobility ratio, the viscosity reducer flooding is
not satisfied. In order to reduce this deficiency, researchers
have proposed combined flooding systems such as viscosity
reducer/polymer or viscosity reducer/alkali [34–38]. Poly-
mer can increase the viscosity of injection water and reduce
water-oil mobility ratio and thus expand sweep volume. The
alkali can react with crude oil to form in situ surfactant,
which can promote the formation of O/W emulsion and
reduce the viscosity. The formation of in situ surfactant
can reduce oil-water interfacial tension and improve oil dis-
placement efficiency. Alkali-containing systems often have
serious scaling problems, which restricts the development
of alkali/surfactant binary flooding [39–43]. The range of
crude oil viscosity used in the conventional viscosity
reducer/polymer combined system is limited, resulting in
low recovery and unable to realize the efficient development
of the conventional heavy oil reservoir. Moreover, when the
dominant water flow channel is formed in the reservoir, the
sweep efficiency decreases sharply and can affect the
enhanced oil recovery ability.

Therefore, to improve the sweep efficiency, the
branched-preformed particle gel (B-PPG) was developed
by Shengli Oilfield, which has unique “partial crosslinking

and partial branching” molecular structures. The B-PPG
has viscoelastic properties, which can plug the dominant
water flow channel, change the subsequent flow direction,
and enlarge the swept volume. The B-PPG can have better
sweep efficiency improvement ability than polymer solution
[44–52]. Thus, in this study, the concept of branched-
preformed particle gel (B-PPG) coupling viscosity reducer
flooding is proposed firstly. To determine which mechanism
dominates for viscosity reducer flooding and clarify EOR
efficiency by coupling B-PPG and viscosity reducer, a series
of experiments including physicochemical property evalua-
tion of viscosity reducer and sand pack flooding experiments
was systematically conducted in this study. Firstly, three dif-
ferent viscosity reducers with different interfacial tension
and emulsification ability were collected. Then, the oil-
water interfacial tension performance, emulsification perfor-
mance, and viscosity reduction performance were studied.
Finally, a series of sand pack flooding experiments was per-
formed to investigate the EOR ability of three different vis-
cosity reducers, B-PPG, and viscosity reducer/B-PPG
composite systems. In general, we hope that this study can
clarify the contribution of interfacial tension performance
and emulsification performance of viscosity reducer to
enhance oil recovery of common heavy oil and provide a
new idea for enhancing oil recovery of common heavy oil.

2. Materials and Methods

2.1. Materials. The viscosity reducers used in this study were
nonionic surfactants (S1, S2, and S3) provided by Yangzhou
Runda Co., Ltd. The B-PPG used in this study was the
branched-preformed particle gel provided by Shengli Oil-
field. The elastic modulus and median particle size (D50)
of B-PPG were 4.3 Pa and 506.5μm, respectively.

At 70°C, the density and viscosity of heavy oil obtained
from Shengli Oilfield are 0.982 g·cm-3 and 2570mPa·s,
respectively. The ionic composition and concentration of
simulated formation brine with TDS of 10607mg·L-1 are
listed in Table 1.

2.2. Methods

2.2.1. Oil-Water Interfacial Tension Measurement. The oil-
water interfacial tension between three different viscosity
reducers and degassed heavy oil in chen25 block of Shengli
Oilfield was measured by spinning drop method on Texas-
500c interface tension meter. The measured temperature
was 70°C, and the rotating speed was 5000 r·min-1.

2.2.2. Emulsification Stability Evaluation. Emulsification sta-
bility is one of the important indexes to evaluate the perfor-
mance of viscosity reducers. The emulsification stability is
often determined by the water separating proportion refer-
ring to the percentage of the volume of water separated from

Table 1: The ionic composition and concentration of formation
brine.

Ionic composition Na+ Ca2+ Mg2+ Cl-

Concentration (mg·L-1) 3667 292 65 6583

2 Geofluids



the emulsion. It is a commonly used quantitative evaluation
index to evaluate the emulsification stability of viscosity
reducers. The higher the water separating proportion, the
worse the emulsification stability of viscosity reducer. The
experimental procedures of emulsification stability evalua-
tion were as follows: (1) The prepared viscosity reducer with
concentration of 3000mg·L-1 and heavy oil were placed in a
70°C oven for 2.0 h. (2) Then, according to the oil-water
ratio of 3 : 7, the heavy oil and viscosity reducer solution
were stirred with a homogenizer for 3min at the speed of
3000 r·min-1 to form O/W emulsion. (3) The formed emul-
sion was placed in the 10mL plugged test tube at 70°C con-
stant temperature water bath and started timing at the same
time. The position of oil-water interface and the volume of
separated water in the test tube were recorded at regular
intervals, and the water separating proportion of emulsion
at different times was calculated according to the following
equation:

f1 =
Vw

V0
, ð1Þ

where f1 is the water separating proportion (%), Vw is the
water separating volume (mL), and V0 is the initial water
volume (mL).

2.2.3. The Viscosity Reduction Ability Evaluation. Different
viscosity reducer (S1, S2, and S3) solutions with concentra-
tion of 3000mg·L-1 were prepared by simulated formation
brine. Then, according to the oil-water ratio of 3 : 7, the pre-
determined amount of surfactant and heavy oil was stirred
with a homogenizer for 3min at different speeds of
500 r·min-1, 1000 r·min-1, and 3000 r·min-1 to form emul-
sion. At 70°C, the viscosity of formed emulsion was mea-
sured by Brookfield DV-II viscometer, and the viscosity
reduction rate of heavy oil emulsification at this time was
calculated according to the following equation:

f2 =
μ0 − μ

μ0
, ð2Þ

where f2 is the viscosity reduction rate (%), μ0 is the viscosity

of heavy oil (mPa·s), and μ is the viscosity of formed emul-
sion (mPa·s).

2.2.4. The Morphology of Formed Emulsion Observation. To
grasp a better understanding on the mechanism of surfac-
tant emulsification and viscosity reduction, the morphology
of formed emulsion at different rotating speeds was studied
by optical microscope. The Axioskop 40 microscope (Carl
Zeiss) enables us to analyze samples placed between slide
and cover glass under ordinary light and polarized light.

The experimental procedures were as follows: (1) The
viscosity reducer solution and crude oil were placed in an
incubator water bath at 70°C for 3 h. (2) Then, heavy oil
and viscosity reducer solution was mixed evenly according
to the oil-water ratio of 3 : 7 and emulsified it with a disper-
sion homogenizer at different speeds of 500 r/min, 1000 r/
min, and 3000 r/min for 3min. In the emulsification process,
the beaker was placed in a 70°C constant temperature water
bath. (3) The formed emulsion was placed on the glass slide,
and the morphology of the emulsion was observed by
microscope.

2.2.5. Sand Pack Flooding Experiment. In order to investigate
the EOR ability of three different viscosity reducers, B-PPG
and coupling B-PPG, and viscosity reducers, a series of sand
pack flooding experiments was carried out. Figure 1 depicts
the schematic diagram of sand pack flooding oil

ISCO pump

Six-way valve
Six-way valve

Chemical
container

Pressure gauge

Formation
water

container
Oil 

container

Figure 1: The schematic diagram of sand pack flooding experimental apparatus.

Table 2: The porosity and permeability of sand packs used for
flooding experiments.

No. Chemical slug
Permeability

(μm2)
Porosity
(%)

1# 3000mg·L-1 S1 1.1 42.2

2# 3000mg·L-1 S2 1.1 41.4

3# 3000mg·L-1 S3 1.0 40.8

4# 800mg·L-1 B-PPG 1.0 40.8

5# 3000mg·L-1 S1+800mg·L-1 B-PPG 1.0 40.8

6# 3000mg·L-1 S2+800mg·L-1 B-PPG 1.0 41.4

7# 3000mg·L-1 S3+800mg·L-1 B-PPG 0.9 40.8
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experimental apparatus. The flooding experiments were car-
ried out at 70°C and atmospheric pressure. The experimental
processes were as follows: (1) sand pack preparation and the
measurement of permeability: the sand pack was filled with
120~140 mesh quartz sand by wet packing method, and
the liquid permeability was measured at the water flooding
rate of 1.0mL/min; (2) crude oil saturation period: the
wet-packed sand pack was flooded with crude oil at the rate
of 0.1mL/min until complete oil production at 80°C. Then,
the sand pack was sealed and put in the oven at 70°C for
aging for 48 h after saturated oil; (3) water flooding and

chemical flooding period: the initial water flooding was con-
ducted until the water cut reached 95% at the flooding rate
of 0.3mL/min. Then, 0.4 PV different chemical slugs were
injected into the sand packs; (4) subsequent water flooding
period: the subsequent water flooding was conducted until
the water cut reached 98%. Then, the flooding experiments
were terminated. The injection pressure and volume of pro-
duced water and oil were recorded at different flooding
periods. Table 2 shows the porosity and permeability prop-
erties of sand packs used for flooding experiments.

IF
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1 )
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Figure 2: IFT between different viscosity reducers and heavy oil.
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Figure 3: The water separating proportion of different viscosity reducers versus time.
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3. Results and Discussion

3.1. Performance Evaluation of Viscosity Reducer

3.1.1. Oil-Water Interfacial Tension Property. Viscosity
reducer can play a role in reducing interfacial tension
between water and oil. Lower interfacial tension can effec-
tively reduce the adhesion work and capillary force, which
can reduce the crude oil flow resistance and improve the
oil displacement efficiency. Therefore, it is very important
to study the interfacial tension between viscosity reducer
and heavy oil. Texas-500c interfacial tension meter was used
to measure the oil-water interfacial tension between three
different viscosity reducers and degassed heavy oil in chen25
block of Shengli Oilfield by spinning drop method. The con-
centration of S1, S2, and S3 is 3000mg·L-1, respectively. The
measurement results are shown in Figure 2. The equilibrium
interfacial tension between viscosity reducer S1 and heavy
oil is the largest, 0.432mN·m-1; S2 is the second,
0.0112mN·m-1; and S3 is the lowest, 0.0031mN·m-1.

3.1.2. The Emulsification Stability Evaluation. The key to
heavy oil recovery is to improve the water-oil mobility ratio
and improve the flow capacity of heavy oil in porous media.
Viscosity reducer can disperse heavy oil in formation water
to form O/W emulsion and effectively reduce the viscosity of
crude oil. The stability of formed O/W emulsion can influence
the viscosity reducing effect. The emulsification stability of a
viscosity reducer is determined by the water separating pro-
portion. The water separating proportion versus time of differ-
ent viscosity reducers is depicted in Figure 3.

For three viscosity reducers S1 (10-1mN·m-1), S2
(10-2mN·m-1), and S3 (10-3mN·m-1) with different magni-
tudes of interfacial tension, the water separating propor-
tion increases until it is stable with the increase of time.
The higher the water separating proportion is, the worse
the stability of the emulsion is. For viscosity reducer S3,
the water separating proportion exceeded 90% within 5
minutes, indicating that the stability of the emulsion is
very poor, while the water separating proportion of S1
and S2 is significantly lower than that of S3, which has
good stability. Moreover, the emulsifying stability of S1 is
better than that of S2. The lower the interfacial tension is,
the worse the emulsification stability is.

3.1.3. The Viscosity Reducing Ability Evaluation. Heavy oil is
a typical non-Newtonian fluid; its viscosity is greatly affected
by shear rate. Therefore, the viscosity reduction performance
of the three viscosity reducers at different stirring speeds
(500 r·min-1, 1000 r·min-1, and 3000 r·min-1) was evaluated.
Table 3 and Figure 4 describe the viscosity reduction rates
of the three viscosity reducers S1, S2, and S3 at different stir-
ring speeds. The concentration of S1, S2, and S3 is
3000mg·L-1, respectively.

When the stirring speed is 500 r·min-1, the emulsification
stability of S3 emulsion is poor, and its viscosity reduction
rate cannot be measured. When the viscosity reducer is con-
stant, the viscosity reduction rate increases with the increase
of stirring speed. When the stirring speed is constant, the
viscosity reduction rates of S1 and S2 are significantly higher
than that of S3. In general, the viscosity reduction rates of S1
and S2 at different stirring speeds are greater than 80%,
while the viscosity reduction rate of S3 is more affected by
the stirring speed.

Table 3: Viscosity reduction rate of three viscosity reducers at different shear rates at 70°C.

Chemical slug Oil-water volume ratio
Shear rate
(r·min-1)

Crude oil viscosity
(mPa·s)

Emulsion viscosity
(mPa·s)

Viscosity reduction
rate (%)

S1 3 : 7 500 2570 272 89.4

S1 3 : 7 1000 2570 187 92.7

S1 3 : 7 3000 2570 46 98.2

S2 3 : 7 500 2570 421 87.6

S2 3 : 7 1000 2570 241 90.6

S2 3 : 7 3000 2570 127 95.1

S3 3 : 7 500 2570 / /

S3 3 : 7 1000 2570 1110 56.8

S3 3 : 7 3000 2570 318 83.6
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Figure 4: Viscosity reduction rate of three viscosity reducers at
different shear rates at 70°C.
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Figure 5: Microscopic images of heavy oil after emulsification by S1, S2, and S3.
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Figure 6: The oil recovery, water cut, and injection pressure versus pore volume: (a) S1 flooding; (b) S2 flooding; (c) S3 flooding.

6 Geofluids



3.1.4. The Morphology of Formed Emulsion Observation. The
morphology of formed emulsion at different rotating speeds
was studied by optical microscope. The microscopic images
of emulsions formed by three viscosity reducers with differ-
ent interfacial tensions are shown in Figure 5.

When the oil-water ratio is 3 : 7, 3000mg·L-1 viscosity
reducer S1 or S2 and heavy oil can form stable O/W emul-
sion under the conditions of 500 r·min-1, 1000 r·min-1, and
3000 r·min-1, and the oil droplet size in the emulsion
decreases with the increase of shear rate. Under the same
shear rate, the oil droplet size in S1 emulsion is larger than
that in S2. It shows that the emulsification and viscosity
reduction performance of viscosity reducer S1 is better than
S2, which is also consistent with the measurement results of
the viscosity reduction rate in Section 3.1.2.

However, after fully mixing S3 and heavy oil at low shear
rate, the morphology still showed oil block, oil mass, and oil-
water separation. Until the shear rate reached 3000 r·min-1,
oil droplets can be observed in S3 emulsion, but the surface
is still wrapped by an oil film, indicating that S3 has poor
emulsifying ability and cannot make heavy oil reach a better
emulsifying state.

Overall, the size of emulsion droplets varies significantly
with the increase of stirring speed, and the size decreases
with the increase of stirring speed. From the observation
results, except S3, both S1 and S2 can form stable O/W
emulsion, and the size of S2 is larger than S1, indicating that
the emulsifying performance of S1 is better than S2 and S3,
which is consistent with the evaluation results in Section
3.1.2. With the increase of stirring speed, the size decreases
significantly and the number of small droplets increases, so
that the dispersed phase is more evenly dispersed in the con-
tinuous phase. Therefore, compared with the viscosity of
crude oil, the apparent viscosity of emulsion decreases
sharply. The droplet size and dispersion effect of S1 and S2
emulsion are obviously better than that of S3, and the viscos-
ity reduction effect of S3 is also the worst, which is consistent
with the evaluation results of viscosity reduction rate in Sec-
tion 3.1.3.

3.2. Enhanced Oil Recovery Ability

3.2.1. Analysis of Experimental Results of Viscosity Reducer
Flooding. In order to study the ability of viscosity reducers
with different interfacial tensions to improve the recovery
of common heavy oil, a series of sand pack flooding experi-
ments was carried out. The flooding curves of S1, S2, and S3
viscosity reducers are shown in Figure 6. The changes of
injection pressure, water cut, and recovery with injection
pore volume during viscosity reducer flooding with different
interfacial tensions were analyzed.

The flooding process is mainly divided into three stages:
early water flooding stage, different chemical agent flooding
stage, and subsequent water flooding stage. As shown in
Figure 6, during the water flooding development stage, with
the increase of injection pore volume, the injection pressure
increases firstly and then decreases rapidly until it is stable
after reaching the breakthrough pressure. The maximum
pressure is in the range of 0.79 and 0.83MPa, and the stable
pressure of water flooding is in the range of 0.04~0.07MPa.
Moreover, with the increase of injected pore volume, the
growth rate of water cut is fast in the early stage and slow
in the later stage. When the injected pore volume is about
1.35 PV, the water cut reached 95%. The water flooding
recovery is about 40%.

At the chemical flooding and subsequent water flooding
stages, during the injection of three viscosity reducers with
different interfacial tensions and subsequent water flooding,
the injection pressure does not rise and decrease slowly until
stable, and there is no decline funnel in the water cut curve.
The final pressures of viscosity reducer flooding with differ-
ent interfacial tensions of S1, S2, and S3 are 0.02MPa,
0.03MPa, and 0.04MPa, respectively. In the process of vis-
cosity reducer flooding, the pressure of S3 is slightly higher
than that of S2 and S1, because S3 has the worst viscosity
reduction performance and emulsification stability and the
weakest ability to improve water-oil mobility ratio, so the
flow resistance is also the largest in the flow process.
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Figure 7: The incremental oil recovery results of viscosity reducer
flooding at different flooding stages.

Table 4: The incremental oil recovery results of viscosity reducer flooding at different flooding stages.

No. Chemical slug Water flooding recovery (%) Chemical flooding recovery (%) Incremental oil recovery (%)

1# S1 40.6 47.9 7.3

2# S2 40.3 47.8 7.5

3# S3 39.1 44.7 5.6
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In order to further compare the EOR efficiency of three
viscosity reducers with different interfacial tension, the
incremental oil recovery of viscosity reducer flooding is ana-
lyzed, as shown in Table 4. The histogram of incremental oil
recovery is drawn as shown in Figure 7. The incremental oil
recovery of viscosity reducer S2 flooding is the largest, 7.5%,
followed by S1, 7.3%, and S3, 5.6%. The results show that
viscosity reducer S2 has the best ability to improve the
recovery of common heavy oil. Viscosity reducer S2 not only
has low interfacial tension and can effectively reduce adhe-
sion work and improve oil displacement efficiency but also
has good emulsification and viscosity reduction ability, can
improve oil-water flow rate, and can enhance oil recovery.

3.2.2. Analysis of Experimental Results of B-PPG Flooding
and Viscosity Reducer/B-PPG Composite Flooding. In the
process of viscosity reducer flooding, water channeling is
easy to occur, and most of the injected fluid flows out along
the dominant channel, so the ability to improve the water-oil
mobility ratio is limited. Therefore, the ability to improve
the recovery of ordinary heavy oil for viscosity reducer
flooding with different interfacial tensions is limited. In
order to further compare the ability of three different
interfacial tension viscosity reducers to enhance the recov-
ery of ordinary heavy oil, a series of B-PPG flooding and
viscosity reducer/B-PPG composite flooding experiments
was carried out.
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Figure 8: The oil recovery, water cut, and injection pressure versus pore volume: (a) B-PPG flooding; (b) S1/B-PPG flooding; (c) S2/B-PPG
flooding; (d) S3/B-PPG flooding.
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Figure 8(a) is the B-PPG flooding curve. Figures 8(b)–
8(d) are the flooding curves of viscosity reducer with differ-
ent interfacial tensions and B-PPG composite system. The
flooding process is also divided into three parts. In the early
stage of water injection development, the flooding curves are
not significantly different. However, in the chemical flooding
and subsequent water flooding stages, after injecting B-PPG
or composite system, the injection pressure firstly increases
and then decreases and finally tends to be stable. The water
cut curve shows a downward funnel phenomenon, and the
decline range of water cut curve of viscosity reducer/B-
PPG composite flooding is more obvious. The reasons for
this difference are as follows: In the process of viscosity
reducer flooding, the viscosity reducer can enter along the
dominant seepage channel formed by water flooding, and
the injection pressure does not rise. Moreover, the viscosity
reducer can peel off the remaining oil contacted after water
flooding and reduce the seepage resistance, resulting in the
slow reduction to stability of the injection pressure. In the
process of B-PPG flooding or composite flooding, B-PPG
will block the dominant seepage channel formed by water
flooding. With the continuous injection of B-PPG and com-
posite system, the injection pressure increases slowly. When
the pressure rises to a certain extent, B-PPG will break or
deform, and the subsequent pressure will decrease.

Moreover, during the subsequent water flooding stage,
the peak pressure of the composite system is between 0.10
and 0.15MPa, which is less than 0.21MPa of the B-PPG
flooding system. The reasons for this difference are that the
emulsification and viscosity reduction performance of the
viscosity reducer can reduce the flow resistance of heavy
oil and reduce the pressure.

Table 5 and Figure 9 depict the incremental oil recovery
of B-PPG flooding or viscosity reducer/B-PPG composite
flooding at different stages. As shown in the figure, during
the chemical flooding stage, the incremental oil recovery of
B-PPG is 12.7%, while that of composite flooding is between
14.1 and 16.2%.

Compared with viscosity reducer flooding, B-PPG flood-
ing has better EOR efficiency. In the process of viscosity
reducer flooding, water channeling is easy to occur, most
of the injected fluid flows out along the dominant channel,
and the ability to improve the water-oil mobility ratio is lim-
ited. B-PPG can increase the viscosity of injection fluid and
improve the water-oil mobility ratio. It can block the domi-
nant seepage channel generated in the process of water
flooding and expand the swept volume. The results show
that the effect of improving water-oil mobility ratio and
increasing sweep volume is greater than that of emulsifica-
tion, viscosity reduction, and oil displacement efficiency.

Whether it is viscosity reducer flooding or viscosity
reducer/B-PPG composite flooding, the ability of emulsion
oriented S1 to improve the recovery of ordinary heavy oil
is significantly better than that of low interfacial tension vis-
cosity reducer S3, indicating that the mechanism of emul-
sion viscosity reduction and displacement is more critical
than low interfacial tension for recovering ordinary heavy
oil reservoir. The incremental oil recovery of S2 is higher
than that of emulsified viscosity reducer S1, which shows
that the viscosity reducer with low interfacial tension has
better EOR effect when the emulsifying capacity and viscos-
ity reducing performance are similar.

4. Conclusions

In this study, a series of experiments including physico-
chemical property evaluation of viscosity reducer and B-
PPG and sand pack flooding experiments was systematically
conducted to investigate the EOR ability of three different
viscosity reducers, B-PPG, and viscosity reducer/B-PPG
composite systems. Some main conclusions can be drawn
as follows:

(1) The oil-water interfacial tensions of the three viscos-
ity reducers S1, S2, and S3 are 0.432mN·m-1,
0.0112mN·m-1, and 0.0031mN·m-1, respectively. S1
with the highest interfacial tension has the best
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Figure 9: The incremental oil recovery results of flooding at
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Table 5: The incremental oil recovery results of flooding at different flooding stages.

No. Chemical slug Water flooding recovery (%) Chemical flooding recovery (%) Incremental oil recovery (%)

4# B-PPG 38.8 51.5 12.7

5# S1+B-PPG 39.2 54.9 15.7

6# S2+B-PPG 40.9 57.1 16.2

7# S3+B-PPG 40.7 54.8 14.1
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emulsification and viscosity reduction performance,
S2 is the second, and S3 is the worst. The lower the
interfacial tension, the worse the emulsification sta-
bility and the worse the viscosity reduction
performance

(2) S2 with moderate interfacial tension and emulsifying
capacity has the best EOR efficiency, followed by S1
with the highest interfacial tension and the best
emulsifying performance and the recovery incre-
ment of S3 with the lowest interfacial tension, and
the worst emulsification performance is the smallest.
The emulsion viscosity reduction is more important
than lowering interfacial tension for viscosity
reducer to improve oil recovery of ordinary heavy oil

(3) The incremental oil recovery of B-PPG is 12.7%,
which is significantly higher than that of viscosity
reducer flooding. Compared with viscosity reducer
flooding, the viscosity reducer/B-PPG composite
systems have better EOR capacity. For enhancing
oil recovery of ordinary heavy oil reservoir, the effect
of improving water-oil mobility ratio and increasing
sweep volume is greater than that of emulsification,
viscosity reduction, and oil displacement efficiency
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The continuous gas displacement in unconsolidated sandstone gas reservoirs will necessarily result in the pore structure and rock
permeability variations, which cannot be neglected in the gas development process. However, the variations have not been
comprehensively addressed yet, especially for the rock structure in pore scale. This work presented the quantitative results of
pore structure in microscale and permeability variations during gas displacement in unconsolidated sandstone reservoirs
through computed tomography (CT) reconstruction analysis. The results indicated that a more than 3% increase in porosity
after gas displacement resulted from the enlargement of the pore and throat with a diameter of more than 20 μm and 3 μm,
respectively, owing to the release and migration of clay and fine particles, in spite of the distribution frequency decline of both
pore and throat with a small diameter. The pore connectivity would be enhanced by the increase of the connected pores as
well as the enlargement of the pore and throat sizes. However, the pore-throat coordination number could only change with
slight improvement. In terms of permeability and relative permeability changes with pore structure, the improvement of
permeability after gas displacement was higher than that of porosity, and the continuous gas displacement would broaden gas-
water flow region and lower irreducible water saturation and residual gas saturation, and then, the equal phase relative
permeability point would shift to the right. These investigations will contribute to more accurate reserve evaluation and
productivity prediction.

1. Introduction

Natural gas as a clean energy resource has been wildly
applied in various fields, including heating, power genera-
tion, automobile fuel, food processing, steel industry, chem-
ical refining, hydrogen production, and synthetic ammonia
[1–3]. More attention has been paid to the exploration and
development of natural gas. How to get a better development
effect becomes crucial to extracting more resources. Among
all types of natural gas reservoirs in China, the development
of unconsolidated sandstone gas reservoirs such as the gas
fields in the Qaidam Basin, western South China Sea, and
Baoshan Basin [4–6] has been confronted with kinds of
problems including sand production, water channeling,
and more serious heterogeneity [7–9], further affecting the
productivity. These problems result from the changes in

the petrophysical properties of the unconsolidated sand-
stone, especially the changes in the pore structure and per-
meability [10, 11].

The changes are primarily on account of the release and
migration of rock mineral particles including clay and fine
particles in the long-term flow of gas and water [12, 13].
The continuous fluid flow in porous media, especially in
the unconsolidated sandstone, will enlarge and also block
the pore throat, further changing the permeability [14, 15].
The pore structure and permeability variations should be
comprehensively addressed so as to get a better understand-
ing of them. However, the research to date mostly concen-
trates on the macroscopic time-dependent porosity and
permeability evolution in core and field scale including
physical and numerical simulation [16–18], especially for
oil reservoirs [19–22]. And the macroscopic investigation
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will not provide a revealing insight into the microscope evo-
lution. The general ways to investigate the pore structure
include centrifuge, mercury intrusion, nitrogen adsorption,
nuclear magnetic resonance (NMR), and computed tomog-
raphy (CT) [23–27]. All of them can reflect the pore size dis-
tribution but cannot physically present the spatial pore
structure except CT [28]. With the rapid development of
experimental detection technology, the CT technology with
higher scanning precision and better reconstruction algo-
rithm makes it easy to provide a deep insight into the
changes in pore scale [29, 30]. It has been increasingly uti-
lized in the fluid distribution and pore structure reconstruc-
tion [31, 32]. By the CT reconstruction analysis, the
parameters can be characterized in pore scale, including
the number and geometry of pore and throat, 3D pore struc-
ture, and pore connectivity [33, 34]. The changes in pore
scale can further clarify the changes in macroscopic porosity
and permeability. However, rare research has been con-
ducted to investigate pore structure and permeability varia-
tions during gas displacement through CT reconstruction
analysis.

Therefore, this work conducted the quantitative evalua-
tions of pore structure in microscale and permeability varia-
tions during gas displacement in unconsolidated sandstone
reservoirs by means of CT reconstruction analysis. Firstly,
the number and size distribution of the pore and throat were
evaluated to probe into the pore structure variations after gas
displacement. Then, the pore connectivity was investigated
from the aspects of the changes of connected pores and
pore-throat coordination number. Eventually, the changes
in the macroscopic porosity and permeability including rel-
ative permeability were further evaluated and clarified by the
variations of the structure and connectivity in the pore scale.
The comprehensive investigations will provide a deeper
insight into the rock petrophysical property changes in the
gas displacement process in unconsolidated sandstone gas
reservoirs and contribute to more accurate reserve evalua-
tion and productivity prediction.

2. Experimental Section

2.1. Materials. The rock cores used in the experiments were
obtained with a water saturation of 0.46 from the unconsol-
idated sandstone gas reservoir at a depth of 1414.73m. The
XRD analysis was carried out on an X-ray diffractometer
(TD-3500, Tongda Science & Technology Co., Ltd., China)

to determine the compositions of the core as shown in
Table 1. Due to the loose structure of the rock sample, the
core samples were drilled out by liquid nitrogen freezing
technology rather than the common treatment. Two types
of the core samples were drilled out to investigate the pore
structure by CT reconstruction and clarify the gas-water per-
meability. The permeability and porosity of each sample
were tested using an automated permeameter-porosimeter
(AP-608, Coretest Systems, USA). The petrophysical proper-
ties of the core samples are listed in Table 2.

2.2. Instruments. The instruments used in the displacement
experimentsmainly included an ISCOpump, intermediate con-
tainer, flow meter, pressure sensor, nitrogen bottle, confining
pressure system, high-resolutionmicronano CT scanner (nano-
Voxel-4000, Tianjin Sanying Precision Instrument Co., Ltd.,
China), and core holder as shown in Figure 1. The XRD analysis
was carried out on an X-ray diffractometer (TD-3500, Tongda
Science & Technology Co., Ltd., China) to determine the
compositions of the core. The porosity and permeability of the
core sample were tested using an automated permeameter-
porosimeter (AP-608, Coretest Systems, USA).

2.3. Methods and Procedures

2.3.1. Gas Displacement Experiments. The displacement
experiments were carried out using the instruments as
shown in Figure 1. The experimental procedures can be
described as follows: (1) the core sample was cleaned and
dried. (2) The core sample was saturated by the 3.0wt.% KI
solution, further aged for 24h at 85°C. And then, it was
scanned by micronano CT to reconstruct the pore structure.
(3) The gas displacement was conducted with the gas injected
into the sample along the longitudinal axis at an inlet pressure
of 0.2MPa at a flow rate of 5~7mL/min with a confining pres-
sure of 0.8MPa. (4) The sample was scanned by micronano
CT to reconstruct the pore structure after injecting a certain
pore volume (PV) (500PV and 1000PV). (5) According to
the CT scanning results, the reconstruction analysis was car-
ried out to obtain the pore and throat parameters before and
after gas displacement.

Additionally, the gas-water relative permeability mea-
surements were conducted by a nonsteady state method
using the same instruments except the CT scanner as the lit-
erature [35].

Table 1: Mineralogical compositions of the core.

Quartz (%) Potassium feldspar (%) Plagioclase (%) Calcite (%) Montmorillonite (%) Illite (%) Kaolinite (%) Chlorite (%)

55.5 8.1 14.4 1.3 4.60 6.00 5.84 4.26

Table 2: Petrophysical properties of the core samples.

Sample no. Gas permeability (mD) Porosity (%) Length (cm) Diameter (cm) Pore volume (cm3)

1# / 35.71 1.10 0.60 0.11

2# 39.24 34.22 6.01 2.49 10.01
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2.3.2. CT Reconstruction Analysis. The pore structure was
analyzed by CT reconstruction. The reconstruction analysis
procedures for the core sample before and after gas displace-
ment are just as shown in Figure 2, mainly including several
procedures as follows:

(1) CT Scanning. The core sample was scanned by the
nanoVoxel-4000 to obtain the high-resolution images

(2) Data Reconstruction. The scanning data was proc-
essed by algorithm reconstruction and image rectifi-
cation using the reconstruction software Voxel
Studio Recon, including image gray adjustment and
wave filter processing

(3) Data Analysis. The reconstructed data was then ana-
lyzed by the image analysis software such as Volume
Graphics Studio Max, FEI Avizo, SYPI-core, and
Voxel Studio Render. The analyzed parameters
mainly included the number and size of pore and
throat, coordination number, and pore and throat
connectivity

3. Results and Discussions

3.1. Effects of Gas Displacement on Pore Size. The core sam-
ple 1# was used to investigate the pore structure variations.
The structures of pores of different sizes in the core sample
before and after gas displacement were reconstructed

0 PV 500 PV 1000 PV

d≤10

Pore diameter
(𝜇m)

10<d≤20

20<d≤50

50<d≤100

d>100 /

Figure 3: Structure variations of pores of different sizes before and after gas displacement.
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through CT scanning analysis, which is shown in Figure 3.
And then, the distribution frequencies of the number and
volume of pores of different sizes before and after gas dis-
placement were calculated according to the 3D pore recon-
struction analysis, and the results are shown in Figures 4
and 5. It suggested that the small pores and large pores chan-
ged in different ways. In general, the small pores outnum-
bered the large pores, but the volume of pores of different
sizes was in normal distribution. With the gas injection,
both the number and volume of the pores with a diameter
less than 20μm accounted for lower levels, while these of
the larger pores accounted for higher levels. Among the
pores, the number and volume distribution frequencies of
the pores with a diameter from 20μm to 50μm increased
significantly, and the pores with a diameter of more than

100μm came into existence after 500PV gas was injected.
It was calculated that the average and maximum pore diam-
eter before and after gas displacement improved from
31.57μm to 44.60μm and 85.56μm to 186.97μm, respec-
tively, as shown in Figures 6 and 7, which increased by
118.53% and 41.27%. Therefore, the continuous gas injection
would lead to an apparent enlargement of pore size owing to
the release and migration of unconsolidated sandstone parti-
cles [12, 14].

3.2. Effects of Gas Displacement on Pore-Throat Size. The
number distribution frequencies of pore throats of different
sizes before and after gas displacement were also calculated
as shown in Figure 8 to investigate the pore-throat structure
variations. It suggested that the number distribution fre-
quencies of pore throats exhibited the same changes as these
of the pores. The small pore throat outnumbered the large
pore throat, and the number distribution frequencies of the
pore throat with a diameter of less than 3μm decreased from
56.2% to 49.7%, while these of the pore throat with a diam-
eter of more than 3μm increased that led to the increase of
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the average pore-throat diameter before and after gas dis-
placement from 3.03μm to 3.27μm as shown in Figure 9.
The enlargement of the pore-throat diameter due to the rock
mineral particle migration would enhance the pore connec-
tivity and then improve the core permeability [36].

3.3. Effects of Gas Displacement on Pore-Throat Coordination
Number. In order to investigate the pore-throat connectivity,
the distribution frequencies of pore-throat coordination num-
ber before and after gas displacement were calculated as
shown in Figure 10. And then, the average of the pore-throat
coordination number was also calculated as shown in
Figure 11. It suggested that the pore-throat coordination num-
ber from 3 to 6 accounted for the majority with a proportion
of approximately 66%, and the average pore-throat coordina-
tion number came to be about 5. In terms of results before and
after gas displacement, both the distribution and the average

pore-throat coordination number changed slightly with few
frequency declines of small pore-throat coordination number
and few frequency increases of large pore-throat coordination
number. The frequency decline might result from the particle
blocking in the pore throat with a small diameter and low
coordination number. Thus, it could be seen that the gas injec-
tion would enlarge the pore-throat diameter but have little
effect on the coordination number between the pores and
the throats.

3.4. Effects of Gas Displacement on Pore Connectivity. The
pore structures of the CT core sample before and after gas
displacement were reconstructed through CT scanning anal-
ysis, which is shown in Figure 12. And then, the porosities of
both connected and isolated pores were calculated according
to the 3D pore reconstruction analysis, and the results are
shown in Figure 13. It suggested that the connected pores
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constituted the majority of the total pores with a proportion of
more than 95%. After gas displacement, the porosity of the
isolated pores declined, while the porosity of the connected
pores increased by 10.3% from 33.9% to 37.4%, which brought
about an increase of 2.5% from 35.7% to 38.2% in the total
porosity. It can be seen from the results that the pore connec-
tivity would be strengthened as a whole in spite of the pore
blocking owing to the particle migration in the unconsolidated
sandstone, and the reconnected pores outnumbered the reiso-
lated pores in the gas injection process.

3.5. Effects of Gas Displacement on Porosity and Permeability.
The core sample 2# was saturated by 3.0wt.% KI solution
and then flooded by gas (N2) to 1000PV. The porosity and
permeability of the core sample were measured in different
injected pore volumes, and the results are shown in
Figure 14. It showed that both the porosity and permeability

of the core sample increased apparently from 34.22% to
37.87% and 39.24mD to 51.32mD, respectively, which went
up by 10.67% and 30.78%. The growth rate of the permeability
was greater than that of the porosity [36]. The rock permeabil-
ity was primarily based on the larger pores. The increase of the
permeability of the core in unconsolidated sandstone mainly
resulted from the enlargement of the pore and throat with
larger sizes as well as the enhancement of the pore connectivity
due to the particle migration as found above. Therefore, the
porosity and permeability variations would not be neglected
in the continuous gas displacement process in unconsolidated
sandstone gas reservoirs, which could lead to the evident
changes in the gas reserves as well as the well injectivity and
productivity.

3.6. Effects of Gas Displacement on Relative Permeability. In
gas reservoirs with edge and bottom water, gas and water

Pore type 0 PV 500 PV 1000 PV

Connected pore
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Figure 12: 3D structures of both connected and isolated pores before and after gas displacement.
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flow in the same place. The pore structure variations in the
gas displacement process will necessarily result in the
changes in phase relative permeability [37]. In order to
investigate the gas and water flow principle, the gas-water
relative permeability curves were measured before and after
gas displacement as shown in Figure 15. From the measure-
ment results, the initial gas and water relative permeability
before gas injection were low sunken curves, and then, both
the gas and water relative permeability increased after
1000PV gas injection. The irreducible water saturation and
the residual gas saturation dropped from 31.2% to 26.1%
and 11.5% to 8.0%, which broadened the two-phase flow
region. Additionally, the equal phase relative permeability
point shifted to the right from 47.3% to 54.0%. The improve-
ment of the phase relative permeability also got benefit from
the enlargement of the pore and throat size as well as the
enhancement of the pore connectivity. Compared with the
water relative permeability, the gas relative permeability
had a higher improvement.

4. Conclusions

In the current investigation, we present the quantitative
results of pore structure and permeability variations during
gas displacement in unconsolidated sandstone reservoirs
through CT reconstruction analysis. Useful conclusions
drawn from our research results are listed as follows:

(1) The continuous gas displacement would bring about
an increase of more than 2.5% in the total porosity
and enhance the pore connectivity, which primarily
resulted from the enlargement of the pore and throat
with larger sizes owing to the release and migration
of clay and fine particles in unconsolidated sand-
stone reservoirs. The porosity of the connected pores
constituted the majority of the total pores with a pro-
portion of more than 95% and increased by 10.3%
after gas displacement

(2) The continuous gas displacement not only improved
the porosity and permeability from 34.22% to
37.87% and 39.24mD to 51.32mD, respectively,
but also broadened the two-phase flow region. The
irreducible water saturation and the residual gas satu-
ration dropped, and the equal phase relative permeabil-
ity point shifted to the right. Both the gas and water
relative permeability could be enhanced after gas dis-
placement in unconsolidated sandstone reservoirs
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Dual-string steam injection pipe is widely used in the production of superheated steam injection in heavy oil horizontal wells. Due
to the nonuniform steam injection volume at the heel end and the existence of an interlayer and other factors in the reservoir, the
distribution of steam cavity is not uniform, so it is necessary to control the flow of the steam injection well. Based on the basic
principles of fluid mechanics and heat transfer, a three-phase nozzle outflow control device model is established in this paper.
The steam flow and heat transfer law in the flow control device is numerically simulated, and the outflow dynamic law of
horizontal well OCD completion in heavy oil reservoir is obtained. On this basis, the influence of OCD aperture parameters,
steam injection pressure, and steam injection velocity on OCD throttling effect is studied. The results show that OCD has a
good control effect on balancing pressure drop and improving steam injection uniformity. When the throttle aperture occupies
1/3 of the pipe diameter, the throttle effect is the best and the heat loss is low. Increasing the steam injection pressure can
rapidly enhance the pressure reduction rate of the throttle hole. The throttling effect of increasing steam injection volume is
not obvious, and the energy loss becomes higher. The study of this paper provides a reference for parameter optimization and
prediction of steam distribution in the flow control device of horizontal wells.

1. Introduction

In recent years, after the large-scale implementation of
steam injection technology in horizontal wells of heavy oil
reservoirs, due to the influence of reservoir heterogeneity
and variable mass flow in the horizontal wellbore [1],
uneven production of horizontal reservoirs generally exists
in the process of general steam injection [2, 3]. A large num-
ber of horizontal well monitoring data show that 80% of
horizontal wells are unevenly utilized, and only 1/3 to 1/2
of the total well sections are well utilized [4].

To solve the above problems, double-pipe steam injec-
tion string is widely used in horizontal wells, namely, one
long steam injection string at the heel end and one short
steam injection string at the toe end of the steam injection
well, to effectively improve the uneven steam injection phe-
nomenon caused by the loss along the well and the heteroge-
neity of the reservoir.

However, the dual-steam injection string creates a
dumbbell-shaped steam chamber, so the flow control devices
[5–7] can be installed as part of a sand screen assembly in
either a steam injection well or a production well, or in both
wells at the same time, resulting in more uniform steam
chamber expansion. The outflow control device, or OCD
for short [8, 9], is mainly deployed in steam injection wells,
and the direction of fluid flow is from the horizontal well-
bore to the reservoir.

By adding an outflow control device (as shown in
Figure 1) between the heel and toe of the injection well,
the injection points can be evenly distributed, alleviating
the bell-shaped steam cavity caused by the traditional dual
injection tube design [10–12]. In addition, the OCD com-
pletion promotes the consistency of the steam injection
profile with the height of the oil layer, promotes the
growth of the steam cavity, and improves the oil-steam
ratio [13].
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2. Model Description

2.1. OCD Completion Parameter Calculation Model of
Horizontal Well. Assume that the steam injection volume
of the horizontal well element is as follows:

qiOCD = ∑qis
L

, ð1Þ

where qiOCD is the formation suction velocity, qis is the steam
suction velocity in the microsection under conventional
completion, and L is the length of horizontal well [14–16].

If qiOCD of the microsegment is smaller than qi in con-
ventional completion mode, it indicates that the microseg-
ment has a larger steam output, and OCD device should be
installed to take flow-limiting measures.

By putting qiOCD into Equation (1), the steam injection
pressure PiOCD, steam temperature TiOCD, and steam dryness
XiOCD in wellbore under OCD well mode can be obtained
[17, 18]. Meanwhile, the annular steam pressure between
screen tube and reservoir can be obtained as follows:

Piann =
−qiOCD × Is

JL
+ Pr , ð2Þ

where Piann is the annular steam pressure between screen
tube and reservoir, JL is the microsegment extraction index,
Is is the reservoir inspiration index of microsegment
(dimensionless), and Pr is the original formation pressure.

The calculation formula of JL and Is is shown as follows:

JL =
2π ffiffiffiffiffiffiffiffiffiffiffiffiKh/Kv

p
Kvα Kro/Boμoð Þ + Krw/Bwμwð Þð Þ
In reh/rwð Þ − 0:75 + S

, ð3Þ

Is =
2 ln AO/r2w

À Á
− 3:86

ln AO/r2wð Þ − 2:71 , ð4Þ

where Kh is the horizontal permeability of reservoir, Kv is
the vertical permeability of reservoir, Kro is the relative per-
meability of crude oil, Krw is the relative permeability of the
formation water, μo is the formation oil, μ is the formation
water viscosity, Bo is the formation crude volume coefficient,
Bw is the formation water volume coefficient, α is the unit

conversion factor, reh is the drain radius of the horizontal
parallel segment, S is the horizontal wellbore skin factor,
Ao is the microsegment drainage area of horizontal well,
and rw is the sieve tube diameter [19–23].

According to the pressure drop balance relationship, the
additional drop Piadd of OCD in each segment can be
obtained.

PiOCD − Piann = Piadd: ð5Þ

2.2. Additional Pressure Drops of OCD. The nozzle type-
OCD is used to calculate the attached pressure drop of the
OCD by using the Bernoulli equation [24, 25].

Padd =
8ρQ2

π2d4n2C2
D

, ð6Þ

where Padd is the additional pressure drops, ρ is the fluid
density, Q is the fluid volume flow, d is the diameter of

OCD OCD OCD

Figure 1: Schematic diagram of outflow control device.

Inflow
OCD aperture

Outflow

Figure 2: Simplified model of nozzle-type OCD structure.

Table 1: OCD structure basic data.

Name Value Unit

Initial reservoir pressure 1.5 MPa

Initial reservoir temperature 297 K

Steam injection pressure 2 MPa

Superheated steam temperature 500 K

Tubing diameter 240 mm

OCD’s port size 50 mm

Steam injection volume 100 m3/d

Steam dryness 100 %
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nozzle orifice, n is the number of nozzle orifices, and CD is
the flow coefficient.

2.3. Calculation Model of Pressure Drop in Horizontal
Wellbore. The calculation model of the pressure drop in
the tubing of horizontal wells is as follows (ignoring the
gravity pressure drop) [26–28]:

A2X2 = b2,
1  

−1 1

  0

   

  ⋱

0  

⋱  

−1 1

2
6666664

3
7777775

pt,1
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⋮

pt,N

2
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3
7777775

=

32ρf 1
π2d5w
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π2d5w
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⋮

32ρf N
π2d5w

q2w,NLN + 32ρqin,N
π2d4w

qw,N

2
66666666666664

3
77777777777775

,

ð7Þ

where f j is the friction factor in section j, Pt,j is the tubing
pressure in section j, qin,j is the inlet flow rate of section j
into the tubing, and qw,j is the flow rate in the microelement
pipe of section j.

The boundary conditions of tubing pressure distribution
are shown in

pt,0 = pwf , ð8Þ

where pt,0 is the wellhead pressure and pwf is the pressure in
the tubing at the heel end, namely, the bottomhole flow pres-
sure [29–32].

3. OCD Simulation Analysis

3.1. The Basic Parameters. Based on the structural character-
istics of the horizontal well OCD and numerical simulation
accuracy requirements of the completed section, a three-
dimensional model of the nozzle flow control device is estab-

lished (see Figure 2) [33]. Related calculation parameters are
shown in Table 1.

3.2. Analysis on Dynamic Characteristics of OCD Outflow in
Horizontal Wells. Based on the actual mine parameters, the
superheated steam flow in the flow control device is numer-
ically simulated by using a multiphase flow model. The flow
diagram of the steam flow is shown in Figure 3. As shown in
the figure, steam flows smoothly before entering the hole,
and annular flow will be generated near the edge of the pipe
wall after passing through the hole. The velocity near the
wall decreases, and the velocity in the center reaches the
maximum, which is higher than that before entering the
hole.

The main factors influencing the flow control device are
the throttling effect with OCD aperture, steam injection rate,
and steam injection pressure. Based on the frictional pres-
sure drop and heat loss calculation, the flow control device
of the three-dimensional numerical model is established.
The contrast analysis of the influence of various parameters
on the flow control effect is changed, to establish uniform
steam injection OCD structure parameters and a steam
injection parameter optimization method.

3.3. Influence of Changing OCD Aperture on Current-
Limiting Effect. Pore size is the key parameter of OCD
design, which has an important influence on the pressure
drop, heat loss, and steam cavity development and expan-
sion along the steam injection horizontal well. Considering
the same steam injection pressure, steam injection volume,
and other parameters, the influence of different OCD aper-
tures on the throttling effect was studied, and the throttling
effect of steam valve was simulated under five pore sizes of
20mm, 50mm, 80mm, 110mm, and 140mm. The variation
of temperature field and pressure field in OCD with different
pore sizes is shown in Figure 4.

As can be seen from the Figure 4, with the increase of the
steam injection pore size, the pressure sweep range is larger
and the pressure drop range is more obvious. At this time,
the pressure gradient gradually decreases, forming a low-
pressure area between the outlet edge of the aperture and
the pipe wall, and the pressure near the edge of the aperture
gradually increases. As can be seen from the temperature
cloud map, the increase of pore size makes the heat loss
smaller, the heat diffusion faster, and the heat coverage area
more. The temperature and pressure changes on the pipeline
axis line are shown in Figures 5 and 6.

Figure 3: Streamline of steam flow through OCD nozzle.
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Figure 5 shows the aperture used to increase the flow con-
trol device for the pressure drop of the OCD. From the figure,
it can be seen that as the pore size increases, the pressure drop
increases. Among the pore sizes, for diameters of 110mm and
140mm under pressure fluctuations, the change of the throt-
tling effect is smaller, and the simulation result difference is
not large. Figure 6 shows that for diameters of 110mm and
80mm for the temperature change under different apertures,
with the increase of the aperture, the heat loss becomes
smaller. When the aperture is between 20 and 50mm, the heat
energy loss is intense and the temperature difference is large.
When the aperture is between 80mm and 140mm, the tem-
perature drop is not obvious. Therefore, when the aperture is
80mm, better throttling effect can be achieved.

3.4. Effect of Steam Injection Pressure Change on Outflow
Control Device. Taking the steam injection speed of
100m3/d, steam dryness of 0.95, steam injection tempera-
ture of 500K, and OCD aperture of 80mm as design param-
eters, the steam flow in the flow control device with steam
injection pressure of 2MPa, 2.5MPa, and 3MPa, respec-
tively, was simulated. The simulation results are shown in
Figures 7 and 8.

As can be seen from Figure 7, increasing the steam injec-
tion pressure can increase the throttling strength, and the
steam pressure drop through the pore is more obvious.
Figure 8 shows the variation of steam flow velocity through
the hole with steam injection pressure. It can be seen from

300

700

40
x position (mm)

Te
m

pe
ra

tu
re

 (K
)

Bore diameter: 20 mm
Bore diameter: 50 mm
Bore diameter: 80 mm
Bore diameter: 110 mm
Bore diameter: 140 mm

400

500

600

43 47 53 60 69 76

Figure 6: The relationship between temperature and pore size in
OCD.

1.2E+06

1.4E+06

1.6E+06

1.8E+06

2.0E+06

2.2E+06

2.4E+06

30 36 41 46 54 60
x position (mm)

W
ell

bo
re

 p
re

ss
ur

e (
Pa

)

Bore diameter: 20 mm
Bore diameter: 50 mm
Bore diameter: 80 mm
Bore diameter: 110 mm
Bore diameter: 140 mm

Figure 5: The relationship between pressure and pore size in OCD.

110 mm

140 mm

20 mm

50 mm

80 mm

Pressure (Pa)(pascal)

2.00e+06
1.96e+06
1.93e+06
1.90e+06
1.86e+06
1.83e+06
1.79e+06
1.76e+06
1.72e+06
1.69e+06
1.65e+06
1.62e+06
1.58e+06
1.55e+06
1.51e+06
1.48e+06
1.44e+06
1.41e+06
1.37e+06
1.34e+06
1.31e+06

5.00e+02
4.90e+02
4.80e+02
4.70e+02
4.60e+02
4.50e+02
4.40e+02
4.30e+02
4.20e+02
4.10e+02
4.00e+02
3.90e+02
3.80e+02
3.70e+02
3.60e+02
3.50e+02
3.40e+02
3.30e+02
3.20e+02
3.10e+02
3.00e+02

Temperature (K)

Figure 4: Pressure field and temperature field distribution of steam flow in OCD.

4 Geofluids



the figure that the increase of steam injection pressure will
lead to a larger increase of flow velocity near the valve hole
and a smaller decrease of velocity after passing the valve.

3.5. Effect of Steam Injection Volume Change on Outflow
Control Device. In order to explore the influence of steam
injection speed on OCD throttling effect, the steam injection
pressure is set as 1.9MPa, the temperature of superheated
steam is 500K, the pore size is 80mm, and the internal
throttling effect of the outflow control device is simulated
when the steam injection volume is 100m3/d, 150m3/d,
and 200m3/d, respectively. The simulation results are shown
in Figures 9 and 10.

Figure 9 shows the pressure change curve in the flow
control device under different steam injection volumes. With
the increase of injection volume, the pressure drop decreases
faster, and the pressure drop changes of 150m3/d and
200m3/d are close to each other. Figure 10 shows the tem-

perature variation curve in the flow control device under dif-
ferent steam injection volumes. The temperature fluctuates
greatly near the throttle hole. With the increase of steam
injection volume, the heat loss is accelerated and the temper-
ature drop is increased.

4. Summary and Conclusions

In this paper, the dynamic outflow law of dual-pipe steam
injection OCD completion of the horizontal well in heavy
oil reservoir is studied, mainly simulating the outflow con-
trol effect of OCD on the target section of the horizontal well
with steam injection, as well as the influence of changing
steam injection parameters and OCD structural parameters
on the throttling control effect. The following conclusions
are drawn from the study:
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(1) OCD can effectively alleviate the horizontal well
completion method in the process of steam injection
in the steam cavity of development that is not a bal-
anced phenomenon, through the OCD device
installed on the screen, and adjust the OCD nozzle
diameter, steam injection pressure, and steam injec-
tion rate on the steam injection volume larger
through your fingers with the client and the imple-
mentation of current limit, reducing the cause of
excessive amount of vapor variable mass flow pres-
sure drop loss. The attenuation range of the steam
pressure in the wellbore is delayed, so that the steam
pressure in the middle of the horizontal well is
increased, and the steam injection volume and heat-
ing radius are increased, so that the formation along
the horizontal section is evenly heated, and the pro-
duction degree of the reservoir is improved

(2) Changing the nozzle aperture has a significant
impact on the current-limiting effect. By comparing
the inner diameters of the five groups of nozzles with
different sizes, it is found that the larger the aperture,
the lower the heat loss. When the aperture is 80mm,
that is, the ratio of the aperture to the pipe diameter
is 1 : 3, the better the throttling effect and the lower
the heat loss are, which can be used as a priority ref-
erence design scheme

(3) Changing the steam injection pressure has a great
influence on the flow-limiting effect. With the
increase of steam injection pressure, both the pres-
sure drop range and the steam injection speed
become larger. Uniform development of the steam
cavity can be achieved by appropriately changing
the steam injection pressure. The increase of steam
injection volume has little effect on the current-
limiting effect, and the heat loss range increases with
the increase of steam injection speed

The simulation results in this paper can provide a refer-
ence for the optimization of the uniform steam injection.
Since there is no comparison of various types of FCD throt-
tling effects, relevant research work will be continued in the
future.
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According to the reservoir characteristics and the current situation of CO2 utilization during thermal recovery in an
unconsolidated sandstone heavy oil reservoir, the mechanism and law of porosity and permeability change in an
unconsolidated sandstone heavy oil reservoir during CO2+steam and CO2+steam+ sodium alpha-olefin sulfonate (AOS)
injection were studied by combining a static monomineral water-rock reaction and a dynamic polymineral sand pack
displacement experiment. In the static water-rock reaction between CO2 and monomineral of reservoir rock, the dissolution
degree of monomineral at 200°C is greater than that at 100°C and 300°C, and the order of mineral dissolution is illite,
montmorillonite, kaolinite, and quartz. Besides, the dissolution rate of single rock minerals decreased significantly in the
system of CO2 with AOS. In the polymineral sand pack displacement experiment, the porosity gradually decreases by CO2
multicomponent thermal fluid, and the permeability first decreases and then increases by CO2 multicomponent thermal fluid,
but the permeability change is only about 0.5% by CO2+steam+ AOS, which is mainly attributed to the adsorption of AOS on
the rock surface, and it is confirmed in the infrared spectrum of unconsolidated sand after displacement. This also shows that
CO2+steam+AOS can stabilize the rock skeleton structure of the reservoir and prevent the deterioration of heterogeneity in the
subsequent development of thermal recovery of heavy oil reservoirs; therefore, the CO2 multicomponent thermal fluid with
chemical agents can improve the damage of a single CO2 thermal fluid to the reservoir.

1. Introduction

Presently, the increasingly severe climate crisis is another
serious test in front of all mankind, requiring all sectors of
the world to work together to deal with it, of which fossil
energy combustion contributes nearly 67% of the global
greenhouse gases [1]. For heavy oil, which is the main supply
of fossil energy, the CO2 multicomponent thermal fluid
injection method will be one of the main technologies to
reduce carbon dioxide emissions [2, 3]. The carbon dioxide
injection is not only to reduce carbon emissions but also to
increase crude oil production, which will be the ultimate
goal of the CO2 multicomponent thermal fluid injection
method in heavy oil reservoirs [4, 5]. During thermal recov-
ery, the dissolution and transformation of minerals such as

quartz and clay near the wellbore occur under a pressure
of 12MPa and a temperature of 300°C [6].

In comparison, the influence of temperature and pH on
mineral corrosion is stronger than that of ionic strength and
pressure under dynamic conditions, so the coinjection of
CO2 and steam will cause the dissolution of reservoir quartz
and the transformation of clay minerals [7, 8]. The chemical
changes in reservoir rock structure and composition cause
the cementation strength of the weakly consolidated rock
to weaken again, so that the reservoir framework fines can
migrate under a little shearing action [9, 10]. With the
increase of CO2 and steam injection volume, the skeleton
fines continue to peel off, migrate, and flow out, which
expands the pore throat radius of the reservoir and further
causes steam channelling. As shown in Figure 1, the
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formation of the reticulate steam thief region will affect pro-
duction and make CO2 storage and utilization less than
expected. Previous studies have shown that CO2 foam can
reduce interlayer and intralayer interference and improve
the steam displacement effect of a heterogeneous reservoir
[11–13]. And foam can slow down the rapid breakthrough
of CO2 to achieve the purpose of thermal CO2 flooding.
Although studies on the physical properties of reservoir
rocks caused by the interaction of steam+CO2 with reservoir
rocks have been reported, the study did not mention the
effects of thermal force, chemical agent, and gas on the skel-
eton of the reservoir rock. It is particularly important to
study the variation law of reservoir porosity and permeabil-
ity during multicomponent thermal fluid injection [14, 15].

The CO2 multicomponent thermal fluid injection
method is an enhanced oil recovery technology after single
steam injection in weakly consolidated sand reservoirs. With
the application of the CO2 multicomponent thermal fluid
injection method, steam channelling intensifies, and sand
production near the well area is serious [16, 17]. In addition,
the time effect of the water shutoff and controlling profile is
short during controlling steam channelling [18]. Thus, we
need to understand the porosity and permeability of uncon-
solidated sandstone using the CO2 multicomponent thermal
fluid injection method. Then, we should study further the
interaction between the CO2 multicomponent thermal fluid
and reservoir rock minerals to analyse the mechanism caus-
ing the result. According to the physical properties and rock

composition of the Zheng 364 reservoir in Shengli Oilfield,
the change rules of the reservoir physical properties in CO2
multicomponent thermal fluid were studied through the
water-rock experiment of monomineral, and the mechanism
of reservoir physical property change in CO2 multicompo-
nent thermal fluid was analysed to supplement the mecha-
nism of enhanced oil recovery of the CO2 multicomponent
thermal fluid injection method.

2. Materials and Methods

The experimental instruments were a high-temperature and
high-pressure reactor, QBZY-2 interfacial tension meter,
Zeiss Sigma 500 field emission scanning electron micro-
scope, Bruke V70 Fourier transform infrared spectrometer,
MS603TS/02 electronic balance and ISCO pump, and other
displacement equipment.

The surfactant used in the experiment is an anionic sur-
factant, sodium α-alkenyl sulfonate (AOS) of analytical
grade provided by Sinopharm Chemical Reagent Co., Ltd.
The monolithic minerals quartz, montmorillonite, illite,
and kaolinite are all provided by Hebei Mineral Powder Pro-
cessing Factory to provide rock blocks and ore powder,
including 80 meshes of quartz and 200 meshes of montmo-
rillonite, illite, and kaolinite.

The formation water in the study area is of the CaCl2
type, and the Ca2+ concentration is 288mg/L; the Mg2+ con-
centration is 75mg/L. The initial parameters of the experi-
ment are shown in Table 1.

2.1. Determination of Optimal Concentration of Surfactant.
The oil-water interfacial tension was measured by using
the QBZY-2 interfacial tension meter stabilized at a room
temperature of 25°C for 20min, and the foaming volume
of AOS at different concentrations was observed for a com-
prehensive determination of the optimal concentration.

2.2. Monolithic Mineral Hydrothermal Reactions. The sur-
face of the monolithic mineral rock block is polished with
a grinding wheel and then rinsed with distilled water; then,
the rock block is dried in a drying box at 80°C, and then
the four mineral rock blocks are soaked in formation water
for 24 hours. Take out the rock blocks and put them into
the reaction kettle and fill the whole chamber with distilled
water, then adjust the pressure of the reaction kettle to
4.2MPa, set the temperature to 100°C, 200°C, and 300°C,
respectively, and reciprocate the cycle of heating and cooling
and introducing CO2. After 72 hours of reaction, the rock
blocks were taken out, rinsed with distilled water, dried at
80°C, weighed, and the percentage of mass change was calcu-
lated, which was recorded as the amount of dissolution. Sim-
ilarly, the distilled water was replaced with the AOS solution
at the optimum concentration for the above operations.

2.3. Dynamic Reaction Evaluation. The rock skeleton volume
is calculated according to the porosity of the reservoir. Then
the quartz density is used to estimate the mass of quartz
sand required to achieve this porosity, and finally, a sand
pack model with a diameter of 16mm and a length of
50mm is made by mixing and filling according to the clay

T
erm

al 
rec

ov
ery

Fluid ro
ck in

ter
act

ion

Steam chamber

Termal fuid

Fine

Clay

Steam channelling

Figure 1: Schematic diagram of reservoir damage during thermal
fluid flooding.

Table 1: Initial experimental parameters.

Name Value Unit

Salinity of formation water 12000 Mg/L

Pressure after steam injection 4.2 MPa

Crude oil viscosity 996 mPa·s
Average content of clay 12%

Average reservoir porosity 32.7%

Average permeability 729.1 mD
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content contained. Install the instrument as shown in
Figure 2, dry the sand pack model, weigh it, vacuum it to sat-
urate the simulated formation water for 8 hours, and weigh
it again to calculate the porosity and pore volume. Different
temperature steam+CO2 and steam+CO2+surfactant AOS
flooding experiments were conducted at 0.1mL/min and
inject 200PV volume multiples. Then, open the nitrogen
gas to remove the air in the pipeline, ventilate for 5 minutes
to discharge the air and steam condensed water in the sand-
filling model, select the inlet and outlet pressure values that
meet the conditions of Darcy’s law, and then record the
atmosphere through the soap film flowmeter. Finally, the
gas permeability was calculated by Darcy’s formula; the
porosity was still measured by saturation weighing. After
the flooding, collect the sand sample for scanning with an
electron microscope.

3. Results and Discussion

3.1. Primary Selection of Surfactant Concentration. Anionic
surfactant AOS has good salt resistance, acid and alkali resis-
tance, and temperature resistance characteristics and is a
good material for auxiliary chemical agents for thermal
recovery. In order to express the experimental effect, param-
eters such as the foaming effect of aqueous solutions with
different concentrations of AOS and the oil-water interfacial
tension were evaluated. Ten mass concentrations of 0.1%,
0.2%, 0.3%, 0.4%, 0.5%, 0.6%, 0.7%, 0.8%, 0.9%, and 1% were
selected for evaluation, and the results are shown in Figure 3.

With the increase of the concentration, the foaming
effect of AOS is getting better and better, and the foam vol-
ume increases gradually, but the changing trend of the oil-
water interfacial tension is to decrease first and then
increase, from 0.1% to 0.3%; the oil-water interfacial tension
decreases rapidly. According to the mechanism of surfactant
reducing oil-water interfacial tension, the number of AOS
molecules adsorbed at the oil-water interface also increases

with the increase of concentration and spreads out at the
interface one by one, so the interfacial tension decreases
[19]. The critical micelle concentration is reached when the
molecules spread across the interface, and as the concentra-
tion of AOS increases, the number of molecules also begins
to increase. At the same temperature, the AOS molecules
continue to compete with the AOS molecules at the interface
for adsorption, resulting in a change in the interface spread-
ing morphology. This affects the interfacial energy, so the
oil-water interfacial tension increases when the concentra-
tion exceeds 0.3% [20]. So, the optimal concentration of
AOS is 0.3%.

3.2. Static Single Rock Water-Rock Reaction. As shown in
Figure 4(a), at 100°C, the mass loss of illite in the CO2 and
distilled water medium is the largest, followed by montmo-
rillonite and kaolinite, and quartz is the least. Although
CO2 is an acid gas, the surface reaction of this mineral is
extremely slow. However, the dissolution degree of each
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mineral decreases after adding AOS, which indicates that the
effect of thermal and CO2 decreases. As shown in
Figure 4(b), when the temperature reaches 200°C, the corro-
sion amount of illite and montmorillonite is significantly
higher than that at 100°C, and the dissolution degree of
montmorillonite is higher than that of illite. This is probably
because the transformation degree of montmorillonite to the
illite mixed layer is higher than that of illite at 200°C. In con-
trast, the response of kaolinite to temperature is not strong,
and AOS has an inhibitory effect on mineral dissolution
[21–24]. As shown in Figure 4(c), the corrosion amount of
montmorillonite and illite is also the highest, but the corro-
sion amount of quartz and kaolinite increases slightly. The

temperature of mineral dissolution is temperature-respon-
sive, but the response is very slow. In general, the corrosion
temperature response of minerals to CO2 is very obvious,
especially clay minerals, and quartz is weaker than that.
The inflection points of CO2 corrosion and AOS inhibition
of mineral dissolution at high temperatures appeared at
200°C, which may be related to the temperature response
of mineral surface adsorption energy [25, 26].

3.3. Dynamic Hydrothermal Effect. Figure 5 shows the infra-
red spectra of scattered sand after displacement in different
ways.
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Figure 4: The dissolution rate of minerals at different temperature conditions.
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There is a weak C=O absorption vibration peak at
1870 cm-1, and the absorption peak near 1082 cm-1 is the
stretching vibration of the silicon-oxygen bond and the
aluminium-oxygen bond. The absorption peak around
600-800 cm-1 is the symmetrical stretching vibration of Al-
O and Si-O bonds, and the 460 cm-1 is the vibration and
bending of the Si-O bond in-plane. However, the bending
vibration peak of Si-O-Al, which should have appeared near
500 cm-1, did not appear, so it was concluded that bond
breaking occurred under the dual action of high temperature
and CO2. The antisymmetric stretching vibration of the
methylene group appeared near 2900 cm-1 in the infrared
spectrum after CO2+steam+AOS. This indicates that there
is organic matter adsorption in the scattered sand, i.e.,
AOS is adsorbed on the scattered sand.

The method for measuring porosity is the weighing
method, and the benefit of this method is that it can directly
reflect fines production or not and the amount of fines pro-

duction. As shown in Figure 6, the rate of increase in poros-
ity decreases with increasing temperature. The increase in
porosity indicates that the volume of the framework
decreases. The loss of fines decreases with the increase in
temperature, which may be due to the fact that the pores
of the rock are compressed at high temperatures, and the
pore size decreases, so that some migrating fines cannot flow
out [27, 28]. When AOS was added, the response of the
porosity change was not obvious with temperature. Besides,
the difference in temperature response to porosity change
during CO2+steam injection is 0.63% on average, while the
difference in temperature response to porosity change dur-
ing CO2+steam+AOS injection is 0.315% on average. It can
be seen that the temperature response to porosity change is
reduced by half after AOS injection.

3.3.1. Permeability Change. As shown in Figure 7, the per-
meability of the sand pack model at different temperatures
first decreased and then increased, and the raise speed
decreases gradually. With the increase in temperature, the
degree of migration blockage increases, and the permeability
recovery becomes slow. The permeability decreases within
the injected volume of 40PV, which may be due to the dis-
placement of fines caused by fluid shear or the reduction
of pore radius due to the expansion of clay due to water
absorption; this effect is greater than that of fines produc-
tion, thereby reducing permeability. It can be seen from
the quartz electron microscope pictures of CO2 treatment
at 200°C that local pitting does occur, and the degree is not
high, but it is enough to reduce the interaction force between
particles. Under the action of fluid drag force, fines are easy
to migrate. In general, the permeability results are reduced
within the injected volume of 40PV, and the permeability
will recover and continue to increase when the fluid is con-
tinuously injected. It may be because the fines production
effect is greater than the internal fines migration and expan-
sion of clay. In addition, this permeability “recovery” is not
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only negative but also means channelling of injection fluid,
which can even aggravate the sand production degree near
the well. The permeability “recovery” becomes slower with
increasing temperature, which may be due to a decrease in
fluid viscosity and a decrease in drag force with increasing
temperature [29].

As shown in Figure 8, after adding AOS, the degree of
migration in the migration stage is significantly reduced,
and the overall permeability changes little; the permeabil-
ity changes by about 0.5%, so the protective effect of sur-
factant AOS on the reservoir is obvious. Although the
degree of migration increases with the increase in temper-
ature, it is improved compared with that when AOS is not
added, and it can be seen from the quartz electron micro-
scope pictures treated with CO2+AOS at 200°C that the
degree of corrosion is much smaller. From the figure and
the number of fines produced, it can also be shown that
the chemical agent has a certain effect on the stability of

the rock particles. From the infrared spectrum in
Figure 5, it can be seen that the anionic surfactant AOS
is adsorbed on the rock surface of the reservoir, and it
shows the stability of porosity and permeability in rock
physical properties as shown in Figure 8, while the poros-
ity and permeability of the rock not adsorbed by AOS
change greatly as shown in Figure 7, indicating that the
role of chemical reagents in the tertiary oil recovery mech-
anism of CO2 multicomponent thermal fluid is to act on
the fluid on the one hand and stabilize the rock skeleton
on the other hand. Its mechanism is shown in Figure 9.
The ion exchange between rock mineral ions and cations
in formation water makes the mineral surface absorb a
large number of cations, which provides conditions for
anionic surfactants to form a “protective layer.”

4. Conclusions

Different minerals have different temperature responses to
CO2. It is difficult for CO2 to dissolve quartz in a short time
at high temperatures, and the dissolution rate is only about
0.1%, but the dissolution of clay is very strong. The degree
of dissolution from large to small is illite, montmorillonite,
and kaolinite, and the dissolution rate is above 1%. When
AOS is added, this interaction is slowed down, and the dis-
solution rate becomes smaller.

During CO2+steam injection, the porosity of the sand
pack is inversely proportional to the temperature. AOS
reduces the temperature response of the difference in poros-
ity by half compared with that of CO2+steam so that the res-
ervoir porosity can be guaranteed not to change much
during the superheated steam injection process. The change
in permeability shows a trend of first decreasing and then
increasing, which reflects the two migration stages of frame-
work fines in the reservoir. Dissolution and migration as a
leading factor or the migration of outflowing sand produc-
tion become chief factors. The adsorption of AOS on the
rock surface significantly slows down the damage of CO2
to the rock under high-temperature steam, thereby improv-
ing the sudden change in permeability. Although there is still
corrosion in steam+CO2+AOS, this ensures that a part of
CO2 is stored in the reservoir, which also achieves the pur-
pose of reducing CO2 emissions.

The CO2 multicomponent thermal fluid injection
method is feasible in the subsequent development of thermal
recovery of heavy oil reservoirs. On the basis of the fluid
action mechanism, the CO2 multicomponent thermal fluid
injection method is supplemented to enhance the oil recov-
ery mechanism. Especially, the steam+CO2+AOS compound
method can effectively alleviate the permeability heterogene-
ity in the unconsolidated sandstone and effectively reduce
the degree of steam channelling.

Data Availability

The raw data used to support the conclusions of this study
are available from the corresponding author upon request.
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It is not clear how the distribution of retained fracturing fluids and its effect on the permeability and wettability in tight oil
reservoirs interact. Especially, there are more qualitative studies and less quantitative studies on this issue. Under laboratory
experimental conditions, this paper clarifies the distribution of retained fracturing fluids in the core and reveals the influence
rule of retained fracturing fluids on tight reservoir permeability and wettability. It is found that the main retention space of
retained fracturing fluids in a tight reservoir is a microporous interval, and the residual oil after oil displacement by retained
fracturing fluids mainly exists in the core in the form of dots or porphyries. The smaller permeability and porosity of the core
will lead to more retained fracturing fluids. The permeability of different cores after fracturing fluid retention has decreased to
varying degrees compared with that before fracturing fluid retention. The wettability of core slices before and after fracturing
fluid retention was tested, and the effect of retained fracturing fluids on reservoir wettability was not significant. This study has
important significance for improving the recovery of tight oil reservoirs and enhancing the understanding of postfracturing
fluid retention.

1. Introduction

The tight oil is widely distributed and has huge reserves in
China and will gradually become the main force in the sup-
ply of oil and gas resources [1]. However, the compaction of
a tight oil reservoir is strong in the diagenesis [2]. Because
the rock is dense and the particles are small, the porosity
and permeability of the reservoir are low and the physical
properties are relatively poor, which brings a series of prob-
lems to the development of a tight oil reservoir [3]. The
combination technology of hydraulic fracturing and long
horizontal well is the most effective method to develop a
tight oil reservoir at present [4].

During the fracturing, a large amount of fracturing fluids
are injected into the formation, and the flow-back rate is

usually low [5]. A large amount of fracturing fluids is
retained in the formation, and previous researches on frac-
turing fluid retention in the formation have been conducted.
Williams [6] divided the retention process of fracturing
fluids into three stages: nonformation of filter cake, forma-
tion of filter cake, and dynamic filtration. Yew et al. [7] con-
sidered the influence of natural fractures existing in low
permeability reservoirs on fracturing fluid retention based
on the research of Economides. Rodgerson [8] studied and
analyzed the fracturing fluid retention state of the reservoir
when there are natural fractures. However, due to its com-
plex conditions, this study did not obtain an effective reten-
tion model for natural fracture reservoirs. Outmans [9]
proposed a model including the relationship between poros-
ity, compressibility and pressure, and permeability to predict
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dynamic filtration. It is found that the dynamic filtration rate
is independent of the shear rate when the mud dynamic fil-
tration reaches equilibrium. Vinod et al. [10] calculated that
the microparticles in the fluids will block the rock pores,
block the fluid flow, and cause damage to the formation to
some extent. It is concluded that the effective permeability
of the formation is related to the polymer, and the polymer
will cause additional pressure difference to the fracturing
fluid filtration. Mathias and Van Reeuwijk [11] proposed
one-dimensional and two-dimensional fracturing fluid fil-
tration calculation models. The calculation results are far
from the actual filtration situation, and the simulation effect
is poor. For tight reservoirs, the fracturing fluid retention has
a serious impact on the physical properties of the reservoir.
At present, the research on the fracturing fluid retention is
mainly focused on establishing the mathematical model of
the retention and correcting the model, but the method of
the impact of the retention on the physical properties of
rocks by means of indoor core experiments has not been
adopted [12, 13].

Two important parameters related to the physical prop-
erties of tight reservoir rocks include permeability and wet-
tability [14]. In 1964, Pirson et al. [15] proposed a model
for calculating relative permeability from resistivity, tested
their model through experimental data, and adjusted the
model under different conditions with different correction
coefficients. For example, the gas-water model is different
from the oil-water model. Through the optimization of per-
meability modeling, accurate permeability parameters are
obtained. The prediction methods for permeability are
mainly divided into two categories: one is statistical model-
ing based on core analysis data, and the other is the learning
modeling method using data mining. Akande et al. [16]
established a permeability prediction model based on the
random selection of particle swarm optimization algorithm,
combined with support vector function to simplify the
regression problem, and improved the generalization ability
and prediction accuracy of the model. Purcell [17] estab-
lished the Purcell model applicable to sandstone reservoir;
Thomeer [18, 19] established the Thomeer model applicable
to sandstone reservoir; Kolodzie [20] divided the petrophysi-
cal category of sandstone reservoir and carbonate reservoir
with the corresponding pore throat radius when the mercury
inflow saturation is 35% and established the Winland-r35
model. Since then, other scholars such as Rezaee et al. [21]
have studied tight sandstone gas reservoirs in Western Aus-
tralia and found that the correlation between the corre-
sponding pore throat radius and permeability is the highest
when the mercury inflow saturation is 10%; Min et al. [22]
believed that when the stress is small, the permeability of
broken rock decreases with the increase of stress amplitude,
while when the stress ratio is large enough, the permeability
increases with the increase of stress. Larsen et al. [23]
pointed out that the geological tectonic field has a great
impact on the permeability of carbonate rocks, and the
tensile stress caused by fracture is helpful to increase the
permeability of carbonate rocks. In fact, a large amount
of retained filtration fracturing fluids can change the state
of tight reservoir rocks, such as the generation of new

microfractures, which will lead to significant changes in
permeability. There are more qualitative studies than
quantitative studies on this issue.

Rock wettability is one of the important characteristics of
rock physics [24]. The nuclear magnetic resonance T2 spec-
trum is commonly used to reflect the pore size distribution
of hydrophilic rocks, but when the rock wettability changes,
the nuclear magnetic resonance response based on the posi-
tion of fluid relative to the rock pore surface will change [25,
26]. Howard [27] was the first to attempt to evaluate the wet-
tability of reservoir rocks by quantitative means and to
establish a relationship between the relaxation movement
of saturated water and water saturation and wettability. Stra-
ley et al. [28] introduced the wetting parameters and oil sat-
uration into the surface relaxation formula and established
the relationship between the relaxation time and the surface
relaxation rate, specific surface area, oil saturation, and wet-
ting parameters. In 2003, Fleury and Deflandre [29] pro-
posed an NMR wettability index that is more consistent
with the physical properties of rocks; however, this method
requires complete separation of T2 relaxation of oil and
water. Guan et al. [30] proposed to quantitatively indicate
the wettability characteristics of reservoir rocks by using
the change of the arithmetic mean value of nuclear magnetic
relaxation time before and after oil flooding and water flood-
ing. The calculation result of this method is different from
the value range of the Amott index, so it is impossible to
directly make a numerical comparison. Al-Mahrooqi et al.
[31] published an article on the evaluation of rock wettabil-
ity in 2006 by combining nuclear magnetic resonance exper-
iments and numerical simulation. By establishing a capillary
bundle seepage model of triangular interface considering
liquid-solid interaction, the expression of nuclear magnetic
resonance T2 spectrum under different displacement pres-
sures (i.e. different microdistribution of oil and water) was
derived, and the influence of different wettability on nuclear
magnetic resonance response was quantitatively explained
from the rock pore size. Johannesen et al. [32] proposed to
calculate the difference between the relaxation time corre-
sponding to the peak value of the right peak of T2 relaxation
spectrum of saturated oil state in other wettability states of
cores and the standard based on the relaxation time corre-
sponding to the peak value of the right peak of T2 relaxation
spectrum of saturated oil state in strong hydrophilic cores as
the evaluation parameter of rock wettability. Chen et al. [33]
found that the change of the effective surface relaxation rate
of oil or water in saturated uncompacted silica sand or cal-
cite porous media was in good agreement with the wetting
size measured by the contact angle and proposed to establish
the nuclear magnetic resonance wetting index by obtaining
the effective surface relaxation rate from the T2 surface
relaxation term. Minh et al. [34] proposed a study on rock
wettability based on restricted diffusion, which can be
applied to downhole measurement. Rabiei et al. [35] studied
the thickness of the water film on the sandstone wall when
water and oil exist at the same time and believed that after
the water film was stripped, the crude oil directly contacted
the sandstone surface, so the sandstone surface showed part
of the oil wet, while other parts were still wet. Pratten and
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Craig [36] believed that neutral wettability existed in most
reservoirs, which are neither lipophilic nor hydrophilic,
and there is no strong selectivity for both. Gachot et al.
[37] pointed out that the rock surface with strong hydrophi-
licity will change to weak hydrophilicity after contacting
with crude oil, and the small pores in the core are mostly
water wet, while the water wetness of large pores is relatively
weak. Therefore, it is necessary to test the influence of frac-
turing fluid retention on reservoir wettability through a
more reasonable experimental design and method.

Under laboratory experimental conditions, this paper
studies the influence of retained fracturing fluids on reser-
voir physical properties by using core thin section and
nuclear magnetic resonance technology, clarifies the distri-
bution rule of retained fracturing fluids in core, and reveals
the influence rule of retained fracturing fluids on tight reser-
voir permeability and wettability. This study has important
reference significance for improving the recovery of tight
oil reservoirs and enhancing the understanding of postfrac-
turing fluid retention.

2. Materials and Methods

2.1. Experimental Materials. The materials used in this study
include rock slices and rock column samples, which are,
respectively, used to carry out thin section observation
experiments and permeability evolution experiments. The
basic parameters of the slices used are shown in Table 1.
The diameter is about 2.5 cm, the thickness is 1mm to
3mm, and the permeability is generally low. As shown in
Table 2, the column samples are more than 4 cm in length,
less than 10% in porosity, and higher in permeability. In
addition, the experimental materials also include simulated
retained fracturing fluids, kerosene, MnCl2 solution, and
other liquid materials.

2.2. Experimental Method. In order to study the oil-water
distribution in tight oil reservoirs after fracturing, nuclear
magnetic equipment is used for monitoring [38]. The instru-
ment used in the experiment is MesoMR23-60H-I low-field
NMR analyzer, and the manufacturer is Suzhou Niumag
Analytical Instrument Corporation. The magnet type is a
permanent magnet. The magnetic field intensity is 0:5 ±
0:05 T. The probe coil is 25mm. The magnet temperature
is 32°C. The dominant frequency of the instrument is
23MHz. The sample size should be 25mm in diameter
and about 50mm in length. The ambient temperature is
15-25°C, and the relative humidity is 50-70%, as shown in
Figure 1. Laboratory experiments were carried out on the
tight sandstone core of Chang 7 Member of Yanchang For-
mation in Ordos Basin, using nuclear magnetic resonance
technology, scanning electron microscopy, casting thin sec-
tion and mirror observation photography, and other techni-
cal means.

In order to prevent the influence of hydrogen signal in
distilled water on the oil signal in the core, the experimental
liquid is a manganese chloride solution with a mass fraction
of 40%. This is because after the divalent manganese ions
fully diffuse into the core pores, the water signal will be

shielded, and manganese chloride is not soluble in oil, so
the oil signal will not be affected [39]. In this way, the water
and oil signals will be separated to facilitate T2 spectrum
observation. The experimental process and equipment are
shown in Figure 2. The main test steps are as follows: (1)
use the wire cutter to cut the core into thin slices (1-2mm
thickness) of the required size and put the core into a 70°C
thermostat until the dry weight of the slices does not change.
Measure the diameter, thickness, quality, permeability, and
other basic parameters of the thin film and photograph the
dry thin film samples in full view and local view with a ste-
reoscopic microscope. (2) Pressurize and saturate the dried
core slice to simulate formation water condition for 24 h to
obtain the core slice saturated with water. Scan and image
the saturated core slice by nuclear magnetic resonance to
obtain the T2 spectrum and imaging image of saturated
water. Dry the scanned core in a constant temperature oven
at 70°C, and then saturate the core slice in the configured
40% manganese chloride solution. (3) Put the core slice

Table 1: List of core slice parameters.

No. Diameter/mm Thickness/mm Weight/g Permeability/mD

A-1 25.37 2.57 2.295 0.024

A-2 25.33 1.97 1.887 0.091

A-3 25.33 2.53 2.664 0.034

A-4 25.34 2.18 2.247 0.088

A-5 25.33 2.11 2.148 0.034

B-4 25.36 1.81 1.776 0.029

Table 2: Basic parameters of the experimental core.

No.
Length
(cm)

Diameter
(cm)

Weight
(g)

Porosity
(%)

Permeability
(mD)

E-1 4.486 2.517 59.144 7.21 0.564

E-2 4.064 2.525 51.726 6.35 0.535

E-3 4.128 2.536 53.733 3.97 0.278

E-4 4.825 2.528 62.860 6.85 0.494

E-5 4.503 2.509 55.655 4.67 0.389

Figure 1: Low-field NMR analyzer.
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saturated with 40% manganese chloride solution into the
nuclear magnetic resonance analyzer for scanning and imag-
ing and get the T2 spectrum and imaging map of saturated
manganese. Then, use the stereoscopic microscope to take
pictures in full and local view. Put the core slice after the
experiment into the displacement device to start oil flooding
to the outlet end without water and create the bound water
state of the core. (4) Put the core slice with bound water into
the nuclear magnetic resonance analyzer for scanning and
imaging, obtain the T2 spectrogram and imaging image,
and use the stereoscopic microscope to take pictures in a full
field of view and local field of view. (5) Put the original oil-
bearing core slices in the irreducible water state into the dis-
placement device and displace them with 40% manganese
chloride solution to the outlet end without oil production,
scan and image them with the nuclear magnetic resonance
analyzer, and take photos with the stereoscopic microscope.
(6) Use oil to reverse drive the core slice after water flooding
to the outlet without water. Use the MRI analyzer for scan-
ning and imaging, and then use the stereoscopic microscope
for taking pictures [40].

In order to study the effect of retained fracturing fluids
on the permeability of a tight reservoir, a permeability mon-
itoring experiment after fracturing fluid retention was car-
ried out. The experimental steps are as follows: (1) cut the
core into the size required by the experiment, wash the oil,
dry the core, and measure its dry weight and size; (2) gas log-
ging core porosity and permeability; (3) pressurize the core
to 20MPa saturated water; (4) displace the saturated kero-
sene by the core, and weigh its wet weight to calculate the
porosity and permeability; (5) put the core into the displace-
ment device to start water drive oil until the outlet end is no
longer producing oil. Record the volume of oil expelled V1.
At this time, the volume of oil expelled is equal to the vol-
ume of water retained in the core. For water drive cores, this
process simulates the fracturing fluid retention into the for-
mation during development; (6) oil reversely displaces water
until there is no water at the outlet end. Record the volume
of water expelled, V2. This process simulates the process of
oil entering the wellbore after fracturing. At this time, the
water loss in the core should be V1-V2.

In order to analyze the influence of fracturing fluids on
reservoir wettability, the cores before and after fracturing
fluid retention were treated with saturated water and satu-
rated oil, and nuclear magnetic resonance scanning was per-
formed on them. The NMR data of fracturing fluids before
and after fracturing fluid retention are used to analyze the
change of core mixing wettability. The specific steps are as
follows: (1) wash and dry the compact rock sample slices;
(2) test the T2 relaxation time spectrum of NMR after the
core is saturated with simulated formation water condition;
(3) displace the saturated water core by 40% MnCl2 solution
to shield the water phase signal in the core and scan the core
again by NMR, reducing the signal to less than 1% of the
original signal; (4) put the rock sample in the displacement
device, and then conduct oil displacement water experiment
until there is no water output at the outlet end, and establish
irreducible water saturation; (5) measure the T2 atlas of sat-
urated oil cores in the original formation state and compare
the T2 relaxation time atlas in the saturated simulated for-
mation water state with it; (6) repeat the above steps for
the core slice after fracturing fluid retention to obtain T2
relaxation time atlas of saturated water and saturated oil
after fracturing fluid retention.

3. Experimental Results and Discussion

3.1. Oil-Water Distribution in Tight Oil Reservoirs after
Fracturing. Figure 3 shows the pseudocolor NMR images
of different stages of core slice A-1. Except for the images
of saturated samples, the other images only reflect the strength
of oil signals. The signal of the A-1 oil displacement manga-
nese water sample of the core slice is not as strong as that of
the saturated water sample, which indicates that manganese
water is not completely driven out during oil displacement,
and there is still a lot of bound water in the micropores of
the core slice. However, the water drive oil sample signal of
core slice A-1 decreases again, indicating that a large amount
of oil is displaced to the outside by the differential pressure
of displacement, and only a small part of the oil remains in
the core slice. When it comes to oil reverse displacement,
although the signal strength is enhanced, it cannot reach the
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tank 
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Computer

Core container

Water bottle
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(a) Physical diagram (b) Schematic diagram

Figure 2: Core flow chart.
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signal strength under the original oil saturation state, indicat-
ing that it is difficult for oil to enter the pores filled with fluid
again, and most of the oil and water in the macropores can

only move along the direction of the pore path with small cap-
illary resistance, which results in a large amount of water
remaining in the reservoir due to retention [41].

(a) Original sample (b) Saturated water sample

(c) Oil displacement water (d) Water drive oil

(e) Oil reverse displacement water

Figure 3: Pseudocolor NMR images of different stages of core slice A-1.
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The following images which are taken with a stereo-
scopic microscope can be more intuitive to see the distribu-
tion of retained fracturing fluid in the core slice. Figure 4
shows the photographic images for the stereoscopic micro-
scope of different stages of core slice A-1. After oil displaces
manganese water, the blue color on the thin slice obviously

fades, indicating that a large amount of oil has saturated into
the inner part of the slice.

Figure 5 shows the local enlarged view of core slice A-1
after oil displacing manganese water. The position of the
black circle in the figure is red kerosene saturated into the
inner part of the sheet, but there are still many blue parts

(a) Original sample (b) Saturated water sample

(c) Oil displacement water (d) Water drive oil

(e) Oil reverse displacement water

Figure 4: Photographic images for the stereoscopic microscope of different stages of core slice A-1.
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in the figure, indicating that there is still a large amount of
manganese water in the sheet at this time. The blue parts
in the figure are dark and light, indicating the different
bound water volumes, which is due to the overlapping of
porosity phases in the picture. The three-dimensional distri-
bution of pores in the sheet is very obvious, and there are
many small pores developed.

Figure 6 shows the local enlarged view of core slice A-1
after water flooding. The position of the black circle in the
figure is the residual oil after water flooding. The residual
oil is mainly concentrated in the small and medium-sized
pores. In the extremely small pores, because the oil is basi-

cally not saturated into the oil when saturated, there is very
little residual oil in the too-small pores, and the oil in the
large pores is basically expelled by water, so there is less
residual oil in the large pores. During displacement, micro-
fingering will occur, that is, the retained fracturing fluids will
easily move along the direction of low capillary resistance
and high permeability. When multiple projecting water
phase channels are closed, there will be a large amount of
residual oil in the area between the water channel and the
water channel that is not swept by the injected water. A large
amount of residual oil mainly exists in the matrix that is not
swept by water in the form of spots, and some residual oil

100 𝜇m 100 𝜇m

Figure 5: Local enlarged view of core slice A-1 after oil displacing manganese water.

100 𝜇m 100 𝜇m

Figure 6: Local enlarged view of core slice A-1 after water flooding.

100 𝜇m 100 𝜇m

Figure 7: Local enlarged view of core slice A-1 after oil reverse displacement.
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exists in the matrix that is easy to flow in the form of mutual
infection of oil and water.

Figure 7 shows the local enlarged view of core slice A-1
after oil reverse displacement, and the red circle represents
the retained fracturing fluids trapped in the core. It can be
seen from the figure that after the oil reverse drive, there is
a large amount of kerosene in the core, but the oil reverse
drive does not drive out all the retained fracturing fluids in
the slice, and some of it remains in the core. For tight reser-
voirs, as more and more water is retained in the reservoir
rocks due to fracturing fluid retention, plus reasonable
shut-in time, more oil will be produced due to imbibition
displacement, and the production will increase significantly.

3.2. Influence of Fracturing Fluid Loss on Permeability.
Through the curve analysis in Figures 8 and 9, it can be con-
cluded that with the increase of porosity, the amount of
retained fracturing fluids in the core will decrease, while

when the permeability decreases, the amount of retained
fracturing fluids in the core will increase. Among them,
compared with porosity, the correlation between core per-
meability and retained water is good. The results show that,
in the actual production process, there will be more fractur-
ing fluid retention in the tight core and more fracturing fluid
retention in the reservoir; then, the retained fracturing fluids
in the reservoir will replace the oil in the micro pores under
the appropriate well shut-in time, thus producing more oil.
This is different from the traditional production wells that
require rapid flow-back. For conventional oil well exploita-
tion, the reservoir permeability is relatively high, and the
retained fracturing fluids that can be retained in the forma-
tion itself is less, so the displacement effect is not significant.
Therefore, the rapid flow-back method is required to effec-
tively avoid reservoir damage. However, in the tight reser-
voir, it has low permeability, and the fracturing fluids is
mostly slippery water system, so the reservoir itself is less
damaged by the fracturing fluids. At the same time, the frac-
turing fluids flow-back rate is very low. In addition, the
retained fracturing fluids will displace the oil that is difficult
to flow in the tight reservoir, thus increasing the production
of oil wells. Therefore, the most important thing in tight res-
ervoirs is to determine the reasonable shut in time and give
full play to its advantages of imbibition displacement, rather
than blindly pursuing a high flow-back rate.

Figure 10 shows the permeability change before and after
core fracturing fluid retention. It can be seen from the figure
that the permeability after fracturing fluid retention has
decreased to a certain extent compared with the permeability
before core fracturing fluid retention. This is due to the high
content of clay minerals in low-permeability reservoirs. In
the process of saturated oil, some oil will be adsorbed by clay
minerals. With their gradual accumulation and occupation,
the originally small pore space will be further reduced, which
greatly reduces the porosity and permeability, increases the
thickness of the boundary layer, and aggravates the influence
of the boundary layer on seepage. The pore space of clay
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Figure 11: Continued.
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minerals, such as illite, with a large content in the reservoir
in this area, is often filled by them, resulting in the narrowing
or even disappearance of the pore throat, increasing the het-
erogeneity of the pore throat, and increasing the uncertainty
and complexity of the fracturing fluid retention process.
Therefore, there are a large number of clay minerals in the
tight reservoir that affect the structure of the pore throat and
lead to a significant increase in its microheterogeneity, making
the pore throat thinner and poor connectivity, reducing the
seepage channel and greatly reducing its permeability.

3.3. Influence of Retained Fracturing Fluids on Wettability.
The wettability is evaluated according to the evaluation stan-
dard of wettability. When the mixed wettability index is
greater than 0, it indicates that the hydrophilic part in the

core is more than the lipophilic part, which generally shows
the hydrophilic characteristics. The higher value will cause
stronger hydrophilicity of the core. When the mixed wetta-
bility index is less than 0, it indicates that the lipophilic part
of the core is more than the hydrophilic part, showing the
characteristics of lipophilicity in general. The lower value
indicates the stronger lipophilicity of the core. The measured
T2 spectrum is shown in Figure 11.

The results of the mixed wettability of core slices are
shown in Table 3. From the table, it shows that the average
hydrophilic coefficient of core slices used in this experiment
is 0.598. The average lipophilic coefficient is 0.402, and the
average mixed wettability index is 0.196. The wettability is
generally weak and hydrophilic. The average hydrophilicity
coefficient, oil affinity coefficient, and mixed wettability
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Figure 11: NMR spectra of different core slices.

Table 3: Mixed wettability test results of different core slices.

No.
Before fracturing fluid retention After fracturing fluid retention

Hydrophilicity
coefficient

Lipophilic
coefficient

Mixed
wettability

Wettability
Hydrophilicity
coefficient

Lipophilic
coefficient

Mixed
wettability

Wettability

A-
1

0.577 0.422 0.154
Weak

hydrophilicity
0.572 0.427 0.145

Weak
hydrophilicity

A-
2

0.574 0.425 0.149
Weak

hydrophilicity
0.608 0.391 0.217

Weak
hydrophilicity

A-
3

0.527 0.472 0.055 Neutral 0.649 0.350 0.299
Weak

hydrophilicity

A-
4

0.641 0.358 0.283
Weak

hydrophilicity
0.655 0.344 0.311 Hydrophilicity

A-
5

0.636 0.363 0.273
Weak

hydrophilicity
0.639 0.360 0.278

Weak
hydrophilicity

B-4 0.634 0.365 0.268
Weak

hydrophilicity
0.715 0.284 0.430 Hydrophilicity
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index of the core slice measured again after the retention of
the fracturing fluids are 0.640, 0.360, and 0.280, respectively.
It can be seen that the mixed wettability index of the core
slice before and after the retention of the fracturing fluids
increases slightly, but it is still in the range of weak hydro-
philicity. Therefore, the retained fracturing fluids during
the fracturing process have little impact on the reservoir wet-
tability, and there is no wettability inversion.

4. Conclusions

Under laboratory experimental conditions, this paper stud-
ies the influence of retained fracturing fluids on reservoir
physical properties by using core thin section and nuclear
magnetic resonance technology, clarifies the distribution of
retained fracturing fluids in the core, and reveals the influ-
ence rule of retained fracturing fluids on tight reservoir per-
meability and wettability.

(1) The retention of fracturing fluids and oil in micro-
pores is studied using nuclear magnetic resonance
technology and a stereoscopic microscope. The main
retention space of retained fracturing fluids in tight
reservoirs is a microporous interval. The residual
oil after displacement by retained fracturing fluids
mainly exists in the core in the form of dots or
patches

(2) There will be more retained fracturing fluids in the
tight core. The smaller permeability and porosity of
the core will cause the more retained fracturing
fluids. The permeability of different cores after frac-
turing fluid retention has decreased to varying
degrees compared with that before fracturing fluid
retention. In tight reservoirs, clay minerals will
expand or migrate when encountering retained frac-
turing fluids, which will occupy the pore space,
reducing the porosity and poor permeability

(3) Using the method of evaluating the overall mixed
wettability of tight cores, combining the indoor core
physical simulation with nuclear magnetic resonance
technology, the wettability of core slices before and
after the test is tested, and the retained fracturing
fluids has no significant impact on the reservoir
wettability
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With the continuous exploration and development of unconventional oil and gas reservoirs, volume fracturing technology
becomes one of the necessary measures for developing shale gas and tight sandstone gas reservoirs effectively. Volume
fracturing technology usually uses slickwater and drag-reducing agent as the core of the fracturing system. The composition of
the fracturing system is the main factor determining its performance. Polyacrylamide has many amide groups in its main
chain, high activity, and controllable performance, often in solid powder and liquid emulsion states. Furthermore,
polyacrylamide which is the water-soluble drag-reducing agent is most widely used in applying current shale gas slickwater
fracturing operations. Due to the low viscosity and poor sand-carrying capacity of slickwater, proppant easily settles at the
bottom of hydraulic fractures. This phenomenon influences the stimulation effect of volume fracturing. Therefore, the law of
sand carrying and placement of proppant in hydraulic fractures in volume fracturing plays an essential role in determining the
success of the stimulation effect of volume fracturing. Through the visualization device of proppant transport in the fracture,
the settlement of proppant in the fracture was studied experimentally. And through experimental equipment, the effects of
different operation pumping rates, liquid viscosity, proppant type, and proppant pumping schedule on the stimulation effect
were studied. The experimental results can provide strong support for volume fracturing into well material optimization and
operation parameter optimization for unconventional oil and gas reservoirs.

1. Introduction

With the continuous exploration and development of uncon-
ventional oil and gas reservoirs, hydraulic fracturing has
become one of the necessary measures for increasing the
production of low-permeability and extra-low-permeability
reservoirs [1–3]. Reservoir stimulation of shale and tight
sandstone by the combination of volume fracturing, seg-
mented multicluster perforation, and high pumping rate
and the large amount of fracturing fluid usage, slickwater,
and temporary plugging agent techniques can provide com-
munication between natural fractures and rock stratigraphy.
Furthermore, by communicating between natural fractures

and rock laminae, the hydraulic fractures are interwoven with
multilevel secondary fractures to form a fracture network sys-
tem [4–7]. The fracture network system can “break up” the
effective reservoir where seepage can take place, maximize
the contact area between the fractures and the reservoir, and
increase the volume of the reservoir stimulation as much as
possible. It enables the shortest percolation distance of oil
and gas from the matrix in any direction to the fracture; dra-
matically improves the overall permeability of the reservoir;
realizes a comprehensive transformation of the reservoir in
the three-dimensional direction of length, width, and height;
increases the percolation area and inflow capacity; and
improves the initial production and final recovery [8–13].
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Due to the low viscosity of slickwater, the capacity for
sand carrying is poor, so it is necessary to improve the
sand-carrying capacity of fracturing fluid by increasing the
injection rate of slickwater [14, 15]. However, the friction
resistance in the pipeline is increased by this measure. As
such, the drag-reducing agent becomes the core of slick-
water fracturing technology and plays a decisive role. Fur-
thermore, the drag-reducing agent has become a research
hotspot all around the world. Polyacrylamide is a synthetic
polymer obtained by the copolymerization of acrylamide
and other monomers, including cationic, anionic, nonionic,
and amphoteric polyacrylamide. Polyacrylamide that can be
dissolved in water in any proportion is a long-chain macro-
molecule, and it has good thermal stability and drag reduc-
tion performance. Polyacrylamide has a large number of
amide groups in the main chain, with high activity and
controllable performance, usually in the state of solid pow-
der and liquid. And polyacrylamide is the most widely used
water-soluble dampening agent in shale gas slickwater frac-
turing operation [16, 17].

In shale gas and tight sandstone fracturing, due to the
low viscosity of slickwater, poor sand-carrying capacity,
and fast settling rate of proppant, the exorbitant concentra-
tion of proppant during operation is likely to cause sand
plugging [18, 19]. However, the low concentration of prop-
pant will reduce the concentration of sand laid in the frac-
tures and the effects of fracturing stimulation. Due to the
development of microfractures in the reservoir, fracturing
will induce a large amount of slickwater filtration loss. And
the slickwater filtration loss exacerbates the difficulty of
proppant transport. As the height of the sand dike increases,
the slickwater overflow area in the fracture decreases, and
the liquid flow rate gradually increases. When the fluid flow
rate increases to the extent that the proppant can reach
dynamic suspension, the height of the sand dike is the equi-
librium height. There is no proppant filling at the top of the
fracture above the equilibrium height at this time. The prop-
pant often settles at the bottom of the fracture, while there is
no proppant placement in the upper part of the fracture and
away from the wellbore end. This situation reduces the frac-
ture inflow capacity and effects of fracturing stimulation.
Therefore, studying the law of proppant carrying, transport,
settling, and placement pattern in the fracture is crucial. The
placement of proppant in the hydraulic fracturing process is
essential to the outcome of the fracturing operation. The
prediction of proppant placement is also the key to the
design and evaluation of hydraulic fracturing [20–23].

In recent years, the studies of the sand-carrying capacity
of slickwater were mainly based on laboratory experiments
and numerical simulations. In the experimental studies, Liu
et al. [24], Wu and Sharma [25], Hu et al. [26], and other
researchers carry out experimental studies under different
conditions of fracture width, pumping rate, and particle size.
Through the experimental studies, they obtain the accumu-
lation process of sand settlement and the various patterns
of equilibrium height. Furthermore, they derived the empir-
ical equations of equilibrium height, equilibrium velocity,
and other characteristic parameters. In the field of numerical
simulation, Olaleye et al. [27], Akhshik and Rajabi [28], Suri

et al. [29], and Guo et al. [30] used the CFD method to sim-
ulate the transport process of proppant settlement in differ-
ent fractures. Zhang et al. [31] use a coupled CFD-DEM
method to establish a solid-liquid mixing model between
parallel plates to analyze the microscopic sand-carrying
mechanism of fracturing fluid in hydraulic fracturing. In
general, the researches on the law of the carry and transport
of proppant during the fracturing process were mainly
theoretical. Field operation is often based on experience or
software simulations, and there are few systematic experi-
mental studies [32, 33]. The rheology of the liquid, flow rate,
concentration, and density of proppant affect the sand-
carrying capacity of slickwater, which is not conducive to
grasping the laws of proppant placement, roll-up, and sand
settlement distribution during sand addition [34–37]. Thus,
it is necessary to carry out systematic research and analysis
to compare and select fracturing fluid and proppant param-
eters and optimize fracturing operation parameters to ensure
the formation of effective proppant placement and improve
fracture conductivity [38–40].

In this paper, the proppant transport visualization device
is used to observe the flow status of the sand-carrying fluid
in the fracture, the scouring and carrying performance of
the fluid on the proppant, and the proppant transport and
settlement status through the transparent glass. By changing
parameters such as pumping rate, fluid viscosity, proppant
type, and pumping schedule, experimental research on the
law of sand carrying and settlement in proppant-supported
fracture was carried out. And the effects of different factors
in volume fracturing on the sand-carrying capacity of slick-
water and the settlement pattern of proppant were studied
by quantitative analysis of experimental results. The research
results can provide strong technical support for the preferen-
tial selection of volume fracturing entry materials and opti-
mization of operation parameters for unconventional oil
and gas reservoirs.

2. Experimental Methods

2.1. Experimental Materials. The slickwater system is com-
monly used in volume fracturing, and the slickwater system
is formed by compounding additives such as drag-reducing
agent, clay stabilizers, and drainage aids. The basic formula
of our configured slickwater system is water + 0:1 ~ 0:5%
emulsion drag − reducing agent + 0:25% clay stabilizer + 0:1%
drainage aid. Slickwater with different viscosity values can be
obtained by varying the amount of drag-reducing agent. We
adopted the evaluation method for the performance of
slickwater fracturing fluid which refers to the requirements
and technical indexes in industry-related standards of China
such as SY/T 5107-2016 (Performance Evaluation Method of
Water-based Fracturing Fluid), SY/T 5613-2000 (Test
Method of Physical and Chemical Properties of Mud Shale),
NB/T 14003.1-2015 (Slickwater Fracturing Fluid Part 1:
Performance Index and Evaluation Method), and other
industry-related standards and technical indexes for the eval-
uation method of slickwater fracturing fluid performance.
According to the standard, we conducted indoor testing to
evaluate the performance of the slickwater fracturing fluid

2 Geofluids



system. The evaluation indexes mainly include apparent per-
formance, resistance reduction rate, surface tension, and lin-
ear expansion rate, and the performance parameters of
slickwater are shown in Table 1.

We selected the ceramsite proppant that is commonly
used in current volume fracturing. According to the SY/T
5108-2014 (Test Method of Proppant Performance for
Hydraulic Fracturing and Gravel Filling Operations), the
basic properties of proppant such as density, roundness, tur-
bidity, acid solubility, and anticrushing rate are evaluated.
The performance parameters of the support agent are shown
in Table 2. Figure 1 shows the 40/70 mesh ceramsite prop-
pant appearance.

2.2. Experimental Device. Figures 2 and 3 show the techno-
logical process of the experimental device for visualization
of the flow state in proppant-supported fracture. The
experimental device comprises six parts: fluid supply and
pumping system, sand mixing system, powder delivery sys-
tem, visible fracture system, fluid recovery system, data
acquisition, and control system. Among these six parts,
the width and height of the visible fracture system are
6mm and 0.6m. The length of the visible fracture system
is available in three modes, 2m, 4m, and 6m. The maxi-
mum pumping rate of the power delivery system is
200 L/min, which can complete the engineering simulation
experiment of the settlement pattern in the volume fractur-
ing proppant-supported fracture.

The device can simulate a segment of artificial fracture in
volume fracturing, which can be injected into the visual frac-
ture system at different velocities by a powered delivery sys-
tem. The flow of fracturing fluid or sand-carrying fluid in the
fracture and the proppant transport and placement can be
clearly observed through the transparent Plexiglas of the
visual fracture system.

2.3. Experimental Steps. The experimental schedule for the
visualization of the flow state in the proppant-supported
fracture is as follows:

Step 1: connect the experimental apparatus, ensure the
sealing of the experimental device, start the data acquisition
and control system of the experimental device, and clear the
data to zero.

Step 2: close the outlet of the sand mixing tank of the
sand mixing system, inject the amount of fracturing fluid
required for the experiment, calculate and measure the num-
ber of additives required for the slickwater, open the agitator
of the sand mixing tank, and add the required additives.

Step 3: open the outlet of the sand mixing tank, start the
screw pump of the fluid supply and pumping system, inject
fracturing fluid into the simulated fracture, and wait for the
fracturing fluid to fill the whole fracture.

Step 4: calculate and measure the number of proppant
particles required for the experiment, add it to the powder
delivery system, adjust the transfer velocity of the sand

Table 1: Performance parameters of slickwater.

Term Apparent viscosity (mPa·s) pH Surface tension (mN/m) Interfacial tension (mN/m)

Parameters 1~100 6.5~7.0 24~26 0.8~1.8
Term CST ratio Linear expansion rate (%) Residue content (mg/L) Resistance reduction rate (%)

Parameters 0.7~1.2 1.1~2.5 20~50 50~74

Table 2: 40/70 mesh ceramsite proppant performance parameters.

Term Average diameter (μm) Sphericity Acid solubility (%) Turbidity (FTU)

Parameters 320~370 0.9 3.1~6.4 38~79
Term Bulk density (g/cm3) Apparent density (g/cm3) 9% crushing grade of domestic proppant (K)

Parameters 1.5~1.8 2.5~2.9 12.5~15.0

Figure 1: 40/70 mesh ceramsite proppant appearance.

3Geofluids



transfer device to ensure that it is mixed with the fracturing
fluid in the sand mixing tank to reach dynamic equilibrium,
adjust it to the sand concentration required for the experi-
ment, turn on the screw pump and data acquisition system,
and start the experiment.

Step 5: from the time the proppant starts to enter the
fracture timing, the experimental process is filmed using
the high-resolution video camera in the data acquisition
and control system to record the proppant in proppant-
supported fracture settlement patterns throughout the experi-
mental process under different experimental conditions.

Step 6: after the sand mixing liquid is pumped, sand mix-
ing system, fluid supply and pumping system, and powder
delivery system are shut down, the data acquisition system
is closed, and the experiment is finished.

Step 7: the visible fracture system is flushed with clean
water. In the fluid recovery system, the proppant and frac-
turing fluid are separated and the proppant particles are col-
lected and dried for reuse, while the fracturing fluid is
uniformly recycled for disposal.

2.4. Experimental Scheme. The experiments follow the
Reynolds similarity principle by converting the volume
fracturing field operation pumping rate to the flow rate
of the intrafracture fluid in the visible fracture system
in the experimental setup, calculated as follows:

ve =
vf

hf ×wf × 2 × he ×weð Þ: ð1Þ

The parameters in Equation (1) are shown in Table 3.
At present, the characteristics of the volume fracturing

process are the high pumping rate, large amount of fractur-
ing fluid and proppant usage, small particle size, and low
sand ratio. The main technical parameters are as follows:
the horizontal section is 1000~1500m long, divided into
15~20 segments, each segment is divided into 4~6 clusters
of perforation, the spacing of the cluster of perforation is
20~30m, the pumping rate is 10m3/min or more, the aver-
age sand ratio concentration is 100~240 kg/m3, the fractur-
ing fluid volume is 1500~2000m3 per segment, and the
proppant volume is 100~150 t per segment. The fracturing
fluid system combines slickwater and linear rubber, and
the proppant volume is mainly 40/70 mesh.

In order to study the effects of pumping rate, fluid vis-
cosity, proppant density, and proppant pumping schedule
on the law of proppant settlement, we combined the current
field volume fracturing operation parameters to design
experiment cases, such as in Table 4.

3. The Characteristics of Sand
Carrying by Slickwater

Figure 4 indicates the transport process of proppant in frac-
ture, where Ho is defined as the fracture height and He is
defined as the equilibrium height of the sand dike. After
the proppant particles enter the fracture, the sand dike will

Fluid supply and pumping system

Fluid recovery system

Visible fracture system

Sand mixing system

Powder delivery system

Figure 2: The technological process of an experimental device for visualization of flow state in proppant-supported fracture.

Figure 3: Experimental device for visualization of proppant flow
state in proppant-supported fracture.
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gradually accumulate with time. Until the height of the sand
dike no longer increases, it is the equilibrium height. The
t1~t8 are the sand dike forms under the nth minute.

It was found that in the first to fourth minutes of the
initial stage of sand carrying by slickwater, the sand-
carrying liquid flows out from the borehole at high veloc-
ity. The proppant settles to the bottom of the fracture by
gravity to form a sand dike. With the sand-carrying liq-
uid’s continuous pumping, the length and height of the
sand dike gradually increase. Finally, the sand dike gradu-
ally reaches the equilibrium height near the fracture inlet.
After reaching equilibrium height, proppant particles rolled
up and sunk in the fracture reach equilibrium, and the
height of the sand dike remains unchanged. This stage is
sand dike formation.

In the intermediate stage of sand carrying by slickwater
at 5-6 minutes, the gap between the top of the sand dike
and the top of the fracture will reduce to a minimum when
the sand dike near the wellbore reaches the equilibrium
height. Because the number of proppant particles settling
at this location equals the number of proppant being carried
away, settlement occurs after the proppant is transported to
the sand dike to reach the equilibrium height. Due to the
injected sand-carrying liquid, the dike of sand that has
reached equilibrium height flows over it and settles before
flowing to a location where it has not yet reached equilib-
rium height. Thus, the final equilibrium height will keep
moving towards the flow direction towards the front of the
flow. This stage is sand dike balance.

At 7-8 minutes of the final stage of sand carrying by
slickwater, the front section of the sand dike reaches the
equilibrium height. In this stage, the sand dike grows only

in the length direction with the injection of sand-carrying
liquid, and the height always maintains the equilibrium
height, and the sand dike always grows forward with the
equilibrium height. This stage is sand dike advancement.

In summary, the whole process of sand carrying by slick-
water and proppant settlement in fractures can be divided
into three stages: sand dike formation, sand dike balance,
and sand dike advancement.

4. Experimental Results and Analysis

4.1. The Effect of Pumping Rate on the Law of Sand Carrying
by Slickwater. Volume fracturing with large fluid volumes
and a high pumping rate is usually used to stimulate the
shale gas and tight gas reservoirs. Under the condition of
the same total proppant dose and concentration of prop-
pant, we studied the effect of pumping rate on the law of
sand carrying by slickwater. The pumping rates in the exper-
imental cases are 40 L/min, 60 L/min, and 80 L/min. These
three cases correspond to field operation pumping rates of
6m3/min, 8m3/min, and 12m3/min, respectively. The
height of the sand dike with different pumping rates at dif-
ferent times is shown in Figure 5, and the final shape of
the sand dike is shown in Figure 6.

From Figures 5 and 6, we can see that different pumping
rates have a significant effect on the shape of the sand dike
under the condition. As the pumping rate increases, the hor-
izontal transport velocity of particles increases, and the equi-
librium height of the sand dike decreases. The equilibrium
height of the sand dike is 0.44m when the pumping rate is
40 L/min, 0.42m when it is 60 L/min, and 0.39m when it is
80 L/min. The pumping rate increases cause the sand dike

Table 4: Experimental scheme of proppant settlement and transport in proppant-supported fracture of volumetric fracturing proppant.

No.
Pumping rate

(L/min)
Liquid viscosity

(mPa·s)
Proppant bulk density

(g/cm3)
Proppant concentration

(kg/m3)
Proppant pumping schedule

1 40 3 1.50 150 Sand uniformly throughout the whole process

2 60 3 1.50 150 Sand uniformly throughout the whole process

3 80 3 1.50 150 Sand uniformly throughout the whole process

4 80 30 1.50 150 Sand uniformly throughout the whole process

5 80 100 1.50 150 Sand uniformly throughout the whole process

6 60 3 1.65 150 Sand uniformly throughout the whole process

7 60 3 1.80 150 Sand uniformly throughout the whole process

8 60 3 1.50 80~220 Slope sand throughout the whole process

9 60 3 1.50 80~220 Slug slope sand throughout the whole process

Table 3: Meaning of the symbols in Equation (1).

Symbol Ve V f hf

Meaning Pumping rate of indoor experiment (m3/min) Field pumping rate (m3/min) The height of the hydraulic fracture (m)

Symbol Wf He We

Meaning
The width of the hydraulic

fracture (mm)
The height of fracture in visible

fracture system (m)
The width of the fracture in the visible

fracture system (mm)
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to become gentle and tend to transport deep into the frac-
ture. Thus, the proppant cannot be delivered deep into the
fracture when the pumping rate is low. During the process
of field operation, to form a long and effective proppant-
supported fracture, the operation pumping rate should be
increased as much as the conditions allow. However, we can-
not increase the pumping rate without limitation because the
pumping rate increase causes equilibrium height reduction
and low concentration of proppant near the fracture inlet.
This is not conducive to forming proppant-supported frac-
ture with high conductivity at the fracture inlet, as shown
in Figure 6.

4.2. The Effect of Liquid Viscosity on the Law of Sand
Carrying by Slickwater. The advantages of low viscous slick-
water are low reservoir damage, large stimulation reservoir
volume, and low cost, but the disadvantage is limited sand-
carrying capacity. The high-viscosity fracturing fluid has a
positive sand-carrying capacity, but it is harmful to the res-
ervoir and too expensive. To improve the sand-carrying
capacity of slickwater and reduce reservoir damage and the
cost of volume fracturing, we need to establish a variable-
viscosity slickwater liquid system. Thus, we investigated the
effect of liquid viscosity on the law of proppant settlement
in slickwater. The results of this part of the study can guide
the optimal formation of a variable-viscosity slickwater liq-
uid system to meet the requirements of increasing the vol-
ume of reservoir stimulation and sand-carrying capacity of
slickwater. The cases used in the experiments were all per-
formed under the same total proppant and pumping rate
conditions. The pumping rate in the experiment is 80 L/
min. Figure 7 reveals the height of the sand dike at different
times with different liquid viscosities, and Figure 8 shows the
final shape of the sand dike. It can be seen in Figure 7 that
the viscosity is 3mPa·s, 30mPa·s, and 100mPa·s, respec-
tively, when the liquid is low-viscosity slickwater, medium-
viscosity slickwater, and high-viscosity slickwater. The time
to reach equilibrium height for sand dikes with low viscous
slickwater and medium viscous slickwater was 4.0min and
3.0min, respectively. The equilibrium heights of sand dikes
are 0.41m and 0.32m for low viscous slickwater (viscosity
of 3mPa·s) and medium viscous slickwater (30mPa·s) con-
ditions, respectively, as shown in Figure 8. Due to the high
viscous slickwater with high sand-carrying capacity, the
proppant advances uniformly forward in the fracture, and
the settlement rate is slow. The sand dike advances uni-
formly in the fracture.

In summary, the effect of slickwater viscosity on the law
of sand-carrying capacity by slickwater is consistent with the

H0
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t2

t3

t4

H0

He

He

H0He

t1-4

t1-6

t6t5

t7 t8

Figure 4: The process of sand carrying by slickwater and proppant transport.
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Figure 5: The height of the sand dike in sand carrying by
slickwater with different pumping rates.
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trend of pumping rate on the law of sand carrying by slick-
water. Furthermore, the effect of liquid viscosity on the
sand-carrying capacity of slickwater is more significant than
the pumping rate. Therefore, during field operation in order
to form the proppant-supported fracture with a longer
length and higher conductivity, slickwater with high viscos-
ity should be selected as far as possible under the condition
of satisfying the reservoir damage so that the proppant can
be transported to the fracture tips.

4.3. The Effect of Proppant Bulk Density on the Law of Sand
Carrying by Slickwater. Proppant is used in volume fractur-
ing to establish proppant-supported fracture with high con-
ductivity, thus ensuring the reservoir stimulation effect.
Under the condition of the same total proppant dose and

pumping rate, the study on the effect of different proppant
types on the settlement pattern of proppant was carried
out, which adopts the pumping rate was 60 L/min. Figure 9
indicates the height of the sand dike at different times with
different proppant densities, and the final shape of the sand
dike is shown in Figure 10. It was found that different prop-
pant density impacts the shape of the sand dike at the same
total proppant dose and pumping rate. As the proppant den-
sity decreases, the horizontal transport velocity of particles
decreases, and the equilibrium height of the sand dike
decreases. When the proppant density is 1.80 g/cm3, the
sand dike equilibrium height is 450mm. When the proppant
density is 1.65 g/cm3, the sand dike equilibrium height is
0.43m. When the proppant density is 1.50 g/cm3, the sand
dike equilibrium height is 0.42m. Sand dike thus becomes
smoother, and similar to the increased pumping rate, there
is a tendency for proppant to be transported deeper into
the fractures. Overall, the influence of proppant density on
proppant settling law is opposite to the influence of
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Figure 6: The shape of the sand dike formed by proppant sedimentation in sand carrying by slickwater with different pumping rates.
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Figure 7: The height of the sand dike in sand carrying by
slickwater with different liquid viscosities.
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pumping rate on proppant settling law, and the influence of
proppant density on proppant settling law is smaller than
the influence of pumping rate on proppant settling law. Dur-
ing the field construction, to form the proppant-supported
fracture with a longer length and higher conductivity, low-
density proppant should be used as much as possible under
the condition that the compressive strength of the proppant
is satisfied, which can make the proppant delivered to the
depth of the fractures.

4.4. The Effect of Proppant Pumping Schedule on the Law of
Proppant Settlement. In order to meet the needs of the reser-
voir stimulation, slope sand and slug slope sand pumps are
selected to inject the proppant schedule [13, 14]. Thus, we
researched the effect of the proppant pumping schedule on

the law of proppant settlement with the condition of the
same total proppant dose and pumping rate, and the pump-
ing rate in the experiment was 60L/min. Figure 11 shows the
height of the sand dike at different times with different prop-
pant pumping schedules, and the final shape of the sand dike
is shown in Figure 12. Different proppant pumping sched-
ules significantly affect sand dike morphology for the same
total proppant dose and pumping rate. The height of the
sand dike grows more rapidly in uniform sand addition
throughout the whole process. When slope sand addition is
used, the initial increase in the height of the sand dike is slow
due to the low proppant concentration at the beginning of
pumping. With slope sand addition, the proppant concen-
tration becomes more significant at the later stage of pump-
ing, resulting in an increase in proppant concentration at the
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Figure 9: The height of the sand dike in sand carrying by slickwater with different proppant densities.
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fracture inlet, which can form a proppant-supported fracture
with high conductivity. Compared to slope sand addition,
when slug slope sand addition is used, the proppant-free liq-
uid has a more substantial scouring effect on the sand dike.
It can transport the proppant to the depth of the fracture,
thus forming a better proppant-supported fracture both near
the fracture inlet and deeper in the fracture.

5. Conclusion

(1) With the pumping rate increases, the horizontal
transport velocity of particles increases and the equi-
librium height of the sand dike decreases, among

which the equilibrium height of the sand dike is
0.44m, 0.42m, and 0.39m for the pumping rate of
40 L/min, 60 L/min, and 80 L/min, respectively. The
pumping rate increases cause the sand dike to
become gentle and tend to transport deep into the
fracture. Thus, the pumping rate should be increased
as much as possible during the field operation pro-
cess of volume fracturing

(2) When the viscosity is low viscous slickwater (3mPa·s)
and medium viscous slickwater (30mPa·s), the equi-
librium height of the sand dike produced is 0.41m
and 0.32mm, respectively. Due to the high viscous
slickwater (viscosity 100mPa·s) with great sand-
carrying capacity, the proppant advances evenly for-
ward in the fracture, the settlement rate is slow, and
the sand dike advances evenly in the fracture. During
the field operation process, to form the proppant-
supported fracture with a longer length and higher
conductivity, slickwater with high viscosity should be
selected as much as possible under the acceptable con-
dition of reservoir damage, which can make the prop-
pant deliver to the depth of fractures

(3) As the density of the proppant decreases, the equilib-
rium height of the sand dike decreases, where the
equilibrium height of the sand dike is 0.45m,
0.43m, and 0.42m when the density of the proppant
is 1.80 g/cm3, 1.65 g/cm3, and 1.50 g/cm3, and the
sand dike thus becomes more gentle. During the field
operation process, to form the proppant-supported
fracture with a longer length and higher conductivity,
low-density proppant should be used as much as pos-
sible under the condition that the compressive
strength of the proppant is satisfied, which can enable
the proppant to be delivered deeper into the fractures

(4) In different proppant pumping schedules, the sand
dike height grows more rapidly when the whole pro-
cess of uniform sand addition is used. Because the
low concentration of proppant is selected at the
beginning of the pumping schedule, the initial
increase of the height of the sand dike is slower when
slope sand addition is used. Furthermore, the con-
centration of proppant at the fracture inlet and the
proppant-supported fracture with high conductivity
during later in the pumping schedule. Compared
with the slope sand addition, when slug slope sand
addition is used, the proppant-free liquid has a
stronger flushing effect on the sand dike. Thus, the
proppant is transported to the depth of the fracture.
And the proppant-supported fracture with higher
conductivity both near the fracture inlet and deep
in the fracture is formed. It can help achieve better
oil and gas production

Data Availability

The experiment data used to support the findings of this
study are included within the article.
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Figure 11: The height of the sand dike in sand carrying by
slickwater with different proppant pumping schedules.
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Weizhou 11-4N oilfield is a medium-low-porosity and low-permeability reservoir. The oilfield was initially developed by edge and
bottom water energy and then transferred to water injection development. Affected by poor physical properties and heterogeneity
of the reservoir, the oilfield appeared in the process of water injection development. When the water injection pressure increases,
the water injection volume continues to decrease, and it is difficult to meet the injection requirements. On the basis of the analysis
of reservoir heterogeneity, void structure, and clay minerals of reservoir, the water injection compatibility experiment, damage
evaluation experiment, and nuclear magnetic resonance-velocity sensitivity experiments were carried out to clarify the damage
in the process of oilfield water flooding development. Experiments show that the main causes of damage in Weizhou 11-4N
oilfield water flooding development process are water quality incompatibility and strong velocity-sensitive damage. The
determination of water type shows that the injected water and formation water are MgCl2 water type and NaHCO3 water type,
respectively, under the classification of Surin water type, resulting in the formation of scale with calcium carbonate as the main
component in the reservoir. Incompatibility of water quality is an important cause of reservoir damage and scaling. In the
reservoir-sensitive flow experiment, the experimental core showed strong velocity sensitivity, the average velocity sensitivity
damage rate was 466.31%, and the average critical velocity was 2.98m/d. Nuclear magnetic resonance experiments show that
the core has a significant decrease in average pore size after water flooding. The main damage range is the tiny throat of 0-
2 μm. In this paper, the main damage interval of velocity-sensitive damage in the Weizhou 11-4N area and the change trend of
void structure after velocity-sensitive experiment are clarified by nuclear magnetic resonance and velocity sensitivity
experiments. The main cause of block reservoir damage provides the basis for the oilfield to take targeted measures and
provides a guarantee for the efficient development of the subsequent oilfield.

1. Introduction

Weizhou 11-4N oilfield is located in the Beibu Gulf of the
South China Sea about 100 km away from Beihai city and
about 50 km away from Weizhou island. It was first
discovered in 1986 according to two-dimensional seismic
interpretation. The Paleogene of Weizhou 11-4N Oilfield
mainly develops the Weizhou formation, Liushagang forma-
tion, and Changliu formation. The main oil groups are L1V,

L1III, and L1I oil groups [1–5]. In the early stage of develop-
ment, depletion development was adopted, then gradually
adopt water injection development. In order to restore the
formation energy and maintain a high oil production rate,
in the process of water injection development, high injec-
tion volume water injection was used at the initial stage.
After water injection development for a period of time,
the water injection pressure continued to increase, and
the water injection volume decreased to varying degrees.
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The water injection volume of some water injection wells
has been reduced by 70%, and the oil production volume
of the corresponding oil production wells has also been
greatly reduced compared with the initial stage of water
injection, which seriously restricts the efficient development
of the oil field. It is particularly important to clarify the dam-
age to the reservoir caused by the speed sensitivity in water
flooding development and to improve the development ben-
efit for the subsequent depressurization and injection.

In 2008, Bedrikovetsky et al. [6] established a depth filter
loss model through theoretical analysis and experimental
research, obtained the particle concentration values at multi-
ple points through the indoor long core segment test, and
then used the least square method to obtain the core imped-
ance model. The damage evaluation parameters of the sys-
tem can be obtained. In 2009, Xijin and Feng [7] analyzed
the hydration mechanism of biotite and analyzed the influ-
ence on water injection according to the hydration process.
In the same year, Lijun and Yili [8] analyzed the influence
of capillary self-absorption on reservoir sensitivity evalua-
tion by using capillary self-absorption experiments on the
basis of reviewing the capillary self-absorption mechanism.
In 2014, on the basis of study on compatibility of water qual-
ity, Yutian et al. [9] used electron microscopy to analyze the
damage characteristics of scaling after water injection, sew-
age reinjection, etc. and believed that water quality incom-
patibility and high oil content in the sewage were the main
damage factor in the process of water injection.

In 2018, Ramez et al. [10] showed that low-salinity water
flooding can effectively improve water flooding effect and
reduce reservoir damage, and the optimal salinity is related
to the physical properties of the reservoir. In the same year,
Jianjun et al. [11] conducted an indoor evaluation of water-
flooding and scaling, combined with the analysis of core
minerals in the early and late stages of development, and
clarified the reservoir scaling mechanism, and made it clear
that scaling, velocity sensitivity, and water sensitivity are
the main damage types. In 2019, Lei et al. [12] applied the
global mobility theory to evaluate the results of water flood-
ing experiments with different salinities and established an
oil-water two-phase flow oil well productivity equation con-

sidering low-velocity non-Darcy flow and reservoir stress
sensitivity. The effects of reservoir properties and oil-water
two-phase seepage capacity on reservoir productivity were
quantitatively evaluated. In the same year, Moghadasi et al.
[13] showed that nanosilica has obvious effect of inhibiting
calcium sulfate scaling in formation water with high salinity
at appropriate temperature, but the effect is not obvious at
low salinity.

In 2020, based on the study of reservoir geological char-
acteristics, Dongyu et al. [14] used laboratory experiments to
determine the reservoir damage mechanism during water
injection and believed that strong water sensitivity and high
water injection intensity were the main damages in the
development process. In the same year, Wang and Zhou
[15] used electron microscope scanning technology to study
the difference in water plugging damage between uncracked
cores and cracked cores and evaluated the improvement
effect of the new nanoemulsion on microclogging and liquid
flow capacity. In 2021, Zhu et al. [16] reviewed the applica-
tion research progress of NMR technology in the role of
polymer gels, showing that it has broad application pros-
pects in evaluating the performance of gel and monitoring
the improvement effect of gel. In 2022, Negahdari et al.
[17] proposed a technology to optimize the injection water
composition of low-salinity water flooding using numerical
simulation. The study showed that the optimal injection
water composition in the same formation is not unique. Yi
et al. [18] used a neural network to predict and analyze res-
ervoir damage based on laboratory experimental results. The
above papers have done a lot of work in improving water
injection effect, reducing reservoir damage and reservoir
scaling mechanism, and inhibiting reservoir scaling. How-
ever, none of the above papers paid attention to the micro-
scopic damage mechanism of the reservoir. In this paper,
based on the analysis of Weizhou 11-4N reservoir character-
istics, the microscopic damage mechanism of the core and
the main size range of pore throat damage will be studied.
The potential damage mechanism of the reservoir was
analyzed by scanning electron microscope, X-ray diffraction,
and other experimental results, and the damage mechanism
of the reservoir was clarified by the indoor flooding
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Figure 1: Thin section of core casting of L1 section in Weizhou 11-4N oilfield.
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Figure 2: Continued.
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experiment. It provides strong guidance for the determina-
tion of efficient development and production and injection
measures. At the same time, combined with the water qual-
ity compatibility experiment, a comprehensive analysis of
the damage mechanism of water injection development in
oilfields was carried out to provide reference for subsequent
production practice.

2. Reservoir Overview

2.1. Analysis of Reservoir Heterogeneity. The fan delta front
subfacies is developed in the L1 section of Weizhou 11-4N,
which is dominated by underwater distributary channel
deposits. The lithological composition of the reservoir is rel-
atively complex, including glutenite, coarse sandstone, and

(c) Intergranular honeycomb layer

(d) Intergranular flaky illite

Figure 2: Core electron microscopic diagram of Liu 1 formation in Weizhou 11-4N oilfield (Wang Yanxing, [19]).
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silt-fine sandstone. The lithology is mixed and the sorting
ability is poor; the overall reservoir distribution is not stable,
and the vertical interlayers are developed, which are thin and
interbedded, the plane phase change is fast, the lateral
change is violent, and the heterogeneity is strong [5, 19].
The relative physical properties of several cores obtained
from the field were measured, and the porosity of the cores
was mainly distributed in the range of 9.65% to 22.27%, with
an average of 15.37%; the average permeability of the cores
was 12:62 × 10−3 μm2.

2.2. Analysis of Pore Structure. Through the analysis of core
pore throat by casting thin section (Figure 1), there are very
few carbonate dissolved pores and intercrystalline pores in
the core, and the feldspar dissolved pores are formed by local
dissolution of feldspar. The quartz is cut through by micro-

fractures and filled with micrite calcite. The intercrystalline
pores and dissolved pores are randomly distributed, and
the connectivity is general, but the heterogeneity is strong.

It can be seen from the core electron microscope images
(Figures 2(a) and 2(b)) that the core pores are poorly devel-
oped, mainly intercrystalline pores, accompanied by a cer-
tain amount of feldspar dissolved pores, and there are few
intercrystalline dissolved pores [5, 20]. The diagenetic authi-
genic clay mixed layer and chlorite were produced in a liner
type and filled with pores, and no increase in quartz was evi-
dent. Combined with the research of Yanxing et al.
(Figures 2(c) and 2(d)), the dissolution pores on the grain
surface in this area were observed. There are mixed layers
of authigenic quartz, flaky illite, and lamellar illite. During
waterflooding development, illite can migrate under the
action of water and fluid to block the pore throat, which

Table 1: clay mineral composition table of L1 section in Weizhou 11-4 N oilfield.

Number
Core

number

Well
depth
(m)

Quartz
(%)

Total amount of clay
minerals (%)

Other
minerals

(%)

Illite
(%)

Kaolinite
(%)

Mixed layer of illite and
montmorillonite (%)

Chlorite
(%)

1 2-1 2603.09 70.50 14.40 15.10 70.00 11.00 15.00 4.00

2 2-4 2934.59 71.50 17.80 10.70 61.00 25.00 11.00 3.00

3 2-8 2217.00 85.20 8.20 6.60 44.00 32.00 18.00 6.00

4 2-10 2514.80 85.80 7.10 7.10 43.00 44.00 7.00 6.00

5 2-21 2778.00 87.50 9.10 3.40 48.00 39.00 9.00 4.00

6 2-13 3132.60 81.00 14.00 5.00 77.00 7.00 12.00 4.00

7 2-29 3139.50 83.00 15.30 1.70 68.00 11.00 14.00 7.00

8 2-35 2777.70 86.90 4.60 8.50 70.00 10.00 16.00 4.00

Statistics

Maximum value 87.50 17.80 15.10 77.00 44.00 18.00 7.00

Maximum value 70.50 4.60 1.70 43.00 7.00 7.00 3.00

Mean value 81.43 11.31 7.26 60.13 22.38 12.75 4.75

Table 2: Water sample ion concentration of the Weizhou 11-4N oilfield.

Water type
Cation (mg/L) Anions (mg/L)

Total mineralization (mg/L) pH value
K++Na+ Mg2+ Ca2+ Cl- HCO3

- SO4
2- CO3

2-

Injection water 36.22 353.79 144.8 240.71 70.94 0.52 0 846.97 7

Formation water 2481 58 0 1427 4238 25 72 8301 7.71

Figure 3: Some samples with serious scale after 140 days of standing.
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has potential risk of speed-sensitive and water-sensitive
damage, which carries particles through fluid flushing and
leads to reservoir plugging.

2.3. Reservoir Clay Mineral Analysis. The analysis of clay
minerals in the cores by X-ray diffraction (Table 1) shows
the content of clay minerals in the L1 section is 4.6%-
17.8%, with an average of 11.31%. Among the clay minerals,

the content of illite, which is easy to cause water-sensitive
and speed-sensitive damage, is relatively high, followed by
kaolinite. The honeycomb-like and flake-like microscopic
morphology of illite and kaolinite determines that when
the injected fluid flow rate and salinity change, the particles
may disperse and migrate, which in turn blocks other pore
throats, resulting in a decrease in permeability and a
decrease in the ability to absorb and inject water. In the L1
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section, illite accounts for 60.13% of clay minerals on aver-
age, kaolinite accounts for 22.38% on average, and
velocity-sensitive clay minerals account for as high as
82.51%. There is a potential risk of relatively strong
velocity-sensitive damage in the reservoirs of L1 section.

3. Compatibility Test of Injected Water

On the basis of the ion composition of formation water
obtained from the analysis of oilfield data, the sampling
was measured according to “SL394.1-2007 Determination
of 34 Elements such as Lead, Cadmium, Vanadium, Phos-
phorus - Inductively Coupled Plasma Atomic Emission
Spectroscopy (ICP-AES).” The cations of the injected
water were then measured by the EDTD volumetric
method, the acid-base titration method, and the silver
nitrate method to measure the sulfate ion content, the car-
bonate, bicarbonate ion concentration, and the chloride
ion concentration. The measurement results are shown in
Table 2. According to the difference in water type and
salinity between the injected water and the formation
water from external operations, the injected water and for-
mation water were analyzed by the Surin water type clas-
sification. The experimental results show that the
formation water type is NaHCO3, while the injection water
type is MgCl2. According to the difference in ion and
salinity of formation water and injection water, there is a
potential incompatibility problem [21–27].

To clarify the compatibility of injected water and for-
mation water, an appropriate amount of simulated forma-
tion water and injection water were prepared according to
the analysis results of oilfield water samples. On the basis
of filtering membrane to remove suspended particles, the
injected water and formation water were fully mixed
according to the following proportions 1 : 0, 9 : 1, 8 : 2,
7 : 3, 6 : 4, 5 : 5, 4 : 6, 3 : 7, 2 : 8, 1 : 9, and 0 : 1 and then 11
groups of it were made. After mixing, take 200mL of each

water sample and place it in a closed sampling bottle and
stand at 26°C for 140 days to observe the compatibility of
injected water and formation water under different mixed
concentrations. We filter on the filter and analyze its ion
concentration. The results of naked eye observation and
the change of ion concentration of water samples are
shown in Figures 3 and 4, respectively. It can be seen from
Figure 3 that the injection water and formation water have
obvious scaling at 2 : 8-5 : 5, that is, the mixed water of
20% to 50% of the injection water. Furthermore, according
to the change diagram of mixed water ion concentration
(Figure 4), it can be seen that the mixed water samples
with a calcium ion loss rate of more than 30% have scal-
ing phenomenon, and magnesium ions have little change.
The results show that the injection water and formation
water in this area scale were changed. The sample is
mainly calcium carbonate. The laboratory evaluation
experiment on the compatibility of injected water and for-
mation water shows that Weizhou 11-4N oilfield has a
certain water quality incompatibility problem. During
long-term water injection development, due to the influ-
ence of calcium carbonate scaling at some mixed concen-
trations, the pore throats in the formation may be
blocked. As a result, the formation permeability decreases,
and the water injection volume decreases and the water
injection pressure increases.

Table 3: Experimental results of velocity sensitivity, water sensitivity and salt sensitivity in the Weizhou 11-4N oilfield.

Type of experiment Sample number Well depth (m) Lithology Damage rate (%) Damage assessment

Speed sensitivity A1 2208.53 Sandstones 96.68 Strong

Speed sensitivity A2 2209.17 Sandstones 1455.77 Strong

Speed sensitivity A3 2086.76 Sandstones 133.36 Strong

Speed sensitivity A4 2171.89 Sandstones 39.05 Moderately weak

Water sensitivity B1 2087.67 Sandstones 36.6 Moderately weak

Water sensitivity B2 2086.79 Sandstones 78.89 Strong

Water sensitivity B3 2209.41 Sandstones 33.04 Moderately weak

Water sensitivity B4 2092.31 Sandstones 32.79 Moderately weak

Water sensitivity B5 2088.73 Sandstones 41.27 Moderately weak

Water sensitivity B6 2087.49 Sandstones 29.75 Weak

Water sensitivity B7 2209.58 Sandstones 13.51 Weak

Salt sensitivity C1 2209.04 Sandstones 89.11 Strong

Salt sensitivity C2 2230.7 Sandstones 48.92 Moderately weak

Salt sensitivity C3 2221.84 Sandstones / None

Salt sensitivity C4 2225.38 Sandstones 35.35 Moderately weak

Table 4: Evaluation index of damage rate.

Damage rate (%) Degree of damage

Dv ≤ 5 None

5 <Dv ≤ 30 Weak

30 <Dv ≤ 50 Moderately weak

50 <Dv ≤ 70 Moderately strong

Dv > 70 Strong
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4. Damage Evaluation Experiment

4.1. Preparation and Process of the Experiment. Firstly,
according to “GB/T 29172-2012 Core Analysis Method,”
the experimental core was prepared, the porosity and per-
meability were measured by gas, and the simulated forma-
tion water was saturated by vacuum pumping. Then, the
reservoir sensitivity experiment of Weizhou 11-4N oilfield
was carried out according to the procedures and evaluation
indicators specified in the petroleum industry standard
“SY/T 5358-2010 Evaluation Method of Reservoir Sensitivity
Flow Experiment.” The experimental process is shown in
Figure 5, which mainly includes high-pressure microflow
displacement advection pump, manual confining pressure
pump, sealed intermediate container, core holder, pressure
gauge, and flow meter.

4.2. Result Analysis. According to the experimental method
and standard of “SY/T 5358-2010 Experimental Evaluation
Method for Reservoir Sensitive Flow,” laboratory evalua-
tion experiments on velocity-sensitive, water-sensitive,
and salt-sensitive damage of 15 cores in the Weizhou 11-
4N oilfield were carried out, respectively. The data and
experimental evaluation results are shown in Table 3.
According to the damage rate evaluation index (Table 4),
it can be seen that the Weizhou 11-4N oilfield has velocity
sensitivity ranging from moderately weak to strong, of
which the strong velocity sensitivity accounts for 75%.
There are water sensitivities ranging from weak to strong,
with moderately weak water sensitivities prevailing. There
are salt sensitivities ranging from non-existent to strong,
with moderately weak salt sensitivities prevailing. At the
same time, combined with the previous experimental
results, there are alkali-sensitive and acid-sensitive dam-
ages from no to weak.

From the experimental results of velocity-sensitive dam-
age evaluation of several cores (Figure 6), it can be seen that
except for the A2 core, whose permeability increases with

the increase of injection rate, the other three cores all show
that the permeability first increases and then decreases with
the increase of injection rate. According to the formula Dv
= ððjKn − KijÞ/KiÞ × 100%, the core permeability transfor-
mation rate caused by velocity sensitivity is calculated, where
Kn is the permeability of the rock sample under different
flow rates, and Ki is the permeability under the minimum
flow rate; the calculation formula of the damage rate is DV
=max ðDv2,Dv3,⋯,DvnÞ, the velocity-sensitive damage rate
of the 4 cores is 27.56%~1607.62%, with an average of
466.31%, and the critical flow rate is 2.68~3.48m/d, with
an average of 2.98m/d.

Further analysis of the results of the velocity sensitivity
experiments on the four cores shows that, except for the
A2 core, the other three cores all show that the permeabil-
ity becomes an inflection point before and after the injec-
tion flow rate of 0.75 cm3/min. When the injection flow
rate is less than 0.75 cm3/min, it increases with the injec-
tion rate. The permeability of the core increases, and the
permeability decreases with the increase of the flow rate
after the injection flow rate is greater than 0.75 cm3/min.
By analyzing the relationship between different flow rates
and permeability damage rate (Figure 7), at low flow rate
(flow rate less than 0.75 cm3/min), the permeability
increases with the increase of flow rate, and the permeabil-
ity damage rate increases with the increase of flow rate
and increase. At high flow rate (flow rate greater than
0.75 cm3/min), the permeability decreases with the increase
of flow rate, and the permeability damage rate also
decreases with the increase of flow rate. Combined with
the analysis of mineral composition and clay minerals, it
is believed that when the seepage velocity is low, the
migration of loose small particles in the core increases
the storage space and improves the core permeability.
Poor rock particles begin to migrate, migrate deep into
the formation, and plug at deep pore throats, resulting in
a decrease in overall permeability. It is reflected in the
mine field that the water absorption capacity is reduced
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and the water injection pressure is increased. Due to the
short length of the core used in the experiment, the phe-
nomenon of particle migration blocking the pore throat
is not obvious enough, and the decrease of permeability
is small. After analyzing the experimental process, it is
believed that the A2 core has serious internal fractures
due to external force factors before the experiment, which
leads to the continuous increase of permeability.

In order to verify the blockage caused by the velocity-
sensitive experiment, two cores D1 and D2 were selected
for velocity-sensitive experiments according to the above
standards, and then, the two cores before and after displace-

ment were tested by nuclear magnetic resonance. Compar-
ing the NMR data before and after displacement, it can be
observed that after the velocity sensitivity test, the distribu-
tion frequency curves of the two cores have decreased to
varying degrees in the interval of 0.1-100ms. It shows that
the proportion of small voids and small pore throats in the
cores of the two samples decreased to varying degrees after
the test. Larger pores and pore throats rise slightly or remain
basically unchanged.

According to the data obtained by the constant-rate
mercury intrusion experiment on the D1 and D2 cores
before and after the experiment, the distribution map of
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the pores and throats before and after the D1 and D2 cores
are drawn. From the analysis of Figures 8–10, it can be seen
that after the velocity sensitivity test of the two cores D1 and
D2, the proportion of pores with a size of 0-2μm has
decreased significantly. The proportion of larger pores (2-
5μm) increased slightly or remained basically unchanged.
D2 showed a significant decrease in the pore throat ratio
in the range of 5-6μm. The pores with larger size were not
significantly affected, and the overall proportion of the pores
basically did not change before and after the experiment.
Based on the analysis of the previous experiments, it is
believed that in the velocity-sensitive experiment, when the
flow velocity exceeds a certain limit, the loose small particles
on the walls of the larger pore throats in the core begin to
peel off, and these small particles migrate with the fluid.
When the channel is blocked, the roars with a size of 0-

2μm decrease significantly after the test, while the propor-
tion of the throats with larger size increases slightly due to
particle migration. The decrease in the proportion of pore
throats in the 5-6μm range of the D2 core is presumed to
be caused by operational errors or external factors during
the experiment.

At the same time, according to the data measured in
the experiment, the main flow throat radius of the D1 core
is 3.42μm before the experiment and 2.97μm after the
experiment. The average throat radius was 3.84μm before
the experiment and 3.41μm after the experiment
(Table 5). The radius of the mainstream throat was
4.68μm before the D2 core experiment and 3.98μm after
the experiment. The average throat radius was 4.63μm
before the experiment and 4.36μm after the experiment
(Table 6).
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5. Conclusion

(1) The content of clay minerals that are easy to cause
velocity-sensitive damage in the first-stage reservoir
of the Weizhou 11-4N oilfield exceeds 80%, and
other nonclay mineral formation particles such as
calcite and anorthite will also migrate with the fluid.
Effects of potential sensitivity damage

(2) According to the reservoir compatibility experiment,
the formation water and injection water of the Weiz-
hou 11-4N oilfield are NaHCO3 water type and
MgCl2 water type, respectively, and there is water
quality incompatibility. It is easy to form calcium
carbonate precipitation, which blocks the pore throat
and causes the permeability to decrease

(3) The velocity sensitivity test results show that the res-
ervoir in the first stage of the flow is strongly
velocity-sensitive damage, with an average damage
rate of 466.31% and an average critical flow rate of
2.98m/d. Add clay stabilizers and other methods to
reduce reservoir damage

(4) NMR experiments show that the velocity-sensitive
damage in Weizhou 11-4N oilfield mainly occurs
in the tiny throat of 0-2μm, and the main damage
is caused by the blockage of the throat caused by par-
ticle migration. Velocity-sensitive lesions in larger
throats and pores were less pronounced. After the
test, the average throat radius of the two cores
decreased. It can be concluded that the main reason
for velocity sensitivity in the Weizhou 11-4N oilfield
is the blockage of tiny throats caused by particle
migration

(5) Long-term water flooding development under the
action of various factors such as scaling and velocity
sensitivity, the pore size of the reservoir tends to
decrease, which will lead to a decrease in its perme-

ability, and a decrease in water absorption capacity,
which makes water flooding difficult
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Slug flow is one of the most common flow patterns in the petrochemical industry. It will affect the normal operation of oil well
surface pipelines and connected equipment, especially gas well multiphase flowmeters. The extant slug flow traps are complex
in structure and limited in application sites. To reduce the influence of slug flow on gas-liquid two-phase measurement, a slug
flow elimination device is designed based on the kinetic energy conversion method. The gas-liquid two-phase flow law inside
the device and its energy loss are investigated using a combination of indoor experiments and numerical simulations. This
study evaluates the device’s working performance, including the flow pattern, pressure fluctuation, velocity distribution, and
energy loss. The results show that the flow rate and pressure fluctuation of the gas-liquid two-phase flow are weakened after
the device. And the flow pattern changes from intermittent slug flow to gas-liquid continuous flow. The pressure drop
calculation method for the device is developed based on the share of different structures in the total pressure drop, with a
prediction error of 20%. The slug elimination device is designed to provide a flow pattern basis for metering equipment,
improve metering accuracy, and further promote the development of multiphase metering technology.

1. Introduction

The fluids produced from oil wells may be a gas-liquid two-
phase flow in many cases. Slug flow is a common gas-liquid
two-phase flow pattern. Slug flow will affect the stable oper-
ation of the oil well surface pipeline and the equipment con-
nected to the pipeline. In particular, slug flow will cause large
measurement errors in the real-time measurement of oil well
production [1]. A large number of studies have been con-
ducted to investigate the kinematic characteristics of slug
flow [2–5]. Based on the existing theories, the optimal
method to reduce or eliminate the slug flow is sought [6].
Meng et al. [7] and Zheng et al. [8] installed a cyclone

upstream of the gas-liquid measurement device to eliminate
the slug so that the flow through the measurement device is
annular. They concluded that the cyclone can force the
downstream flow pattern into an annular flow and obtained
a stable differential pressure, thus obtaining high measure-
ment accuracy. Passive section slug control can also be
achieved by using many devices or techniques, commonly
installing flow pattern adjusters [9, 10], multiple riser combi-
nations [11], gas lift method [12], bubble crushers [13], mix-
ing devices [14], and slug flow traps [15], etc. In general,
according to the site production needs, different types of slug
flow elimination devices can be chosen [16]. If the slug flow
can be effectively eliminated, it will not only provide a good
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flow basis for gas-liquid measurement but also improve the
stability of equipment operation [17, 18].

To eliminate the measurement error caused by a sudden
change in the flow pattern, the experimental study of the
slug flow elimination method under different working con-
ditions is the most convincing. Experimental studies are lim-
ited to some extent due to the disadvantages such as the high
cost of experimental equipment and low reusability.
Researchers began to seek more accurate and predictive tools
for the study of gas-liquid two-phase flow laws [19]. Among
them, Computational Fluid Dynamics (CFD) methods are
coming into the researchers’ view, and they will be a valuable
addition to the toolbox [20].

The purpose of this study is to eliminate or weaken
the slug flow and provide a stable flow pattern for gas-
liquid two-phase measurements while increasing the stabil-
ity of the instrument operation. Based on the principle of
kinetic energy conversion and turbulent diffusion [21], a
new slug flow elimination method is put forward to
change the distribution pattern of gas and liquid phases
[22]. This method can effectively reduce the slug flow fre-
quency and achieve the purpose of weakening or eliminat-
ing the slug flow. The performance of the slug flow
elimination device is tested by experimental and numerical
simulation, and the pressure drop calculation model of the
device is also established.

2. Model Building and Methodology

2.1. Slug Flow Model. When the gas-liquid two-phase flow
flows through the horizontal- or upward-inclined pipeline,
the liquid moves forward under the action of a pressure gra-
dient to overcome gravity and friction. When the pressure
gradient or gas-carrying role is large enough, the liquid has
a large kinetic energy and can flow together with the gas.
On the contrary, the impact of gravity and friction will move
the liquid behind the gas, causing the liquid to accumulate in
the pipe, and then generating hydraulic slug flow. Therefore,
if the energy of the liquid is increased by certain means, the
slug flow can be eliminated.

As shown in Figure 1, the total length of a hydraulic slug
flow unit is LS, which mainly consists of a liquid film zone
and a liquid slug zone. Assume that the length of the liquid
slug zone is LL and the length of the liquid film zone is LT ,
where the liquid film zone consists of Taylor bubbles and
liquid film. The hydraulic section slug flow is accompanied

by the accumulation of the liquid phase at the head of the
slug and the loss of the liquid phase at its tail during the
movement.

Taking the slug flow unit as the object of study, the con-
tinuity equation is established based on the conservation of
mass of the slug flow per unit of time.

Liquid :
vslρl
e

= vlltsHlsρl + vf t f Hlf ρl, ð1Þ

Gas :
vsgρg
e

= vlgts 1 −Hlsð Þρg + vTt f 1 −Hlf

À Á
ρg, ð2Þ

where vsl and vsg represent the superficial velocity of liq-
uid and gas, respectively, m/s. vll and vf represent the liquid
phase velocity in the liquid slug and liquid film zones,
respectively, m/s. Hls and Hlf represent the liquid holdup
in the liquid slug and liquid film zones, respectively, dimen-
sionless. e is the frequency of the slug flow, Hz. vlg and vT are
the bubble velocity and Taylor bubble velocity in the liquid
slug zone, respectively, m/s. ρl and ρg represent the density
of the liquid and gas, respectively, kg/m3. ts and t f represent
the time for the liquid slug and Taylor bubble to pass a
point, respectively, s.

ts =
LL
vll

, ð3Þ

t f =
Lf

vf
: ð4Þ

Substituting Equations (3) and (4) into Equations (1)
and (2), respectively, we get

vsl
e

= LLHlsvll
vla

+ Lf Hlf , ð5Þ

vsg
e

=
LLvlg
vla

1 −Hlsð Þ + Lf

vf
1 −Hlf

À Á
vT : ð6Þ

The Taylor bubble motion process causes the intercon-
version of the liquid slug and liquid film zones, and in the
steady state, the mass exchange is

Hls vT − vllð Þ =Hlf vT − vlf
À Á

: ð7Þ

vf

vll
vlg

vla
vT

LLLS

LT

𝜃

D

Film zone

Slug zone

Figure 1: Geometric model of the slug flow in the inner section of the slightly inclined pipe.
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A certain amount of liquid holdup is the basic condition
for the formation of slug flow. The liquid holdup in the liq-
uid slug zone is much larger than that in the liquid film zone
in the slug flow unit. The liquid holdup of the slug is calcu-
lated according to the relationship proposed by Gregory
[23], namely,

Hls =
1

1 + vm/8:66½ �1:39 : ð8Þ

The velocity of the mixture (vm) in the slug flow unit can
be expressed as

vm = vsl + vsg: ð9Þ

2.2. Structure and Working Principle. The elimination device
designed and processed in this study mainly consists of an
impacting tee, an ejector, a liquid accumulation riser, a liq-
uid storage pipe, and a gas pipe, and the structure is shown
in Figure 2(a). Among them, the main function of the
impacting tee is to separate the liquid slug area and liquid
film area of the slug flow unit, so that the gas-liquid two
phases are reorganized at the Venturi throat. When the slug
flow passes through the inlet impacting tee, the kinetic
energy of the liquid along the axial direction disappears
and flows into the liquid storage pipe by its gravity. The
impacting tee has little effect on the gas superficial velocity,
and the gas in the Taylor bubble enters the horizontal gas
pipe. The role of the ejector is to convert part of the gas
energy into the liquid. The gas velocity increases and pres-

sure decrease as it flows through the nozzle. Low pressure
draws the liquid in the accumulation riser into the mix
chamber (Figure 2(b)), achieving gas-liquid kinetic energy
exchange so that the liquid velocity increases. By recombin-
ing the gas-liquid phases through the ejector, the energy dis-
tribution of each phase in the pipe and the liquid content
distribution in the cross-section are changed. When the liq-
uid content of the treated section does not meet the condi-
tions for the formation of slug flow [24], the slug disappears.

3. Experimental System

3.1. Experimental Procedure. Water and air are used as
media for the experiment. The experimental fluid is supplied
through a water pump and an air compressor. The high-
pressure gas in the storage tank is dried and processed into
the slug flow elimination device. The separated gas is directly
discharged into the air, and the water is recycled. The exper-
imental flow is as shown in Figure 3. In this experiment, an
“L” riser is set at the inlet to simulate the slug flow, so that
the flow pattern entering the separation device is a slug flow.
The experimental setup is shown in Figure 4(d).

3.2. Experimental Equipment. The liquid flow rate is given by
adjusting the pump inverter to change the liquid flow rate
into the mixer. The gas flowmeter used in this experiment
is a thermal gas mass flowmeter with a measurement range
of 5m3/h to 400m3/h and an accuracy of ±1.5%. The liquid
flow rate is measured by a Coriolis force mass flowmeter
with a range of 0 to 1.5 kg/s and an accuracy of ±0.1%. Pres-
sure sensors are installed at the inlet and outlet of the
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elimination device to record the pressure change before
and after entering the device, to judge the effect of slug
flow elimination. The pressure sensors at the inlet and
outlet have a range of 0~0.6MPa and an accuracy of
±0.1%. The output of the flowmeter and differential pres-
sure sensor is a 4-20mA current signal, and all parameters
are collected and stored using an NI PCI-6220 64-bit mul-
tifunctional data acquisition card with a 200Hz data
acquisition frequency.

3.3. Numerical Simulation. Slug flow is an intermittent flow
between gas-liquid phases and requires specific operating
conditions to be formed. Therefore, this simulation utilizes
the user-defined function (UDF) to customize the gas-
liquid flow at the inlet to ensure that the two phases can
form a slug flow before entering the device. According to

the experimental findings, the loading and unloading pro-
cesses of the compressor lead to a sinusoidal variation of
the gas flow [25]. So the inlet mass flow curve is defined as
a sinusoidal fluctuation law during the numerical simula-
tion. The numerical simulation results are verified by exper-
iments with the same structure.

3.4. Physical Model and Grid. When building the physical
model, the inlet and outlet pipe lengths were increased to
observe the slug flow elimination effect. The inner diameters
of both outlet and inlet pipes are 60mm, the inner diameters
of both descending and inducing pipes are 25mm, and the
throat diameter ratio of the ejector is 0.4. To improve the
mesh quality and enhance the calculation accuracy, the
structure is first divided into blocks, and the structured
meshing method is used for the regular structure. The
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ejector and the impacting tee use the tetrahedral meshing
method, and the mesh structures are shown as follows in
Figures 4(a)–4(c).

3.5. Multiphase Flow Model. The VOF model is chosen for
this simulation to simulate the gas-liquid distribution law
with the following control equation.

∂αq
∂t

+ v! ⋅ ∇αq =
Sαq
ρq

: ð10Þ

By default, the source term at the right of Eq. (10) is zero,
except when a constant or a user-defined mass source is
specified for each phase. The volumetric ratio equation is
not solved for the main phase. The calculation of the volume
ratio for the main phase is based on the following constraint.

〠
n

q=1
αq = 1: ð11Þ

Solving for a single momentum equation over the entire
zone, the resulting velocity field is shared by all phases. As
shown below, the momentum equation depends on the vol-
ume ratio of all phases of ρ and μ.

∂
∂t

ρv!
� �

+∇ ⋅ ρv!v!
� �

= −∇p+∇ ⋅ μ ∇v!+∇v!
T� �h i

+ ρg! + F
!
: ð12Þ

In this simulation, the gas is used as the primary phase
and the liquid as the secondary phase, and the density in
each grid cell is calculated using the following equation.

ρ = ρgαq + ρl 1 − αq
À Á

, ð13Þ

where v! is the velocity of the fluid, αq is the q-th phase
volume fraction, ρq is the q-th density, p is the static pres-

sure, μ is the fluid’s dynamic viscosity, and F
!

is the surface
tension between the two phases.

3.6. Turbulence Model. The RNG k − ε model is capable of
simulating moderately complex flows such as jet impinge-
ment, separated flows, secondary flows, and cyclonic flows.
The model is derived from the transient N-S equation using
the mathematical method of the “renormalization group.”
The resolvability is converted from the standard k − εmodel,
and new functions or terms appear in the equations, whose
turbulent kinetic energy and dissipation rate equations are

ρ
Dk
Dt

= ∂
∂xi

αkμeffð Þ ∂k∂xi

� �
+Gk + Gb − ρε − YM , ð14Þ

ρ
Dε
Dt

= ∂
∂xi

αεμeffð Þ ∂ε∂xi

� �
+ C1ε

ε

k
Gk + C3εGbð Þ − C2ερ

ε2

k
− R,

ð15Þ
where Gk is the turbulent kinetic energy due to the veloc-

ity gradient; Gb is the turbulent kinetic energy due to buoy-

ancy; YM is the fluctuation due to the diffusion of the
transition in compressible turbulence; C1ε, C2ε, and C3ε are
constants; and αK and αε are the inverse of the effective tur-
bulent Prandtl number for the turbulent kinetic energy k
and the dissipation rate ε, respectively.

3.7. Boundary Conditions. The inlet and outlet boundary
types are set as the mass flow inlet and pressure outlet,
respectively. The inlet pressure is 0.1MPa, and the inlet mass
flow rate is assigned by UDF. The turbulence definition
method selects the turbulence intensity and hydraulic diam-
eter; the no-slip wall condition is used; i.e., the wall velocity
is 0. The gas-liquid surface tension is set to 0.0072N/m. The
parameters such as phase content, pressure, and phase veloc-
ity in the flow direction are recorded during the simulation.

4. Results and Discussion

4.1. Flow Pattern. Flow pattern variation is the main cause
of pressure in the pipe [26]. As Figure 5(a) shows, the
inlet is a slug flow, and bubbles are found in the liquid
slug in the slug flow unit. The closer to the end of the liq-
uid slug, the larger the bubble is. This is caused by the
pressure between the liquid film and the liquid slug
becoming smaller. When the slug flow enters the device,
a large amount of liquid is initially separated into the
descending pipe under the small gas-liquid ratio condition,
and a small amount of liquid is carried to the horizontal
pipe by the gas. The preliminary separation of the gas
and liquid is obvious, in which a small amount of liquid
in the gas pipe flows into the liquid collection pipe
through the descending pipe. The gas imparts kinetic
energy to the liquid in the mix chamber of the ejector,
which improves the velocity of the liquid and reduces
the accumulation of liquid in the riser. After passing
through the elimination device, the liquid slug and Taylor
bubble are separated, and the flow pattern formed after
the second mixing is as Figure 5(b) shows. From
Figure 5(b), it can be seen that the flow pattern at the out-
let has changed from slug flow to transition flow and
gradually transformed to annular flow. Due to gravity,
the liquid phase at the outlet is deposited at the bottom
of the pipe, forming a small wave, and a fine liquid flow
is formed around the pipe wall, which temporarily fails
to form a complete liquid film.

The liquid holdup is one of the main variables describing
the slug flow. Therefore, the magnitude of the liquid holdup
not only affects the pressure fluctuation but will also determine
the slug flow elimination effect. According to the Gregory et al.
[27] study, the liquid holdup of the pipe cross-section capable of
slug flow is 48%. The experimental results show that when the
gas-liquid ratio is greater than 380m3/m3, it is difficult to form
slug flow in the pipe. However, a large gas-liquid ratio still leads
to a liquid-phase impact on the impacting tee and a significant
wave pattern in the outlet pressure.

When the kinetic energy of the gas is small, it cannot
pump the liquid in the accumulation riser in time, causing
it to accumulate (Figure 6(a)). When the gas cannot contin-
uously transfer its kinetic energy to the liquid, the liquid
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entering the priming chamber appears to oscillate at the inlet
of the drainage pipe (Figure 6(b)). Figure 7 shows the distri-
bution of the liquid phase at t = 2:2 s under different gas-
liquid ratio conditions. As the gas-liquid ratio gradually
increases, the initial separation effect of the impacting tee
on the two-phase gas-liquid decreases, and a vortex is gener-
ated at the elbow. More liquid enters the gas pipe. The liquid
phase entering the gas pipe makes the flow rate at the nozzle
fluctuate, and the energy conversion between the gas and liq-
uid phases is then affected. When the gas-liquid ratio is
greater than 120m3/m3, a complete slug flow is not formed
at the inlet due to the reduced liquid content in the pipe. It
can be seen from the outlet pressure curve that the gradual
increase of the gas-liquid ratio increases the outlet pressure
amplitude. Due to the small liquid content rate, a full pipe
flow cannot be formed in the accumulation riser, and the
intermittent supply of liquid from the riser to the inlet pipe
results. Therefore, the pressure fluctuations generated at a

gas-liquid ratio greater than 120m3/m3 cannot be used to
define the applicability of the device.

4.2. Pressure Fluctuation. From the experimental phenom-
ena, it is clear that the slug flow pressure signal has the fol-
lowing characteristics.

(1) The pressure fluctuation time in the liquid film area
is long, the amplitude is small, and there are obvious
fluctuations in the pressure rise phase with a step-up
pattern

(2) The pressure amplitude in the liquid slug area is
large, has a short duration, and shows a vertical
wave, and the pressure reaches the highest point
when a precipitous drop occurs [25].

Combining Figures 5 and 8(a), it can be seen that the
pressure at the outlet depends on the various flow patterns.
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Under non-slug flow conditions, both mass flow and
pressure tend to stabilize, which can further improve
the accuracy of the gas-liquid two-phase measurement
device and its stability. From Figure 8(b), which shows
various patterns of the inlet pressure, it can be seen that
the various patterns of simulated and measured pressures
are almost the same at the same time nodes. The two
have a high degree of agreement. Due to the loading
and unloading of the air compressor during the experi-
ment, which leads to the unstable gas-liquid flow, it will

form as shown in Figure 8(b) (green dashed line). That
is, the measured pressure value occasionally shows large
fluctuations at the position of the trough, and the pres-
sure measurement is slightly higher than that of the sim-
ulated value. Comparing the variation laws of pressure,
flow pattern, and other parameters under experimental
and numerical simulation conditions, respectively, it is
verified that the numerical simulation method can accu-
rately describe the gas-liquid two-phase flow pattern and
its motion law.
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The relationship between the void fraction and pressure at
the cross-section 400mm from the inlet before the liquid slug
enters the impacting tee (GLR = 60m3/m3) was simulated in
this study, as shown in Figure 9. The graph shows that the pipe
pressure reaches its maximum value when the void fraction
reaches its minimum value, i.e., when the cross-sectional liq-
uid content is at its maximum.When the cross-sectional liquid
content increases, the pressure starts to build up in the Taylor
bubble at the moment when the liquid slug blocks the gas pas-
sage. When the pressure at the end of the slug is greater than
the pushing force required for the movement of the slug, the
slug is discharged. At this point, the Taylor bubble acts as a
“piston” and pushes the liquid slug to move. Combined with
Figure 9, it can be seen that the larger the gas-liquid ratio,
the larger the void ratio, and the smaller the average cross-
sectional liquid content, the smaller the pressure in the pipe
and the smaller the amplitude of pressure fluctuation.

Combined with the flow pattern variation at the inlet
and outlet, it shows that the magnitude of the pressure fluc-
tuation depends on the velocity of the slug flow, and the
length of the slug flow determines the duration of the pres-
sure peak. From the results of Figure 10, it can be seen that
the higher the liquid phase flow rate, the higher the pressure
and the greater the amplitude of its fluctuation under the
same gas flow rate. The smaller the gas-liquid ratio, the lon-
ger the duration of the pressure wave. The pressure fluctua-
tions at the inlet and outlet have obvious differences. Among
them, the high-frequency pressure signal at the inlet shows
obvious slug flow characteristics, but the inlet slug flow pres-
sure signal occasionally shows abnormal fluctuations at the
trough during the experiment due to the influence of com-
pressor loading (Figure 10(a) marked by a red solid line).
During the experiment, it was found that when the liquid
slug reached the top of the riser, the pressure reached a peak
at that time. When the slug is discharged momentarily, the
pressure suddenly decreases. As the gas-liquid ratio gradu-

ally decreases, the liquid slug stagnates at the riser and a
small amount of liquid then flows back, causing the pressure
signal at the inlet to fluctuate at the crest, as shown in
Figures 10(b) and 10(c) marked by the red solid line. Com-
bined with Figure 8(a), which shows the mass flow rate var-
iation law, it can be seen that the stability of the outlet
pressure depends on whether its mass flow rate is stable.

4.3. Velocity Distribution. From the internal streamline dia-
gram of the ejector (Figure 11), it can be seen that the veloc-
ity is smaller near the pipe wall and is larger in the center
where the liquid content is small. The velocity before enter-
ing the ejector is about 1.15m/s and reaches 13.41m/s inside
the mix chamber (GLR = 40m3/m3). The sudden increase in
velocity caused a sharp drop in pressure in the mix chamber
due to the reduced-flow cross-section of the nozzle. To
maintain the local pressure balance, the pressure in the
induced chamber also decreases simultaneously. The liquid
in the accumulation riser is pumped into the mix chamber
by negative pressure and then enters the expansion pipe
after being accelerated by high-speed gas, forming a non-
slug flow downstream. As the gas-liquid ratio increases, the
flow rate in the mix chamber gradually increases, and the
suction force continues to increase.

Due to the existence of friction between the liquid and
the pipe wall, the flow rate gradually decreases from the cen-
ter to the wall. Among them is the location of the thin layer
near the inner wall, which is a thin layer of resistance; this
thin layer is called the boundary layer. In the flow through
the throat, the fluid increases the velocity and decreases the
pressure, maintaining the original surface layer. Down-
stream of the throat, the flow area increases, the kinetic
energy of the fluid is converted into pressure energy, and
the boundary layer is subject to the force of the opposite
direction of the mainstream, resulting in fluid backflow.
Beyond the boundary layer of the fluid to maintain the
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original direction of advance, the formation of the vortex
phenomenon as shown in Figure 8 results in the separation
of the boundary layer.

4.4. Pressure Drop Model. Through experiments and simula-
tions, it can be seen that the pressure loss generated by this
device mainly comes from the ejector, the inlet of the drain-
age pipe, the impacting tee, and the heavy pressure drop.
The total pressure drop of the slug flow elimination device is

ΔP = ΔPo + ΔP1 + ΔPv + ΔPh, ð16Þ

where ΔPo is the pressure drop generated by the impact-
ing tee, kPa. ΔP1 is the pressure drop generated at the inlet

of the drainage pipe, kPa. ΔPv is the pressure drop generated
by the ejector, kPa. ΔPh is the repositioning pressure differ-
ence from the height difference, kPa.

Under the same conditions of the gas flow rate, the total
pressure drop increases gradually as the liquid flow rate
increases. As Figure 12(a) shows, the liquid-phase flow rate
is related to the total pressure drop. According to the study,
it is known that the frictional pressure drops upstream and
downstream of the Venturi throat are equal under the con-
dition of symmetry between the constriction and expansion
sections [28]. In this study, due to the complex structure of
the ejector, the differential pressure generated in the conver-
gent section is significantly larger than that in the divergent
section (as Figure 12(b)). From Figure 12(b), it can be seen
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that an increase in the gas-liquid ratio leads to a significant
increase in the total pressure drop at constant pressure con-
ditions. The differential pressure of the gas-liquid mixture
passing through the Venturi nozzle is related to the magni-
tude of the flow rate and increases with increase of the gas-
liquid ratio [29, 30].

4.5. Model Building

4.5.1. Venturi Differential Pressure. Based on the experimen-
tal and numerical simulation results, the pressure drop cal-

culation model of this device is established. The pressure
drop generated by the Venturi nozzle mainly includes an
accelerated pressure drop and friction pressure drop [31].
Among them, the acceleration pressure drop accounts for
the largest proportion and increases with the increase of
the liquid content. The next is the frictional pressure drop,
which is mainly generated at the nozzle. The frictional pres-
sure drop is mainly generated at the nozzle. The frictional
pressure drop increases due to the reduction of the flow
channel. The experimental and simulation results show that
the frictional pressure drop accounts for a small percentage

–14.00 –7.22 –0.44 6.34 13.11 19.89X velocity:

GLR = 120 m3/m3

Y

Z X26.67 33.45 40.22 47.00

Y

Z X–54.29 –28.57 –2.86 22.86 48.57 74.29 100.0

GLR = 160 m3/m3

–80.00X velocity:

–4.44X velocity: –2.16 0.11 2.39 4.67 6.95

GLR = 60 m3/m3

Y

Z X9.23 11.50 13.78 16.06–2.95X velocity: –1.33

Y

Z X0.29 1.91 3.52 5.14 6.76

GLR = 40 m3/m3

8.38 10.00 11.62

Figure 11: Streamline diagram of the ejector.

12

Qg = 83.2 m3/h
Qg = 125 m3/h
Qg = 150 m3/h

Qg = 83.2 m3/h fitting curve
Qg = 125 m3/h fitting curve
Qg = 150 m3/h fitting curve

11
10

9
8
7
6
5
4
3
2
1
0
0.0

D
iff

er
en

tia
l p

re
ss

ur
e (

kP
a)

0.2 0.4 0.80.6 1.0 1.2

Liquid flow (m3/h)

1.4 1.6 1.8

(a)

𝛥P1
𝛥P2
𝛥P3

22
20
18
16
14
12
10

8
6
4
2
0

50

Gas liquid ratio (m3/m3)

100 150 200 250 300 350 400 450

D
iff

er
en

tia
l p

re
ss

ur
e (

kP
a)

(b)

Figure 12: (a) Pressure drop variation at different liquid phase flow conditions; (b) differential pressure variation curves at different cross-
sections (ΔP1 sudden contraction structure, ΔP2 Venturi-tapering section, ΔP3 Venturi-expansion section).

10 Geofluids



of the total pressure drop. Based on the installation location
of the ejector and the focus of the study, the frictional pres-
sure drop and the repositioning pressure drop are neglected
in this calculation.

The accelerated pressure drop in the axial position of the
Venturi [32] can be calculated by the following equation.

ΔPv =
Gmvg,th
Aφ

= ΔP2 + ΔP3, ð17Þ

where the gas velocity in the Venturi throat can be
expressed as the following equation.

vg,th = 0:135XLMFrg1:27
ρl
ρg

 !0:806

, ð18Þ

where Gm represents the mass flow rate of the mixture,
kg/s; vg,th is the Venturi throat gas velocity, m/s; A represents
the cross-sectional area, m2; φ represents the cross-sectional
gas content, dimensionless; and XLM and Frg represent the
Lockhart-Martinelli number and gas Froude number,
respectively, dimensionless.

4.5.2. Differential Pressure of Drainage Pipe Inlet. The pres-
sure drop at the inlet of the drainage pipe is mainly caused
by the sudden shrinkage of the pipe diameter, as shown in
the structure in Figure 2(c). Therefore, in this study, the
pressure drop between section 1 and section 2 is investigated
using the pressure drop calculation method of the abruptly
shrunken pipe. Due to the small experimental pressure, it
is assumed that there is no significant change in the density
of the gas-liquid phase and no mass exchange.

The continuity equations for the gas and liquid phases
on cross-section 1 and cross-section 2 are obtained from
the conservation of mass.

Ggs = ρgAgvgs = ρgAsφs, ð19Þ

Gls = ρlAlvls = ρgvlsAs 1 − φsð Þ, ð20Þ
whereGg andGl represent the mass flow rate of the gas and

liquid, respectively, kg/s; Ag and Al represent the cross-section
of the gas and liquid, respectively, m2; φs represents the gas con-
tent of a section, dimensionless; vgs and vls represent the flow
rate of the gas and liquid of a section, respectively, m/s; and s
represents any section of section 1 and section 2.

Since the section is very short and friction is neglected,
the sum of the external forces on the two gas-liquid phases
along the axial direction is A2ðP1 − P2Þ; then, the momen-
tum equation is

P1 − P2 =
1
A2

Gg2vg2 +Gl2vl2 −Gg1vg1 −Gl1vl1
À Á

: ð21Þ

The subscript 1 represents the inlet section of the pro-
truding joint and 2 represents the outlet section of the pro-
truding joint.

From the analysis of simulation results, it is found that
the streamline of the gas-liquid mixture is bent downstream
of the sudden contraction pipe (Figure 2(c), section t).
Therefore, the resistance loss of the sudden contraction pipe
is mainly generated from section t to section 2 [33]. Based on
the specificity of the structure, it is assumed that the gas con-
tent of the drainage pipe is equal to that of section 2; i.e.,
φt = φ2 = φ. From the momentum equation, the pressure
drop of the sudden contraction pipe can be calculated as

ΔP1 =
0:235Gm

ρlA1
2

1 − αð Þ2
1 − φ

+ α2

φ

ρl
ρg

" #
, ð22Þ

where α is the dryness fraction, dimensionless. Gm is the
gas-liquid two-phase mass flow rate, kg/s.

4.5.3. Impacting Tee Differential Pressure. The pressure loss
from the impacting tee is calculated according to the follow-
ing Eq. (23) calculation [34].

ΔPo = λ
Qm

2

2A2ρl
1 + x

ρg
ρl

− 1
� �� �

, ð23Þ

Where the local resistance factor λ is calculated using the
following equation.

λ = cλo: ð24Þ

The correction factor c is obtained using the empirical
equation:

c = 1 + 0:75
x 1 − xð Þ 1 + ρl/ρg

h i ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
1 − ρg/ρl

q
1 + x ρl/ρg − 1

� �
2
64

3
75: ð25Þ

4.5.4. Heavy Pressure Drop. According to the operating prin-
ciple of the device, the repositioning pressure drop is mainly
generated in the rising pipe section of the drainage pipe and
the impacting tee. The calculation equation is

ΔPh = 2ρmgΔh: ð26Þ

Since the diameter of the drainage pipe is much smaller
than the accumulation riser when the gas-liquid mixture
enters the drainage pipe, the flow rate of the liquid phase
suddenly increases, and when the superficial velocity of the
gas-liquid two phases are equal, the slip ratio is 1. Therefore,
referring to Eq. (12), the following equation is used to calcu-
late the mixing density.

ρm = ρgφ + ρl 1 − φð Þ: ð27Þ

4.6. Accuracy Verification. As per Figure 13(a), it can be seen
that under atmospheric conditions, the Venturi nozzle pres-
sure drop has the largest proportion in the total pressure drop,
while the heavy pressure drop has the smallest proportion. In
small-volume conditions, the pressure drop caused by sudden
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changes in the diameter of the drainage pipe is the largest. The
pressure drop of the Venturi nozzle increases with the liquid
flow rate, and its average proportion is 52.82% of the total
pressure drop. In the large liquid volume and small air volume
conditions, the pressure drop at the inlet of the drainage pipe
produced a maximum percentage of 95.83%.

According to the calculation results, it can be seen that
the pressure drop calculation method obtained from this
experiment can truly reflect the motion of the fluid. The
error of the pressure drop calculation increases gradually
with the decrease in the gas flow rate, as shown in
Figure 13(b). The relative error is the smallest when the liq-
uid flow rate is 1.67m3/h. As the gas flow rate decreases
gradually, the relative error increases gradually. The gas-
liquid rate is small, and the liquid phase is mostly deposited
at the bottom of the accumulation riser due to gravity. As

shown in Figure 7(c), the liquid level is higher than the inlet
of the drainage pipe. The height difference of the liquid level
provides energy for the liquid movement, and the gravita-
tional potential energy is ignored in the calculation. This is
the main reason for the large calculation results and the large
error in the total pressure drop. When the gas flow rate
increases, the Venturi produces a larger proportion of the
pressure drop. The calculation accuracy of the total pressure
drop depends on the Venturi nozzle. Under a large gas flow
rate, the flow rate at the Venturi nozzle changes little, the
measured results match the calculated results to a high coin-
cidence, and the calculation error is small.

4.7. Model Correction. To further improve the calculation
accuracy of the pressure drop under different gas-liquid
ratios, the total pressure drop calculation method of the slug
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flow elimination device is optimized based on the pressure
drop ratio of different structures. The modified pressure
drop calculation method is obtained as follows.

ΔP = 0:804 + 0:957 ΔPo + ΔP1 + ΔPhð Þ + 0:421ΔPv
1:5: ð28Þ

As Figure 14 shows, the pressure drop gradually
decreases as the gas-liquid ratio increases. The accuracy of
the modified pressure drop calculation method is signifi-
cantly improved, and the error with the measured pressure
drop is kept within 20%, among which 69.31% of the data
points are within 10%.

5. Conclusion

According to the motion law of slug flow, the elimination
device designed based on the kinetic energy conversion
method can better solve the problem of large pressure fluctu-
ations caused by slug flow. In this study, the flow field of the
slug flow through the elimination device is analyzed. The
energy losses generated during the operation of the device
are evaluated. A pressure drop calculation method for this
device is developed based on the share of different structures
in the total pressure drop. The relative error of the pressure
drop model is controlled within 20%, which meets the pro-
cess production requirements. The optimal and most eco-
nomical operating range of the device is to maintain the
gas-liquid ratio within 120m3/m3 (under operating condi-
tions). The device can provide stable flow patterns and pres-
sure conditions for gas-liquid two-phase flow measurements
for the oil well.
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